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ABSTRACT
The current evolution in unconventional reservoirs occurred due to technological
breakthroughs in the oil and gas industry. Currently, technologies allow extraction of economical
volumes of hydrocarbon from unconventional resources via the assistance of special technologies
or massive stimulation treatments. Since new formation development depends on their economics,
it is critical to optimize each step within the well stimulation treatments in order to make the

development economical.

The Eagle Ford shale play has been under development since 2008. Initially, trial and error
methods were used to hydraulically fracture wells in the play. These methods provided both good
and poor results. This research focuses on optimizing future well landing zones and their
corresponding well stimulation treatments within the studied area. Data provided by the Reservoir
Characterization Project (RCP) were utilized to develop full geological and geomechardedd
using the Grid Oriented Hydraulic Fracture Extension Replicator (GOMF&fttware package.

The developed model was calibrated with available field data to ensure that the generated model
matches the studied arg@feological and geomechanical characteristics. Base fracture models for
two wells, Well B and Well C, were created using the developed geological and geomechanical
model. Pressure and production matfor both wells were performed to guarantee that the

generated base models reflect what was actually done in the field.

The base fracture models were utilized to perform landing zone sensitivity, as well as well
stimulation treatment sensitivity analyses. The Austin Chalk and the Eagle Ford formations were
examined. Fracturing fluids and their volume, proppant selection, and cluster spacing were
sensitized to determine the optimum hydraulic fracture treatment. GOH®ERutilized to run
production analysis for each sensitivity in order to compare the sensitized parameters.



Five landing zones within the Austin Chalk and the Eagle Ford were analyzed. The
analyses showed that the Eagle Ford had higher oil production potential than the Austin Chalk.
104% and 29% were the increases in the estimated production when the Eagle Ford was targeted
instead of the Austin Chalk using slickwater and gel treatments, respectively. Based on the landing
zones analyses, the highest oil production, around 326 Mbbl, was obtained from the Pepper Shale
formation using a gel treatment. The induced fractures from the slickwater treatment in the Pepper
Shale was contained by the Lower Eagle Ford and Buda, while the gel treatment was capable of

breaking into the Lower Eagle Ford and accessing additional net pay.

Well stimulation treatment sensitivities within the Pepper Shale were also studied.
Introducing gel to the slickwater treatment and creating a hybrid treatment improved the oll
production and 70% gel with 30% slickwater yielded the optimum oil production. Larger proppant
size performed better than smaller proppant due to conductivity damaging mechanisms. Increasing
the fracturing fluid volumes from 175,000 gallons to 300,000 gallons per stage provided negligible
increase, around4, in the oil production from the Pepper Shale; hence the optimum volume to
create the fractures was 175,000 gallons. Thirty foot cluster spacing generated the optimum
fracture density and had minimal impact to the production due to stress shadowing. Overall, this
research demonstrated that oil production may be increased when the optimized well stimulation

treatment is used to hydraulically fracture the Pepper Shale formation.
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CHAPTER 1

INTRODUCTION

The oil and gas industig constantly evaluating and developing new formations in order
to keep up with the increasing demand for energy around the world. Currently, unconventional
hydrocarbon resources are responsible for increasing worldwide hydrocarbon production. Figure
1.1 illustrates how the oil production from unconventional resources in the United States has
increased significantly through time. Technological breakthroughs in the petroleum industry have
caused the recent evolution in sleainconventional plays. Unconventional reservoirs are those
reservoirs that are spread over a large area and only produce economic volumes of hydrocarbon

with the assistance of special technologies or massive stimulation treatments (Holditch, 2006).

Multistage hydraulic fracturingreatments are one of the stimulation techniques that are
applied in the unconventional plays in order to make them economical to develop. Furthermore,
multiple hydraulic fracturing techniques are used to develop horizontal wells in the unconventional
resources; each one has its own advantages and limitations. Therefore, it is critical to optimize the
multistage hydraulic fracturing treatments as well as the hydraulic fracturing technique by

understanding the play characteristics.
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Figure 1.1 Tight oil production from various unconventional formations in the United States (EIA
2019).

1.1 Motivation for the Study

Trial and error methods are frequently used to design stimulation treatments within new
plays, where it is common to use treatments from other plays and apply them in new plays. These
methods do not always succeed since unconventional plays do not have the same geological and
geomechanical characteristics, and stimulation treatments vary across plays; causing economic
loss. This thesis aims to determine an alternate method to design stimulation treatimerts in
shale play by analyzing the play characteristics. The thesis outcome can be utilized when

developing new plays in the future.



1.2 Research Objectives

The main goal of this thesis is to determine the optimum future well treatment design and
associated landing intervial a section of the Eagle Ford play. This geachieved by completing

the following objectives:

x Develop accurate fracture models for both subject horizontal wells using multistage,
multiwell software package and pressure matching previous treatments;

X Optimize future well treatments within the area by running multiple sensitivity analyses;
and,

x Determine the optimum landing zone by analyzing several landing zones in the studied

area.

1.3 Eagle Ford Shale Play

Early unconventional plays produced only gas. However, in the last ten years,
unconventional plays are producing more oil due to lagging gas prices and increasing oil prices.
One of the recent plays being focused on is the Eagle Ford shale play. The Eagle Ford play extends
through three states, including Texas, Louisiana, and Mississippi, in the United States. Figure 1.2

shows the play geographical location.
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Figure 1.2 Location of the U.S. shale plays including the Eagle Ford (EIA 2011).

1.3.1 Geology

The Eagle Ford shale overlies the Buda limestone and is below the Austin Chalk. The Eagle
Ford shale is considered the source rock for the Austin Chalk. Marls, interbedded chalks, and
volcanic ash are the main components of the Austin Chalk. The Austin Chalk was the target
reservoir in the past especially with the presence of natural fractures (Pearson 2010). Currently,
the Eagle Ford shals the target itself and is a self-sourced hydrocarbon reservoir (Martin et al.
2011). Figure 1.3 illustrates the critical geological components, such as fault zones and shelf edges,
of the play and their locations. Both the Eagle Ford shale and Austin Chalk were deposited during
the Upper Cretaceous period. A stratigraphic column of the Upper Cretaceous rock layers is
represented in Figure 1.4; the research will mainly focus on the Eagle Ford and the Austin Chalk
formations. In addition to the Austin Chalk, the Tokio and Eutaw formations are reservoir rocks
for hydrocarbons migrating from the Eagle Ford. The Anacacho, Upson, Brownstown, and Eutaw

formations are the seal for the petroleum system in the Austin Chalk (Pearson 2010). The Eagle



Ford has a pay thickness between 125 ft and 300 ft (Martin et al. 2011). The pay starts to thin

toward the northwessshownin Figure 1.5, until it pinches out.

The Austin Chalk was deposited in a shallow marine environment during a worldwide sea
level highstand. The Austin Chalk, which has a thickness varying from 150 ft to 800 ft, is divided
into three main parts: lower chalk, middle marl, and upper chalk. Since there is higher natural
fracture density and low clay content in the upper and lower chalk, they are better reservoir rocks
than the middle marl (Pearson 2010). On the other hand, the Eagle Ford shale thickness ranges
from 50 ft to 330 ft from the northeast to the southwest, respectively (See Figure 1.5). The Eagle
Ford shale is separated into two sections: upper shale and lower shale. The upper part consists of
near-shore sediments, which are calcareous shale, bentonites, fractured limestone, and siltstone,
that were deposited in a regressive cycle. Whereas, the lower part was deposited during a

transgressive cycle and consists of well-laminated organic-rich shale (Martin et al. 2011).
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Figure 1.3 Geological features of the Eagle Ford shale play (Pearson 2010).
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Figure 1.4 Stratigraphic column for the Eagle Ford shale play (Pearson 2010).
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1.3.2 Reservoir Characteristics

The reservoir characteristics differ significantly across the Eagle Ford shale play. The
variation caused multiple challenges while developing fields within the play. Therefore,
understanding reservoir characteristics is critical before designing a hydraulic fracture treatment.
Also, it is crucial to evaluate each field in the Eagle Ford individually due to the wide range of

reservoir properties in the play.

The Eagle Ford shale play has a similar characteristibe Haynesville shale. The Eagle

Ford is calcite-rich with mixed clay, pyrite, and illite. Figure 1.6 shows an X-ray diffraction



analysis of a well in the Eagle Ford. The analysis helps to understand the mineralogy within the
play, which plays a major role during fluids selection for hydraulic fracturing treatments in order

to avoid any negative impacts due to fluid and minerals interaction (Mullen et al. 2010).
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Figure 1.6 XRD mineralogy analysis for the Eagle Ford shale play. Each bar stands for a
different sample obtained from different depth (Mullen et al. 2010).

The petroleum system reservoir properties in the Eagle Ford shale play change significantly
across the play due to variation in the depositional environment. Thus, it is important to evaluate
the local reservoir to develop it successfully. The Austin Chalk has a dual porosity system of 3%
to 10% matrix porosity and a permeability of 0.1 to 0.5 millidarcies. Both the permeability and
porosity decrease with depth (Pearson 2010). The Eagle Ford shale mean effective porosity and
matrix permeability are 6% and 180 nanodarcies, respectively (Martin et al. 2011). Having low-
porosity and low-permeability provide a common trap type to prevent fluids migration both
vertically and laterally. In addition, normal faslseal the updip reservoirs accumulating the

hydrocarbon downthrown side of faults. The movement of the Jurassic Louann Salt also formed



structural traps such as anticlines and growth faults. Furthermore, a stratigraphic trap is present in

the play due to pinchouts through facies change (Pearson 2010).

The great variation of the play Eagle Ford properties form multiple maturation windows.
Three maturation windows occurred in the play as it dips south, including an oil window, a gas
condensate window, and a dry gas window. The hydrocarbon system in the play consists of
kerogen Type Il, Type Il/lll, and Type Il (Martin et al. 2011). The types of hydrocarbon across
the play are shown in Figure 1.7. Total organic carbon (TOC) in the shale ranges from 2 to 5 wt.%;
while TOC in Austin Chalk has an average of 3.5 wt%. The TOC in the shale depends on the
presence of pyrite and glauconite and absence of bioturbation. On the other hand, the TOC

increases with depth in the Austin Chalk since there is less organic carbon (Pearson 2010).

Figure 1.7 Eagle Ford hydrocarbon production distribution across the Eagle Ford play in South
Texas (Mullen et al. 2010).



1.3.3 Project Focus Area

The Eagle Ford extends over 400 miles from Texas to Mexico. This project$acuthe
area around the San Marcos Arch in Lavaca County, Texas, as illustrated in Figure 1.8. The main
reservoir targets are the lower Austin Chalk and the lower Eagle Ford. Both targets are located
within kerogen fluid Type Il/1ll window. The project area has a high gas-oil ratio (GOR), around

4000 scf/bbl.

Two wells, Well B and Well C, were drilled within the zones of interest. The horizontal
section of Well C targeted the lower Austin Chalk even though the vertical section was drilled to
the Del Rio formation. Well B targeted the lower Eagle Ford shale. The main reason that Well C
vertical section was drilled deeper was to collect more data within the area. Figure 1.9 shows
relative locations of Well B and Well C. The horizontal sections of Well B and Well C were drilled
opposite to each other, where Well B was drilled toward the northwest while Well C was drilled

toward the southeast.
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Figure 1.8 Reservoir Characterization Project (RCP) study area (modified form EIA 2014)
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Figure 1.9 Well A, Well B, and Well C relative locations.

1.3.4 Available Data

The Reservoir Characterization Project (RCP) Consortium provided a full data set for this
project. Wellbore survey, production, stimulation, and completion data for Well B and Well C
were included in the data set. Only Well C wireline data were provided. The available data are
represented in Table 1.3ince the data set only included Well C wireline data, Well C was used
as a reference well in order to develop a geological and geomeadhaodel for the project. The

model development process is discussed in further details in Chapter 3.
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Table 1.1 Provided Data from the RCP for Both Wells

Data Well B W

Wireline K
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Production

Mudlogs
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CHAPTER 2

LITERATURE REVIEW

The evolution of unconventional reservoirs has encouraged further resgartydraulic
fracturing and geomechanics. Relevant previous studies that are related to this research are

highlighted in this chapter.

2.1 Well Stimulation

Unconventional reservoirs frequently require massive well stimulation to produce
economical volumes. Well stimulationadreatment performed to improve the productivity of a
well via eliminating formation damage or bypassing it. Acidizing and fracturing are the two main
categories of well stimulation. Induced fractures can be created by hydraulic fracturing to bypass
formation damage. These fractures will increase the productivity of the well by increasing the
hydrocarbon flow (Nnanna and Ajienka 2003his section discusses basic well stimulation

principles that are related taigtstudy, which focussmainly on hydraulic fracturing.

2.1.1 Hydraulic Fracturing

Hydraulic fractures are created when formation rock strength is exceeded through
increasing downhole pressure by fluid injection. During the hydraulic fracturing process,
fracturing fluids are injected into the desired zone faster than it can leakoff, causing induced
fractures. The fracturing fluids are responsible for initiating the fractures and transporting
proppants. Proppant must be introduced after fracture initiation in order to hold the fractures open
(Miskimins 2018). There are three modes of fracturing: Mode | (opening mode), Mode Il (sliding
mode), and Mode Il (tearing mode); the main difference between the modes is the force that

created the fracture. Mode | occurs when the fracture is propagating as a reseitisgé failure
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However, Mode Il and Mode 1l are caused by shear failure. Mode Il fails in the same direction of
the applied force while Mode Il tears laterally. All fracture modes and associated propagation

directions are shown in Figure 2.1 (Lawn 1975).

I I 111

Figure 2.1 Basic modes of hydraulic fracture (Lawn 1975). Mode | is tensile failure while Mode
Il and Mode Il are shear failure.

Stress orientation in the field plays a major role in fracture propagation. Fractures
propagate parallel to the direction of maximum stress, or perpendicular to the minimum horizontal
stress. Figure 2.2 demonstrates fracture plane direction when in-situ stresses are applied (Hubbert
and Willis 1957). Knowing the in-situ stresses directions within the field is critical during a
hydraulic fracturing treatment since it will control the direction of the induced fractures.
Transverse, longitudinal, and oblique fractures are types of induced fractures based on the well
azimuth and the stress orientation as illustrated in Figure 2.3. When the wellbore is aligned in the
direction of the minimum horizontal stress, transverse fractures will be created in a horizontal well
Whereas, longitudinal fractures are formed when the wellbore is in the same direction as the
maximum horizontal stress. If the wellbore is placed between the maximum horizontal stress and

the minimum horizontal stress, the created fractures will be oblique (EPT International 2019).

14



LEAST PRINGIPAL
—STRESS

\

A

FRACTURE

Figure 2.2 Minimum principal stress direction while induced fractures are propagating (Hubbert
and Willis 1957.
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Figure 2.3 Induced fracture types and their propagation orientation in vertical and horizontal wells
(EPT International 2019).
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Principal stresses are not always oriemteithe same direction due to changes in stress
orientations eachfault condition has its own principal stress directions as shown in Figure 2.4.
The least principal stress in both normal fault and strike-slip conditions is the minimum horizontal
stress, while it is the vertical stress under thrust fault ti@mdi. The minimum horizontal stress,
which is a function of the formatidhprincipal stresses and geomechanical properties as well as

strain, and tectonic stress, can be obtained using Equati(Ba2rée et al. 2009b).

aLRLgF=cPF3 0EFEB ER @1
Where;
& arectonic stress, psi
€yaninimum horizontal stress, psi
€. Overburden Pressure, psi
n Pore pressure, psi
YyaHorizontal tectonic strain, microstrain
A<RXQJYV PRGXOXV PLOOLRQ SVL
~ 3RLVVRQ@Aitess DWLR
U &/ertical poroelastic constant, unitless
WyaHorizontal poroelastic constant, unitless
S, B S,
- =g -é\ = Sumn ey = =N <=
Himex N\ oo - Si R Stimax
+ 3
Normal Faulting (NF) Strike-Slip (SS) Thrust Faulting (TF)
Sv > SHmax > Shmin SHmax > Sv > Shmin SHmax > Shmin > Sy

Figure 2.4 Orientations and magnitudes of principal stresses under multiple fault conditions
(World Stress Map 2016).

16



Hydraulic fracturing treatments are performed in tight formations in order to enhance the
productivity since induced fractures within the formation act as conductive channels between the
wellbore and the reservoir. Improving the effective stimulated reservoir volume (SRV), which is
the volume of the producing fracture network surrounding the wellbore, can further increase the
productivity of tight formations (Mayerhofer et al. 2010). Since most of the hydrocarbon
production is flowing in the fracture network in unconventional reservoirs, the induced fracture
conductivity impacts the hydrocarbon flow to the wellbore significantly. The fracture conductivity
is identified as the flow capacity in the fracture. Figure 2.5 illustrates the role of induced fractures
in altering the flow in tight formations (Holditch and Tschirhart 2005). If the well is stimulated
successfully, every point of the fracture is an entry point for the hydrocarbon at the early time.
Conversely, at late times, the tip of the fracture will be the main entry point for the hydrocarbon

flow (Holditch and Tschirhart 2005).
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a Before Fracture Stimulation; Radial Flow
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b Post-Fracture Stimulation, Early Time
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N
C Post-Fracture Stimulation, Late Time

Figure 2.5 Hydrocarbon flow in tight gas systems before and after well stimulation (Holditch and
Tschirhart 200k
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2.1.2 Hydraulic Fracture Geometry

Multiple factors influee induced fracture propagation making each fracture geometry
unique. Fracture height, width, and length are the main parameters in the geometry of the fracture.
All of these parameters are related to each other. Induced fractures gain length from injecting
fracture fluids at high pressure. Maintaining the high pressure can provide additional fracture
length while increasing its width and height at the same time. Fractures stop growing in height due
to variable interface and material properties of the formations forming higher stress layers, which
act as barriers, above or below the fracture. However, fractaregmain growing laterally as
shown in Figure 2.6. When a fault is present near the fracture, height growth can be restricted by

the same factors even though faults can cause taller fractures (Fisher and Warpinski 2012).

T 7

-----------

W77

Wy 1S MAXIMUM WIDTH
OF FRACTURE AT WELL BORE

END VIEW

Figure 2.6 Fracture growth within oil zone only due to barriers above and below it (Perkins and
Kern 1961).
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The fracturing fluid pressure drop in the fracture controls the fracture width. Figure 2.7
shows how fluid pressure within the fracture allows the generation of additional width. Wider
fractures are created when a high injection rate is used along with viscous fracturing fluid.
Whereas, thin fluid and low pumping rates yield to narrower frac(Ber&ins and Kern 1961). In
a complex fracture network, fractures tend to grow shorter and wider due to the increase in pressure
generated from additional friction caused by extra strands in the complex syséEig(se 2.8).

The increase in surface area in the system will increase the leakoff and reduce the length of the
fracture; while the extra width is gained as a result of the fluid pressure increase from the friction
(Fisher and Warpinski 2012). Once the width is created, proppant is used to keep it open. The
width can decrease through time because of proppant embedment, formation spalling, and filter
cake. Closure pressure forces the proppabe embedded in the walls of the fracture. Spalling

and filter cake extrusion occur during the embedment process, where the proppant grains are
crushed or absorbed by the filter cake (Duenckel et al. 2019). Figure 2.9 and Figure 2.10 illustrate
proppant grains embedment and spalling, respectively.

Induced fracture length can be categorizetb four lengths: microseismic length,
hydraulic length, propped length, and effective length. The microseismic length represents the
length of the induced SRV around the well. The fluid length of the fracture caused by the treatment
is the created length, while the propped length is the length at which the proppant reached. Both
hydraulic and propped length are not necessarily contributing to production. The effective length,
which is considered the most important length, is the length that contributes to the production and

controls the production rate (Miskimins 2018; Cipolla et al. 2008)
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Figure 2.7 The role of fluid pressure drop in fractures in generating wider fractures in a vertical
well (Perkins and Kern 1961).
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Figure 2.8 Difference between complex fracture network and simple fracture (Fisher and
Warpinski 2012). Additional strands are showing in complex fracture network causing shorter and
wider fracture as a result of increased pressure caused by the additional friction due to extra surface
area in the system.
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Figure 2.9 Proppant grain embedment in the fracture walls (Terracina et al. 2010).

Figure 2.10 Proppant grain spalling (circled) during the embedment process (Terracina et al.
2010).
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2.1.3 Hydraulic Fracture Conductivity

Most of the hydrocarbon flow in unconventional reservoirs occurs within natural and
induced fractures. Fracture conductivity is the total capacity of hydrocarbon that the fracture can
deliver through the porous media; while the flow through a specific amount of proppant is the
proppant conductivity. Proppant conductivity, communication between propped fracture and the
wellbore, and production time can affect the fracture conductivity (Lehman et al. 1999). Hence,
improving the proppant conductivity will generally improve fracture conductivity. Dimensionless
fracture conductivity is a ratio of the fracture conductivity and reservoir deliverability as shown in
Equation 2.2 (Cinco L. et al. 1978). Proppant and fracturing fluid selection, as well as pumping
rate, impact the fracture width. The width of the fracture has a direct relationship with the viscosity
of the fracture fluids and its pumping rate, where increasing the viscosity or pumping rate yields
an increase in the fracture width (Perkins and Kern 1961). The proppant can impact the final width
due to crushing, proppant fines migration, and embedment (Stegent et al. 2010). In addition, the
fracture permeability is affected by changes in stress, non-Darcy flow, and multiphase flow (Barree
et al. 2003).

) € Py (2.2)
(O 1/2L b ﬁtl

Where;

(pi,.Dimensionless fracture conductivity, unitless
Sy Fracture width, ft

G@; Fracture permeability, md

G Formation permeability, md

S Fracture width, ft
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2.1.4 Hydraulic Fracturing Modeling

Multiple fracture models have been developed over time to obtain fracture geometry.
Models for multistage horizontal wells should take into consideration the interference within a
stage and between stages. Every model starts with a width equation based on an analytical solution
to determine the fracture geometry. Fracture modeldearassified as two-dimensional (2D)
models, pseudo-three-dimensional (pseudo-3D) models, and three-dimensional (3D) models. The
2D fracture model was the first fracture model to be developed. Perkins-Kern-Nordgren (PKN)
and Khristianovic-Geertsma-de Klerk (KGD) models are the most common 2D models used in
simulators to obtain fracture propagation (Perkins and Kern 1961, Nordgren 1972, Khristianovic
and Zheltov 1955, Geertsma and de Klerk 1969). Both of these models, which are shown in Figure
2.11, use the same equation, but are solved differently and assume linear elastic conditions (Barree
2015). The PKN model assumes that the fracture is elliptical with variable height. Whereas, the
KGD model assumes that the fracture is rectangle with variable length. Longer fractures are
generated when using the PKN model compared to the KGD model due to the assumed geometry
of the fracture. Currently, the PKN fracture model is preferred to be used insteadk@Ehe
model when modeling fracturas2D since the PKN model has more realistic fracture propagation
than KGD model. In complex geology, neither of these models would be applicable to determine
the fracture geometry due to rock fabric and pore pressure impacts on fracture propagation (Barree

2015).
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Figure 2.11 PKN and KGD fracture models (Barree 2015).

Pseudo-3D models were created by integrating both PKNK&12 models. Settari and
Cleary (1986) developed a method to determine the fracture geomapgendo-3D model. The
PKN model is used to approximate the length of the fracture while the height is estimated using
the KGD model (see Figure 2.12his pseudo-3D model is capable of obtaining fracture height
growth; where net pressure is used to estimate the height growth. Multiple cells are ioreated
pseudo-3D models to determine the fracture geometry, where each has its own height, width, and
pressure profile. Lumped parameter fracture models are another approach to finding the fracture
geometry. These models use general models from a reference database to estimate fracture growth.
Spatial averaging is utilized order to be able to fit complicated models with the general models

(Keck et al. 1984).
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Figure 2.12 Pseudo-3D model fracture gemoetry determination method (Settari and Cleary 1986)

More realistic fracture geometries can be obtained via fully 3D models since they can take
into consideration geological complexities. 3D models utilize 3D fracture deformation along with
2D flow within the fracture. Elastic coupling handling, fluid flow in the fracture and its pressure
analysis, and fracture growth methodology are the main differences between pseudo-3D models
and 3D models (Zhang et al. 2017). Unlike 2D and pseudo-3D models, 3D models, such as the
Grid Oriented Hydraulic Fracture Extension Replicator (GOHBERftware package, does not
necessarily assume linear elastic conditions (coupled system), but can use shear decoupled
formulations. Fractures will be only generated due to tension (Mode I) within the modeliif linea
elastic is assumed; hence an applied load would result in deformation for the entire rock surface.
However, models are capable of creating fractures caused by shear failure when decsigpied sy
are used (Barree et al. 2013). Figure 2.13 and Figure 2.14 demonstrate how rock aeformati

occurs under coupled and decoupled assumptions accordingly.
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Figure 2.13 Deformation of rock surface by a point load causing the whole dorfeferm when
coupled system is used (Barree et al. 2013).
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Figure 2.14 Shear decoupled model rock deformation by a point load causing a deformation in a
limited area (Barree et al. 2013).
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2.1.5 Previous Hydraulic Fracturing Treatments in the Eagle Ford

Understanding a reservoir as much as possible is crucial before developing. Stimulating
the wells in a play can be challenging due to massive variations in structural and other
characteristics. When exploration wells were drilled in the Eagle Ford in 2008, stimulation
treatments were emulated from other shale plays such as the Barnett and the Haynesville. In the
beginning, treatment designs in the Eagle Ford were copied from the Barnett shale play even
though the play characteristics are not the same (Stegent et al. 2010 and Mullen et al. 2010). For
instance, the Eagle Ford hasO RZHU <R X Q J,Wickh R Geveen\fwo and three million
psi, and more stress anisotropy than the Barngtk H ORZ <R XQJ®dldPdaBGBX O XV
embedment issugsee Figure 2.15), where the whole grain can be embedded in the fracture wall
under the high closure stress in the Eagle Ford, which is around 10000 psi. Slickwater fracture
stimulation was effective in the Barnett since the play has many natural fractures that are easy to
open because of the minimal difference between the minimum horizontal and maximum horizontal
stress. Unsatisfactory results were obtained when slickwater frac designs were used in the Eagle
Ford (Stegent et al. 2010). A Haynesville shale-style frac, which is a hybrid frac systeaiso
tried. Ths design was selected since the Eagle Ford and the Haynesville share similar
FKDUDFWHULVWLFV VXFK Dhyd@ug, @midiclity (MDIQnidd &l. 261R)XThd T V
outcome of using the hybrid was significantly better than the slickwater design (Stegent et al.
2010).

Currently, the hybrid frac systeis frequently used to stimulate wells in the Eagle Ford.
Table 2.1 (Design 1) and Table 2.2 (Design 2) show examples of fracturing treatment designs in
the Eagle Ford. Each design was performed in different location within the Eagle Ford; Design 1

shows treatment schedule for a well in LaSalle County, Texas, while Design 2 is for a well located
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in DeWitt County, Texas. Around 350,000 Ibs of proppant and 470,000 gallons of fracturing fluids
were used during Design 1. A similar proppant volume was used in Design 2, which was around
300,000 Ibs of proppants. However, there was a difference of 170,000 gallons of fracturing fluids
between the two designs. A pumping rate between 35 bbl/min to 50 bbl/min is generally effective
to fracture the Eagle Ford even though Design 1 used around 80 bbl/min (Stegent et al. 2010).
Both designs had two types of proppants. A smaller size proppant (100 mesh) was introduced first
then a bigger proppant (40/70) was pumped. The Eagle Ford formation has embedment ranges
from 300 to 700 microns; hence selected proppant should be greater than 700 microns to avoid
proppant embedment. Hydrocarbon production can be lost because the embedment causes a
decrease in fracture conductivity. In addition to embedment, proppant crushing and fines migration
can also reduce the fracture conductivity through time (Stegent et al. 2010). According to Mullen
et al. (2010), it is recommended to avoid clay-rich areas and target more brittle rocks while
perforating wells in the Eagle Ford. At least a five-inch casing should be used in future wells to

avoid operational challenges such as high treating pressure.
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Figure 2.15 Embedment of proppant grains in different rocks while the stress is changing (Cipolla
et al. 2008). Each color represents diffe@¥bung's modulus value.
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Table 2.1 Hydraulic fracturing pumping schedule in the Eagle Ford shale play using a hybrid frac system in LaSalle @asnty, Te

(Mullen et al. 2010).

PERFS 100 MESH 40/70 PROP Pt, AVG RATE, AVG TOTAL
FROM TO TOTAL LBS PPA LBS PPA TOTAL Psl BPM BBLS

STAGE1 16,390 16,558 168 49,300 | 0.25-0.75 217410 0.25-15 266,710 13,174 73.1 10,470
STAGE 2 16,146 16,308 162 50500 0.25-1.0 300,800 0.25-2.0 351,300 13,012 74.2 11,256
STAGE3 15,890 16,067 177 50,500 | 0.25-1.0 174,029 0.25-15 224,529 12,464 65.9 9,961
STAGE 4 15,640 15,795 155 53740 0.25-1.0 316,800 | 0.25-2.0 370,540 12,782 67.0 11,513
STAGES 15,390 15,558 168 56,080 | 0.25-1.0 313,020| 0.25-2.0 369,100 12,926 74.0 11,304
STAGE 6 15,140 15,308 168 52310 0.25-1.0 364,200 0.25-2.0 416,510 12,565 76.0 12,100
STAGE7 14,890 15,050 160 50,000 0.25-1.0 308,000] 0.25-2.0 358,000 12,792 71.6 12,087
STAGES 14,640 14,815 175 55410 0.25-1.0 298,000 0.25-2.0 353,410 12,975 67.0 12,309
STAGE9 14,400 14,543 143 51,870 0.25-1.0 292,580 0.25-2.0 344,450 12,837 71.5 10,859
STAGE 10 14,146 14,312 166 54590 0.25-1.0 300470 | 0.25-2.25 355,060 12,859 74.2 10,670
STAGE 11 13,894 14,058 164 50,500 | 0.25-1.0 305950 | 0.25-25 356,450 12,775 80.2 11,056
STAGE 12 13,640 13,808 168 44650 0.25-1.0 305380 0.25-2.0 350,030 12,804 81.4 10,934
STAGE 13 13,393 13,555 162 52,200 | 0.25-1.0 319,000 | 0.25-2.25 371,200 12,958 79.7 10,396
STAGE 14 13,140 13,308 168 47590 0.25-1.0 300,000 0.25-2.0 347,590 12,941 81.0 10,904
STAGE 15 12,890 13,058 168 50,350 | 0.25-1.0 300,720 | 0.25-2.0 351,070 12,837 85.8 10,978
STAGE 16 12,555 12,802 247 56424 | 0.25-1.25 302576 | 0.25-3.0 359,000 12,930 84.0 10,789

TOTAL 826,014 4,718,935 5,544,949 |  205,631.00 1218.6 178,186
Average 346,559.31 12,851.94 76.165) 11,136.63
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Table 2.2 Pumping schedule for a hydraulic fracturing treatment within the Eagle Ford shale play
using slickwater frac system in DeWitt County, Texas (Stegent et al. 2010).

Frop PropVolume Cumulative
Volum e Rata Proppant Conc per Stage Frop

(Gals) Fluid Type [BPM) Type fibigal) (Ibs) Yolume (lbs)
1000 20# Linear 1
1000 15% HCL Acid 10

Crop Ball for BP 10
4000 15% HCL Acid 10
4000 208 Xlink Geal 10
2000 20# Linear 10

Land Ball an BP 10
5000 20# Linear a5
10000 15# Mink a5
20000 20# Linear 40
2000 15# Mink 40 30/50 Sand 025 500 500
15000 20# Linear 45 a 500
2000 J15# Mink 45 30/50 Sand 0.3 600 1100
10000 20# Linear 50 a 1100
3000 35# Mink 50 30/50 Sand 0.5 1500 2600
10000 20# Linear 50 a 2600
3000 15# Mink 50 30/50 Sand 075 2250 4850
20000 J15# Xink 50 a 4850
10000 5% Mink 50 310/50 Sand 025 2500 T350
10000 15# Mink 50 30/50 Sand 0.5 5000 12350
10000 J5# Xink 50 30/50 Sand .75 7500 19850
10000 15# Mink 50 30/50 Sand 1 10000 20850
10000 35# Mink 50 30/50 Sand 125 12500 42350
10000 15# Mink 50 30/50 Sand 1.5 15000 57350
10000 15# Mink 50 20/40 Sand 1 10000 B67350
10000 35# Mink 50 20/40 Sand 125 12500 79850
10000 J15# Xink 50 20/40 Sand 1.5 15000 94850
15000 15# Mink 50 20/40 Sand 1.76 26250 121100
18000 15# Mink 50 20/40 Sand 2 36000 157100
10000 15# Mink 50 20/40 RCP 2 20000 177100
13000 J5# Mink 50 20/140RCP 225 20250 208350
15000 5# Mink 50 20/M40RCP 2.5 37500 243850
15000 35# Xink 50 20/40 RCP 275 41250 285100
5000 15# Mink 50 20/40 RCP 3 15000 300100
10000 10# Linear Flush 50
Jo3ooo

30



2.2 Stress Shadowing

Stress shadowing is a phenomenon that describes stress interference between fractures as
a result of stress changes. It occurs when a fracture is propagating near another fracture. Thus, the
new fracture geometry, growth, and treating pressure will be impacted due to the change in the
induced stress and strain field around the fracture (Barree 2015). An example of the stress shadow
phenomenon is represented in Figure 2.16 where the active fracture is a growing fracture while

passive fractures were created earlier.

Detectable

e s | | Fii.'ni'l.l':E fractures |

Figure 2.16 Stress shadow phenomenon within the same well whebg,[and T are wellbore
spacing between adjacent fractures, actual spacing between adjustment fractures, angle between
the wellbore and the fracture, respectively (Daneshy 2014).

Optimizing the density of induced fractures increases the effective stimulated reservoir
volume by optimizing the conductive paths between the reservoir and the wellbore to effectively
deplete the reservoir. In order to increase the fracture density, operators tend to decrease cluster
and stage spacing, hence increasing the potential of stress shadowing (Simpson et al. 2016).

Furthermore, stress shadows impact breakdown pressure, Instantaneous Shut-In Pressure (ISIP),
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and fracture conductivity. Fracture conductivity can change since stress shadowing would alter the
fracture width and create asymmetric wing lengths. In addition to that, in-situ stresses will be
increased when a hydraulic fracture is created (Nagel et al. 2017). Figure 2.17 shows how the
principal stresses can change along the wellbore during treatment. Changes in in-situ stresses can
cause fracture reorientation since the induced fracture propagates perpendicular to the minimum

stress, which might change as a result dfitn-stresses alteration (McKenna et al. 2017).
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Figure 2.17 Stresses alteration near the wellbore due to stress shadowing during hydraulic
fracturing treatment (Nagel et al. 2017).

It is important to understand the factors causing stress shadowing to avoid its negative
impacts, hence achieving the main goals of hydraulic fracturing. The factors that affect stress
shadowing are related to fracture completion. Fracture height and cluster and stage spacing have
the greatest influence on stress shadowing (Simpson et al. 2016). In horizontal wells, transverse
fractures are created during hydraulic fracture treatments. The stress in the center fgctures

higher than at the edges. Thus, the propagation of the center fractures is harder, which make them
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narrower and shorter (Cheng 2009). Figure 2.18 and Figure 2.19 illustrate the stress distribution
along a horizontal well and the expected fracture propagation while taking into consideration the
stress shadow, respectively. Cheng (2009) showed how the minimum horizontal stress changes
around induced fractures. As shown in FiguB2the change in the minimum horizontal stress

starts to increase around the induced fractures, which are represented by three red lines in the
figure; while it is decreasing beyond the fracture tips. The change is concentrated in the middle of
the transverse fractures due to stress shadowing. Tensile stress is causing a negative change in the

minimum stress around the tips of the fractures.

8 Ac,..,.psi

600

Figure 2.18 Minimum horizontal stress variation along a horizontal well caused by fractures
propagation while taking into account stress shadowing impact (Cheng 2009).
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Figure 2.19 Fracture geometry changes due to stress shadowing (Fisher et al. 2004).

2.3 Well Interference

Well interference has become a common challenge in unconventional reservoirs due to the
tighter well spacing and relatively large fracturing fluid volumes. Well interference occurs due to
direct pressure communication between adjacent wells, which eventually will influence the
production. In unconventional reservoirs, weHwell communication negatively impacts the
production from parent and child wells since the wells share the same stimulated reservoir volume

(Vidma et al. 2019). Lateral well spacing is an important factor in well interference, especially in
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high matrix permeability reservoirs. In high vertical anisotropy formations, fracture height also

can cause welle-well interference (Siddiqui and Kumar 2016).

Well interference can be characterized based on time of the interference and location of the
interference. Starting with the time of interference, there are four periods of tHeNMeeivhen
interference can occur: completion, production and pressure tests, flowback and/or early stage of
the well, and the entire life of the well. Frac hits can occur while completing the well; where
induced fractures grow toward nearby wells. Pressure alteration during production or pressure tests
indicates pressure communication between wells. Short-term and long-term production
interference occur throughout the early stages and whole life of the well, respectively. Having
short-term production interference does not mean that long-term production interference will take
place. These interferences can happen in hydraulic fractures, natural fractures, faults, rock matrix,

and the surface gathering system (Cao et al. 2017).

Well-to-well communication can be determined via pressure monitoring. The interference
can show either high or small pressure increases. A high-pressure increase would occur when the
wells are hydraulically connected together, while low-pressure increase is caused by fracture
shadowing, which happens when there is an interference between active fractures and old fractures
as illustrated in Figure 2.20 (Daneshy et al. 2012). Well interference can be avoided byirgptimiz
well spacing, decreasing tlesitu stress gradient by pressurizing the depleted zone, and using
near-wellbore or far-field diversion technologies in fracturing fluids to reduce fracture lengths

(Vidma et al. 2019).
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Figure 2.20 Welko-well communication due to fracture shadowing (Daneshy et al. 2012).
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CHAPTER 3

METHODOLOGY

For this research project, full 3D hydraulic fracture models were built for two wells, Well
B and Well C, in the Eagle Ford shale play using the Grid Oriented Hydraulic Fracture Extension
Replicator (GOHFER) software package. GOHFERreates geological models, geomechanical
models, and 3D hydraulic fracture models. Production analysis and pressure diagnostic can also
be done within the GOHFERsoftware package. These features were utilized in order to achieve
the research objectives. The methodology used in the research includes geological model
development, base model development, and sensitivity analyses. Each step is described thoroughly

in the following sections.

3.1 Geological Model Development

The first step to build a 3D fracture model for both wells is creating a geological model for
the studied ame The geological model is the base of the research since all the modeling will be
utilizing the developed geological model. The vertical penetration pilot section of the Well C well
logs were used to create the model. The wellbore survey and completion data are also essential to
generate the model. When the model is built, it must also be calibrated with available field data.

The process to build the geological model and calibragaliscussed in this section.

3.1.1 Well Placement

In order to start building the geological model, all the studied wells were included in the
geological model. GOHFERcharacterizes the wells as a treatment well or a reference well; the
treatment wells are the wells that will be analyzed while the reference well is used to generate

geological and geomechanical properties within the model. Since the wireline data were only
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available for Well C, the vertical section of Well C was identified as a reference vedlbore
surveys for Well B and Well C were used to reflect the exact location of the wells and their
directions, as well as their trajectories. Figure 3.1 and Figure 3.2 illustrate the wellbore placement
within the model for Well B and Well C, respectively. Well B was placed in the northwest with
an azimuth of 330 degrees, while Well C was positioned toward the southeast with an azimuth of
145 degrees. Both wells were drilled in the direction of the minimum stress (145/330 degrees),
hence the hydraulic fractures are expected to propagate perpendicular to both wells (235/55

degrees) (Heidbach et al. 2016).

Figure 3.1 Well B wellbore direction and trajectory in GOHFEBRsed on the wellbore survey
data. A vertical black bar is included in the bottom to show the scale in feet.
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Figure 3.2 Well C wellbore direction and trajectory in GOHEBRsed on the wellbore survey
data. A vertical black bar is included in the bottom to show the scale in feet.

3.1.2 Well Logs Processing

Raw well log data for Well C were uploaded into GOHFERer the wellbore placement
process. Gamma ray, resistivity, density, neutron porosity, and sonic data were obtained from the
Well C logs. Only gamma ray data were uploaded into the model for Well B in order tonperfor
geosteering process, which is discussed in Section 3.1.4, after creating the geological model. The
well log data for Well C were used to populate the grid properties in the model. These properties

were determined as explained in Section 3.1.2.1 to Section 3.1.2.3.
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3.1.2.1 Porosity and Permeability

Total porosity is defined as the ratio between the pore volume of the rock and its total
volume while the effective porosity is the ratio with respect to the volume of the interconnected
pores in the rock. Effective porosity was used in the model since only the interconnected pores are
capable of transmitting fluids. In order to determine the effective porosity, the average porosity
and volume of shale must be calculated. The average porosity is estimated using arithmetic and
root mean square averages of the neutron porosity and density porosity as shown in Equation 3.1
and Equation 3.2, accordingly. The density porosity is calculated from Equation 3.3 using a matrix
density of 2.71 gim® and fluid density of 1 ght® while the neutron porosity is measured during

the logging process.

The volume fraction of the shale is determined based on the rock bulk density as well as
gamma ray index using Equation 3.4 and Equation 3.5 (Asquith and Krygowski 2006, Thomas and
Stieber 1975). Total gamma ray uses the summation of Uranium, Thorium, and Potassium, while
the spectral gamma ray excludes Uranium. In unconventional reservoirs, the spectral gamma ray
is used to build the model and determine the gamma ray index since uranium salts can be present
in organic-rich shales. When the average porosity and the volume of shale are obtained, the
effective porositys calculated by Equation 3.6 (Bateman 1985). The determined effective porosity
was around 5% and 8% within the lower Austin Chalk and the Eagle Ford, respectively. Both
calculated effective porosities are within the average range for the formations (Pearson 2010,
Martin et al. 2011). Figure 3.3 shows the effective porosity and permeabilibe zones of

interest.
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T pecArithmetic average porosity, unitless
Tr: Neutron porosity, unitless

Ty Density porosity, unitless

Tqo e teROOt mean square average porosity, unitless
& 6 ¢ a uMatrix density, gém®

és Bulk density, g¢m?

éy ¢ o URUid density, gim®

kv Gamma ray index, unitless

) 4z sGamma ray reading from the log, gAPI
) 45y aGamma ray of clean sand, gAPI

) 45 6& Gamma ray of shale, gAPI

8. 0 6 Wglume of Shale, unitless

T, ggEffective porosity, unitless

T te Average total porosity, unitless

41

(3.1)

3.2

3.3

(3.4

(3.5

(3.6



E00 CALIPER 16.80
0.90 RESIST 200
1 PHIE 650

RHDB 3.08 1 G0D0DE-G PERM natr 0400 PHIE

LA

q.._...‘,_-...\,\v_.-—‘-._.-_._rv"'\_,...' A
3
L
.qr'\- - I..,I'u np e H""‘q-’\

Ljf"-uu-...-’u LA TSN T }Jﬁ

J\ WY
I\H

b, o

Fr T =
. [~

= "‘-‘\l’
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The determined effective porosity was used in order to calculate the permeability of the
studied area. The correlation used to estimate the matrix permeability is shown in Equation 3.7.
Since the reservoir is a shale reservoir, two was used as the permeability multiplier and the
permeability exponent was maintained as 3; where the recommended range in shale reservoirs for
the permeability multiplier and the permeability exponent are two to five md and one to three
respectively. The calculated matrix permeability average for the studied area was around 300 nd
where the average permeabilitythe Eagle Ford shale play is between 3 nd to 405 nd (Martin et
al. 2011). The determined permeability was relative to the permeability obtained by Alrashed
(2018), who developed a geological and geomechanical models for the RCP in the same study
area. The estimated permeability was calibrated afterward using the available DFIT as shown in

Section 3.1.3.

e | .ijI’ le.\dgdéé (37)

Where;

GPermeability, md

G ¢ gicPermeability multiplier, md
T, ygEffective porosity, unitless

G Permeability exponent, unitless
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3.1.2.2 Geomechanical Properties

Geomechanical properties control induceddfire propagation because the closure
pressure is a function ockRXQJTV PREBKOXRQTYVY UDWLR DQRXMMARWIV F
modulus was determined based on dynamic modulus using compressional and shear sonic logs
then converted to static modulus. DynanddR L V'V R Q 1 V alsdbcélduRted Dsihg the sonic
waves, butt was not convertedV R VW D W LF 3RdioxtividrtQ Barred &t Al.L(FRR09b), static
DQG G\QDPLF 3RLVVRQYVY UDWLR DUH VLPLO Ddge dakdirilek. G\QDP L
Figure 3.4 and Figure 3BOOXVWUDWH WKH UHODWLRQVKLS EHWZHHQ V\
<R X QJ 1 Vi, rRBo@cKwely. Equation 3.8 to Equation 3.10 show the calculations used to obtain
<RXQJTV PRGXOXV DQG 3RLVVRQYV UDWLR\QYBEPMW ZRXID INVH
modulus was converted to static modulus using the modified Eissa and Kazi (1988) correlation
shown in Equation 3.11 (Barree et al. 2009the effective porosity was used to determine the
YHUWLFDO %LRWTV SIRQUEHRHHDD ¥ WZLKLPRQWWB GQRUL]JRQWDO %LF
constant was assumed as one. The determined geomechanical properties for the zones of interest
are shown in Figure 3.6 he calculated geomechanical data were comparablggomechanical

model developed by the RCP for the whole studied area (Kaczmarczyk 2018).
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: Ratio of the travel time squared, unitless
: Shear wave travel time, microseconds/ft
: Compressional wave travel time, microseconds/ft
“ 3RLVVRQUNlessDWLR
b '\QDPLF <RXQJYWilRGIX O XV
ég Bulk density, g¢n’®

e 6WDWLF <RXQJTV PRGXOXV PLOOLRQ SVL

U &/ertical poroelastic constant, unitless

T, g gEffective porosity, unitless
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3.1.2.3 Pore Pressure and Closure Pressure

The Eagle Ford shale is an overpressured reservoir. The pressure gradient in the play is
around 0.8 psi/ft (EIA 2014). The pore pressure used in the model was estimated based on the
analyzed pressure data that were provided with the data. Instead of suddenly increasing the
pressure at the overpressured zone, the pressure has been ramped up from 0.43 psi/ft to 0.815 psi/ft
starting at the Austin Chalk (0.43 psi/ft) until reaching the Eagle Ford (0.815 psi/ft). After
obtaining the geomechanical properties and the pore pressure, the closure pressure (minimum
horizontal stress) was determined using Equation 2.1 shown in Section 2.1.1 while assuming
tectonic stresses and horizontal tectonic strain as zero. Additionally, the density raw data were
used to estimate the overburden pressure gradient, which was found to be 1.04 psi/ft. The pore
pressure and closure pressure must be calibrated with available field data before setting up the

grids. The model calibration process is discussed in the next section.

3.1.3 DFIT Analysis and Model Calibration

The created model using the available wireline data must calibrated before running any
simulation. The model was calibrated using the available diagnostic fracture injection tests (DFIT).
Both wells, Well B and Well C, were used to calibrate the model since each well hastiffere
direction and trajectory. The DFIT analyses were done in GOMFHR first step was to upload
the data and prepare them for the DFIT analyses. Figure 3.7 and Figure 3.8 show pretest, fracture
extension, and falloff periods for Well B and Well C, respectively. The pressure falloff period for
Well B was around 98 hours while Well C was around 166 hours. During the test, freshwater was
pumped using an average rate of 10 and 4 bpm and 7.7 and 4.4 bpm for Well C and Well B,
respectively. After preparing the data, the instantaneous shut-in pressure (ISIP) for both wells were

determine by analyzing the falloff period as shown in Figure 3.9 and Figure 3.10 using a regression
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analysis on the pressure data. The obtained ISIP for Well B and Well C were 5883 psi and 5372

psi accordingly.
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Figure 3.7 DFIT analysis diagnostics including pump rate, wellhead pressure, bottomhole pressure,
and gauge pressure for Well B.
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Figure 3.9 ISIP estimation for Well B by extrapolating a straight line to the ISIP on a semilog plot
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In order to start the DFIT analysis, the G-function time was calculated using Equation 3.13
to Equation 3.15 (Nolte 1979 and Nolte 1991). The G-function, square root of time, and log-log
analyses for both wells are shown in Figure 3.11 to Figure 3.16. The analysefaraeu to
estimate the closure pressure as well as the reservoir pressure and effective permeability. The
estimated closure pressures from the analyses, which were consistent in the G-function, square
root of time, and log-log, were 10910 and 10477 psi with closure gradient of 0.865 and 0.813 psi/ft
for Well B and Well C, accordingly.The analyses indicated that Well B has pressure-dependent
leakoff (PDL) with a coefficient of 0.00134 1/psi since the semilog derivative shows a hump
above the straight line. Whereas, Well C exhibits transverse storage with a coefficient of 0.00157
1/psi because the semilog derivative had a hump below the straight line. The PDL shows that
accelerated leakoff occurred mainly due to the presence of the natural fractures around Well B
while decelerated leakoff took place in Well C due to variable storage behavior (Barree et al.
2009a). The main results for both wells are represented in Table 3.1. The reservoir pressure can
be estimated since linear flow was achieved in both watld after-closure log-log and linear
analyses were used to estimate the reservoir pressure. Figure 3.17 to Figure 3.20 demonstrate
reservoir pressure estimation process for both wells. The obtained reservoir pressure and its
gradient for Well B and Well C were 10089 and 9644 psi and 0.80 and 0.75 psi/ft, respectively.

After-closure radial analyses were not done because neither wekddhehradial flow period.

The geological model was calibrated after performing the DFIT analyses. The two main
properties that were calibrated were the closure pressure and the reservoir pressure. Since the
reservoir pressure impacts the closure pressure (see Equation 2.1 in Section 2.1.1), the reservoir
pressure was calibrated first. Based on the well logs processing, the reservoir pressure in the model

was 13667 psi initially. An offset of 4000 psi was applied to the model to match the DFIT results.
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When the reservoir pressure was calibrated, the closure pressure in the model was matched with
the DFIT results by including the tectonic stresses and the horizontal tectonic strain. The applied

tectonic stresses and horizontal tectonic strain were -1500 psi and -50 microstrains, respectively.

The negative tectonic stress indicates that the tectonics at the zone of interests are under tension.
Even though the estimated value of the tectonic stresses was relatively high, it was used to calculate
the closure pressure since it calibrated the developed model with the actual field data. When other
values of horizontal tectonic strain and applied tectonic stresses were used, unreasonable fracture
geometries were obtained due to closure stress alteration mainly caused by the horizontal tectonic

strain. Furthermore, Alrashed (2018) estimated similar values for the pore pressure and the closure

pressure.
L (3.13)
CH %
v ) .
Ciemi Lo ks B amr®®F ¢ (3.14)
V Al
:CFr?L—éZCZC',H;EQ; (3.15
Where;

R; Dimensionless pumping time, unitless
PTotal time, hours

R: Total pumping time, hours

C Intermediate function, unitless

): G-time function, unitless

G Intermediate function whegp gis zero, unitless
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Table 3.1 Main parameters obtained from the DFIT analyses for Well B and Well C

Parameter Well B Well C
Pressure-Dependent Leakoff (PDL) Coefficient, PDLC (1/psi}| 0.0013 0.0016
Closure Gradient, CG (psi/ft) 0.865 0813

Process Zone Stress, PSZ (psi) 433 480
Closure Pressure, Pc (psi) 10910 10477

Fracture Gradient, FG (psift) 0.90 085

Fissure Opening Pressure, FOP (psi) 44 11
Bottomhole Pressure at Crtical FOP, CFOP (psi) 10953 10487
Effective Permeability from G Closure Time, k_g (md) 0.144 0.072
Linear Reservoir Pressure, Pp (psi) 10089 0644
Eeservoir Pressure Gradient, RG (psift) 0.800 0.748
G-Function Analysis
\ : ‘Z“?Em ‘
©

f(p.,G)
(9'd)

(1sdl) san:

2500
G Time

Figure 3.11 Well B G-function analysis. The closure pressure was estimated to be 10910 psi at
G-time of 14.4 (unitless).
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Figure 3.12 Well B square root of time analysis. The closure pressure was estimated to be 10910
psi at square of time of 16.88 (unitless).
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Figure 3.13 Well B log-log analysis. The closure pressure was estimated to be 10910 psi at log of
time of 285(unitless).
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Figure 3.14 Well C G-function analysis. The closure pressure was estimated to be 10477 psi at
G-time of 30.63(unitless).
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Figure 3.15 Well C square root of time analysis. The closure pressure was estimated to be 10477
psi at square of time of 26.4dnitless).
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Figure 3.16 Well C log-log analysis. The closure pressure was estimated to be 104¥agpsh at
time of 698.9qunitless).
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Figure 3.17 Log-log after-closure analysis (ACA) showing linear flow ffrh 0.18 to 0.14
(unitless) for Well B.
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Figure 3.18 Linear after-closure analysis (ACA) showing linear flow from 12.56 to 15.97 hours
for Well B. The pore pressure for Well B was estimated to 10089 psi.
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Figure 3.19 Log-log after-closure analysis (ACA) showing linear flow fromF189 to 0.141
(unitless) for Well C.
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Figure 3.20 Linear after-closure analysis (ACA) showing linear flow from 29.27 to 37.61 hours
for Well C. The pore pressure for Well C was estimated to 9644 psi.

3.1.4 Grid Setup

The grid setup was done after calibrating the geological model. Figure 3.21 shows the
S3RLVVRQYY UDWLR JULG SULRU WR WKH JULG VHWXS SURFHV
the regional dip, which was around two degrees, of the field to the model. Afterward, the structural
features, if any, were included in the grid. Two faults were present in the studied area; both faults
are intersecting with Well B é& Figure 3.22). When the faults were included in the grids,
geosteering was performed for both wells in order to ensure that the model reflects the exact
location of Well B and Well C. The gamma ray of the lateral section of both wells was utilized to
geosteer both wells in the model using the gamma ray from the reference well. Figure 3.23
represent the geosteer process for Well C. The final grid, which used a node size of ten feet and an
aspect ratio of two, for Well B and Well C are illustrated in Figure 3.24 and Fig2te 3.
respectively. As shown in the final grid, Well B targets the lower Eagle Ford while Well C targets

both the lower Austin Chalk and the middle Eagle Ford.
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Figure 3.23 Geosteering process for the geological model for Well C. The blue and green logs to
the left of the figure are the gamma ray logs for the reference well and the treatment well,
respectively. Poisson's ratio (PR) values are shown in the right using a legend with a color gradient

for values from 0.25 to 0.32 (unitless).
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Figure 3.24 Final grid setup showing Well B. Poisson's ratio (PR) values are shown in the right
using a legend with a color gradient for values from 0.25 to 0.32 (unitless).
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Figure 3.25 Final grid setup showing Well C. Poisson's ratio (PR) values are shown in the right
using a legend with a color gradient for values from 0.25 to 0.32 (unitless).

3.1.5 Error Analysis

The created geological and geomechanical model was developed using the vertical
penetration section of Well C wireline data. The determined grid properties were then populated
in the model laterally. Populating the properties laterally assumes a heterogeneous study area in
the lateral direction. Fracture propagation may be affected since uniform lateral geomechanical
properties were assumed, which impact the total stress profile in the model (see Equation 2.1 in
Section 2.1.1).Having additional vertical wells in the study area, lateral wireline data, or a geo-
model can take into consideration the lateral variation in the created geological and geomechanical

model; hence providing more accurate fracture geometries.
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3.2 Base Model Development

Base hydraulic fracture models for both wells, Well B and WelW€e created using the
treatment data for each well. Stimulation treatment for each stage in both wells was simulated and
matched to actual treatment data in the developed geological model. The following sections

discuss the methodology for base model development for the two treatment wells.

3.2.1 Well B Base Model

Simulation treatment field data for Well B were used to create fracture models in
GOHFER. Perforations were created in the treatment well before creating the treatment schedule.
The treatment was designed to be pumped in 15 stages with a total of 59;cldsstagies had
four clusters and one stage had three clusters. A total of 32 (8 per cluster) perforation shots were
placed in the wellbore for Stage 3 to Stage 15 while Stage 1, Stage 2, and Stage 3 had 24 perforation
shots. Table 3.2 shows the original designed treatment schedule for Well B. The actual treatment
designs for each stage were altered due to practical and/or operational reasons in tleetiimid. S
3.2.1.1 and Section 3.2.1.2 below dsspressure and production match process in order to create

the base model for Well B.

Table 3.2 Designed generic treatment schedule for Well B

Stage | Description Fracturing Fluid Proppant Type
1 Breakdown Sliclkowater None
2 Acid 15% Hydrochloric Acid None
3 Pre-Pad Sliclkowater None
4 Pad Slickwater None
5 Slurry 20# Water 100 Mesh Sand
6 Slarry 20= Hybor Guar 30/50 Sand
7 Pre-Flush 20= Hybor Guar None
g Flush Slickwater None
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3.2.1.1 Pressure Match

One of the critical properties to create the base model is treating pressure. The pressure
obtained from the fracture model, which was created by using the actual treatment schedule, in
GOHFER® was matched with actual field pressure data for each stage. The fracture model for each
stage was created using the reservoir properties, such as the PDL coefficient, determined from the
DFIT data. Transverse storage coefficient, real permeability factor, coefficient of discharge,
tortuosity erosion factor, and transverse exponent were assumed for all stages to be 0.0005 1/psi,
3 (unitless), 0.7 (unitless), 0 (unitless), and 1.2 (unitless), respectively. The transverse storage was
assumed using the rule of thumb when no storage is determined. For oil wells, real permeability
factor ranges from 2-5; where the used value in the model provided best pressure match. The fluid
flow through the perforations were not ideal, which was reflected in the model via the coefficient
of discharge. Transverse exponent and tortuosity erosion factor were altered until reaching the
pressure match. To match the simulator results with actual data, the width exponent, tortuosity
factor, and fracturing fluids friction factor were modified. Since the simulated job was hybrid frac
treatment, all stages had a width exponent from 3.2 to 3.3 (unitless) causing higher pressure
through time compad to lower width exponent. Wider and higher fractures were created due to
the increase in pressure caused by the assumed width exponent. The perforation tortuosity factor
ranged from 200 to 400 psi/bBfifor all stages but the first stage, which had 800 psiftpnit
was noticeable that the tortuosity factor decreased at later stages due to less near-wellbore pressure
loss. The tubular friction factor was adjusted for each fracturing fluid in each stagejar
friction factor for each fracturing fluid was used in the design in all stages. The modified design
parameters were adjusted until reaching a reasonable match. Figure 3.26 illustrates match results

for Stage 14. The pressure match resultslf@tages are included in Appendix A (see Figure A.1
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to Figure A.15). Qil, gas, and water rates from Well B were matched after obtaining the base
fracture model for Well BseeFigure 3.27). All stages were used to estimate the rates using well,
simulation, and reservoir properties obtained from the model. Transverse fracture properties were
obtained from the created base fracture model. To obtain the desired rate match, 0.0004 md, 0.39
(unitless), 0.40 (unitless), 0.21 (unitless), 1.2 bbl/STB, and 5000 scf/STB were used as effective
permeability, water saturation, gas saturation, oil saturation, oil formation volume factor, and gas-
oil ratio (GOR), respectively. A minimal difference was noted between the actual rates data and
modeled rates due to the changing GOR through the life of the well; where the GOR was

fluctuating during production.
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Figure 3.26 Well B pressure match results for Stage 14. The engine results shows both actual and
simulated data. The actual data are represented by dashed lines while the simulated data are
illustrated by solid lines.
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Figure 3.27 Well B oil, gas, and water production rates from the fracture model match with actual
rates for 750 days.

3.2.1.2 Production Match

Available production data were used to perform a rate-transient analysis production match.
Type curve, pseudo plot, semi-log, decline curve, rate decline analyses were done in order to match
the production. The conducted analyses to obtain the production match are demonstrated in Figure
3.28to Figure 3.32. The analyses use essential parameters, such as effective permeability, effective
fracture half-length, aspect ratio, drainage area, fracture conductivity, to perform the production
match. Figure 3.33 shows the pressure match for Well B by utilizing the properties obtained from

the performed analyses.
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Figure 3.28 Type curve analysis for Well B showing actual data along with their match. Theshelisin the left side of the type
curve including all the 15 stages.
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Figure 3.29 Pseudo plot analysis to determine Estimated Ultimate Recovery (EUR) of Well B along with its area and aspect ratio.
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Figure 3.30 Well B effective permeability (k), reservoir flow capacity (kh), skin, and fracture half-length (xf) obtained frolngSemi-
analysis.
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Figure 3.31 Decline curve analysis for Well B along with its parameter and results.
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3.2.2 Well C Base Model

Simulation treatment field data for Well C were used in GOHFERcreate fracture
models. Perforations were created in the treatment well before creating the treatraduatesc
The treatment was designed to be pumped in 16 stages with a total of 96 clusters; each stage had
six clusters. A total of 36 (6 per cluster) perforation shots were placed in the wellbore for each
stage. Table 3.3 shows the original designed treatment schedule for Well C. The actual treatment
designs for each stage were altered due to practical and/or operational reasons in thetiogid. Se
3.2.2.1 and Section 3.2.2.2 below discuss pressure and production match process in order to create

the base model for Well C.

Table 3.3 Well C generic designed treatment schedule.

Stage Description Fracturing Fluid Proppant Type
1 Breakdown Slickwater None
2 Acid 15% Hydrochloric Acid None
3 Pre-Pad Slickwater None
4 Slurry Slickwater 100 Mesh Sand
5 Spacer Slickowater None
6 Slurry Slickwater 100 Mesh Sand
7 Spacer Slickowater None
8 Slurry 252 Water 30/50 Sand
9 Slarry 25# Hvbor Guar 30/50 Sand
10 Spacer Slickwater None
11 Diverter Slickwater None
12 Pad Slickwater None
13 Acid 15% Hydrochloric Acid None
14 Pre-Pad Slickwater None
15 Slurry Slickwater 100 Mesh Sand
16 Spacer Slickwater None
17 Slurry Slickwater 100 Mesh Sand
18 Spacer Slickowater None
19 Slurry 25%# Water 30/50 Sand
20 Slarry 25# Hvbor Guar 30/50 Sand
21 Pre-Flush 25# Hybor Guar None
22 Flush Slickwater None
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3.2.2.1 Pressure Match

One of the critical properties to create the base model is treating pressure. The pressure
obtained from the fracture model, which was created by using the actual treatment schedule, in
GOHFER® was matched with actual field pressure data for each stage. The fracture model for
each stage was created using the reservoir properties, such as the PDL coefficient, determined from
the DFIT analysis. Transverse storage coefficient, real permeability factor, coefficient of
discharge, tortuosity erosion factor, and transverse exponent were assumed for all stages to be
0.0005 1/psi, 3 (unitless), 0.7 (unitless), 0 (unitless), and 1.2 (unitless), respectively. For oil wells,
real permeability factor ranges from 2-5; where the used value in the model provided best pressure
match. The fluid flow through the perforations were not ideal, which was reflected in the model
via the coefficient of discharge. Transverse exponent and tortuosity erosion factor were altered
until reaching the pressure match. To match the simutesoits with actual data, the width
exponent, tortuosity factor, and fracturing fluids friction factor were modified. Since the simulated
job was hybrid frac treatment, all stages haddth exponent from 3.15 to 3.40 (unitless) causing
higher pressure through time compared to lower width exponent. Wider and higher fractures were
created due to the increase in pressure caused by the assumed width exponent. The perforation
tortuosity factor ranged from 200 to 400 psi/Brfor all stagesThe tubular friction factor was
adjusted for each fracturing fluid in each stage; a similar friction factor for each fracturing fluid
was used in the design in all stages. The modified design parameters were adjusted until reaching
a reasonable match. Figure 3.34 illustrates match results for Stage 11. The pressure match results
for all stages are included in Appendix A (see Figure A.16 to Figure A.31). Qil, gas, and water
rates from Well C were matched after obtaining the base fracture model for Wek Eigsre

3.35). All stages were used to estimate the rates using well, simulation, and reservoir properties
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obtained from the model. Transverse fracture properties were obtained from the created base
fracture model. To obtain the desired rate match, 0.0012 md, 0.39 (unitless), 0.40 (unitless), 0.21
(unitless), 1.2 bbl/STB, and 7500 scf/[STB were used as effective permeability, water saturation,
gas saturation, oil saturation, oil formation volume factor, and gas-oil ratio (GOR), respectively.
A minimal difference was noted between the actual rates data and modeled rates due to the

changing GOR through the life of the well; where the GOR was fluctuating during production.

Figure 3.34 Stage 11 pressure match simulation results for Well C. The dashed lines show the
actual data while the engine results are represented by solid lines.
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Figure 3.35 Oil, gas, water production rates for Well C determined after creating the fracture
base model.

3.2.2.2 Production Match

Available production data were used to perform a rate-transient analysis production match.
Type curve, pseudo plot, semi-log, decline curve, rate decline analyses were done in order to match
the production. The conducted analyses to obtain the production match are demonstrated in Figure
3.36 to Figure 3.40. The analyses use essential parameters, such as effective permeability, effective
fracture half-length, aspect ratio, drainage area, fracture conductivity, to perform the production
match. Figure 3.41 shows the pressure match for Well C by utilizing the properties obtained from

the performed analyses.
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Figure 3.36Wél C type curve match analysis showing actual data along with their match. The well is shown in the left side of the
type curve including all the 16 stages.
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Figure 3.37 Estimation of Estimated Ultimate Recovery (EUR) of Well C along with its area and aspect ratio via pseudo plot analysis.
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Figure 3.38 Well C effective permeability (k), reservoir flow capacity (kh), skin, and fracture half-length (xf) obtained frolmgSemi-
analysis.
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Figure 3.39 Well C decline curve analysis parameters and results.
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Figure 3.40 Rate decline curve analysis for Well C showing initial rate (Qi), initial nominal decline (Di), Hyperbolic decline constant
(B), and abandonment rate (Aban).
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Figure 3.41 Qil, gas, and water production and rate match along with pressure match for Well C.
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3.2.3 Pressure Match Summary

Both wells, Well B and Well C, stimulation treatments were matched in GOHFER® using
the developed geological model. Actual field pressure data were matched with the data obtained
from GOHFER treatments simulation for each stage in both wells. These treatment stimulation
were executed to reflect what was actually done in the field. The pressure matches were achieved
(see Figure 3.26 and Figure 3)®¥ altering the transverse exponent and tortuosity erosion factor
were until reaching the pressure match. The width exponent, tortuosity factor, and fracturing fluids
friction factor were also modified to match the simulator results with the actual field pressure data.
The main purpose of the pressure match for both wells was to determine the generated fractures
geometry from the stimulation treatments for both wells. Figure 3.42 and Figure 3.43 illustrate the
obtained fractures geometry for Well C and Well B, respectively. After simulating the stimulation
treatments for both wells, the production for each stage in both wells was estimated using
GOHFEFR®. The production analyses provides produced fluid rates (see Figure 3.27 and Figure
3.41), which arenached with the actual production rates. The simulated rates were different since

the GOR was fluctuating during production for both wells.

3.2.4 Production Match Summary

Rate-transient analysis was performed in GOHFERorder to match the available field
production data for both wells. Production data generated from the rate-transient analyses for Well
B and Well C were matched using effective permeability, effective fracturdehaifh, aspect
ratio, drainage area, fracture conductivity. The estimated fluids total producticarhiziimal
difference even though the fluids rate were matched since the GOR was not stable throughout the

life of wells.
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Figure 3.42 A side view of Well C simulated fractures geometry for all stages. Both wells are illustrated; where Well B and Well C are
in green and yellow, respectively. Vertical and horizontal black bars are included in the bottom to show the scale in feet.
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Figure 3.43 Well B simulated fractures geometry side view for all stages. Both wells are illustratedMeh&eand WellC are in
green and yellow, respectively. Vertical and horizontal black bars are included in the bottom to show the scale in feet.
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3.3 Sensitivity Analyses

After both the geological and base model were created, sensitivity es@iyde be runn
order to optimize future well stimulation within the studied area. Well C trajectory was used to run
the analyses since the vertical penetration pilot section of the Well C well logs were usettto crea
the geological model (see Section 3.1) and to avoid any affects from the faults that intersect with
Well B. The optimum results are obtained based on production analysis (rate transient analysis)
done in GOHFER for each sensitivity. GOHFERutilizes Agarwal-Gardner (Agarwal et al.
1999) single phase type curve model with multiphase non-Darcy flow in the fracture to estimate
the production. Landing zone, fracturing fluids and their volume, proppant selection, and cluster
spacing analysiwere performed in order to optimize the treatment. Figure 3.44 shows the used
process to optimize the stimulation treatment. The used methodologies for each sensitivity along

with their parameters as well as their results are discussed in details in Chapter 4.
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CHAPTER 4

RESULTS AND DISCUSSION

The results of the sensitivity analyses and their parameters are discussed in detail in this
chapter. The sensitivities were run in the developed geological model for the studied area. The
stimulation treatment was optimized based on production analysis that was performed for each
sensitivity using GOHFER Landing zone, fracturing fluids and their volume, proppant selection,

and cluster spacing analgsdong with their parameters are covered in the following sections.

4.1 Landing Zone Sensitivity Analysis

Before the unconventional reservoir revolution, the Austin Chalk was the main producing
reservoir in the study area while the Eagle Ford was the source rock for the petroleum system
Currently, operators are producing from the Eagle Ford itself. Hydrocarbon production varies
across different formations within the play since each formation has its own characteristics.

Operators have drilled and completed numerous wells to test each formation.

Multiple synthetic wellbores were placed vertically in the developed geological model to
study various landing locations within the studied area. Optimization of landing locations is one
of the objectives for this study. All synthetic wellbores had the same properties; number of
perforation shots and clusters, cluster spacing, number of stages, and lateral length were fixed. The
analyzed landing zones were in the lower Austin Chalk, middle Eagle Ford, lower Eagle Ford, and
Pepper Shale. These landing zones were selected since they all had hydrocarbon production
potential based on the analyzed well logs. Two synthetic wellbores were created in the lower
Austin Chalk; one wellbore was placed in the top part of the lower Austin Chalk (see Figure 4.1

and the other was located in the lower part (see Figure 4.2). Figure 4.3 to Figure 4.5 illustrate the
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synthetic wellbores and their corresponding landing zones to analyze the Eagle Ford and the
Pepper Shale. The landing zones were tested by creating fracture models for each landing zone
usinga slickwater anda gel treatment. Both slickwater and gel treatments were used to take into
consideration the differences in the geological properties for each zone, where some zones may be
more productive when stimulated by slickwater fracture treatments, and vice versa. All fracture
models used the same stimulation treatment to determine the optimum landing zone in the studied
interval; fracturing fluids volume, proppant selection, and cluster spacing were maintained in all

designed treatment schedules.

Figure 4.1 Synthetic wellbore created in the developed geological model to study the top part of
the lower Austin Chalk.
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Figure 4.2 Synthetic wellbore created in the developed geological model to study the lower part
of the lower Austin Chalk.

Figure 4.3 Synthetic wellbore created in the developed geological model to study the middle Eagle
Ford.
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Figure 4.4 Synthetic wellbore created in the developed geological model to study the lower Eagle
Ford.

Figure 4.5 Synthetic wellbore created in the developed geological model to study the Pepper Shale.
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The fracture models created for each landing zoed 180% slickwater and 100% 30#
gel fracturing fluids. The pumping schedules for each zone are shown in Table 4.1 and Table 4.2
for the slickwater design and the gel design, respectively. Both designs used the exact same amount
of fracturing fluids and proppant, around 100,000 gallons of fracturing fluids and 120,000 pounds
of proppant, with a constant pumping rate of sixty barrel per minute. The pumping rate was
selected to ensure that the fractures keep propagating and gain extra length as well as minimizing
screenout potential compared to Eypumping rate. The landing zones were compared by their
hydrocarbon production for two years obtained from the GOHR&EBduction analysis package.
An Agarwal-Gardner (Agarwal et al. 1999) single phase type curve model with multiphase non-
Darcy flow in the fracture is utilized in GOHFER0 estimate the production. Reservoir
properties, such as effective permeability, water saturation, gas saturation, oil saturation, oil
formation volume factor, and gas-oil ratio (GOR), obtained from the base models were used while
estimating the oil production for each landing zone. Table 4.3 and Table 4.4 demonstrate the
resulting estimated oil production for each zone using the slickwater design and the gel design,

respectively.

All landing zones had significantly higher production when a gel system was used to
stimulate the well (see Table 4.3 and Table 4.4). The Eagle Ford performed 104% and 29% better
than the Austin Chalk for both the slickwater and gel systems, respedseelyable 4.5 and
Figure 4.6). The production analysis showed that the highest production, around 326 Mbbl, was
obtained from the Pepper Shale formation when stimulated with gel treatment. Each landing
interval within the Eagle Ford (Middle Eagle Ford, Lower Eagle Ford, and Pepper Shale) was

further investiga#d using a hybrid-frac system (see Section 4.2.1) in order to study the impact of
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fracturing fluids selection on the determined results. The Austin Chalk was not included in the

further analysis since it has less hydrocarbon production potential comparing to the Eagle Ford.

The gel system provided better production in the Pepper Shale formation for multiple
reasons. The gel generated higher, longer, and wider fracture growth compared to the slickwater
system due to the difference in physical properties for each fluid, such as the viscosity of the
fracturing fluids. For instance, the fractures created by gel treatment in the Middle Eagle Ford had
average height, width, and proppant cutoff length of 160 ft, 0.123 in., and 78 ft, respectively, while
the slickwater treatment in the Middle Eagle Ford created fractures with average height, width,
and proppant cutoff length of 139 ft, 0.075 in., and 50 ft, respectively (see TgbldHetaverage
proppant cutoff length is determined in GOHFHER the flowing fracture length with greater than
or equal to 2 md-ft effective conductivity. The estimated lengths are relatively low since created
lengths with less than @d-ft effective conductivity were not included in the estimation. Figure
4.7 and Figure 4.8 illustrate the proppant concentration within the generated Pepper Shale fracture
for slickwater and gel systems, respectively. The high minimum horizontal stress within the
studied intervals was another reason for the higher production when stimulating the formation by
gel. The generated fractures from slickwater were contained between the Buda and the Lower
Eagle Ford, while the gel treatment was capable of breaking into the Lower Eagle Ford since the

gel maintains its viscosity at the formation shear and temperature.
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Table 4.1 Designed pumping schedule using slickwater to analyze the landing zones within the
studied area

Table 4.2 Gel pumping schedule to analyze the landing zones within the studied area

Table 4.3 Estimated two-year production for each landing using GORI®EBN 100% slickwater
was used in the designed stimulation treatment
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Table 4.4 Results of 30# gel design estimated two-year production using GOHFER® for each
landing zone

Table 4.5 Difference in Average estimated oil production for two years for the Austin Chalk and
the Eagle Ford

Table 4.6 Generated transverse fractures properties for slickwater-frac and gel frac systems
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Figure 4.6 Comparison of landing zones estimated total oil production for slickwater design and 30# gel design.
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Figure 4.7 Proppant concentration within the first generated transverse fracture with total of six
clusters in the first stage, which was in the toe, of the Pepper Shale using slickwater. The legend
on the right illustrates the concentration of the proppant within the fracture. Vertical and horizontal
black bars are included in the bottom to show the scale in feet.
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Figure 4.8 The proppant concentration for the first transverse fracture generated with total of six
clusters in the first stage, which was in the toe, of the Pepper Shale by the gel treatment design for
the first stage within the Pepper Shale. The legend on the right illustrates the concentration of the
proppant within the fracture. Vertical and horizontal black bars are included in the bottom to show

the scale in feet.

98



4.2 Stimulation Treatment Sensitivity Analyses

Simulation treatment optimization was performed in the various landing zones using the
developed geological model. Numerous sensitivities were tested including fracturing fluids and
their volume, proppant selection, and cluster spacing. GOMRER utilized to run production
analyses for each sensitivity; the production analyses are based on an Agarwal-Gardner (Agarwal
et al. 1999) single phase type curve model with multiphase non-Darcy flow in the fracture.
Reservoir properties obtained from the base models were used to estimate the oil production. All

the performed sensitivity analyses and their results are discussed in the following sections.

4.2.1 Fracturing Fluids

Fracturing fluids play a major role in creating the fracture. Fracturing fluids were optimized
by using multiple fracturing fluids with different physical properties while maintaining the same
fluid volume, proppant selection, and cluster spacing. Slickwater, gel, and hybrid fracturing fluid
systems were used to create fracture models. As discussed in the previous section, pure gel systems
and slickwater systems were used to determine the most productive landing zones. It was
determined that the Eagle Ford had better hydrocarbon production when a gel design was used to

stimulate the formation (see Section 4.1).

Further analyses were performed using hybrid-frac designs in order to study the impact of
reducing the amount of gel in the treatment design since using less gel in the treatment can reduce
the cost of the well stimulation. Three hybrid treatments were analyzed within the Middle Eagle
Ford, the Lower Eagle Ford, and the Pepper SiH@l& gel with 30% slickwater, 50% gel with
50% slickwater, and 30% gel with 70% slickwater. Table 4.7 to Table 4.9 show the pumping
schedule used for all the hybrid treatments to analyze the Eagle Ford. A constant pumping rate of

sixty barrels per minute with fixed amounts of fracturing fluids and proppant, around 100,000
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gallons of fracturing fluids and 120,000 pounds of 30/50 sand proppant, were used in the analyses.
The pumping rate was selected to ensure that the fractures keep propagating and gain extra length
as well as minimizing screenout potential compared to lower pumping rate. All treatments used
the same pumping schedule, but the pad volume was modified to fit the created three hybrid
treatments fracturing fluid§percentages. Figure 4.9, Figure 4.10, and Figure 4.11 illustrate the
resulting proppant concentration in I1BAftithin the created fracture using the treatment designs of
70% gel with 30% slickwater, 50% gel with 50% slickwater, and 30% gel with 70% slickwater,
respectively. Each hybrid system was capable of creating a fracture that extends from the Pepper
Shale up into the Lower Eagle Ford, where thefgghysical properties helped to generate
additional fracture height by overcoming the stress barrier between the Pepper Shale and the Lower
Eagle Ford. The generated fractures properties, including average fracture height, width, and cutoff
length and average proppant concentration, for each hybrid system are shown in Tabléri0

the volume of the gel in the design was decreased, the created fractures were narrower and shorter
in length and height with less proppant within them. The decrease in the average proppant
concertation occurred because the proppant settled further away in the fractures (sek%-igure

Figure 4.10, and Figure 4.11).

Table 4.7 Pumping schedule for a hybrid treatment of 70% gel with 30% slickwater within the
Eagle Ford
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Table 4.8 Pumping schedule for a hybrid treatment of 50% gel with 50% slickwater within the
Eagle Ford

Table 4.9 Pumping schedule for a hybrid treatment of 30% gel with 70% slickwater within the
Eagle Ford

Table 4.10 Created transverse fractures properties within the Lower Eagle Ford (EF), the Middle
EF, and the Pepper Shale by using multiple hybrid-frac designs
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Figure 4.9 Proppant concentration and its distribution for the first transverse fracture with total of
six clusters in the first stage, which was in the toe, of the Lower Eagle Ford generated by a hybrid-
frac system with 70% gel and 30% slickwater. The legend on the right illustrates the concentration
of the proppant within the fracture. Vertical and horizontal black bars are included in the bottom

to show the scale in feet.
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Figure 4.10 Proppant concentration within the first generated transverse fracture with total of six
clusters in the first stage, which was in the toe, in the Lower Eagle Ford using 50% gel and 50%
slickwater treatment design. The legend on the right illustrates the concentration of the proppant
within the fracture. Vertical and horizontal black bars are included in the bottom to show the scale

in feet.
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Figure 4.11 Proppant concentration and its distribution for the first transverse fracture with total

of six clusters in the first stage, which was in the toe, in the Lower Eagle Ford generated by a
hybrid-frac system with 30% gel and 70% slickwater. The legend on the right illustrates the

concentration of the proppant within the fracture. Vertical and horizontal black bars are included
in the bottom to show the scale in feet.
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After creating the fracture model for each hybrid treatment, production analyses were
performed to estimate the oil production for two years. The results of the production analyses are
shown in Table 4.11. Figure 4.12 illustrates the estimated production after fracturing each zone
within the Eagle Ford using 100% gel, 70% gel with 30% slickwater, 50% gel with 50% slickwater,
30% gel with 70% slickwater, and 100% slickwater. Decreasing the gel percentage in the treatment
caused a decrease in the production from the Pepper Shale since the hybrid fracturing fluid
generated less conductive fractures. When less than 70% gel was used in the treatments, the Lower
Eagle Ford performed 5% and 28% better than the Pepper Shale for 50% gel with 50% slickwater
and 30% gel with 70% slickwater, respectively (see Table 4.12). Fracturing the Pepper Shale
generated better fractures network compared to the Lower Eagle Ford when pure gel treatment
was used since the conductive fractures were propagating within the Pepper Shale and the Lower
Eagle Ford resulting in 8% increase in production; hence producing oil from both of the
formations. Furthermore, decreasing percentage of the gel from 100%otavh¥éh treating the
Lower Eagle Ford did not cause any change in the estimated production, where the estimated
production was 301 Mbbl in both casesg$able 4.4, Table 4.11, and Figure 4.12). Thus, the 8%
increase in the estimated oil production between the Lower Eagle Ford and the Pepper Shale was

mainly produced from the Pepper Shale formation.

The production analyses showed that usii@0% gel treatment to fracture the Pepper
Shale can yield the highest oil production, around 326 Mbbl. However, the optimum fracturing
fluids were determined based on the treatment economics. The difference in oil production from
the Pepper Shale between using 100% gel and 70% gel with 30% slickwater was around eight
thousands barrel of oil (around 3% increase), which typically will not be worth the additional cost

of the treatment caused by the extra 30% gel in the treatment design. Simple economis analyse
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were performed in GOHFERto study the net present value (NPV) of using 100% gel and 70%
gel with 30% slickwater. The analyses used fixed economic parameters, such as well cost, discount
rate, and oil and gas prices, and variable fluid costs, where the gel price per stage was assumed to
be twice as much as the slickwater price per stage. The estimated NPV for both fracturing
treatments wsaround nine million dollars (see Figure 4.13 and Figutd)4The volume of fluid

used in the economic analyses was fixed as 100K gallons. A further analysis was performed in
Section 4.2.3 to determine the optimum volume, which was more than 100K. The economic
analyses for the optimum volume (see Section 4&e8¥shown in Figure 4.15 and Figure 4.16.

The analysis showed that the NPV for the 70% gel and 30% slickwater was higher than the pure
gel, 7.4 and 6.9 million dollars, respectively. Therefore, it was determined that the optimum
fracturing fluids system was a hybrid-frac system with 70% gel and 30% slickwater based on the

production analyses obtained from GOHEERd the economics.

Table 4.11 Estimated two-year production obtained from GOFF&Rr stimulating each zone
using multiple hybrid-frac system

106



Table 4.12 Estimated production differences between the Lower and Middle Eagle Ford and
Pepper Shale. Negative percentages mean that there was a decrease in estimetied oo due
Pepper Shale formation.

Figure 4.12 Estimated two-year production for the Lower Eagle Ford (EF), the Middle EF, and the
Pepper Shale formation using slickwater-frac system, gel-frac system, and hybrid-frac systems
determined by GOHFER Each color represendgdifferent treatment design as illustrated by the
legend in the top part of the figure.
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Figure 4.13 Economic analysis along with estimated oil production for pure gel fracturing system
within the Pepper Shale.

Figure 4.14 Estimated total production for 70% gel with 30% slickwater fracturing treatment in
the Pepper Shale formation and its NPV.
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Figure 4.15 Economic analysis along with estimated oil production for pure gel fracturing system
within the Pepper Shale using 175,000 gallons of fracturing fluid.

Figure 4.16 Estimated total production for 70% gel with 30% slickwater fracturing treatment in
the Pepper Shale formation using 175,000 gallons of fracturing fluid and its NPV.
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4.2.2 Proppant Selection

The optimum proppant selection was determined after determining the most productive
zone along with its corresponding fracturing fluids. Multiple sand proppants were analyzed to
achieve the highest hydrocarbon production from the Pepper Shale. 20/40, 30/50, 40/70, and 100
mesh proppant sizes were tested in the Pepper Shale using a hybrid-frac fluid with 70% gel and
30% slickwater while maintaining constant fracturing fluid volumes and constant cluster spacing
of 50ft. Production analyses were performed after creatfracture model for each proppant size

using GOHFER in order to compare the oil production for all the generated fracture models.

Fracture models were created in the Pepper Shale using multiple sand proppants. Table
4.13 to Table 4.16 show the treatment schedule for each fracture model. The stimulation treatment
used a constant pumping rate of sixty barrels per minute with fixed amounts of fracturing fluids
and proppant, which were around 100,000 gallons of fracturing fluid and 120,000 pounds of
proppant. The pumping rate was selected to ensure that the fractures keep propagating and gain
extra length as well as minimizing screenout potential compared to lower pumping rate. Production
analysis was performed GOHFER for each proppant size after obtaining the generated fracture
properties (see Tablel). Figure 4.17 to Figure 4.20 illustrate the distribution of the proppant
within the fractures for all proppant sizes. The estimated production for all treatments within the
Pepper Shale are demonstrated in Table 4.18 and Figure 4.21. The estimated production increased
by 172 Mbbl, around 97% increase, when 20/40 sand was used instead of 100 mesh sand proppant
Same trend was observed during the analyses, where using smaller proppant size yield less oll

production compared to bigger proppants (see Tablg.4.19
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Table 4.13 Stimulation treatment schedule created to analyze the hydrocarbon production when
20/40 sand proppant was used to fracture the Pepper Shale.

Table 4.14 30/50 sand proppant sensitivity pumping schedule to hydraulically fracture the Peppe
Shale formation.
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Table 4.15 Hydraulic fracture treatment pumping schedule in the Pepper Shale using 40/70 sand
proppant.

Table 4.16 Created treatment schedule to generate fracture model for the Pepper Shale formation
using 100 mesh sand proppant.
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Table 4.17 Generated transverse fracture properties when using multiple sand proppant sizes in
order to stimulate the Pepper Shale formation.

Table 4.18 Estimated oil production from the Pepper Shale obtained from GOHIFER
stimulating the formation with different proppant size.

Table 4.19 Percentage change in estimated oil production between 20/40 sand proppant and 30/50,
40/70, and 100 mesh sand proppant. The percentages reflect the decrease in production compared
to 20/40 estimated production.
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Figure 4.17 Proppant concentration in the generated fracture with total of six clusters in the first
stage, which is in the toe, of the Pepper Shale from hydraulic fracture treatment with proppant size
of 20/40. The legend on the right illustrates the proppant concentration fn \tgftical and
horizontal black bars are included in the bottom to show the scale in feet.
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Figure 4.18 30/50 sand proppant concentration within generated fracture with total of six clusters
in the first stage, which is in the toe, of the Pepper Shale. The legend on the right illustrates the
proppant concentration in I7ftVertical and horizontal black bars are included in the bottom to

show the scale in feet.
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Figure 4.19 Proppant concentration grid obtained from GOFFRERg 40/70 proppant sand in
the toe of the Pepper Shale. The legend on the right illustrates the proppant concentratién in Ib/ft
Vertical and horizontal black bars are included in the bottom to show the scale in feet.
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Figure 4.20 Proppant concentration in the created fracture with total of six clusters by 100 mesh
sand proppant in the toe of the Pepper Shale. The legend on the right illustrates the proppant
concentration in Ib/ft Vertical and horizontal black bars are included in the bottom to show the

scale in feet.
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Figure 4.21 Estimated two-year production when stimulating the Pepper Shale using multiple proppant sizes.
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Further analyses on proppant were done in Predict-K® to understand the reasons that
changed the estimated production when the size of proppant was changed. Dynamic conductivity
analysis was performed for all each proppant size to analyze their conductivity under the studied
area stress (see Figure 4.22). Figure 4.23 shows production analysis done in Predict-K® based on
the generated fracture model properties for each proppant. The production analysis in Predict-K®
demonstrated that bigger proppant generated more productive fractures even though the estimated
dynamic conductivities in Predict-K® were similar at the studied area stress, which was around
10,500 psi. The difference in production occurred due to multiple damaging mechanisms,
including grain embedment, grain spalling, and non-Darcy multiphase effect (see Table 4.20 and
Table 4.21). The non-Darcy effect impact the production rapidly in 100 mesh proppant, while it
took more time to impact 20/40 proppant. This impact was responsible for producing less
hydrocarbon in early times when using finer proppants. Therefore, bigger proppant, such as 20/40,

was capable of producing more oil compared to finer proppants.

Figure 4.22 Proppant conductivity in md-ft for multiple proppants at different stress values
obtained from Predict-K The studied area stress is around 10,500 psi. The legned in the top right
corner shows all the proppant used in the analysis.
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Figure 4.23 Production analysis performed in Predftfdf all proppants based on the fracture
models generated in GOHFERThe legned in the top right corner shows all the proppant used
in the analysis.

Table 4.20 Conductivity damage factors determined by PredidoKmultiple proppant under
10,000 psi stress
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Table 4.21 Production damage mechanisms for 20/40, 30/50, 40/70, and 100 mesh sand proppant
through time

121



Higher hydrocarbon production was estimated when using 20/40 and 30/50 sand proppants
because they generated the longest propped fractures with the highest estimated oil production,
around 350 Mbbl and 318 Mbbl, respectively. Multiple hybrid proppant sizes were studied using
20/40 and 30/50 sands with different ratios, where the bigger proppant was pumped after the
smallest proppant (see Table 4.22). 20/40 and 30/50 were used since both proppants provided the
higher estimated production than 40/70 and 100 mesh proppants. The hybrid systems used around
60% 20/40 sand with 40% 30/50 sand and 90% 20/40 sand with 10% 30/50 sand. Only these
systems were tested since the estimated hydrocarbon production was decreasing when 30/50 sand
proppant was introduced in the treatment schedule due to non-Darcy multiphase effect. The
production analyses for all sizes of proppants, including the hybrid proppant systems, showed that
the optimum oil production from the Pepper Shale was obtained when 20/40 sand proppant was

used during the well stimulation treatment (see Figure 4.21).

Table 4.22 Generic hybrid proppant size pumping schedule using 20/40 sand and 30/50 sand to
stimulate the Pepper Shale formation.
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4.2.3 Fracturing Fluid Volumes

Different volumes of fracturing fluids were analyzed in GOHEE®Robtain the optimum
volume to stimulate the Pepper Shale formation. Fracture models were developed using 75,000
(75K), 100,000 (100K), 150,000 (150K), 175,000 (175K), 200,000 (200K), and 300,000 (300K)
gallons of fracturing fluids. A hybrid-frac system with 70% gel and 30% slickwater along with
20/40 sand proppant were used to generate the fracture models while maintaining a constant cluster
spacing of 50 ft. The optimum volume of fracturing fluids was determined based on production
analyses for each volume, where GOHEERs utilized to estimate the hydrocarbon production

for two years using the created fracture models.

Volumes of fracturing fluids were analyzed by creating multiple fracture models with
different volumes. The fracture models were created in GOBRERg the treatment schedules
in Table 4.23 to Table 4.28. The same pumping schedule was used to create the fracture models,
but the treatment volume was changed accordingly. Even though the fracturing fluid volumes were
changing, the fracturing fluids ratio was maintained to be 70% of gel and 30% of slickévater.
constant pumping rate of sixty barrels per minute was used to pump the treatment. The pumping
rate was selected to ensure that the fractures keep propagating and gain extra length as well as
minimizing screenout potential compared to lower pumping rate. The amount of proppant was
modified when the fracturing fluids volume was changed since the proppant was pumped along
with the fracturing fluids; higher volume of fracturing fluids requires higher proppant volume
100,000 gallons was the initial studied volume. Afterward, fracturing fluids volume was increased
to 300,000 gallons to test the volume impact on the stimulation results. Figure 4.24 to Figure 4.29

illustrate the proppant concentration obtained from different volumes of fracturing fluids. The
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generated fractured properties, such as average fracture height and cutoff length, are shown in

Table 4.29.

Table 4.23 Pumping schedule to hydraulically fracture the Pepper Shale formation using 75,000
gallons of 70% gel and 30% slickwater with 20/40 sand.

Table 4.24 Pumping schedule to hydraulically fracture the Pepper Shale formation using 100,000
gallons of 70% gel and 30% slickwater with 20/40 sand.
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Table 4.25 Pumping schedule to hydraulically fracture the Pepper Shale formation using 150,000
gallons of 70% gel and 30% slickwater with 20/40 sand.

Table 4.26 Pumping schedule to hydraulically fracture the Pepper Shale formation using 175,000
gallons of 70% gel and 30% slickwater with 20/40 sand.
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Table 4.27 Pumping schedule to hydraulically fracture the Pepper Shale formation using 200,000
gallons of 70% gel and 30% slickwater with 20/40 sand.

Table 4.28 Pumping schedule to hydraulically fracture the Pepper Shale formation using 300,000
gallons of 70% gel and 30% slickwater with 20/40 sand.

Table 4.29 Average generated transverse fracture properties in the Pepper Shale by using multiple
volumes of hybrid-frac system with 70% gel and 30% slickwater.
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Figure 4.24 Proppant concentration within the generated fracture when 75K gallons of fracturing
fluids was used to stimulate the first stage, which had a total of six clusters, in the well toe in the
Pepper Shale formation. The legend on the right illustrates the proppant concentratiof in Ib/ft
Vertical and horizontal black bars are included in the bottom to show the scale in feet.
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Figure 4.25 Proppant concentration and its distribution for the first transverse fracture generated
by a 100K gallons of 70% gel and 30% slickwater in the first stage, which had a total of six clusters,
in the well toe in the Pepper Shale Formation. The legend on the right illustrates the proppant
concentration in Ib/ft Vertical and horizontal black bars are included in the bottom to show the
scale in feet.
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Figure 4.26 Proppant concentration within the generated fracture when 150K gallons of fracturing
fluids was used to stimulate the first stage, which had a total of six clusters, in the well toe in the
Pepper Shale formation. The legend on the right illustrates the proppant concentratiofi in Ib/ft
Vertical and horizontal black bars are included in the bottom to show the scale in feet.
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Figure 4.27 Proppant concentration within the generated fracture when 175K gallons of fracturing
fluids was used to stimulate the first stage, which had a total of six clusters, in the well toe in the
Pepper Shale formation. The legend on the right illustrates the proppant concentratiof in Ib/ft
Vertical and horizontal black bars are included in the bottom to show the scale in feet.
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Figure 4.28 Proppant concentration within the generated fracture when 200K gallons of fracturing
fluids was used to stimulate the first stage, which had a total of six clusters, in the well ®e in th
Pepper Shale formation. The legend on the right illustrates the proppant concentratiofi in Ib/ft
Vertical and horizontal black bars are included in the bottom to show the scale in feet.
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Figure 4.29 Proppant concentration and its distribution for the first transverse fracture generated
by a 300K gallons of 70% gel and 30% slickwater in the first stage, which had a total of six clusters,
in the well toe in the Pepper Shale formation. The legend on the right illustrates the proppant
concentration in Ib/ft Vertical and horizontal black bars are included in the bottom to show the
scale in feet.
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When the fracture models were generated, production analysis for each model was
performed. Table 4.30 and Figure 4.30 demonstrate the estimated oil production for all fracture
models. Changing the fracturing fluids volume from 100,000 to 300,000 gallons increased the
estimated production by 225 Mbbl, while decreasing the fluids volume from 300,000 to 175,000
gallons decreased the production by 1%, around 3 Mbbl (see Table 4.31). The optimum volume
was obtained by ensuring that created fractures were conductive and connected to the wellbore
while sustaining the optimum hydrocarbon production. The additional fracturing fluids helped to
increase the fracture width, height, and cutoff length (see Table 4.29.). Minimal increments in the
generated fracture height and width occurred when more than 175K gallons of fracturing fluids
were used. Since the oil production mainly depends on the fracture properties, similar oil
productions were estimated if more than 175,000 gallons of fracturing fluids were used to generate
the hydraulic fractures due to the comparable flowing area within the fracture (see Figure 4.30).
The increase of estimated production from using more than 175,000 gallons of fracturing fluids
were 0% and 1% for 200,000 and 300,000 gallons, respectively (see Table 4.31). The production
analyses demonstrated that using 175K gallons to stimulate the Pepper Shale formatdn yield

the optimum oil production.

Table 4.30 Estimated total oil production obtained from GOHFERusing different fracturing
fluids volume.
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Table 4.31 Percentage change in estimated oil production between 175,000 gallons of fracturing
fluids and numerous volumes. The negative percentage indicates that the production increased,
and vice versa.

Figure 4.30 Estimated oil production for two years from the Pepper Shale formation for multiple
fracturing fluid volumes
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4.2.4 Cluster Spacing

Cluster spacing sensitivities were run to obtain the optimum cluster spacing in the Pepper
Shale formation. The optimum cluster spacing was selected based on production analysis and
minimizing the negative impact from stress shadowing. Optimizing the cluster spacing ensures
that more SRV is connected to the wellbore, hence producing the optimum volume of
hydrocarbons. 175K gallons of a hybrid-frac system with 70% gel and 30% slickwater along with
20/40 sand proppant were used to develop fracture models in GGHFERvarious cluster
spacing. Fracturing fluids and their volume and proppant type were selected based on the analyses
performed in Section 4.2.1 to Section 4.2.3. Initially, 50 ft cluster spacing was used; and then it
was increased and decreased toftd8@nd 20ft, accordingly, in order to test its impact on
hydrocarbon production. GOHFERvas utilized to analyze the hydrocarbon production for the

created fracture models to determine the optimum cluster spacing.

Multiple fracture models were created using 20 ft,ft3310 ft, 50 ft, and 80ft cluste
spacing. The pumping schedule used to create the fracture models is shown in Taflee4.23
stimulation treatment used a constant pumping rate of sixty barrels per minute with a fixed amount
of fracturing fluids and proppant, around 175,000 gallons of fracturing fluid and 230,000 pounds
of proppant. The pumping rate was selected to ensure that the fractures keep propagating and gain
extra length as well as minimizing screenout potential compared to lower pumping rate. The
generated fracture properties for each cluster spacing are represented in TalieodiB2ion
analysis was performed for two years in GOHEE&ter obtaining the generated fracture
properties for all proppants. The estimated production for each treatment with its corresponding
number of stages are demonstrated in Tal#8 dnd Figure 4.31. All fracture models covered

lateral length of 480@ in the reservoir and only 30 and 60ft cluster spacing fracture models
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covered lateral length of 4680 30ft and 60ft cluster spacing designs covered f2léss since

the wellbore design cannot fit the stages with 30 ft or 60 ft in 4800 ft. Covering less reservoir area
will impact the production negatively, and vice versa.ft36luster spacing had the maximum
estimated oil production even though it covered less lateral length of the reservoir. The difference
in estimated production from 30 ft spacing and 20 ft and 40 ft were 8% and 1%, accordingly (see
Table 4.34)When 80ft cluster spacing was analyzed, the estimated production dropped by 24%,

around 75 Mbbl, compared to the 8&pacing.

Decreasing the cluster spacing increases the fractures density within the reservoir; and the
closer the generated fracture the higher potential of stress shadowing. Cluster spacing was
optimized in the model by increasing the number of created fractures while minimizing the
negative impact of stress shadowing. More oil was produced when less cluster spacing was used
since more SRV was covered (see Table 4.33). However, 20 ft cluster spacing showed less
estimated oil production than 30Dcluster spacing due to the high negative impact from stress
shadowing within the created fractures in thef2@luster spacing design. The optimum oil
production was obtained using 30 ft cluster spacing because the generated fractures connected the

SRV with the wellbore with the minimum stress shadowing negative impact.
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Table 4.32 Generated transverse fractures average properties for multiple cluster spacing within
the Pepper Shale formation.

Table 4.33 Cluster spacing oil production analyses results within the Pepper Shale formation.

Table 4.34 Percentage change in estimated oil production betwdedBfer spacing and 20 ft,
40 ft, 50ft, and 60ft cluster spacingThe percentages reflect the decrease in production from 30
ft cluster spacing.
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Figure 4.31 Estimated oil production for two years using different cluster spacing in the Pepper Shale using 175K gdiidngl-
frac system with 70% gel and 30% slickwater along with 20/40 sand proppant.
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4.2.5 Treatment Optimization Summary

Fracturing fluids and their volume, proppant selection, and cluster spacing were analyzed
in order to optimize future treatments within the Pepper Shale formation. Multiple sensitivities
were used to build fracture models using the developed geological and geomechanical model to
study the effect of each sensitized parameter. The optimum fracturing fluids and their volume,
proppant size, and cluster spacing were determined based on two-year production analyses ran in

GOHFER for each fracture model.

Slickwater, gel, hybrid fracturing fluid systems with multiple volumes were studied
75,000 gallons to 300,000 gallons of fracturing fluids were analyzed. The best oil production was
obtained when 175,000 gallons of a hybrid-frac system with 70% gel and 30% slickwater was used
to stimulate the Pepper Shale formation. The proppant sensitivity showed that pumping 20/40 sand
was better than 30/50, 40/70, and 100 mesh sand proppdnt3@€, 40 ft, 50 ft, 6Ct, and 80t
cluster spacing were tested using 175,000 gallons of a hybrid-frac system along with 20/40 sand
and 30ft spacing was the optimum since it had minimum stress shadowing effect compared to 20

ft cluster spacing.
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CHAPTER 5

CONCLUSIONS AND RECOMMENDATIONS

The main results, as well as the outcenoé this research are summarized in this chapter.

Recommendations and future work are also discussed in this chapter.

5.1Conclusiors

The Eagle Ford shale play is one of the most récetgveloped unconventional plays
Well stimulation treatments within the play were varied across the play with different outcomes.
This research helps to obtain optimum hydrocarbon production from the studied area. The
optimum production was determined by landing zone, fracturing fluids and their volume, proppant
selection, and cluster spacing sensitivity analyses. The data provided by the Reservoir
Characterization Project (RCP) were utilized to develop a geological and geomechanical model of
the studied areim GOHFEFR. Base fracture models were created for two wells, Well B and Well
C, using the developed geological model. These fracture models provided the reservoir properties
within the area of study in order to use them in the landing zone and stimulation treatment
optimization process. Fracture models were created for each sensitized padamiate the
optimization process. The optimum parameters were determined based on productiors analyse
performed in GOHFER for each developed fracture model. The following conclusions were

drawn from the analyses:
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x Developed fracture geometries in the base fracture models for Well B and Well C
provided insights about fracture propagation within the studied area. These insights
were then utilized to obtain realistic fracture models for each sensitized parameter.

X The Eagle Ford shale performed better than the Austin Chalk regardless of the
fracturing fluid selection. The increase in the estimated production when the Eagle
Ford was targeted instead of the Austin Chalk was 104% and 29% using slickwater
and gel treatments, respectively.

X Landing zone analyses within the Eagle Ford demonstrated that the Pepper Shale
formation had higher oil production potential than the Middle Eagle Ford and the
Lower Eagle Ford. The Pepper Shale may produce 8% and 5% more oil when
stimulated with pure gel compared to the Lower Eagle Ford and the Middle Eagle
Ford, respectively.

x Gel fracturing fluid yield the highest estimated oil production, around 326 Mbbl,
from the Pepper Shale. Introducing 30% of slickwtdehe treatment design only
decreased the estimated production by eight thousand barrels of oil, around 3%. A
hybrid fluid system with 70% gel and 30% slickwater appears to be the optimum
fracturing fluid treatment for the studied area depending on the treatment
economics.

X Both production analyses performed in GOHFE&d Predict-R showed the
20/40 sand proppant yield the highest production in the Pepper Shale formation as
a result of dynamic conductivity damaging mechanisms, including non-Darcy

multiphase effect and grain embedment and spalling.
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X Fracturing fluid volume sensitivities analgshowed that the optimum volume to
use in the hydraulic fracturing treatment for the Pepper Shale was 175,000 gallons.
Only a1% increase in estimated oil production occurred when 300,000 gallons of
fracturing fluids were used compared to 175,000 gallons per stage due to the
minimal increase in the generated fracture height and width, which yielded slightly
lower estimated oil production. The determined volume ensures that the created
fractures were conductive and connected to the wellbore while sustaining the
optimum hydrocarbon production.

X Generating hydraulic fractures using BCluster spacing resulted in the highest
estimated oil production, around 387 Mbbl, with minimum negative impact to the
oil production due to stress shadowing.

x Future hydraulic fracturing treatments within the studied area may increase the
production from the Eagle Ford significantly compared to previous stimulation jobs
by generating hydraulic fractures using 175,000 gallons of fracturing fluids per

stage of 70% gel and 30% slickwater along with 20/40 sand proppant.

5.2Recommendations
This research provides optimization of the well stimulation process within the Eagle Ford.
Further analyses are required when developing new wells in the area. Based on the conclusions

drawn from this research, the following are recommendations for future work:
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Performa full economic analysis for the studied area since well stimulation can be
dependent on logistical challenges within the field, as well as different sensitized
parameters in the treatment optimization process. The optimum well stimulation
may be updated by combining these research results with the economic analysis.
Develop a full reservoir model, including reservoir flow model, to further
understand the reservoir. The model will be beneficial to study tolkll
communication in order to determine optimum well spacing within the studied
field, which can provide future child well locations in the studied area.

Utilize the developed geological and geomechanical model to create a full well
development in the studied area.

Analyze engineered completions potential in various landing zones and compare
their economics against conventional completions.

Perform further analysis on landing zone optimization since higher hydrocarbon
production may be obtained when landing the weihultiple zones, where some

zones are rich with natural gas and the others are oil rich.
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APPENDIX A

PRESSURE MATCH RESULTS

The obtained pressure match for all stages to create fracture models for both wells, Well B
and Well C, are included in this Appendix. Figure A.1 to Figure A.15 illustrate the pressure match
results for stages in Well B while Well C pressure match results are shown in Figure A.16 to Figure

A.31.

Figure A.1 Well B pressure match results for Stage 1. The engine results shows both actual and
simulated data. The actual data are represented by dashed lines while the simulated data are
illustrated by solid lines.
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Figure A.2 Well B pressure match results for Stage 2. The engine results shows both actual and
simulated data. The actual data are represented by dashed lines while the simulated data are
illustrated by solid lines.
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FigureA.3 Well B pressure match results for Stage 3. The engine results shows both actual and
simulated data. The actual data are represented by dashed lines while the simulated data are
illustrated by solid lines.
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FigureA.4 Well B pressure match results for Stage 4. The engine results shows both actual and
simulated data. The actual data are represented by dashed lines while the simulated data are
illustrated by solid lines.
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FigureA.5 Well B pressure match results for Stage 5. The engine results shows both actual and
simulated data. The actual data are represented by dashed lines while the simulated data are
illustrated by solid lines.
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FigureA.6 Well B pressure match results for Stage 6. The engine results shows both actual and
simulated data. The actual data are represented by dashed lines while the simulated data are
illustrated by solid lines.
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FigureA.7 Well B pressure match results for Stage 7. The engine results shows both actual and
simulated data. The actual data are represented by dashed lines while the simulated data are
illustrated by solid lines.
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Figure A.8 Well B pressure match results for Stage 8. The engine results shows both actual and
simulated data. The actual data are represented by dashed lines while the simulated data are
illustrated by solid lines.
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FigureA.9 Well B pressure match results for Stage 9. The engine results shows both actual and
simulated data. The actual data are represented by dashed lines while the simulated data are
illustrated by solid lines.
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FigureA.10 Well B pressure match results for Stage 10. The engine results shows both actual and
simulated data. The actual data are represented by dashed lines while the simulated data are
illustrated by solid lines.
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FigureA.11 Well B pressure match results for Stage 11. The engine results shows both actual and
simulated data. The actual data are represented by dashed lines while the simulated data are
illustrated by solid lines.
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FigureA.12 Well B pressure match results for Stage 12. The engine results shows both actual and
simulated data. The actual data are represented by dashed lines while the simulated data are
illustrated by solid lines.
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FigureA.13 Well B pressure match results for Stage 13. The engine results shows both actual and
simulated data. The actual data are represented by dashed lines while the simulated data are
illustrated by solid lines.
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FigureA.14 Well B pressure match results for Stage 14. The engine results shows both actual and
simulated data. The actual data are represented by dashed lines while the simulated data are
illustrated by solid lines.
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FigureA.15 Well B pressure match results for Stage 15. The engine results shows both actual and
simulated data. The actual data are represented by dashed lines while the simulated data are
illustrated by solid lines.
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FigureA.16 Stage 1 pressure match simulation results for Well C. The dashed lines show the actual
data while the engine results are represented by solid lines.
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FigureA.17 Stage 2 pressure match simulation results for Well C. The dashed lines show the actual
data while the engine results are represented by solid lines.
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FigureA.18 Stage 3 pressure match simulation results for Well C. The dashed lines show the actual
data while the engine results are represented by solid line.
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FigureA.19 Stage 4 pressure match simulation results for Well C. The dashed lines show the actual
data while the engine results are represented by solid lines.
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FigureA.20 Stage 5 pressure match simulation results for Well C. The dashed lines show the actual
data while the engine results are represented by solid lines.
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FigureA.21 Stage 6 pressure match simulation results for Well C. The dashed lines show the actual
data while the engine results are represented by solid lines.
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FigureA.22 Stage 7 pressure match simulation results for Well C. The dashed lines show the actual
data while the engine results are represented by solid lines.
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FigureA.23 Stage 8 pressure match simulation results for Well C. The dashed lines show the actual
data while the engine results are represented by solid lines.
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FigureA.24 Stage 9 pressure match simulation results for Well C. The dashed lines show the actual
data while the engine results are represented by solid lines.
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Figure A.25 Stage 10 pressure match simulation results for Well C. The dashed lines show the
actual data while the engine results are represented by solid lines.

174



Figure A.26 Stage 11 pressure match simulation results for Well C. The dashed lines show the
actual data while the engine results are represented by solid lines.
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Figure A.27 Stage 12 pressure match simulation results for Well C. The dashed lines show the
actual data while the engine results are represented by solid lines.
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Figure A.28 Stage 13 pressure match simulation results for Well C. The dashed lines show the
actual data while the engine results are represented by solid lines.
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Figure A.29 Stage 14 pressure match simulation results for Well C. The dashed lines show the
actual data while the engine results are represented by solid lines.
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Figure A.30 Stage 15 pressure match simulation results for Well C. The dashed lines show the
actual data while the engine results are represented by solid lines.
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Figure A.31 Stage 16 pressure match simulation results for Well C. The dashed lines show the
actual data while the engine results are represented by solid lines.
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