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ABSTRACT 
 

Characterization of downhole formation properties by interpreting physical responses of 

logging tools is the basis of petrophysical studies. Amongst the wide array of instruments utilized 

in these studies, nuclear magnetic resonance (NMR) is the only measurement capable of 

determining rock pore size distribution, formation porosity, and distinguishing between fluid type 

and relative fluid mobility in the subsurface environment. NMR is also performed in the laboratory 

to help constrain parameters from downhole measurements at higher signal to noise ratios and 

finer resolution than logging tools. These measurements are complicated by temperature-pressure 

effects of in-situ fluids and fluid interaction with complex grain surfaces that affect proton 

relaxation in unconventional reservoir systems. 

 In this thesis, I measured low-field (2 MHz) NMR longitudinal (T1) and transverse (T2) 

proton (hydrogen) responses in fluid-saturated unconventional formations with complex 

mineralogy and on bulk fluids under pressure. I first calculate surface relaxivity in shales for 

relevance with increased mineral variety and complications from differing thermal maturities in 

organic-rich formations. Surface relaxivity calculations show that NMR analysis is improved by 

using appropriate laboratory methods to determine surface area and volume of the pore space 

dependent on mineralogy for comparison with NMR derived pore size distribution. I find that the 

level of paramagnetism, the concentration, and the distribution of minerals affect surface 

relaxivity. 

I then implement T1-T2 mapping to determine fluid mobility and fluid-surface interaction 

for effects on NMR response of representative mineralogies in the Permian Basin unconventional 

petroleum system. Fluid saturation history and formation wettability result in differing moveable 

fluid cutoff values in the same formation. These values are below commonly used values from 
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literature with mobile fluids at NMR times as low as 0.1 ms. I find that T1-T2 ratio is not effective 

at distinguishing fluid type in low viscosity crude oil-brine systems in fast relaxing formations. 

Then I quantify the effects of paramagnetic oxygen on NMR relaxometry in both bulk fluid 

and surface relaxation mechanisms. Enhanced relaxation occurs in pressurized NMR experiments 

with oxygen presence, resulting in relaxation times in bulk fluids that can be as fast as confined 

pores in unconventional formation types. Variations of 61% in T2LM of bulk water can occur 

depending on global location, and variations in pore relaxation of up to 36% in simple porous 

media can occur with changes in O2 partial pressure of less than 3 psi. I establish a quantitative 

relationship between O2 concentration in solution and NMR relaxation times. This empirical 

relation allows for more accurate predictions of pore space properties using low-field NMR 

relaxometry in laboratory environments. 

My results show the effects of surface and bulk fluid relaxation on NMR response for 

complex systems and correct for oxygen introduced relaxation in the laboratory environment. 

Paramagnetic impurities in the form of surface clay minerals or oxygen in solution result in wide 

variation of NMR times on time scales that overlap. Since these impurities are often both present 

in laboratory studies of porous media, characterization of surface and bulk fluid effects is needed 

for accurate petrophysical analysis using NMR.   
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CHAPTER 1 

INTRODUCTION 

 

1.1 Introduction  

Proton (hydrogen) nuclear magnetic resonance (NMR) has been widely used in 

petrophysical applications to study fluid composition and rock-fluid interactions in petroleum 

bearing reservoirs. Fluid type and pore structure is commonly characterized with low-field NMR 

because of the high hydrogen content (or index) of interstitial hydrocarbon fluids and brines in 

reservoir rocks. At the magnetic field strength of low-field NMR, the long precession times in 

reservoir fluids allow good resolution of the NMR decay times as compared to NMR 

measurements at higher frequencies. The non-destructive NMR laboratory studies allow sampling 

whole rock cores, as well as concurrent multiphysics studies with CT image analysis, acoustics, 

and electrical measurements. Such data from different methods are invaluable in petrophysical 

analysis. NMR measurements can be made at intermediate steps in petrophysical studies to further 

classify structural changes and porosity evolution at relatively short time intervals for time 

sensitive experiments. 

Three mechanisms are primarily responsible for NMR relaxation with varying magnetic 

field direction and strength, namely bulk fluid relaxation, rock-fluid surface relaxation, and 

diffusion relaxation. Bulk fluid relaxation is dominated by the free precessional relaxation of 

hydrogen nuclei without interaction with porous media interfaces such as rock grains or 

paramagnetic impurity sites such as clays in the pore space. In predominantly water-wet and in 

oil-wet formations, bulk fluid relaxation provides important information about non-wetting fluids 

in the pore space (Kleinberg and Vinegar 1996; Coates et al. 1999). Surface relaxation provides 
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information about the nuclei that have magnetic interaction or disruption caused by the rock 

interface in the pore space and allows determination of porosity and pore size distribution (PSD) 

of the media (Korringa et al. 1962; Coates et al. 1999; Dunn et al. 2002). Diffusion relaxation is 

caused by magnetic inhomogeneity in the sample and is used to identify molecular motion in the 

sample for fluid identification, surface relaxivity, and pore dimension (Latour et al. 1993; 

Hurlimann et al. 1994; Fleury 2007). 

NMR signal interpretations have limitations in environments with complex lithology or 

multiple fluid components. For example, high clay fractions, multi-mineral matrix composition, 

and various bound and mobile hydrocarbon constituents, typical in unconventional reservoir 

systems, complicate NMR interpretation. Surface relaxivity in rocks cannot be calculated 

theoretically (Kleinberg et al. 1994). CT images or nitrogen adsorption data (Kenyon et al. 1995; 

Kenyon 1997; Coates et al. 1999; Saidian and Prasad 2015; Livo et al. 2020) are often used to 

convert the NMR time domain results into the pore size domain. Paramagnetic minerals with quick 

relaxation time, common components of unconventional reservoir lithology, make NMR 

application in shales and mudstones difficult. A combination of the challenges results in a lack of 

low-field NMR characterization in rocks with high clay, bitumen, and kerogen contents. 

Similarly, there is often a poor match between low-field NMR measurements in the 

laboratory and in downhole logs. The different temperature and pressure conditions alter fluid 

composition, fluid viscosity, gas solution ratio, and diffusivity of fluids in nanoporous media, and 

with them, the fluid NMR response. For example, alteration of NMR response due to diffusion of 

oxygen (O2), a paramagnetic gas, in laboratory environments into pore fluids is rarely addressed. 

NMR longitudinal (T1) and transverse (T2) relaxation time ratio is used to identify fluids. 

While temperature effects on NMR response in fluids have been researched, pressure dependent 
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effects have been limited in NMR studies. Lo et al. (2002) have estimated viscosity and gas/oil 

ratio from NMR T1 relaxation time and diffusivity. Using methane and n-alkane mixtures, Lo et 

al. (2002) derived relationships between T1 relaxation time and viscosity as functions of 

temperature for saturated, mixed fluid reservoirs. Pressure - dependent low-field NMR studies 

have been limited due to the larger sample requirement as compared to high field studies and 

confined probe space in laboratory NMR instruments. NMR instruments require the use of non-

metallic pressure vessels to ensure high signal quality and reduce ringing effects in the NMR 

response. To overcome these challenges, we developed an in-house, metal-free pressure vessel, 

capable of withstanding reservoir condition pore and confining pressures and fluid flow for NMR 

measurements. 

1.2 Study Objectives 

This study explores the fundamental controls of NMR response through experimental 

methods and seeks to accomplish the following objectives: 

 Investigate mineralogical controls on NMR response and porosity determination through 

studies of NMR surface relaxivity. 

 Characterize fluid response with pressure effects to differentiate between rock and fluid 

response in NMR measurements 

 Quantify the effects of paramagnetic oxygen in solution on NMR studies of fluids and 

porous media 

 Determine rock mineralogy and fluid wettability and their effects on two-dimensional 

NMR mapping for enhanced methods of fluid identification. 
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To address these objectives, I first investigate surface dominated relaxation effects in 

complicated formation types, namely the Niobrara and Haynesville shales. I expand the 

methodologies established by Saidian and Prasad (2015) to calculate surface relaxivity in shales 

and consider rock composition and texture for relevance with increased mineral variety and 

complications from differing thermal maturities in organic-rich formations. I identify surface 

relaxation controlling paramagnetic mineral fractions and their effects on NMR response and 

investigate mineralogy appropriate methods to estimate NMR surface relaxivity parameters from 

other laboratory measurements. This approach is then used to address fluid effects in 

unconventional shales. I investigate implementation of NMR T1-T2 mapping to determine fluid 

mobility and wettability in representative mineralogies of the Permian Basin, namely in the Dean 

and Wolfcamp A formations. Produced light hydrocarbons and formation brines are injected into 

samples to show fluid and wettability effects on the NMR response of porous media with different 

imbibition and drainage pathways. I then focus on studies of pure fluids and address effects of 

paramagnetic oxygen in solution for relaxation enhancements with NMR. An empirical equation 

for NMR relaxation as a function of partial pressures of oxygen in solution was generated for a 

quantitative correction of NMR relaxation time with laboratory pressure. Predictions of bulk fluid 

relaxation for geographic location and barometric pressure are used to show relevance of this effect 

for laboratory studies. 

1.3 Thesis Organization 

 This dissertation consists of five chapters. Chapters 2 through 4 are comprised of three 

articles which are published, submitted, or ready for submission to peer-reviewed journals. The 

main results and discussions of my research are presented in these three chapters. Chapter 1 and 5 
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are general introduction and conclusion for these chapters, respectively, and I also provide two 

appendices. A brief explanation and overview of my thesis is provided as follows: 

 Chapter 1 addresses the general problem statement for this work, states the objectives of 

this thesis, and documents the link between different parts of my research.  

 Chapter 2 provides surface relaxivity calculations using different surface area and volume 

techniques for organic-rich shales. This work extends the findings of Saidian and Prasad 

(2015) for relevance in shales with increased mineral variety and investigates mineralogy 

appropriate methods for the determination of NMR surface relaxivity in formations of 

differing thermal maturity. This work addresses correction of SR values based off of 

mineralogical composition and distribution. We show how NMR analysis can be improved 

by using surface relaxivity values determined from mineralogy appropriate methods and 

laboratory measurement techniques. This chapter has been published in the journal Fuel. 

My co-authors are Milad Saidian who aided in the conceptualization of this work and 

performed some of the laboratory measurements and Manika Prasad, my thesis advisor. I 

claim this work fully for my thesis. 

 Chapter 3 focuses on saturation experiments and intermediate NMR measurements for the 

evaluation of two-dimensional NMR maps. An evaluation of blind source separation 

analysis results provided by a well logging vendor is performed. We show that NMR 

derived mobile fluid cutoff values and T1-T2 bin location varies with formation saturation 

history and reflects the wettability of the formation. Additionally, we show from NMR runs 

that mobile fluid times as low as 0.1 ms in unconventional formations are detectable with 

low-field NMR and T1-T2 ratio is faulty for distinguishing fluid types in low viscosity 



 

6 
 

crude oil- water systems. I will submit Chapter 3 to Petrophysics Journal with Manika 

Prasad as my co-author and claim this work fully for my thesis. 

 Chapter 4 quantifies the effect of dissolved oxygen (O2) gas in solution on NMR 

transverse (T2) relaxation times for bulk fluid. This work facilitates the prediction of O2 

concentration in solution with low-field NMR and addresses shifts in NMR relaxation due 

to the paramagnetism of the gas. We find that changes in geographic location alone can 

result in variations of up 60% in derived fluid properties and 36% in pore derived properties 

and demonstrates that small changes in oxygen concentration can skew NMR results if 

unaddressed. This chapter has been published in Nature Scientific Reports with Manika 

Prasad as my co-author and claim this work fully for my thesis. 

 Chapter 5 summarizes the findings of this thesis and provides recommendations for future 

work. 

 Appendix A presents a case study of CO2 injections in a high porosity and high 

permeability sandstone to isolate salt precipitation. We integrate elastic and electrical 

resistivity measurements with CT imaging to detect CO2 induced salt precipitation in 

carbon sequestration projects and effects on measureable geophysical properties of the 

formation. This work is published in Nature Scientific Reports by Dr. Ismael Falcon-

Suarez who is first author and performed the elastic and electrical resistivity measurements. 

I designed and constructed the experimental setup and ran the µCT images. I am second 

author on this work. Manika Prasad and Angus Best are advisors who guided the project. 

My contribution to this project was 35% and I partially claim this work for my thesis. 

 Appendix B provides an outline of permissions for including published materials in this 

thesis. Permissions from co-authors outside of my thesis committee and license agreements 
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for publication of materials from the journals are outlined in this section and submitted as 

supplementary electronic files to this thesis. 

1.4 List of Publications 

 We published different parts of this thesis in multiple journals, conferences, and technical 

presentations. In this section, I outline the publications comprising this work and where they are 

currently published or will be published. 

1.4.1 Published in or Submitted to Peer-Reviewed Journals: 

 Livo, K. and Prasad, M. 2021. Quantification of Dissolved O2 in Bulk Aqueous Solutions 

and Porous Media Using NMR Relaxometry. Scientific Reports 11, Article 290 (2021). 

https://doi.org/10.1038/s41598-020-79441-5. 

 Livo, K., Saidian, M., and Prasad, M. 2020. Effect of Paramagnetic Mineral Content and 

Distribution on Nuclear Magnetic Resonance Surface Relaxivity in Organic-Rich 

Niobrara and Haynesville Shales. Fuel 269, Article 117417. 

https://doi.org/10.1016/j.fuel.2020.117417. 

 Falcon-Suarez, I. H., Livo, K., Callow, B., et al.  2020. Geophysical Early Warning of 

Salt Precipitation During Geological Carbon Sequestration. Scientific Reports 10, Article 

16472. https://doi.org/10.1038/s41598-020-73091-3. 

1.4.2 In Preparation for Peer-Reviewed Journal: 

 Livo, K. and Prasad, M. 2020. Investigation of Two-Dimensional Nuclear Magnetic 

Resonance (NMR) Maps for Fluid Identification and Mobility in Permian Basin 

Formations (Target Journal: Petrophysics). 
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 Ayorinde, J. O., Livo, K., Prasad, M., Olugbenga, E., and Abimbola, D. 2020. Laboratory 

Study of the Effect of Grain Size, Mineralogy, and Fluid on Nuclear Magnetic Resonance 

T2 Distribution (Target Journal: Near Surface Geophysics). 

1.4.3 Conference Proceedings and Abstracts: 

 Malik, S., Sharma, R., Livo, K., and Prasad, M.: Digital Rock Physics for Porosity 

Fractionation and Flow Regime Determination in Carbonate Reservoirs - Society of 

Exploration Geophysicists Annual Conference, 11-16 October, 2020. 
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- Unconventional Resources Technology Conference, July 2020, Virtual. 
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Low-Field NMR - Presented at the 5th International Rock Physics Workshop, Hong 

Kong, SAR China, April 2019.  

 Livo, K., Joewondo, N., Kumar, S., and Prasad, M.: Investigation of CO2 Injection and 

Storage Using Low-Field 2 MHz Nuclear Magnetic Resonance and Supercritical Sorption 

Studies - Presented at the 4th International Rock Physics Workshop, Trondheim, Norway, 

June 2017. 

 Livo, K., Guliyev, A., Prasad, M.: CO2 Injection Effects on Low-Field Nuclear Magnetic 

Resonance Response - American Geophysical Union, San Francisco, CA, December 

2016. 

 Guliyev, A., Livo, K., Prasad, M.: Determination of Pore Space Compressibility Using 

Nuclear Magnetic Resonance (NMR) Measurement - Geological Society of America, 

Denver, CO, September 2016. 
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 Saidian, M., Livo, K., Prasad, M.: Effect of Paramagnetic Mineral Content and 
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CHAPTER 2 

EFFECT OF PARAMAGNETIC MINERAL CONTENT AND DISTRIBUTION ON 

NUCLEAR MAGNETIC RESONANCE SURFACE RELAXIVITY IN  

ORGANIC-RICH NIOBRARA AND HAYNESVILLE SHALES 

 

A paper published in Fuel 

Kurt Livo, Milad Saidian, and Manika Prasad 

 

2.1 Abstract 

Surface relaxivity is required to convert nuclear magnetic resonance (NMR) relaxation 

times to pore size distributions (PSD). In current practice, a constant value of surface relaxivity is 

used for an entire well, formation, or rock type, regardless of compositional and textural variations. 

The presence and distribution of paramagnetic minerals can affect surface relaxivity and, in turn, 

result in significant errors in PSD calculations. We present surface relaxivity calculations for two 

organic-rich formations, namely the Niobrara and the Haynesville formations. Surface relaxivity 

was calculated from surface to volume ratio and comparison of average pore radius measurements. 

We measured the transverse (T2) relaxation time with a low field (2 MHz) NMR instrument, 

porosity and PSD using nitrogen adsorption (N2) data, total specific surface area from N2 data and 

from cation exchange capacity (CEC), and mineralogy from X-ray diffraction (XRD). We find 

that surface relaxivity is linearly correlated with paramagnetic clay content, specifically chlorite 

and illite-smectite distributed in the matrix. The presence of smectite clay minerals increases 

uncertainty in surface to volume ratio and consequently in surface relaxivity calculations. Our 
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surface relaxivity - clay correlations could be applied for surface relaxivity calculations from 

mineralogy and to invert NMR logs and laboratory data to PSD. 

2.2 Introduction 

Low-field NMR data are widely used to calculate porosity and pore size distribution (PSD), 

both at laboratory and at downhole conditions. With known surface relaxivity (SR), time domain 

NMR data can be transformed to size domain PSD (Kenyon et al. 1997). PSD is then used for 

permeability determination and flow modeling in the subsurface reservoir. Surface relaxation 

results primarily from interactions between paramagnetic mineral sites contained in the rock 

matrix such as clay minerals, pyrite, and dolomites, and hydrogen nuclei in the pore space 

(Korringa et al. 1962). However, SR cannot be calculated directly for rock grain surfaces due to 

lacking information on spin-electron interaction on the surface of the grains (Kleinberg et al. 

1994). 

Numerous studies have discussed SR calculations from NMR data. For example, in 

synthetic unconsolidated sand packs, Foley et al. (1996) find a linear correlation between SR, the 

paramagnetic ion content, and magnetic susceptibility. Increasing the concentration of 

paramagnetic ions and minerals increases SR in unconsolidated sand packs (Keating and Knight 

2007, 2008, 2010). In illite rich and organic lean members of the Middle Bakken and Three Forks 

formations of the Bakken petroleum system, Saidian and Prasad (2015a) show a linear relation 

between SR and illite content. 

In practice, SR is determined indirectly from NMR diffusion experiments or from 

independent PSD or surface to volume (S/V) measurements. Diffusion experiments to determine 

SR are often time consuming and may be impractical during logging where large amounts of NMR 

data would have to be acquired in a short period of time. Thus, independent measurements of PSD 
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and S/V measurements are typically relied upon. For example, attempts to calculate SR include 

measurements of surface to volume ratio (Keating and Knight 2007; Hossain et al. 2011), 

correlating NMR time distributions with PSD from mercury intrusion (MI) (Marschal et al. 1995; 

Rivera et al. 2014), and PSD from nitrogen adsorption (N2) (Saidian and Prasad 2015a).  

 The current practice of using a constant surface relaxivity value for a well or a set of samples 

can introduce significant errors in PSD calculations. Assigning a constant SR value can result in 

differences of up to two orders of magnitude in PSD ranges for similar rock types (Dunn et al. 

2002). Shaly formations contain multiple species of paramagnetic clay minerals such as chlorite, 

illite-smectite, as well as pyrite making SR calculation complex in these rock types. We show how 

NMR analyses can be greatly improved by using SR calculated from laboratory methods for a 

limited number of samples and used for the entire well, formation, or rock type with special 

attention to mineralogical variations. 

 With this paper, we extend the work of Saidian and Prasad (2015a) for relevance in shales 

with increased mineral variety and to address how SR can be assessed/estimated in more 

complicated organic-rich and clay-rich formations, namely members from the Niobrara and the 

Haynesville formations. We investigate mineralogy appropriate methods to estimate SR given the 

added complexity of various species of clay minerals and organic matter with differing levels of 

maturity. Varying clay minerals have differing magnetic susceptibilities and internal surface areas, 

while other paramagnetic minerals such as pyrite are associated with organic matter and held in 

nanometer size pores in organic shales. This work further serves to compare nitrogen adsorption 

(N2) and cation exchange capacity (CEC) data and investigates mineralogically appropriate 

methods for estimating SR in formations with complicated species of clay minerals and organic 

matter. We present SR calculations using surface to volume ratio as well as average pore radius. 
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We calculate the surface to volume ratio using total specific surface area (TSSA) measured by 

CEC and N2 techniques. Average pore radius is measured by the N2 method. We find that not only 

paramagnetic mineral content but also their distribution control SR. Our research can be applied 

to correct SR values based on mineralogical composition and used to better determine PSD from 

NMR well logs. 

2.3 NMR Theory 

NMR physics relies on the detection of magnetic polarization and decay of hydrogen nuclei 

contained in a sample. Hydrogen nuclei (protons) are first magnetized in a static magnetic field 

applied through a permanent magnet that surrounds the sample. This causes proton alignment in 

the longitudinal plane to the magnetic field being applied as described by a characteristic time 

constant denoted as T1.  T1 is defined as the required time in which 63% of the total polarization 

in this direction is achieved. Magnetic pulses superimposed on the static magnetic field cause 

tipping of the hydrogen nuclei in the plane transverse and orthogonal to the primary direction. The 

secondary polarization to the original direction caused by the magnetic pulses decays with a 

characteristic time denoted as T2. The amount of time for nuclei alignment in the longitudinal plane 

(T1) or the decay time of nuclei magnetization to the transverse plane (T2) in relation to the static 

magnetic field yields important information about fluid mobility (properties of the pore space) 

(Kleinberg et al. 1994).  

The T2 relaxation time is controlled by three separate relaxation mechanisms in the rock: 

bulk, surface, and diffusion induced relaxation mechanisms (Equation 2.1). Bulk relaxation (T2B) 

occurs in the fluid located away from pore walls. Surface relaxation (T2S) occurs due molecular 

interactions between the fluid and the grains at pore-rock interfaces. Diffusion relaxation (T2D) is 

controlled by molecular diffusion of hydrogen nuclei in pore fluids. Diffusion-induced relaxation 
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is caused by magnetic heterogeneity in the sample and is considered negligible in low-field NMR 

laboratory studies in an absence of applied magnetic field gradient typical in these experiments. 

Full T2 relaxation of NMR is given by (Coates et al. 1999): 1𝑇2 » 1𝑇2𝐷 + 1𝑇2𝐵 + 1𝑇2𝑠                                                      (2.1) 

where T2D denotes T2 relaxation due to diffusion, T2B is T2 bulk relaxation, and T2S is T2 

relaxation due to surface properties and pore volume, all in [s]. Mathematical inversion of the T2 

relaxation time yields a time domain distribution of the frequency-based T2 relaxations collected 

with the NMR instrument. The time domain relaxation distributions are converted to a size domain 

PSD with surface relaxivity as a scaling parameter (Equation 2.2). SR describes how much grain 

surface interactions control alignment time of hydrogen nuclei in NMR measurements to the 

magnetic field direction. Porous rocks are assumed to have slow bulk relaxation (compared to the 

other relaxation mechanisms) and fast diffusion relaxation in the pores, and negligible diffusion 

induced relaxation. Thus, the T2 relaxation in porous media should vary only with surface 

properties and pore volume of the rock in laboratory experiments with homogeneous magnetic 

fields being applied (Kenyon et al. 1997) as shown in Equation 2.2 (Coates et al. 1999): 1𝑇2 » 1𝑇2𝑠 = 𝜌2 𝑆𝑉 » 𝜌2 𝑐𝑅                                                    (2.2) 

where, ρ2 = T2 surface relaxivity [µm/s], S = rock surface area [µm2], V = pore volume 

[µm 3], R = pore radius [µm], and c is a constant = 1, 2 or 3 for planar, cylindrical and spherical 

pores, respectively. Variation in pore aspect ratio or assumed shape can have a large effect on the 

S/V ratio of pores. Equation 2.2 requires knowledge of SR value to obtain pore size from NMR 

data. Ideally, S/V should be integrated over the pore sizes in the rock using separate measurements 

of surface area and volume. In practice however, S/V is taken as a measure of pore size assuming 

that pore shape does not vary greatly (Kenyon and Kolleeny 1995). We used Equation 2.2 to 
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calculate SR from T2 relaxation and surface to volume ratios derived from surface area and pore 

radius measurements. In this paper, since we only discuss T2 relaxations and T2 SR; hereinafter 

SR refers to T2-SR. 

2.4 Materials and Methods 

We used 19 Niobrara and 16 Haynesville samples consisting of rock chips from oil and gas 

producing organic rich shales as reported in Kuila (2013).  Grain density is calculated based on 

XRD mineralogy and TOC content (Kuila 2013). Iron content of the Haynesville samples were 

calculated by the amount of iron in the molecular structure of clay minerals (Saidian and Prasad 

2015a). Tables 2.1 and 2.2 show the mineralogy of the Haynesville and Niobrara sample sets, 

respectively (For more information about the samples sets see, Kuila 2013 and Appendices A and 

B).  

Table 2.1: Mineralogy of the Haynesville sample set (Kuila 2013). 

S
a
m

p
le 

Q
+

P
la

g
+

F
 

T
o
ta

l 

C
a
rb

o
n

a
te

 

P
y
rite

 

K
a
o
lin

ite 

C
h

lo
rite 

Illite-

S
m

ectite
 

%
S

m
ectite 

in
 I-S

 

S
m

ectite  

T
O

C
 

F
e C

o
n

ten
t 

G
ra

in
 

D
en

sity
 

# wt% wt% wt% wt% wt% wt% wt% wt% wt% wt% g/cm3 

SS2-1 25 4 2 0 15 52 < 5 < 3 0.9 1 2.80 
SS2-4 26 15 5 0 12 38 5 2 3.5 4 2.70 
SS2-6 20 35 4 0 6 27 < 5 < 1 6.5 1 2.55 
SS2-7 25 9 2 1 16 47 < 5 < 2 0.8 2 2.80 
SS2-8 21 3 2 0 14 60 < 5 < 3 0.8 4 2.81 
SS2-9 26 2 3 6 12 50 < 5 < 3 0.5 5 2.81 
SS2-14 29 9 2 2 9 46 < 5 < 2 3.2 1 2.67 
SS2-15 31 6 2 3 9 45 < 5 < 2 3.0 1 2.68 
SS2-16 27 10 1 5 11 44 < 5 < 2 2.3 2 2.70 
SS2-17 30 10 2 2 8 43 < 5 < 2 3.8 3 2.64 
SS2-18 32 11 1 3 10 40 6 2 1.9 1 2.71 
SS2-19 34 8 2 2 9 42 8 3 3.0 2 2.67 
SS2-20 29 9 1 1 10 47 5 3 2.9 2 2.68 
SS2-21 29 7 2 1 10 49 < 5 < 2 2.3 2 2.72 
SS2-22 29 10 3 3 5 47 6 3 2.2 2 2.72 
SS2-23 28 7 2 4 9 47 < 5 < 2 2.8 1 2.69 
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Table 2.2: Mineralogy of the Niobrara sample set (Kuila 2013). 

S
a
m

p
le 

Q
+

P
la

g
+

F
 

T
o
ta

l 

C
a
rb

o
n

a
te 

P
y
rite 

K
a
o
lin

ite 

Illite-

S
m

ectite
 

%
S

m
ectite 

in
 I-S

 

S
m

ectite
 

T
O

C
 

G
ra

in
 

D
en

sity
 

# wt% wt% wt% wt% wt% wt% wt% wt% g/cm3 

SS3-1 4 86 2 0 5 34 2 1.6 2.68 
SS3-2 12 51 9 0 22 95 21 4.9 2.66 
SS3-3 5 86 2 0 5 57 3 1.2 2.70 
SS3-4 8 77 4 0 8 62 5 1.9 2.70 
SS3-5 12 54 8 2 20 51 10 3.5 2.69 
SS3-6 11 46 10 0 28 32 9 3.2 2.74 
SS3-7 10 69 2 0 15 33 5 2.6 2.65 
SS3-9 14 56 2 0 23 25 6 3.6 2.62 
SS3-10 19 44 2 2 29 18 5 3.6 2.62 
SS3-11 14 53 6 0 23 25 6 3.0 2.69 
SS3-13 9 66 2 0 18 46 8 4.0 2.60 
SS3-15 20 41 3 0 32 14 5 2.7 2.66 
SS3-16 15 55 3 0 21 28 6 5.2 2.57 
SS3-17 13 60 4 0 15 42 7 5.3 2.58 
SS3-18 22 38 2 0 35 17 6 0.4 2.74 
SS3-19 20 59 1 0 20 28 6 0.4 2.72 
SS3-20 6 91 0 0 3 0 0 0.1 2.71 
SS3-21 4 82 1 0 12 32 4 0.3 2.72 
SS3-22 4 91 0 0 4 0 0 0.1 2.72 
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  Porosity and PSD using N2 adsorption, and CEC values were taken from Kuila (2013). 

Specific surface area (SSA) of the rock pores were calculated from Brunauer-Emmett-Teller 

(BET) theory using nitrogen (N2) adsorption (Brunauer et al. 1938), and from CEC measurements 

(Tables 2.3 and 2.4). Porosity and PSD determined with NMR were taken from Saidian et al. 

(2015).  

  Prior to NMR measurements, the samples were saturated under pressure in a Vinci Manual 

pressure saturatorTM (Kuila 2013). Dry samples were kept in a vacuum of less than 1.33 Pa (10 

µmHg) overnight and saturated with de-ionized (DI) water at 13.7 MPa (2000 psi) for 24 hours. 

DI water was chosen as the saturating fluid because the polar nature of water has a strong affinity 

for exchange cations and high specific surface area of clay minerals in shales, allowing it to better 

penetrate small pores and capillaries associated with clay mineral aggregates (Kuila 2013). NMR 

spectra were measured using a 2 MHz Magritek Rock Core Analyzer® with a probe size of 54 mm 

and rock chip volume greater than approximately 10 cm3 to maximize the amount of sample during 

measurement.  

  T2 distributions were measured using Carr-Purcell-Meiboom-Gill (CPMG) (Carr and 

Purcell 1954; Meiboom and Gill 1958) pulse sequences with an inter-experimental delay of 150 

ms, 500 echoes per pulse, echo spacing of 100 µs, and 5000 scans to allow full decay of the 

magnetic signal. T2 distributions were generated using inverse Laplace non-negative least square 

(NNLS) fitting of echo train raw data (Lawson and Hanson 1974; Buttler et al. 1981). Unimodal 

relaxation distribution between 1 and 10 ms observed in a majority of the spectra allowed us to 

quantify T2 relaxations by a logarithmic mean of the T2 peaks (T2LM). Due to the narrow range 

of relaxation values observed in these samples, T2LM value is not greatly affected by multiple 

peaks in the relaxation spectra. 
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  Subcritical N2 gas adsorption experiments were performed with a Micromeritics ASAP 

2020TM instrument. One to three grams of each sample was degassed at 200OC for 24 hours under 

vacuum ensuring removal of adsorbed clay-bound and capillary water while avoiding damage to 

mineral and organic matter structure. The quantity of adsorbed gas was measured at discrete 

pressure steps over the relative equilibrium pressure and the molar quantity of nitrogen dosed to 

the sample was calculated from the pressure-temperature measurement in a pre-calibrated 

manifold volume using the real gas equation of state (Kuila 2013).  

2.5 Surface Relaxivity Calculation Method 

  We determined SR using two separate methods: (a) the comparative method using PSD 

determined independently (Coates et al. 1999), and (b) surface area method (Dunn et al. 2002) 

using independent S/V measurements. 

2.5.1 The Comparative Method 

 In this method, NMR T2 measurements are matched with independently determined PSD, for 

example from nitrogen adsorption, mercury intrusion, or image analysis, by changing SR values 

(Figure 2.1). We used the comparative method by curve fitting PSD distribution from N2 with 

NMR T2 distributions using Equation 2.2 with pore diameter logarithmic mean determined from 

nitrogen adsorption (DLM) and NMR T2LM. The method has been described in detail (Marschall 

et al. 1995; Kenyon 1997; Coates et al. 1999), it is not discussed here.  
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Figure 2.1: Determination of surface relaxivity using the comparative method (Coates et al. 1999). 
Comparison of the NMR T2 time domain data with PSD from another method allows for 
calculation of SR as shown by the red scaling arrow. 
 

 

2.5.2 The Surface Area Method  

 Here, the surface-to-volume ratio of the pore space and the measured NMR T2 time are used 

to calculate SR using Equation 2.2 and assuming the pore shape to be constant. Due to the high 

clay content of these samples, as well as the fast relaxation times observed in the NMR spectra, 

and a lack of large pore size heterogeneity inferred from the unimodal T2 distribution, we assume 

fluid movement between pores (pore coupling) to be negligible. 

  Surface relaxivity calculated with Equation 2.2 requires input of surface area, pore volume, 

and T2 time distribution. Reliable surface area and porosity measurements are crucial for surface 

relaxivity calculation. Since S/V is an integral part of Equation 2.2, we determined this parameter 

using three different methods: CEC, nitrogen adsorption, or image analysis. Although porosity and 

PSD are adequately described by the N2 technique in formations dominated by small pores, 
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additional data, e.g., from Mercury Capillary Injection (MI), are needed to completely characterize 

PSD in rocks with a wide range of pore sizes (Saidian et al. 2015a). Furthermore, in organic rich 

shales, the reliability of porosity and PSD measurements depends on clay type and content, Total 

Organic Carbon (TOC), and thermal maturity of organic matter (Saidian and Prasad 2015a). 

Surface relaxivity calculated using Equation 2.2 depends on the technique and the reliability of the 

technique to measure S/V parameters in different pore environments. Since clay minerals have 

such large surface areas, relatively small variations in clay type and clay content can drastically 

change calculated S/V. The N2 method, using Brunauer–Emmett–Teller (BET) theory (Brunauer 

et al. 1938) measures only the external surface area of clay minerals while the CEC method 

measures both internal and external surface areas. Consequently, CEC surface area values are 

larger than N2-BET surface area in clay minerals with internal surface area such as smectites.  

  In this study, surface to volume ratios (S/V) calculated from both SSA measurements and 

total pore volume from N2 measurements were used to calculate surface relaxivity for the 

Haynesville (Table 2.3) and Niobrara (Table 2.4). The surface relaxivity calculation using 

Equation 2.2 (comparative method) for Haynesville and Niobrara samples was determined by 

calculating the average pore radius measured by N2 PSD and calculating SR from NMR T2LM.  

2.6 Results and Discussion 

  A comparison of the mineral content in the two formations showed significant differences 

(Figures 2.2a and 2.2b). Samples from the Haynesville formation have higher quartz, plagioclase, 

feldspar, chlorite, and illite-smectite clays than the Niobrara formation rocks (Table 2.1). The 

Niobrara samples exhibited higher amounts of total carbonate with slightly higher total organic 

carbon (TOC) values and associated pyrite content than the Haynesville set (Table 2.2). The illite-

smectite clay minerals in the Haynesville samples were illite-rich, and they were smectite rich in 
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the Niobrara samples. Thus, mineralogical contrasts were the only control on NMR response 

between these different organic-rich shales. A major aim of this work was to evaluate the effects 

of mineralogy on determination of SR value in organic rich shales and the methods most suitable 

for accurate SR calculation. 

 

   

Figure 2.2: Composition of the Haynesville (blue circle) and Niobrara (red square) samples 
obtained from XRD; a) Mineral composition of the samples normalized to relative wt% of 
constituents and b) clay composition of the sample normalized to relative wt% of constituents. 
 

Tables 2.3 and 2.4 show petrophysical properties for the Haynesville (Table 2.3) and the 

Niobrara (Table 2.4) samples. Due to their large internal surface area, even small amounts of 

smectite contribute to an increase in measured surface areas, thus TSSA values from CEC are 

larger than TSSA from N2 methods (Figure 2.3). The deviation is larger when % smectite is higher 

in the illite-smectite clay. Despite smaller amounts of smectite contained in the illite-smectite (I-

S) mixed layers of the Haynesville samples (Table 2.1), high amounts of total clay can contribute 

internal surface area (Passey et al. 2010) that is not detected by N2-BET measurements. Thus, SR 

values (Tables 2.3 and 2.4) are different between the N2 and CEC measurements and both values 
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are different than those determined from the comparative method due to these mineralogy effects. 

The uncertainty in N2 surface area measurements for clay minerals with high internal surface area 

makes SR analysis using N2 values unreliable for Niobrara samples due to their higher smectite 

content and the inability to determine if internal structure of smectite is being detected by the BET 

surface area measurement. Figure 2.4 shows this lack of correlation in calculated SR values from 

N2 and CEC in the Niobrara samples due to high amounts of smectite with large internal surface 

area. 

 

Table 2.3: Petrophysical properties and calculated surface relaxivities for Haynesville sample set. 
N2 and CEC values for pore size, surface area, and volume taken from Kuila (2013). Note that “-
-” marks missing data. 
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# p.u. m2/g cm3/g nm 
meq/100

g 
m2/g ms µm/s µm/s µm/s 

SS2-1 9.80 25.55 0.0387 10.00 10.10 76.73 0.30 4.87 1.62 5.48 
SS2-4 8.62 18.61 0.0349 19.18 8.10 61.57 1.30 1.68 0.51 2.46 
SS2-6 6.07 12.68 0.0254 12.10 5.07 38.54 1.55 0.75 0.25 1.30 
SS2-7 8.72 22.81 0.0342 15.63 8.49 64.49 0.31 4.76 1.69 8.32 
SS2-8 -- -- -- -- 10.89 82.74 0.49 -- 0.98 -- 
SS2-9 8.29 20.39 0.0321 16.36 9.95 80.67 0.45 3.78 0.96 6.02 
SS2-14 7.59 16.49 0.0307 6.27 9.63 73.18 1.38 1.76 0.40 0.76 
SS2-15 -- -- -- -- 9.37 71.22 1.15 -- 0.72 -- 
SS2-16 6.94 16.56 0.0276 5.55 7.46 56.71 1.28 1.70 0.50 0.72 
SS2-17 -- -- -- -- 8.44 64.11 1.11 -- 0.50 -- 
SS2-18 6.60 9.93 0.0261 27.87 8.86 67.36 1.11 3.22 0.47 4.18 
SS2-19 -- -- -- -- 10.27 78.07 1.83 -- 0.27 -- 
SS2-20 -- -- -- -- 10.13 76.95 1.51 -- 0.33 -- 
SS2-21 -- -- -- -- 9.99 75.91 1.64 -- 0.33 -- 
SS2-22 -- -- -- -- 10.30 78.30 1.79 -- 0.28 -- 
SS2-23 -- -- -- -- 8.70 66.12 1.56 -- 0.39 -- 
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Table 2.4: Petrophysical properties and calculated surface relaxivities for Niobrara sample set. 
N2 and CEC values for pore size, surface area, and volume taken from Kuila (2013). Note that “-
-” marks missing data. 
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# p.u. m2/g cm3/g nm meq/100g m2/g ms µm/s µm/s µm/s 

SS3-1 5.43 2.77 0.0214 65.36 2.38 18.09 3.59 2.15 0.33 2.00 
SS3-2 5.52 3.73 0.0220 44.98 23.48 178.47 0.80 7.34 0.15 1.02 
SS3-3 5.13 2.34 0.0200 70.36 3.47 26.36 3.18 2.69 0.24 3.16 
SS3-4 5.49 2.79 0.0215 64.35 5.89 44.78 3.45 2.24 0.14 2.59 
SS3-5 4.90 2.63 0.0191 50.99 13.33 101.34 1.42 5.12 0.13 1.66 
SS3-6 5.90 3.93 0.0229 44.12 12.13 92.22 1.39 4.18 0.18 1.76 
SS3-7 5.49 6.56 0.0219 12.62 6.95 52.79 2.39 1.39 0.17 1.51 
SS3-9 5.37 4.36 0.0216 41.00 8.57 65.11 0.78 6.35 0.43 1.08 
SS3-10 5.34 3.97 0.0215 39.14 9.17 69.66 0.73 7.38 0.42 0.88 
SS3-11 5.08 3.94 0.0199 40.64 8.53 64.84 2.79 1.81 0.11 3.74 
SS3-13 4.76 3.17 0.0192 45.33 9.92 75.43 1.39 4.38 0.18 1.73 
SS3-15 6.64 6.13 0.0267 35.46 9.21 69.96 1.33 3.27 0.29 1.80 
SS3-16 4.41 2.42 0.0179 52.61 9.19 69.84 0.68 10.92 0.38 0.80 
SS3-17 4.06 2.40 0.0164 50.57 8.24 62.61 0.82 8.31 0.32 1.01 
SS3-18 9.93 14.29 0.0402 40.81 10.86 82.53 1.45 1.94 0.34 3.50 
SS3-19 6.91 9.91 0.0273 30.05 7.97 60.53 1.08 2.55 0.42 1.96 
SS3-20 3.01 1.95 0.0114 47.97 -- -- 3.36 1.75 -- 2.55 
SS3-21 3.99 4.70 0.0152 9.58 5.40 41.07 2.89 1.12 0.13 0.59 
SS3-22 3.38 2.22 0.0129 49.63 -- -- 3.65 1.59 -- 2.45 
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Figure 2.3: Cross plot of CEC TSSA and N2 TSSA for (a) Haynesville and (b) Niobrara samples 
color-coded with total clay content. Linear correlation for Haynesville is due to abundance of clays 
with minimal internal surface area. Lack of correlation for Niobrara samples is due to the presence 
of smectite with high internal surface area. 
 
 
 
 

   

Figure 2.4: Comparison of the surface relaxivity calculated with N2 TSSA with (a) CEC TSSA 
and (b) N2 DLM from the comparative method in the Niobrara. The calculated surface relaxivity 
values show high scatter due to presence of smectite clays with high internal surface area. 
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2.7 Discussion 

We used the dataset presented in Tables 2.1 and 2.2 to (a) study the effect of mineralogy, 

specifically paramagnetic minerals, on the T2 response, and (b) calculate surface relaxivity with 

the two methods described earlier. The petrophysical properties and the calculated surface 

relaxivities are listed in Tables 2.3 and 2.4 for Haynesville and Niobrara samples, respectively. 

2.7.1 NMR Response and Mineralogy 

 SR from the surface area method depends greatly on the technique used to measure S/V. SR 

variation may be caused by the content and the magnetic susceptibility of paramagnetic minerals 

as well as the difference between internal and external surface areas in clay minerals. The SR and 

S/V ratio are the main parameters that control the T2 response in Equation 2.2. Since paramagnetic 

minerals, such as pyrite, chlorite and illite-smectite, might affect the surface relaxivity values and 

T2 response, we compared the logarithmic mean of NMR T2 data (T2LM) with each paramagnetic 

mineral content (Figure 2.5 and Figure 2.6) for the Haynesville and Niobrara, respectively. In the 

Haynesville samples, T2LM is inversely correlated with chlorite, the dominant paramagnetic 

constituent (Figure 2.5a), but SR appears uncorrelated with the content of paramagnetic illite-

smectite (I-S) mixed layer clays (Figure 2.5b). On the other hand, T2LM is inversely correlated with 

I-S mixed layer clays in the Niobrara samples (Figure 2.6a). Note that pyrite content and NMR 

response appear uncorrelated for both sample sets, despite a strong magnetic susceptibility of the 

pyrite minerals (Figure 2.5c and 2.6b).  
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Figure 2.5: Correlation between T2LM and (a) chlorite content, (b) I-S content, and (c) pyrite for 
Haynesville samples. T2LM has strong correlation with chlorite content. The correlation is due to 
the distribution of clays and higher paramagnetism of chlorite clay compared to illite. No 
correlation was observed for smectite fraction of the I-S content. 
 
 



 

28 
 

  
 

Figure 2.6: Correlation of T2LM and (a) I-S content, (b) pyrite content for Niobrara samples. T2LM 
has a strong correlation for Niobrara samples with I-S content because the illite and smectite clays 
are distributed in the pore space. No correlation was observed for smectite fraction of the I-S 
content. 
 

We consider the level of paramagnetism of the mineral constituents and their distributions 

as possible explanations for the differences in T2LM correlation with mineral content. Higher 

paramagnetism of the minerals and their distribution in the pore space cause greater magnetic 

disruption of precessing hydrogen nuclei and thus, higher surface relaxivity. In the samples 

examined here, the clay minerals are distributed in the pore space (Figure 2.7) and host a significant 

portion of the pores (Saidian et al. 2015a) whereas pyrite is present as discrete nodules. The clay 

minerals have high surface areas which increases the probability of magnetic disruption of the 

relaxing protons. In Haynesville samples, although illite is more abundant, the higher 

paramagnetism of chlorite (Tarling and Hrouda 1993) dominates the magnetic properties of the 

rock and the NMR response.  
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Figure 2.7: SEM images of (a) Haynesville and (b) Niobrara sample. Chlorite and illite fill the 
pores in the Haynesville samples (a) and have the highest influence on surface relaxivity. In 
Niobrara samples (b) the illite-smectite clays fill the pore space and are the dominant paramagnetic 
impurity. 
 

2.7.2 Surface Relaxivity Calculation 

The illite-rich Haynesville samples (Figure 2.3a) show a linear correlation between surface 

area values from both techniques although the CEC-determined surface areas are double the 

surface areas derived from N2-BET. The Niobrara samples (Figure 2.3b) show higher scatter and 

a 10-fold increase in CEC-TSSA due to the presence of smectite clays with high internal surface 

areas. X-ray Diffraction (XRD) data confirm that smectite content is negligible in the thermally 

mature (gas window) Haynesville formation samples. The Niobrara formation samples with lower 

thermal maturity (oil window) have significant smectite content (up to 95% of the I-S mixed layer).  

Since the Haynesville samples only have illite content, the surface relaxivity calculated 

with N2-BET and with CEC surface areas show a similar positive correlation with chlorite content 

(Figure 2.8). The scatter in these plots might be due to pyrite effects on surface relaxivity. The 

correlation between surface relaxivity and I-S content is non-existent for Niobrara samples (Figure 

2.9) mainly because of (a) uncertainty in porosity or pore volume measurement (Saidian et al. 
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2015) (b) presence of smectite clay with significant internal surface area that cannot be measured 

by N2 technique (Figure 2.9a shows larger scatter at higher I-S content), and (c) uncertainty in T2 

Logarithmic Mean (T2LM) measurement due to the fast relaxation of the hydrogens in pores 

(Saidian and Prasad 2015b).  

   

Figure 2.8: Comparison between chlorite content and surface relaxivity calculated using (a) N2 
TSSA and (b) CEC TSSA for Haynesville samples. Surface relaxivity correlates with the 
paramagnetic impurity (chlorite) of how TSSA was measured. 
 

 

Figure 2.9: Comparison between I-S content and surface relaxivity calculated using (a) N2 TSSA 
and (b) CEC TSSA for Niobrara samples. Lack of correlation is due to uncertainty in porosity 
estimation (Saidian et al. 2015) and high internal surface areas in smectite clay. 
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 Due to the diamagnetic nature of kerogen, theoretically, in the absence of paramagnetic 

impurities, there should be no significant distinctions between the relaxation of hydrogen in pores 

hosted in organic matter (OM) and those hosted in diamagnetic minerals. Thus, no correlation is 

observed between surface relaxivity values (SR) and Total Organic Carbon (TOC). Magnetic 

properties of the kerogen OM need to be studied further to better understand its effects on surface 

relaxivity. 

2.7.3 Comparison and Application of Calculated Surface Relaxivities 

Figure 2.10a and 2.10b compare surface relaxivity calculated using the average radius size 

(comparative method) from N2 measurements with surface relaxivity calculated from N2 surface 

area and CEC surface area for the Haynesville, respectively. The mismatch in surface relaxivity 

values is due to errors in the surface area measurements and in the methods used for surface 

relaxivity calculation. Despite the mismatch in surface relaxivity values, the similar trends imply 

that regardless of the calculation method, surface relaxivity is positively correlated with either of 

the methods. Lower SR values derived from CEC than from N2 measurements indicate that less 

scaling is needed between distributions from time domain NMR and measured pore size in samples 

containing clay minerals with low internal surface area. Thus, CEC more accurately determines 

the pore space that causes NMR relaxation in samples with low internal surface area and these SR 

values should be used when scaling NMR data in these sample types. 
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Figure 2.10: Correlation between the surface relaxivity calculated by the comparative method of 
average radius from N2 with (a) N2 TSSA and (b) CEC TSSA in the Haynesville. The surface 
relaxivity values are not consistent but show similar trends. 

 

Paramagnetic impurity content and their distribution dominate the surface relaxivity 

values. The main sources of scatter lie in the measurements of pore volume, surface area, and PSD 

when calculating SR values using indirect methods. Further scatter arises from selecting the correct 

surface area measurement dependent on mineralogy, physical principles dominating NMR 

relaxation, and probing fluids used in the NMR analysis (not discussed in this work). For example, 

the N2 technique only measures the external surface area of the clays whereas the CEC technique 

measures the surface area of internal structure of the clays. This internal surface area might not 

represent the surface area that affects the low-field NMR response. The key for an accurate NMR 

log interpretation is the correlation between surface relaxivity (regardless of the calculation 

method) and the paramagnetic impurity causing NMR relaxation in oil and gas producing rocks. 

Choosing the appropriate technique for surface relaxivity calculation depends on the NMR PSD 

application. For example, in saturation height modeling, using the surface relaxivity calculated by 
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comparing NMR data and mercury intrusion data is recommended (Straley et al. 1991; Kenyon 

1997). The correlation between clay content and surface relaxivity suggests a use of spectral 

gamma ray logs to calculate clay content and further, to determine surface relaxivity for discrete 

intervals.  

2.8 Conclusions 

  Our surface relaxivity calculations using NMR T2 distributions and surface to volume ratio 

determined with different methods for organic rich Niobrara and Haynesville shales show that:  

1. The level of magnetism, concentration, and distribution of paramagnetic minerals affect 

the surface relaxivity values regardless of the calculation method.  

2. SR values calculated with surface areas from CEC and N2 methods show similar fitting 

relationships with the dominant paramagnetic clay species in samples with low internal 

surface areas. This is not observed in samples with high internal surface area. 

3. Due to differences in detected surface areas with the N2 and CEC methods, different SR 

values are observed, yet both methods accurately characterize the surfaces that cause NMR 

relaxation in samples with low internal surface area, such as the Haynesville. This is not 

the case for smectite rich samples that have greater internal surface areas, such as the 

Niobrara. 

4. Lower SR values derived from CEC indicate less scaling is needed between distributions 

from time domain NMR and measured pore size in the Haynesville and should be used in 

converting NMR spectra to the size domain in these lower surface area samples.  

Our work shows the potential of creating site-specific correlations between the surface relaxivity 

(calculated using CEC and N2 techniques) and clay content, with NMR to improve log 

interpretation using spectral gamma ray logs.  
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2.12 Appendix A: Table Nomenclature 

Q+Plag+F:   combination of quartz, plagioclase and feldspar content 

I-S:     illite-smectite mixed layer 
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TOC:    total organic carbon  

Fe:     iron 

N2 PHI:   nitrogen adsorption porosity 

N2 TSSA:   total specific surface area determined from nitrogen adsorption 

TVP:    total pore volume 

N2 DLM:   pore diameter logarithmic mean determined from nitrogen 
   adsorption, N2 
 
SR N2 TSSA:   surface relaxivity calculated using nitrogen total specific surface 
    area, N2 TSSA 
 
SR CEC TSSA:  surface relaxivity calculated using CEC total specific surface area, 
    CEC TSSA 
 
SR N2 DLM:   surface relaxivity calculated using pore diameter logarithmic mean 

    from nitrogen adsorption, T2 DLM 
 

2.13 Appendix B: Chemical Formulas of Minerals 

Quartz:  SiO2 

Plagioclase:  NaAlSi3O8 – CaAl2Si2O8 

Feldspar:  KAlSi3O8 

Pyrite:   FeS2 

Illite:   (K, H3O)(Al, Mg, Fe)2(Si, Al)4O10[(OH)2, (H2O)] 

Smectite:  (Ca, Na, H)(Al, Mg, Fe, Zn)2(Si, Al)4O10(OH)2-xH2O 

Kaolinite:  Al2(OH)4Si2O5 

Chlorite:  (Mg, Fe)3(Si, Al)4O10(OH)2·(Mg, Fe)3(OH)6 
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CHAPTER 3 

INVESTIGATION OF TWO-DIMENSIONAL NUCLEAR MAGNETIC RESONANCE (NMR) 

MAPS FOR FLUID IDENTIFICATION AND MOBILITY IN PERMIAN BASIN 

FORMATIONS 

 

3.1 Abstract 

NMR logging is increasingly used in tight reservoirs to constrain relative fluid volumes 

and to determine petrophysical parameters, such as porosity and fluid mobility. Determination of 

fluid mobility is complicated by the tight pore spaces and multi-mineralic composition with 

differing wettabilities inherent in unconventional reservoirs. Here, we report NMR-T2 fluid 

mobility cutoff values derived from low-field NMR laboratory experiments, and compare them 

with vendor supplied NMR 2D bins derived from CMR-NG logs for a Permian Basin experimental 

well. Our NMR experiments with imbibition and drainage of reservoir fluids on 8 core plugs from 

the Dean and Wolfcamp formations show that (a) the vendor-provided NMR bin values 

underestimate movable oil saturation in sandstone facies, leading to under prediction of oil 

mobility and production in Permian Basin wells; (b) NMR cutoff values vary with formation 

saturation history and reflect the mineralogy-dependent wettability of the formation; and (c) fluid 

bin locations can be identified in NMR 2D maps.  

3.2 Introduction 

Identification of fluid type and moveable fluid volume is of primary concern in 

petrophysical studies of petroleum reservoirs. In addition to the petrophysical challenges 

associated with conventional reservoirs, unconventional reservoirs have complications due to 
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constricted pore spaces, higher clay fractions with varying surface area and electrical charge (Josh 

and Clennell 2015). Furthermore, vertical resolution of reservoir properties from well log data is 

limited in laminated intervals (Ruhovets et al. 1992; Hagiwara 1996). The mixed wettability and 

complex mineralogy including organic fractions such as bitumen and kerogen, common in 

unconventional reservoirs, make interpretation of well log data, such as low-field (2 MHz) Nuclear 

Magnetic Resonance (NMR) logs, difficult (Lessenger et al. 2015, Simpson et al. 2018; Yassin et 

al. 2019).  

NMR transverse relaxation time (T2) cutoff values from NMR logs are used in 

petrophysical interpretations to distinguish immoveable or bound fluid fractions from moveable 

fluid fractions. T2 cutoff values for mobile fluids are determined from T2 response after removing 

mobile fluids from a saturated core using a centrifuge (Coates et al. 1999; Shikhov et al. 2017). 

Commonly used T2 cutoff values are approximately 90 ms in carbonate and 30 ms in sandstone 

lithologies (Coates et al. 1999; Dunn et al. 2002).  NMR longitudinal relaxation time (T1) and T2 

NMR time ratios (T1-T2 ratio) are used to differentiate between oil and water phases, and between 

different petroleum fluids (Dunn et al. 2002; Freedman and Heaton 2004; Fleury and Romero-

Sarmiento 2016). In order to better characterize immobile water fractions bound in clay structures 

and quick relaxing hydrocarbons such as kerogen, bitumen, and fluids hosted in nanopores, NMR 

studies have focused on higher frequency instruments for better resolution of quicker relaxation 

times (Fleury 2014; Vican et al. 2018; Song and Kausik 2019; Xie and Gan 2019). Low-field NMR 

T2 cutoff times and T1-T2 ratios are poorly defined for well log data from unconventional 

reservoirs. 

To better constrain petrophysical models of in-situ and moveable fluid fractions from 

logging data, we compare T2 responses from downhole well logs and from the laboratory. We 
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present NMR 2-dimensional (T1-T2) maps and characterize NMR 2D bins for the Dean and the 

Wolfcamp formations in the Permian Basin in Martin County, Texas. Blind Source Separation 

(BSS) of T1-T2 maps are often used for statistical analysis of NMR well log data taken from 

discrete depths (Toumi et al. 2014). Bin frequency and relative fluid amplitudes are constrained to 

known volumes of water saturation to determine bin fluid type (oil, water, or gas). Our T2 cutoff 

times for representative mineralogy types from the Permian Basin based on saturation history 

deviate from conventionally used T2 cutoffs.  The NMR 2D bins derived using BSS allow us to 

determine formation wettability based on imbibition and drainage of fluids from the field, oil and 

brine. 

3.3 Materials and Methods 

3.3.1 Sample Selection 

We selected two adjacent core samples from four representative reservoir facies of the 

Dean and the Wolfcamp A formations in a Martin County, Texas Permian Basin well based on 

well log data, visual core inspection, and laboratory mineral measurements.  Clean, clay-poor, 

mineralogy types were identified using probabilistic mineral models and laboratory mineralogy 

data, Routine Core Analysis (RCA), Gas Research Institute (GRI) testing, and XRD mineralogy. 

The selected representative mineralogy consisted of: 

 Clean sandstone from the Dean formation 

 Organic shale from the Dean formation 

 Laminated sandstone/organic shale lithology with ~ 1 mm thick layers of clean sandstone 

and organic shale facies from the Dean formation 

 Carbonate lithology from the underlying Wolfcamp A formation. 
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These four zones containing a variety of minerals represented various depositional 

environments. An unpreserved slabbed whole core was cored in intact rock material at selected 

depths, with duplicate cores taken from the butt end of the slabbed core. Since moveable fluids 

had evaporated from the exposed cored slab, the core plugs were re-saturated with oil or brine. 

NMR measurements were performed on each of the produced fluids prior to core saturation (crude 

oil and brine). 

3.3.2 Sandstone Interval 

The Dean sandstone (Figure 3.1) had high quartz content and relatively lower volumes of 

clay and carbonate minerals compared to the other facies. Visual inspection shows a fine-grained 

rock with uniform sorting, while ultraviolet (UV) luminescence (Figure 3.1b) indicates high initial 

hydrocarbon content and good potential for petroleum storage.  

3.3.3 Organic Rich Shale Interval 

The organic shale (Figure 3.2) contained higher amounts of kerogen and clay minerals 

determined from XRD and GRI data. High TOC and increased gamma ray response, coupled with 

comparatively high porosity predicted by the petrophysical model signify a good source and 

reservoir rock. The UV luminescence (Figure 3.2b) might be muted by the high asphaltene content 

and serves as a quantitative control for NMR response in a formation with high TOC and clay 

minerals. 



 

42 
 

   
                                                 a)                                                       b)  

Figure 3.1: Core photos of the 4 inch diameter slabbed core in the Dean sandstone interval taken 
with a) white light indicating well sorted, fine grained quartz and b) UV luminescence for 
hydrocarbon identification following initial slabbing of the cored interval. High luminescence 
shows large amounts of in-place hydrocarbons. 

 

   
  a) b) 

Figure 3.2: a) Core photos of the 4 inch diameter slabbed core in Dean shale interval taken with a) 
white light indicating high TOC and fine grained shale and b) UV luminescence for hydrocarbon 
identification following initial slabbing of the cored interval. Muted luminescence may occur in 
the presence of asphaltenes and indicates some hydrocarbon presence. 
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3.3.4 Laminated Shale Interval 

The laminated shale (Figure 3.3) consisted of alternating mm-thick sandstone and organic 

shale layers. UV luminescence after slabbing (Figure 3.3b) indicates high hydrocarbon content 

and good fluid mobility inferred from the muted UV intensity at the slab edges due to fluid 

evaporation. 

  
  a) b) 

Figure 3.3: Core photos of the 4 inch diameter slabbed core in the Dean laminated organic shale 
and sandstone interval taken with a) white light indicating well sorted grains and fine laminations 
indicating low depositional energy and b) UV luminescence for hydrocarbon identification 
following initial slabbing of the cored interval. Muted UV luminescence at the core edges indicates 
core drying and good fluid mobility. 
 

3.3.5 Carbonate Interval 

The carbonate (Figure 3.4) had a high content (~80%) of limestone. Biological features, 

poor sorting, and lower UV luminescence indicate heterogeneous pore sizes typical of tight 

carbonate intervals in the layered Permian system with high limestone content. 



 

44 
 

  

  a) b)  

Figure 3.4: Core photos of the 4 inch diameter slabbed core in the Wolfcamp A carbonate interval 
taken with a) white light indicating biological features and poorly sorted grain sizes and b) UV 
luminescence for hydrocarbon identification following initial slabbing of the cored interval. 
Uneven UV luminescence across the sample with large grains consisting of biological material 
indicate hydrocarbon presence restricted to flow. 
 

3.3.6 Core Saturation 

The samples were saturated with comingled formation fluids, oil and brine, from the same 

reservoir intervals in a producing well near the exploratory well. Since crude oil and brine 

composition did not change between the exploratory and producing well or across the produced 

reservoir intervals, comingled oil from the well head was used to saturate the cores and 

approximate in-situ fluid saturations for NMR analysis in the laboratory.  

The duplicate cores were separated into two sets with cores from each mineralogy to 

explore different saturation paths. Set 1 was saturated with formation brine first while the twin 

cores from Set 2 were saturated with produced formation crude oil first.  The saturation setup 

consisted of a transfer vessel connected to an ISCO syringe pump. The internal transfer vessel 
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piston separated the saturating reservoir fluid from the hydraulic fluid used to apply pressure 

(Figure 3.5). The samples were completely covered with saturating fluid. Fluid headspace 

prevented crushing of the cores between the moving piston and the vessel endcap during 

pressurization. Fluid pressure was increased from 0 psig to 2000 psig over 120 minutes to prevent 

fracturing by a sudden increase in pressure. This step was termed Primary Saturation. 

 
 

 
  (a) b) 

Figure 3.5: a) Transfer vessel setup used for the saturation of cores and b) schematic of saturation 
setup. The transfer vessel consists of a steel cylinder with two endcaps to seal the ends of the vessel 
and a moveable piston to prevent fluid mixture from inlet and outlet sides of the piston. The cores 
are placed in the vessel sitting on the moveable piston which allows for transfer of hydraulic fluid 
pressure from the ISCO pump.  The outlet line was plugged with a brass plug to ensure containment 
of fluid pressure during saturation.  
 
 

We used the generalized Darcy equation to calculate time needed for full saturation: 𝑄 = 𝑣𝐴 = − 𝑘𝜇 𝐴∆𝑃𝐿                                                       (3.1) 

where, Q = volumetric flowrate of fluid in porous media [m3/s], 𝑣 = interstitial fluid 

velocity [m/s], A= cross-sectional area of the core [m2], µ = fluid viscosity [Pa*s], ∆P = pressure 

gradient applied along the core length [Pa], and L = saturation length [m]. Solving for time (t) 

required for saturation of the core from interstitial fluid velocity yields: 
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𝑡 =  𝐿𝑣 = − 𝐿𝑘𝜇∆𝑃𝐿                                                           (3.2) 

Since the cores were completely immersed in the saturating fluid, an invasion distance of 

0.5 inch (1.27 cm) was required for full saturation of the 1 inch diameter core. Using the applied 

pressure gradient of 2000 psi (13.79 MPa), formation permeability of 2uD (1.97x10-18 m2) from 

laboratory measurement of the tightest, shale interval, and crude oil viscosity for West Texas 

Intermediate (WTI) crude of 50 cp (0.05 Pa*s), a theoretical limit of 3.4 days was estimated for 

oil saturation and less than one day for brine saturation. In practice, the cores were kept at a fluid 

pressure of 2000 psi for 5 days (oil) or 3 days (brine). NMR T1, T2, and T1/T2 measurements 

followed primary fluid saturation of the cores – Set 1 with brine and Set 2 with oil.  

For secondary fluid saturation, the fully saturated samples were immersed in the second 

formation fluid: brine-saturated Set 1 in oil (oil on brine) and oil-saturated Set 2 in brine (brine on 

oil). Imbibition of secondary fluids occurred spontaneously under the static applied pressure. 

Visual inspection of the Set 1 (oil on brine) cores showed oil staining with little visible evidence 

of expelled fluids, but the Set 2 (brine on oil) cores showed expelled oil in the transfer vessel 

(Figure 3.6) and on the surface of the cores, indicating brine displacement of the oil. NMR T1, T2, 

and T1/T2 measurements were made following this secondary saturation. 
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Figure 3.6: Visible expelled oil from secondary brine saturation of the cores. This expelled oil 
coated the cap and the surface of the brine showing large amounts displaced oil in the secondary 
brine saturation of oil saturated cores. 
 

3.3.7 NMR Measurements 

A low-field (2 MHz) MagritekTM NMR Rock Core Analyzer (RCA) was used to measure 

NMR T1, T2, and T1-T2 responses of the samples in as-received state, after primary saturation, 

and after secondary saturation. NMR T1 measurements were collected using an inversion recovery 

(IR) method (Hahn, 1950; Pykett et al., 1983) across 20 logarithmically spaced steps. NMR T2 

relaxation was acquired using Carr-Purcell-Meiboom-Gill (CPMG) pulse sequences (Carr and 

Purcell, 1954; Meiboom and Gill, 1958 with signal-to-noise ratio thresholds of 100. Inversion was 

performed using Laplace non-negative least square fitting (Lawson and Hanson 1974; Buttler et 

al. 1981) for 200 time steps across the bulk relaxation time range using ProspaTM Programming 

provided by MagritekTM. Inversion of NMR T1-T2 maps was performed using an inverse Laplace 

transform program for 2D inversions courtesy of Sophie Godefroy, Brett Ryland, and Paul 

Callaghan from Victoria University of Wellington. Logarithmic mean values of the T1 and T2 

spectra (T1LM/T2LM) were calculated given: 
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                                                           TiLM = exp [∑ aj ln(Ti,j)j ∑ ajj ]                                                 (3.3) 

where, TiLM = NMR logarithmic mean of the spectra (where i=1 or 2 for T1 or T2, 

respectively) [ms], aj = amplitude of spectra at inversion step j, and Ti,j = NMR relaxation time at 

inversion step j [ms]. 

T1, T2, and T1-T2 responses for 2-D mapping, collected for all cores in their as-received 

state, although small, indicate presence of residual, immoveable fractions of formation oil, brine, 

and immature hydrocarbons (bitumen and kerogen). The measurements after each saturation stage 

allowed us to determine changes in NMR signals due to the saturating fluid and the saturation 

pathway. Table 3.1 provides a list of the samples and experiments. 

 

Table 3.1. Sample names, lithology, and saturation path used for the NMR studies. “x” marks 
experimental data reported here. 

Name Lithology As received Brine Oil on 
Brine 

Oil Brine 
on Oil 

  Sets 1 & 2 Set 1 Set 2 
Sandstone Clean sandstone x x x x x 
Shale Organic shale x x x x x 
Laminated Laminated sandstone / 

organic shale 
x x x x x 

Carbonate Carbonate x x x x x 
 

 

3.4 Results 

We first present results of the NMR response of fluids in well logs and in experimental 

data before investigating the effects of fluid and saturation path on T1, T2, and 2D T1-T2 response 

in fluid-saturated rocks. 



 

49 
 

3.4.1 NMR Fluid Response 

NMR T1-T2 maps constructed using NMR log data (Figure 3.7a) show seven distinct bins 

corresponding to different fluid saturations. The bin locations for main fluid response lie along the 

unity line. There is a higher frequencies of fluid bins at relaxation times below 10 ms (Figure 3.7b). 

Since the vendor-provided mobile fluid cutoff value lies at 10 ms, a majority of the fluids in the 

formation are interpreted as immobile (Figure 3.7c).  

 

 
                        a)                                                    b)                                               c) 

Figure 3.7: NMR T1-T2 maps acquired across the logging interval shown as a) combined sources 
of all intervals showing seven relative fluid bin locations and b) a weighted combination of sources 
showing higher frequencies of fluid bins at relaxation times less than 10 ms. Bins along the unity 
line are interpreted as water whereas higher T1-T2 ratios generally indicate hydrocarbon fractions. 
Immobile fluid fractions are interpreted by the vendor at times quicker than 10 ms. c) NMR T1-
T2 map in the logged interval with interpreted bin values based on the T1-T2 ratio and the mobile 
fluid cutoff value provided by the vendor. Irr = Irreducible, HC = Hydrocarbon, CBW = Clay 
Bound Water, H2O = water. 
 
 

Assignment of fluid types to bin volumes is based on statistical similarities in T1/T2 ratio 

and NMR relaxation time ranges. The fluid type bins are subsequently adjusted to match fluid 

production ratios from production data. The NMR bins were identified as oil or water primarily 

based on their T1-T2 ratios, with the water bin having T1-T2 ratios close to unity and hydrocarbon 

bins with higher T1-T2 ratios (Freedman and Heaton 2004; Fleury and Romero-Sarmiento 2016). 
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Bin estimates from T1-T2 ratio assumptions and the 10 ms vendor provided T2 cutoff time are 

shown in the 2D NMR map (Figure 3.7c).  

 The assumptions for assigning fluid types into bins based on T1-T2 ratios were evaluated 

in the laboratory with NMR 2D maps of the produced reservoir brine and crude oil (Figure 3.8).  

 

 

Figure 3.8: Superimposed T1-T2 maps in crude oil and brine. Discrimination of fluid type from 
T1-T2 maps or ratios is difficult due to significant overlay of the fluid response. The wide T1-T2 
range of crude oil is expected due to compositional variation of its hydrocarbon constituents. 
 

 

Figure 3.8 shows the similar in T1-T2 ratios of the formation crude oil and brine, with the crude 

oil sample showing a larger range in relaxation time than the brine (about 2.5 decades as compared 

to about 1 decade, respectively). Crude oil relaxation relaxes faster than brine by about 1000 ms. 

However, some overlap in the 2D response of both fluids can lead to a wrong classification of bin 

fluid type if only T1-T2 ratio is used to identify fluid type. Next, we examine the behavior of the 

representative lithologies using duplicate samples to document NMR signatures for the samples 

as-received, and then saturated first with formation brine and or with formation oil. 
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3.4.2 Effects of Saturation Path in Sandstone 

3.4.2.1 Oil on Brine Saturation of Sandstone  

The NMR bins were evaluated using measurements of the as-received samples (Figure 

3.9a), after primary saturation with brine (Figure 3.9b), and after secondary saturation with crude 

oil (Figure 3.9c). Figure 3.10 shows the T2 distributions of this Oil on Brine saturation sequence. 

 

 
a) 
 

 
                        b)                            c) 

Figure 3.9: Oil on Brine saturation of the sandstone interval a) As-received T1/T2 plot. Signal 
amplitude is small due to low or no residual saturation of in the sample and low clay volume for 
bound water. b) T1/T2 plot of sandstone following saturation with brine. c) T1/T2 plot of the 
sandstone following secondary saturation with crude oil displacing brine. 
 
 

Sandstone 
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Figure 3.10: NMR T2 distributions for brine to oil saturation paths in the sandstone at each 
saturation step. NMR spectra are similar between 0.6-9.0 ms. A slight change between brine 
saturation and oil saturation spectra is seen T2 > 9.0 ms.  
 

 

The 2D measurements of the as-received sandstone sample show small NMR signals 

(Figure 3.9a), and the discrete narrow peaks in the NMR spectra (Figure 3.10) indicate large 

inversion errors, possibly due to the low fluid content and detectable proton response. Saturation 

of the sample with brine increases signal amplitude (Figure 3.9b) particularly in the 0.6-24 ms 

range. Secondary saturation with crude oil (Oil on Brine) does not change the NMR T2 spectra 

below 9 ms, while signal amplitude decreases between 9.0 to 18.0 ms and increases between 23.8 

to 62.9 ms. T2LM increases after secondary saturation 3.55 ms (brine) to 3.81 ms (oil on brine).  

The relative saturation changes were assessed from 2D maps of signal amplitude 

differences at each saturation step. Amplitude changes are indicative of a change in saturation 

while NMR bin locations mark the locations where saturation changes. The difference between 

pre- and post-saturation NMR 2D maps (Figure 3.11) is insignificant for the Oil on Brine 

saturation stage (Figure 3.11b). 
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a)                                                                         b) 

Figure 3.11: Signal difference 2D maps of the sandstone sample following a) saturation of the as-
received sample with brine and b) secondary saturation of the brine saturated sample with oil. 
 

3.4.2.2 Brine on Oil Saturation of Sandstone  

In the Brine on Oil saturation sequence, the sandstone sample was first saturated with crude 

oil and then with brine. Similarity, NMR measurements of as-received sandstones (Figure 3.9a 

and Figure 3.12a) show that the duplicate cores had similar saturation state and mineralogy. NMR 

measurements after primary saturation with crude oil are shown in Figure 3.12b, and after 

secondary saturation with brine in Figure 3.12c. T2 distributions of this saturation sequence are 

shown in Figure 3.13.  

After primary saturation with crude oil, the 2D NMR maps (Figure 3.12b) and the T2 

spectra (Figure 3.13) show that signal amplitude increased for T1 and T2 relaxation times up to 

200 ms. Following secondary saturation with brine, reduction in NMR signal at T2 times below 

0.85 ms imply that preferential imbibition of brine with longer relaxation occurs mainly in smaller 

pores. Larger pores (between 3 to 9 ms) are filled with moveable crude oil as inferred from the 

reduction in signal amplitude after secondary brine saturation (see T2 spectra in Figure 3.13).   
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           a) 

 
        b)                                                                      c) 

Figure 3.12: Brine on Oil saturation of the sandstone interval a) As-received T1/T2 plot. As in 
Figure 3.9a, signal amplitude is small due to low or no residual saturation of in the sample and low 
clay volume. b) T1/T2 plot of sandstone following saturation of crude oil. c) T1/T2 plot following 
secondary saturation with formation brine displacing crude oil. 
 
 

 

Figure 3.13: NMR T2 distributions for Brine on Oil saturation path in the sandstone facies 
following each saturation step. Spectra shape is similar between the oil saturated and oil-brine 
saturated steps indicating replacement of the in-situ fluids with little increase in total fluid volume 
of the core. Reduction in NMR spectra are observed at times less than 0.9 ms between oil saturation 
and brine saturation indicating mobile fluid fractions at faster cutoff times than reported by the 
vendor.  
 

Sandstone 
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Quite possibly, the preferential brine wettability of clay minerals with smaller pores drives 

the oil out demonstrating that mobile oil exists at T2 times of 3 to 9 ms, well below the mobile 

fluid cutoff time of 10 ms inferred from BSS interpretation (Figure 3.7). Brine replacing crude oil 

during secondary saturation leads to the formation of two separate bin locations in the 2D map 

profile and longer T2 times with brine occupying fast relaxing smaller pores and oil located in 

larger pores with long relaxation times. The 2D signal amplitude difference maps in Figure 3.14 

emphasize the fluid segregation and mobility reasoning with an increase in signal amplitude after 

oil saturation (Figure 3.14a) and further increase in signal amplitude at longer relaxation times 

after secondary saturation with brine (Figure 3.14b).  

 

a)                                                                        b) 

Figure 3.14: Signal difference 2D maps of the second sandstone sample following a) saturation of 
the as-received sample with oil and b) secondary saturation of the oil saturated sample with brine. 
 
 

3.4.3 Effects of Saturation Path in Organic Shale 

3.4.3.1 Oil on Brine Saturation of Organic Shale 

 The nanoporous shale showed insignificant differences in the T1-T2 maps (Figures 3.15) 

and T2 spectra (Figures 3.16) between the as-received, after primary saturation with brine, and 
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after secondary saturation with oil. The high signal amplitude in the T1-T2 maps is likely caused 

by immobile hydrocarbons and water in clay minerals in the shale matrix.  

 

 
a) 

 

b)                                                                      c) 

Figure 3.15: Oil on Brine saturation of the organic shale interval a) As-received T1/T2 plot. Higher 
signal amplitude compared to the sandstone sample is likely due to the presence of immobile 
hydrogen bearing fluids trapped in small pore spaces, and higher organic matter and clay contents. 
b) T1/T2 plot of organic shale following saturation of brine. c) T1/T2 plot of the organic shale 
following secondary saturation with crude oil displacing brine. 
 
 

3.4.3.2 Brine on Oil Saturation of Organic Shale 

The organic shales in Set 2 had similar 2D maps as Set 1 (Figure 3.17) and T2 spectra 

(Figure 3.18). Similarly, low permeability led to insignificant changes in NMR signals with 

saturation.  

 

Organic Shale 
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Figure 3.16: NMR T2 distributions for brine to oil saturation in the organic shale facies following 
each saturation step. Little change in NMR spectra is observed between saturation steps due to the 
tightness of this formation type. A slight shift in the spectra from 1.0 ms to 1.5 ms is seen following 
saturation with fluid indicating imbibition of brine during the primary saturation step. 
 
 

 
a) 

 
                                         b)                                                                     c) 

Figure 3.17: Brine on Oil saturation of the organic shale interval a) As-received T1/T2 plot of the 
organic shale facies. Higher as-received signal amplitude than the sandstone sample is observed 
due to the presence of immobile hydrogen bearing fluids, organic matter, and higher clay content 
in the tighter pore space. b) T1/T2 plot of organic shale following saturation of crude oil. c) T1/T2 
plot of the organic shale following secondary saturation with brine displacing crude oil. 
 

Organic Shale 
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Figure 3.18: NMR T2 distributions for Oil-Brine saturation in the organic shale facies following 
each saturation step. Little change in NMR spectra is observed between saturation steps due to the 
tightness of this formation type. An increase in signal amplitude is observed in 0.2-1.0 ms range 
indicating increased fluid saturation in pores residing at this relaxation range. Increase in relaxation 
time is also observed for pores from 2.1 to 7.3 ms as saturation occurs. 
 

3.4.4 Effects of Saturation Path in Laminated Sample 

3.4.4.1 Oil on Brine Saturation of the Laminated Sample 

T1-T2 map of the as-received laminated sample (Figure 3.19a) showed a combination of 

the responses from the organic shale and the sandstone. The T2 spectrum (Figure 3.20) resembled 

the sandstone T2 spectrum (Figure 3.10) with an additional large peak at faster relaxation times, 

from 0.01 to 0.88 ms, corresponding to organic shale layers. After brine saturation, the signal 

amplitude increased (Figure 3.19b and Figure 3.20) similar to the sandstone cores. Preferential 

imbibition of brine resulted in little difference in the NMR measurements following secondary 

saturation with oil except for minor broadening of the peaks (Figure 3.20) and a slight increase in 

2D bin amplitude (Figure 3.19) possibly from imbibition of minor amounts of oil. The 2D 

differences amplify the observations with a large amplitude change following initial brine 

imbibition (Figure 3.21a) and minor changes after secondary oil saturation (Figure 3.21b).  
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a) 

 
b)                                                                          c) 

Figure 3.19: Brine-Oil saturation of the laminated sandstone and organic shale interval a) As-
received T1/T2 plot of the laminated facies. Slightly lower as-received signal amplitude than the 
organic shale facies is observed due to the presence of similar immobile hydrogen bearing fluids, 
organic matter, and higher clay content in the tighter pore space of the organic shale layers. These 
fractions are not observed in the sandstone intervals resulting in slightly lower signal amplitude b) 
T1/T2 plot of laminated sample following saturation of brine. c) T1/T2 plot of the laminated 
following secondary saturation with crude oil displacing brine. 
 
 
 
 
 

Laminated sandstone 



 

60 
 

 

Figure 3.20: NMR T2 distributions for Brine-Oil saturation in the laminated sandstone and organic 
shale facies following each saturation step. A rise in signal amplitude from 0.6 to 6.8 ms is 
observed following saturation with brine with a shift of the spectra to slightly broader peaks with 
shorter average relaxation following secondary saturation with crude oil. 
 
 

 

a)                                                                      b) 

Figure 3.21: Signal difference 2D maps of the laminated sandstone-organic shale sample following 
a) saturation of the as-received sample with brine and b) secondary saturation of the brine saturated 
sample with crude oil. 
 

3.4.4.2 Brine on Oil Saturation of the Laminated Sample 

NMR measurements of the as-received duplicate laminated sample were similar in 2D map 

bin location (Figure 3.22) and spectra shape (Figure 3.23) as the sister sample. Furthermore, 

pressure saturation with crude oil produced similar increases in NMR signals at all relaxation times 

(Figure 3.22b). The increase over a wide range of relaxation times as shown in Figure 3.23 suggests 

that oil occupies a variety of pore sizes present in the sample. During secondary saturation, brine 
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appears to displace oil leading to an increase in signal amplitude from 0.3 to 2.4 ms (Figures 3.22c 

and 3.23) and shows large amounts of imbibition of brine into the sample. A complete reduction 

in T2 spectra amplitude from 3.2 to 5.9 ms following secondary saturation indicates mobile oil in 

this time range. 

 

 

a) 

 
                  b)                                            c) 

Figure 3.22: Oil-Brine saturation of the laminated sandstone and organic shale interval a) As-
received T1/T2 plot of the laminated facies. Slightly lower as-received signal amplitude than the 
organic shale facies is observed due to the presence of similar immobile hydrogen bearing fluids, 
organic matter, and higher clay content in the tighter pore space of the organic shale layers. These 
fractions are not observed in the sandstone intervals resulting in slightly lower signal amplitude b) 
T1/T2 plot of the laminated sample following saturation of crude oil. c) T1/T2 plot of the laminated 
sandstone following secondary saturation with brine displacing crude oil. 
 

Laminated sandstone 
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Figure 3.23: NMR T2 distributions for Oil-Brine saturation in the laminated sandstone and organic 
shale facies following each saturation step. Wide spectra for primary saturation with crude oil 
spans 4 decades of relaxation. A rise in signal amplitude from 0.3 to 2.4 ms following secondary 
saturation with brine indicates significant imbibition of brine and complete reduction in spectra 
amplitude from 3.2 to 5.9 ms indicates mobile oil in these ranges of relaxation time.  
 
 
 Amplitude differences in the 2D maps between saturation stages emphasize the 

observations: an increase over a wide range in relaxation after oil saturation (Figure 3.24a). 

Secondary saturation with brine (Figure 3.24b) increased signal amplitude at shorter times, below 

0.8 ms, possibly due to preferentially brine wetting attributes of the smaller pores in shale intervals 

with higher clay fractions.  

 

 
a)                                                                     b) 

Figure 3.24: Signal difference 2D maps of the laminated sandstone-organic shale sample following 
a) saturation of the as-received sample with crude oil and b) secondary saturation of the crude oil 
saturated sample with brine. 
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3.4.5 Effects of Saturation Path in Carbonate 

3.4.5.1 Oil on Brine Saturation of Carbonate 

Brine followed by oil saturation of the carbonate sample changed the T1-T2 map bin shape 

and location and the T2 spectra at each step. The as-received carbonate T1-T2 map contains 4 

distinct bin locations at higher T1-T2 ratios than all the other facies (Figure 3.25a). Higher T1-T2 

ratios may be caused by the presence of clay minerals or by trapped hydrocarbon and kerogen 

components. Similarly, the T2 spectrum of the as-received sample (Figure 3.26) has a larger signal 

peak from 0.01 ms to 1.6 ms with a bimodal shape and a wider distribution than the other formation 

types from this study.  

Signal amplitude of the T2 spectrum between 0.3 to 2.4 ms increases after brine saturation 

(Figure 3.26) and leads to merging of the 4 distinct NMR bins to a less defined shape (Figure 

3.25b). Secondary saturation with crude oil further increases T2 amplitudes and overall fluid 

saturation (Figures 3.25c and 3.26) and displays distinct peaks in the T2 spectra. A reduction in 

signal amplitude of the T2 spectrum between 2.5 and 6.9 ms after oil saturation indicates mobile 

brine. 
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a) 

 
                  b)                                            c) 

Figure 3.25: Brine-Oil saturation of the carbonate interval a) As-received T1/T2 plot of the 
carbonate facies. Lower signal amplitude (~18 normalized signal amplitude units) is observed 
compared to the organic shale facies and may be caused by clay minerals and possible kerogen or 
hydrocarbons in the carbonate facies but not in the same amount as the shale.  b) T1/T2 plot of the 
carbonate following saturation of brine. c) T1/T2 plot of the carbonate following secondary 
saturation with crude oil. 
 

 

Figure 3.26: NMR T2 distributions for Brine-Oil saturation in the carbonate facies following each 
saturation step. A rise in signal amplitude from 0.3 to 2.4 ms is observed following saturation with 
brine with a shift of the spectra to narrower peaks. Secondary saturation with crude oil creates 
more defined peaks in the spectra. 
 

Carbonate 
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Differences in the amplitudes of 2D maps (Figure 3.27) between each saturation stage show 

an increase in signal amplitude in 2 distinct bins locations from approximately 0.1 to 10 ms and 

from approximately 10 ms to 120 ms following brine saturation. T1-T2 ratios of these bin locations 

fall close to the unity line. Secondary saturation with crude oil results in an increase in signal 

amplitude in 3 distinct bin locations with T1-T2 ratios much higher than unity. The increase in 

signal amplitude following oil saturation indicates additional saturation of the core with oil. 

 

 

a)                                                                         b) 

Figure 3.27: Signal difference 2D maps of the carbonate sample following a) saturation of the as-
received sample with brine and b) secondary saturation of the brine saturated sample with crude 
oil. 
 

3.4.5.2 Brine on Oil Saturation of Carbonate 

 Oil-Brine saturation was performed on the duplicate carbonate sample with similar as-

received state NMR 2D map bins (Figure 3.28) and T2 Spectra (Figure 3.29) as the previous 

carbonate sample.  The as-received carbonate T1-T2 map (Figure 3.28a) shows 4 approximate bin 

locations, but with lower signal amplitude in the NMR bin at a T2 of 20 ms. Higher T1-T2 ratios 

were observed in bin locations of this sample. The T2 spectra (Figure 3.29) show similar as-

received spectra shape as the previous sample with 4 distinct peaks.  
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Saturation with oil resulted in an increase in bin signal amplitudes with higher T1-T2 ratios 

(Figure 3.28b) and an increase in signal amplitude in the spectra at 0.17 to 0.50 ms (Figure 3.29). 

Following secondary saturation with brine displacing oil, a large increase in signal amplitude from 

0.2 to 0.8 ms (Figures 3.28c and 3.29) indicates imbibition of brine in tight pore spaces most likely 

associated with clay minerals. Increases in peak amplitudes with little change in spectra shape 

indicate uptake of brine across all pore sizes in the sample. Reduction of signal from 5.9 to 14.7 

ms with secondary brine saturation indicates mobile oil fractions at this relaxation time (Figure 

29). 

 

a) 

 
                  b)                                            c) 

Figure 3.28: Oil-Brine saturation of the carbonate interval a) As-received T1/T2 plot of the 
carbonate facies. 4 bin locations are observed with lower signal amplitude in the bin at a T2 of 
20ms.  b) T1/T2 plot of the carbonate following saturation of oil. c) T1/T2 plot of the carbonate 
following secondary saturation with brine. 
 

 

Carbonate 
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Figure 3.29: NMR T2 distributions for Oil-Brine saturation following each saturation step in the 
carbonate facies. An increase in signal amplitude is seen at 0.17 to 0.50 ms with oil saturation. 
Secondary saturation with brine results in little change in the spectra shape, but an increase in 
signal amplitude indicating imbibition of brine. 
 

 

Differences in the amplitudes of 2D maps (Figure 3.30) between each saturation stage show 

an increase in signal amplitude along the unity line with saturation of oil across 2.5 decades of 

relaxation. Secondary saturation with brine yields and increase in fluid saturation in 3 distinct bin 

locations. The largest increase in fluid signal increase is seen at a T2 of 0.5ms indicating increased 

fluid saturation at fast relaxing times that may be due to clay minerals in tight pore spaces of the 

carbonate matrix.   

 
 

                                    a)                                                                           b) 

Figure 3.30: Signal difference 2D maps of the carbonate sample following a) saturation of the as-
received sample with crude oil and b) secondary saturation of the crude oil saturated sample with 
brine. 
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3.5 Discussion 

We used the NMR results presented in Figures 3.7-3.30 to show how saturation fluid and 

rock mineralogy affect the NMR 2D and T2 response of representative unconventional formation 

types in the Permian Basin petroleum system. Table 3.2 provides a brief summary of our findings. 

Associated rock-fluid interactions, namely wettability, pore size distribution, and fluid viscosity 

all have an effect on NMR surface relaxation in porous materials. The multi-mineralic composition 

of these formations coupled with nano pore environments and associated immobile TOC, 

formation oil, and brine fractions make interpretation of NMR surface induced relaxations 

complicated. Variable formation wettability and fractions of imbibition and drainage fluids show 

different mobility cutoff values depending on formation type and saturation pathway. The basis of 

utilizing BSS as a means to constrain fluid fractions by bin location (relaxation time and T1-T2 

ratio) neglects the aforementioned effects on NMR response and are shown to be prone to error 

when provided by vendors without taking these effects into account. 

 

Table 3.2. Summary of the observed changes in T1-T2 maps with saturation paths.  
Formation As-Received Brine Oil on Brine 

Sandstone Little signal, some 
inversion error 

Large increase in signal 
0.6-24 ms 

Slight increase in fluid 
T2 > 9 ms 

Organic-rich shale High signal 0.1 - 
1.0 ms  

Slight increase in fluid 
from 1.0 to 1.5 ms 

Minimal increase in 
signal from 20 - 60 ms 

Laminated shale Low signal 0.1 – 1 
ms 

Large increase in signal 
0.6 – 155.2 ms 

Little change 

Carbonate Bi-modal T2 
spectra, 4 distinct 
bins with high T1-
T2 ratio 

Stronger bimodal T2 
spectra, increase in 
signal from 0.3 - 2.4 ms 
and from 10.0 -120.0 ms 

Increase in saturation 
from 0.2 – 1.0 ms, 
mobile fluid from 2.5 – 
6.9 ms indicating mixed 
wettability 
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Table 3.2 Continued 
 

Formation As-Received Oil Brine on Oil 

Sandstone Little signal, some 
inversion error 

3 decade increase in 
signal up to 200 ms 

Loss of signal from 3ms 
to 9ms indicating 
mobile oil. Formation of 
2 distinct T1-T2 bins 

Organic-rich shale High signal 0.1 - 1 
ms 

Increase in signal in 0.2 
- 1.0 ms  

Some mobile fluid from 
2.1 - 7.3 ms 

Laminated shale Low signal 0.1 – 1 
ms 

Increase in signal from 
0.6 – 2000.0 ms due to 
broad oil relaxation 

Large increase in signal 
0.3 – 2.4 ms. Abundant 
mobile fluid from 3.2 – 
5.9 ms 

Carbonate Bi-modal T2 
spectra, 4 distinct 
bins with high T1-
T2 ratio 

Increase in signal from 
0.2 - 0.5 ms 

Increase in signal from 
0.2 – 0.8 ms indicating 
brine imbibition and 
mixed wettability 

 
 
 

3.5.1 Bulk Fluid Responses 

We first consider NMR responses of the bulk fluids in NMR 2D space (Figure 3.8). NMR 

T1-T2 signatures of the formation crude oil and brine lie close to the line of equality with 

significant overlap. The T2LM of brine T2 spectra is 1529 ms and T2LM of the crude oil is 92 ms 

with a much greater range of relaxation observed in the spectra. The larger range in the relaxation 

times of the crude oil is attributed to a host of components with varying viscosity and relaxation 

times. Similarly, the 2.5 decade span of 2D bin of the crude oil overlaps with the 1 decade span 

brine and shows relaxation at the peak of the NMR signal induced by brine. Thus, distinguishing 

the NMR response these fluids from each other is not possible based off of NMR T2 time or T1-

T2 ratio alone.  
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3.5.2 Fluid Responses in Sandstone 

Our saturation-resaturation experiments expand this investigation of fluid response into 

porous media. Initial NMR measurements of the as-received state of both sandstone cores (Figures 

3.9a and 3.12a) show little formation proton response. A singular bin of relaxation at 0.2-0.5 ms 

at relaxation times close to the resolution limit of our instrument indicates a very clean formation 

with few clay impurities. Primary saturation with brine results in relaxation from 0.6-24 ms 

whereas oil saturation yields relaxation from 0.3 to 1.2 ms and 3.2 to 44.5 ms. Longer relaxation 

with oil despite the fluid response of oil being shorter than that of brine indicates preferential brine 

wettability with the sandstone interval, resulting in a greater amount of surface relaxation at the 

grain-pore interfaces. It is expected that the negatively charged surfaces of the sandstone minerals 

would cause preferential imbibition of brine causing a water-wet rock and therefore secondary 

pressurization with oil would cause little oil invasion in the rock. Little respective change in spectra 

shape is seen following brine-oil saturation (Figure 3.10) indicating limited displacement of brine 

and little imbibition of oil. This is supported by the difference maps (Figure 3.11) where a large 

amount of fluid signal is seen following saturation with brine, but little incremental signal 

following secondary saturation with oil.  

Conversely, saturation with the non-wettable fluid (oil) yields a fluid bin with a longer 

range in relaxation (Figure 3.12b) and the difference map (Figure 3.14a) shows a similarly large 

range in the bin times of the increase in saturated fluid. Saturation with water results is the 

generation of 2 bin shapes near the unity line (Figure 3.12c) and a larger amount of incremental 

imbibed fluid is seen in the difference map (Figure 3.14b). 
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3.5.3 Fluid Responses in Organic Shale 

As-received responses of both of the organic shale samples resulted in higher NMR signal 

amplitude in bin locations in the sub 1 ms range. Slightly higher T1-T2 ratios of the bin locations 

is seen in Figures 3.15 and 3.17 as opposed to the sandstone samples indicating higher fractions 

of heavy immobile hydrocarbons such as kerogen and bitumen, and clay minerals. Little change 

is observed in T1-T2 mapping (Figures 3.15 and 3.17) and T2 spectra (Figures 3.16 and 3.18) with 

primary and secondary saturation of both oil and brine in this mineralogy. Little saturation change 

is observed with mapping the differences between each saturation state and limited fluid mobility 

or saturation occurred in the shale intervals with the saturation times used in this experiment. 

Negligible difference in the as-received state is observed with either saturation step showing that 

minimal fluid is able to invade these facies at the saturation pressures and times used in this study. 

3.5.4 Fluid Responses in Laminated Sandstone-Organic Shale 

As-received responses of the laminated core yield results similar to those of the organic 

shale cores with NMR bins in sub 1 ms relaxation times (Figures 3.19 and 3.22). Lower initial 

amplitudes than the organic shale is due to the lack of signal in the interbedded sandstone layers, 

limiting the fractions of the immobile hydrocarbons and clay minerals in the sample. Initial 

saturation with brine for the sandstone intervals results in the preferential imbibition of brine and 

secondary pressurization with oil causes limited oil invasion in the rock (Figures 3.19 and 3.21). 

Small peak shifts in the T2 spectra of the sample (Figure 3.20) is seen with an increase in oil 

saturation to slightly smaller times indicating limited fluid saturation changes with slight oil uptake 

by the sample. Very little change in bin amplitude or shape following secondary saturation with 

crude oil (Figure 3.19) indicate water wettability similar to that of the sandstone facies.  
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Similar to sandstone, saturation with the non-wettable fluid (oil) yields a fluid bin with a 

longer range in relaxation (Figure 3.22b) and the difference map (Figure 3.24a) shows a similarly 

large range in the bin times of the increase in saturated fluid. Saturation with water results is the 

generation of 2 bin shapes near the unity line (Figure 3.22c) and a larger amount of incremental 

imbibed fluid is seen in the difference map (Figure 3.24b). This sample shows similar response to 

the pure sandstone core with the same wettability effects seen on NMR response. 

3.5.5 Fluid Responses in Carbonate 

NMR responses of the carbonate interval are much more complicated in T2 spectra and 2D 

bin shape, and in T1-T2 ratio. In the as-received samples, more bin locations (approximately 4) 

and higher T1-T2 ratios are observed for the carbonate interval (Figures 3.25a and 3.28a). Larger 

numbers of bins are caused by the heterogeneous pore sizes that are typical of carbonates. Higher 

T1-T2 ratios may be caused by the presence of clay minerals. Saturation with brine results in an 

increase in signal amplitude at sub 1 ms times indicating imbibition of water in the nano pores of 

the carbonate facies. Secondary saturation with oil results in a similar increase in the signal 

amplitudes of the T2 map and results in more defined peak shape in the T2 spectra (Figure 3.26). 

Difference mapping shows high imbibition of both brine and oil phases indicating mixed 

wettability in this formation. Similar results were obtained by saturation with oil followed by brine 

indicating neutral wettability in the T1-T2 maps (Figure 3.28) and similar increases in fluid 

saturation in the difference maps (Figure 3.30). 

3.6 Conclusions 

We have provided qualitative interpretations of 2D NMR maps for discrimination of fluid 

type from T1-T2 ratio. We find that: 
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 T1-T2 ratios of the bins in the 2D map remain close to the unity line, and do not depend on 

the saturating fluid, water or oil nor on the saturation path.  

 T1-T2 ratio is not effective at distinguishing fluid type due to the low viscosity nature of the 

crude oil in the Permian Basin. Using T1-T2 as fluid type discriminator can lead to errors in 

the Permian Basin unconventional system.  

 Mobile fluids are observed at times as low as 0.1 ms.  

 Moveable fluid cutoff values can lie well below the commonly used 10 ms cutoff time. 

 Fluid mobility can occur through imbibition and drainage of oil and brine at pressures typical 

for unconventional reservoirs.  

 Sandstones and laminated rock facies show a preferential affinity for water. 

 Carbonate facies are characterized by mixed fluid wettability.  
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CHAPTER 4 

QUANTIFICATION OF DISSOLVED O2 IN BULK AQUEOUS SOLUTIONS AND POROUS 

MEDIA USING NMR RELAXOMETRY 

 

A paper published in Scientific Reports 

Kurt Livo, Manika Prasad, and Trent R. Graham 

 

4.1 Abstract 

Effects of dissolved paramagnetic oxygen (O2) in water on 1H nuclear magnetic resonance 

(NMR) Carr-Purcell-Meiboom-Gill (CPMG) experiments is evaluated at a 1H Larmor frequency 

of 2 MHz. Dissolution of O2 into water significantly reduces the 1H transverse relaxation 

coefficient (T2). For deoxygenated water, T2 is 3388 ms, water at ambient atmospheric conditions 

(7.4 mg/L O2) exhibits a T2 of 2465 ms, and dissolution of 2710 mg/L O2 further reduces T2 to 36 

ms.  The results were fit with an empirical model to facilitate prediction of T2 times for bulk water 

as a function of paramagnetic oxygen concentrations in solution. Dissolved O2 also greatly 

influences 1H NMR CPMG experiments of confined water in a model system composed of Berea 

sandstone. For this system, 90 mg/L O2 in H2O enhances T2 relaxation of bulk water such that the 

relaxation time is comparable to physically confined water in the sandstone pores. Given the 

sensitivity of NMR T2 coefficients to paramagnetic oxygen, low-field NMR-based 

characterization of fluid and porous media structure requires control of dissolved oxygen, as 

geospatial variation in the partial pressure of O2 alone is expected to perturb fluid and pore 

relaxation times by up to 60 and 36%, respectively.  
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4.2 Introduction 

  Low-field (2 MHz) nuclear magnetic resonance (LF-NMR) relaxometry provides 

physical properties of hydrogen-bearing fluids such as viscosity. LF-NMR experiments of porous 

media saturated with hydrogen proton bearing fluids yield pore structure information such as 

porosity, pore size distribution, and permeability (Seevers 1966; Timur 1969; Coates et al. 1999) 

by probing interactions of fluids with grain surfaces (Korringa et al. 1962; Kleinberg et al. 1994; 

Watson and Chang 1997; Godefroy et al. 2002). In such porous media studies, surface relaxation 

mechanisms, primarily controlled by paramagnetic elements such as iron and manganese 

associated with clay minerals and sulfides on grain surfaces, yield faster relaxation times (Glasel 

and Lee 1974; Foley et al. 1996; Mitchell et al. 2005; Keating and Knight 2007; Saidian and Prasad 

2015). The paramagnetic surface properties of the grains dominate proton relaxation at time scales 

greatly below bulk relaxation or diffusion-driven mechanisms leading to a simplified NMR 

relaxation equation that ignores free fluid and diffusion responses.  

Qualitative NMR studies suggest that the presence of oxygen molecules in solution alters 

both electron spin and nuclear spin relaxation rates (Benedekt and Purcell 1954; Nestle et al. 2003; 

Mitchell et al. 2005; Shikhov and Arns 2016). In high-field NMR spectroscopy, enhanced 

relaxation due to paramagnetic oxygen in proteins and lipids at elevated pressures yields 

information about protein structure and interactions (Horvath and Millar 1991; Kamatari et al. 

2004; Bezonova et al. 2008; Prosser and Evanics 2008; Erriah and Elliot 2019). At low magnetic 

fields and in simple aqueous solutions of deoxygenated water, the experimental 1H transverse 

relaxation coefficient (T2) is between 3400 and 3600 ms (Debye 1945; Chiarotti et al. 1955). In 

LF-NMR studies, dissolved oxygen in aqueous solutions disrupts proton precession and decreases 

relaxation times (Chiarotti et al. 1955; Mirhej 1964; Parker and Harmon 1974; Shikhov and Arns 
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2016). In addition to influencing nuclear spin relaxation in aqueous systems, dissolved oxygen in 

organic solutions has been found to reduce the relaxation time of hydrocarbons with dependence 

on hydrocarbon molecular weight, correlating with the dependence on the oil’s density and 

viscosity (Morriss et al. 1997; Lo et al. 2002; Mutina and Hurlimann 2005). A predictive 

understanding of the effects of dissolved oxygen is similarly fundamental to the calculation of 

fluid properties and porous media structure. 

To evaluate the sensitivity of dissolved oxygen on LF-NMR T2 based characterization of 

fluid properties and porous media structure, T2 relaxation times in bulk water were determined as 

a function of paramagnetic oxygen. An empirical formula was then developed to relate the 

dissolved oxygen concentration to the T2 of bulk water. In addition, the effects of dissolved O2 

were demonstrated in water saturated sandstone cores. The results demonstrate that dissolved 

paramagnetic O2 in water saturated sandstone cores alters the LF-NMR T2 relaxation times of 

water by two orders of magnitude to overlap with T2 relaxation times typically attributed to water 

interacting with the surface. This work demonstrates that dilute amounts of dissolved oxygen 

produces significant errors in calculation of pore size distributions and permeability, and that 

characterization of fluid properties and porous media structure is best done under anoxic 

conditions. 

4.3 Results 

4.3.1 Studies of Dissolved Oxygen in Bulk Water 

The initial results detail the effects of dissolved oxygen on the T2 properties of bulk water. 

The T2 logarithmic mean (T2LM) of the distributions inverted from the NMR magnetization decay 

were found to decrease systematically with pressure as shown in Figure 4.1. Additional details, 

such as the mole fraction of O2 in solution, are provided in Table 4.1. 
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Table 4.1: NMR Logarithmic Mean of Transverse Relaxation (T2LM) values and changes in 
T2LM for each pressure step during oxygen (O2) injection in DI water in this study. NMR values 
in bold are repeat measurements during up and down pressure steps and show a lack of hysteresis 
in the values. The grey colored row marks ambient PT conditions to compare with other PT NMR 
data. 
 

Gauge Pressure  

Absolute 

Oxygen 

Partial 

Pressure, 

pO2 

(psia) 

T2LM 

(ms) 

Differential 

T2LM Value 

from Prior 

Pressure 

Step, 

∆T2LM (ms) 

Percentage 

Change in 

T2LM from 

Vacuumed 

State, 

∆T2LM % 

Dissolved 

O2 in 

Solution 

(mg/L) 

Molar % 

O2 in 

Solution 

24.0 in. Hg Vacuum 0.02 3388.18     0.07 0.0000% 

18.0 in. Hg Vacuum 0.64 3129.06 663.61 0.00% 1.91 0.0001% 

0 psi No Vacuum 2.50 2465.45 0.00 21.21% 7.45 0.0005% 

Oxygen (O2) Pressurization 

100 psi Up 111.90 293.58 -2835.47 90.62% 329.87 0.0223% 

200 psi Up 211.90 159.00 -134.58 94.92% 618.32 0.0419% 

300 psi Up 311.90 109.03 -49.96 96.52% 900.77 0.0614% 

400 psi Up 411.90 84.62 -24.41 97.30% 1177.21 0.0807% 

500 psi Up 511.90 68.98 -15.65 97.80% 1447.66 0.0998% 

600 psi Up 611.90 58.11 -10.87 98.14% 1712.10 0.1186% 

700 psi Up 711.90 50.55 -7.55 98.38% 1970.55 0.1373% 

800 psi Up 811.90 44.83 -5.72 98.57% 2223.00 0.1558% 

900 psi Up 911.90 40.27 -4.56 98.71% 2469.44 0.1741% 

1000 psi Up 1011.90 36.65 -3.62 98.83% 2709.89 0.1921% 

Oxygen (O2) Depressurization 

700 psi Down 711.90 50.57 50.57 98.38% 1970.55 0.1373% 

400 psi Down 411.90 84.51 33.94 97.30% 1177.21 0.0807% 

100 psi Down 111.90 289.90 205.40 90.74% 329.87 0.0223% 

80 psi Down 91.90 350.14 60.24 88.81% 271.46 0.0183% 

60 psi Down 71.90 439.40 89.26 85.96% 212.81 0.0143% 

40 psi Down 51.90 587.51 148.11 81.22% 153.93 0.0104% 

20 psi Down 31.90 911.80 324.29 70.86% 94.80 0.0064% 

18.0 in. Hg Vacuum Down 3.06 2238.09 1326.29 28.47% 9.11 0.0006% 
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Figure 4.1: 1H NMR T2 relaxation distributions of bulk H2O during O2 pressurization (blue) and 
depressurization (red). Distributions are shifted vertically to prevent overlap in order to show 
relative changes at each pressure step. The distributions sum to unity, with additional discussion 
of y-axis intensities detailed in the main text.  
 
 

To provide a baseline T2 value for water at laboratory pressure and temperature (PT) 

conditions, T2 was measured for settled DI water in a pressure vessel under ambient atmosphere 

and ambient PT. As shown in Figure 4.1 and Table 4.1, the T2LM value of H2O at laboratory PT 
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conditions (pO2 = 2.50 psia, where pO2 is the partial pressure of oxygen) was 2465 ms. With 

application of vacuum, T2LM increased to 3129 ms at pO2 = 0.64 psia (vacuum of -18.0 in. Hg), 

and to 3388 ms at pO2 = 0.02 psia (-24 in. Hg vacuum). Then by pressurization with 100 psig O2 

gas, the T2LM of H2O decreased 91% to 294 ms, relative to the vacuumed state (-18.0 in. Hg). 

Further O2 pressurization up to 1000 psig yielded a final T2LM value of 37 ms.  

The decrease in the breadth of the T2LM distribution at higher oxygen pressures can be 

attributed to the logarithmic spacing of the inversion using the Lawson and Hanson (1974) method 

where more data sampling occurs at smaller time intervals. This causes the bin size of the T2 

distribution to vary nonlinearly. The higher amount of sampling steps at smaller time intervals 

leads to greater precision in T2LM calculations at small T2, which can be seen by the narrower 

distributions at the higher oxygen pressures.  

Repeated pressure steps in Figure 4.2 demonstrate overall agreement between T2LM 

values during pressurization and depressurization with oxygen. For example, the differences in 

T2LM are less than 4 ms at pressures greater than 100 psig. However, there is imperfect hysteresis 

upon return to 0 psig. After depressurization and subsequent vacuum to -18.0 in. Hg to match the 

pressure of the initial state, the T2LM value was 2238 ms, more than 890 ms shorter than the initial 

value of 3129 ms. The deviation between T2LM values at ambient pressure is attributed to the 

presence of a mixture of dissolved gases from air, and is further detailed in the discussion section. 
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Figure 4.2: T2LM values of bulk H2O as a function of O2 pressure shown on a log-log scale. Note 
the large reduction in relaxation of the fluid within the first 100 psi. Good agreement is seen in the 
T2LM values at 700, 400, and 100 psig regardless of the pressure path. The empirical correlation 
presented utilizes only pressurization data points following vacuuming of the sample. The line is 
the regressed power law function, which corresponds to an R2 value of 0.9746. 
 

 

The systematic reduction in T2LM with absolute O2 partial pressure is well fit by a power 

law (Figure 4.2). The power law model to describe the T2LM – pressure relationship at 21.1 °C, 

is:  

T2LM = 3503*pO2
-0.627                                                  (4.1) 

  
where, T2LM is T2 logarithmic mean with units of ms and pO2 is the absolute oxygen partial 

pressure with units of psia.  

4.3.2 Studies of Dissolved Oxygen in Water-Saturated Berea Sandstone  

Next, the effect of pO2 variation on T2 relaxation was evaluated for a water-saturated Berea 

sample with excess free-fluid. The bulk fluid surrounding the core prevents drying at varying 

oxygen pressures and comprised 91.46% of the total detectible water fraction in the pressure vessel 
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at ambient conditions. Due to the multi-exponential decay of NMR signals, discrete portions of 

the T2 distributions can be identified for the bulk fluid, large pores, and small pores of the Berea 

core.  

The bulk fluid portion resides in between the pressure vessel and core surfaces, and exhibits 

a smaller T2 than bulk water (Figure 4.1) likely due to surface interactions. NMR measurements 

of the Berea core at ambient pressure in air (pO2 = 2.50 psia) resulted in a T2LM of 2407 ms for 

bulk water, 264 ms for water in the large diameter pores, and 53 ms for water in small diameter 

pores (Figure 4.3). When subjected to vacuum of -24.0 in. Hg (pO2 = 0.02 psia), the T2LM of the 

bulk fluid increased to 2872 ms. Similarly, T2LM of water in the pore fractions also increased to 

317 ms in large pores and to 72 ms in small pores. As tabulated in Table 4.2, measurements 

performed with 10 psig (pO2 = 21.90 psia) of oxygen decreased the T2LM values to values of 1086 

ms for bulk fluid, 204 ms for water in large pores and 48 ms for water in small pores. Notably, in 

addition to changes in T2LM values, there was also a reduction in the total detectable pore fluid 

by about 11.3% following O2 pressurization. 

 

Table 4.2: NMR Logarithmic Mean of Transverse Relaxation (T2LM) values for each pressure 
step in water-saturated Berea sandstone and surrounding bulk fluid during oxygen (O2) injection.  

 

Gauge Pressure 

Absolute Oxygen 

Partial Pressure 

(psia) 

Bulk Fluid 

T2LM (ms) 

Large 

Pores 

T2LM (ms) 

 Small 

Pores 

T2LM (ms) 

Ambient State 2.50 2407.02 263.90 52.72 

24.0 in. Hg Vacuum 0.02 2872.37 316.51 71.71 

10 psi Oxygen Pressure 21.90 1085.76 203.56 47.79 
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Figure 4.3: 1H NMR T2 relaxation distributions of water-saturated Berea core samples with excess 
bulk fluid surrounding the core under vacuum, at ambient pressure, and with an applied pressure 
of 10 psig O2. A portion of the distribution is magnified 8x and offset to facilitate inspection of the 
components attributed to water in large and small pores. The magnified portion is annotated and 
shown with greater transparency. 
 

4.4 Discussion 

Paramagnetic properties of O2 are known to decrease 1H NMR T2 relaxation times (Mirhej 

1964; Parker and Harmon 1974; Hirasaki et al. 2003; Nestle et al. 2003; Shikov and Arns 2016). 

Mechanistically, this is caused by a disruption of the hydrogen precession by dissolved O2 

(Chiarotti et al. 1955; Nestle et al. 2003, Mutina and Hurlimann 2005) controlled by the 

distribution and magnetic susceptibility of paramagnetic agents in solution. The number of 

molecular collisions between the paramagnetic oxygen and hydrogen bearing molecules of the DI 

water during Brownian motion can dominate relaxation pathways even with dissolved oxygen 



 

85 
 

concentrations at pressures as low as 20 psig. The oxygenated free water relaxation time can 

coincide with relaxation times typical of surface relaxation mechanisms in porous media.  

 Changes in solution composition due to pressurization with O2 can be estimated from 

Multiflash calculations where an increase in oxygen from the vacuumed state to 100 psig yields a 

molar fraction of oxygen in solution of only 2.00x10-4 mole O2/mole H2O. Therefore, even trace 

amounts of dissolved O2 lead to a massive 90.62% reduction in relaxation time (Figure 4.1 and 

4.2). The increase in gas in solution from atmospheric pressure to 100 psig results in an increase 

in oxygen concentration from 2.43x10-5 to 1.68x10-4 mole O2/mole H2O (43.25 to 297.97 mg O2/L 

H2O) and an order of magnitude reduction in the 1H NMR transverse relaxation coefficient. 

Oxygen pressures greater than 100 psi results in smaller changes in relaxation times because the 

addition of more O2 molecules in solution is above a critical concentration where increased 

collision rate yields little additional relaxation. 

We can characterize the number of collisions between O2 and H2O molecules in solution 

due to Brownian motion using a characteristic distance traveled by an O2 molecule in solution 

during a time increment equivalent to the T2 relaxation coefficient. Using the diffusion coefficient 

(𝐷) of O2 in water of 2·10-5 cm2/s (Ferrell and Himmelblau 1967), the characteristic diffusion 

length of O2, 𝐿 [cm], is: 

                                                𝐿 = √6 ∗ 𝐷 ∗ 𝑇2𝐿𝑀                                                      (4.2) 

Using the intermolecular oxygen distances of water in a stable dimer configuration of 2.97 

Å (Niesar et al. 1991), the number of total collisions between water and oxygen molecules during 

the timespan of T2LM (𝐶) was calculated for each pressure per volume using Equation 4: 𝐶 = (𝐿 ∗ 𝑛)/𝑑                                                          (4.3) 
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Where 𝐶 is the number of O2 collisions with water molecules per cm3 of volume [cm-3], 𝐿 

is the aforementioned characteristic diffusion length of O2 in solution during T2 relaxation [cm], 𝑑 

is the intermolecular oxygen distances of water [cm], 𝑛 is the number of O2 molecules per volume 

of water [cm-3].  

The total number of collisions increases from 2.35x1022/cm3 H2O at -18.0 in. Hg vacuum 

(pO2=0.64 psia), to 3.60x1024/cm3 H2O at an oxygen pressure of 1000 psig. The increase in the 

number of molecular collisions between H2O and O2 in solution results in the reduction of NMR 

T2LM from 3129 ms to 37 ms. The reduction in relaxation time occurs with a linear increase in 

the solubility of oxygen. As a result, the main mechanism of surface relaxation observed in NMR 

studies of porous media can be masked by fluid effects in oxygenated fluid systems, even at O2 

pressures below 100 psig.  

The imperfect hysteresis of T2LM in bulk water following pressurization and 

depressurization is next discussed (Figure 4.2). The imperfect hysteresis can be attributed to the 

greater partial pressure of oxygen in the headspace relative to that in air, which occupied the 

headspace in the initial measurement. In addition, other gases in air can be more soluble than O2.  

For example, Figure 4.4 shows that CO2 in aqueous solution is approximately 30 times more 

soluble than O2 at comparable pressures. Conversely, the solubility of O2 is only about twice that 

of N2 and ethane and methane in solution at corresponding pressures showing that other gas 

fractions compete with O2 in solution. The vacuumed sample prior to pressurization still contains 

trace amounts of N2, O2, CO2 and other trace amounts of gases from the atmosphere. As 

pressurization with pure O2 occurs, these trace fractions are replaced with higher relative 

percentages of O2 in solution. Following the depressurization of the DI water sample, higher 

relative percentages of oxygen in solution account for the difference in the starting value of 3129 
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ms (pO2 = 0.64 psia) to 2238 ms (pO2 = 3.06 psia) values of relaxation at an applied vacuum of -

18 in. Hg.  

 

Figure 4.4: Solubility of different gases as a function of pressure in DI water generated using 
Multiflash advanced thermodynamic modeling software. The inset image is used to show the lower 
solubility values of common hydrocarbon and non-hydrocarbon gases: oxygen, methane, ethane, 
and nitrogen over the pressure range of the calculated values. The inflection of the solubility curves 
from near linear trends (Ethane and Carbon Dioxide) is caused by conversion of the gases into the 
liquid or critical phase at that pressure step.  
 

The empirical relation presented in this work provides a correlation between NMR 

relaxation and O2 in solution as a function of pressure that could be well fit by a power model. 

This is observed by the linear trend of the line of best fit on the log-log plot (Figure 4.2) where an 

increase in relative concentrations of O2 results in a proportional inverse relative change in 

relaxation time of water, a trend well described by power law relationships.  Similarly, power law 

relationships are well established to model behaviors in fluid properties such as viscosity. Here, 

our power law relation describes the increased disruptions in precessional relaxation of hydrogen 
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in solution with introduced paramagnetic O2 due to reduced O2 diffusional distance and time before 

proton interaction occurs, increased frequency of random molecular interaction between O2 and 

H2O due to Brownian motion, and increased total paramagnetism of the fluid. In this fitting 

equation, the power law constant of -0.627 is defined by these multivariate interactions that result 

in enhanced fluid relaxation in NMR controlled by temperature, viscosity modification with 

introduced O2, and paramagnetic properties of the gas in water. Our empirical relation similarly 

shows a lack of well-defined T2LM values at low pressures, a limitation typical of many power 

law systems.  However, our experimental maximum relaxation time of oxygen-free water (3.4 s), 

is in agreement with the Chiarotti et al. (1955) value of 3.6 s and the theoretical relaxation of water 

= 3.4 s from Debye’s relaxation model (Chiarotti et al. 1955). The high R2 value of 0.9746 in the 

experimental data shows good fit of the power law equation used to describe T2LM with an 

increase in O2 pressure across the pressure steps of our study.  

Utilizing this empirical relation, the partial pressures of oxygen in the location of this study 

(Golden, CO with a pO2 of 2.50 psi) corresponds to a T2LM value of 1973 ms for bulk H2O, 

whereas in Houston, TX (pO2 = 3.08 psi) the expected T2LM value would be 1732 ms. 

Discrepancies between these predicted values with our experimental values result from the choice 

of a power-law empirical model, as models with additional parameters could better fit data 

collected at O2 pressures below1 atm used. Based on the power law model and assuming isothermal 

conditions, values of T2LM can be estimated globally from elevation data (Figure 4.5). The 

estimated geospatially dependent T2LM varies between 1728 ms at sea level to 2775 ms on top of 

the Himalayan Mountains. The partial pressure differences in oxygen in the atmosphere can cause 

changes in T2LM relaxation times of up to 60.59% depending on global geographic location. 

 



 

89 
 

 

Figure 4.5: Global T2LM values calculated from topographic elevations and calculated partial 
oxygen pressures in 1 Degree Longitudinal and Latitudinal steps (generated using MATLAB 
Software Version 9.4, https://www.mathworks.com/products/compiler/matlab-runtime.html). 
Values range from 1728 ms at sea level to 2775 ms in the Himalayan region resulting in a 60.59% 
variation in water T2LM globally. 
 

 

Demonstration of these changes in relaxation time due to changes in oxygen concentration 

is also observed in porous samples where surface relaxation is commonly attributed as the main 

mechanism of NMR relaxation. Reduction in the partial pressure of oxygen by 2.48 psi yields a 

53 ms increase in the relaxation time for large pores and a 19 ms increase in the small pores of a 

Berea sample going from the ambient state to vacuum state.  This yields an increase in relaxation 

time of 19.93% in the larger pores and 36.02% for the smaller pores respectively. Similarly, 

pressurization of oxygen from the vacuum state (pO2 = 0.02 psi) to 10 psig (pO2 = 21.90 psi) 

results in a reduction of T2LM in the larger pores of 113 ms and a reduction of 24 ms in the smaller 

pores. This yields a reduction in relaxation times of 35.69% and 33.36% in the larger and smaller 

pores, respectively. Similarly, the 11.3% reduction in the detectable pore fluid signal further 
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indicates that relaxation enhancements of the interstitial fluid result in proton relaxation times of 

faster environments (such as in surface dominated relaxation of small pore fractions) that are 

undetectable at our instrument resolution. Thus, we find that variations in pore relaxation time of 

sandstones up to 36% can occur with changes in O2 partial pressure of less than 3 psi.  

4.5 Conclusions 

This work provides a quantitative relationship between NMR relaxation of water with O2 

concentration in solution at different pressure steps, and demonstrates that T2LM can be well 

predicted by a power law equation. The theoretical T2LM of bulk water without the presence of 

oxygen is approximately 3500 ms, which is in good agreement with values found in the literature.  

Variations of up to 61% in T2LM of bulk water can occur depending on global location, and 

variations in pore relaxation of up to 36% in simple porous media can occur with changes in O2 

partial pressure of less than 3 psi. This work demonstrates how trace impurities of paramagnetic 

gases in solutions cause great changes in the NMR relaxation at low magnetic fields. The impurity-

altered relaxation time of pure fluids that are controlled by bulk relaxation mechanisms approach 

and mask surface dominated relaxation effects in porous media. We suggest that models of 

pressure and temperature dependent NMR response of porous media correct for oxygen content 

that may skew the NMR spectra due to enhanced relaxation caused by the paramagnetism of the 

gas. Similarly, variation of oxygen in solution with temperature, salinity, or other gases could 

result in appreciable differences in the NMR response that should be accounted for with our 

empirical relationship for more accurate predictions of pore properties with low-field NMR 

relaxometry. 
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4.6 Experimental Methods 

4.6.1 Experimental Setup 

NMR Transverse (T2) relaxation times of DI water with dissolved research grade O2 was 

measured as a function of O2 pressure up to 1000 psi (about 6.9 MPa) and modeled oxygen 

solubility for each pressure step. NMR T2 relaxation was also collected in water saturated Berea 

sandstone cores as a function of oxygen pressure in an experimental setup consisting of a gas 

cylinder connected to a syringe pump, supplying gas to a pressure vessel placed in a low-field 

NMR (Figure 4.6). The pressure vessel consisted of a machined, 2 inch outside diameter Torlon 

rod with a 1-inch inner diameter. The pressure vessel was sealed with a Swagelok cap with 2 fluid 

flow through lines: the pressure line, and a vent line opened to atmosphere. The entire pressure 

vessel was placed in the NMR probe. A gas cylinder was connected to the inlet of a syringe pump 

(ISCO Teledyne) to supply gas to the system and the syringe pump was used for pressurization of 

the supplied gas.  A vacuum pump and fluid trap was connected to the setup via a vacuum line to 

evacuate the pressure vessel and pressure lines prior to introduction of gas. 

 

Figure 4.6: Laboratory schematic of the NMR pressure setup for pressurization of DI water 
samples used in this study. Gas was pressurized by charging an ISCO syringe pump from the gas 
cylinder and applying pressure to the pressure vessel. Valves mark shutoff values to control gas 
flow to the system.  The NMR pressure vessel was placed into a low-field (2 MHz) Magritek NMR. 
A fluid trap was utilized to prevent fluid from entering the vacuum pump. The vacuum pump was 
used to evacuate atmospheric air from the system prior to pressurization with oxygen. 
 

Pressure 
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bottle 

Pressure 
relief valve 

1 MPa 200 cc 390 cc ?

VAC 



 

92 
 

4.6.2 Sample Preparation  

 DI water (Type 2 ACS Grade) was prepared from filtered tap water. Conductivity of the 

DI water (6.3x10-5 S/m) was determined from DC conductivity probe measurements and the total 

dissolved solids (TDS) content of the DI water was 28 parts per billion. The DI water was allowed 

to settle in a sealed container without agitation to allow maximum degassing (at laboratory 

pressure prior to the experiment). A known volume of this so-called settled DI water was decanted 

into the pressure vessel with minimal agitation to minimize any oxygenation from the atmosphere. 

A volume of 25.0 mL (containing approximately 2.8 g of hydrogen) ensured high signal-to-noise 

(SNR) measurements. 

4.6.3 Pressurization and Depressurization 

An ambient absolute pressure of 11.90 psia was derived for atmospheric pressure in 

Golden, Colorado at an elevation of 5675 ft (1730 m). In determination of O2 partial pressure from 

the atmosphere, air and oxygen gases are treated as ideal gas mixtures. Assuming a concentration 

of O2 in air as 21% (Martin et al. 2017), a partial pressure of O2 (pO2) = 2.50 psi was used for 

calculation of oxygen pressure at ambient state. Atmospheric pressure (11.90 psia) was added to 

gauge pressure values for calculation of applied oxygen pressure at each pressure step. An 

additional study used a more efficient vacuum pump connected to the system to achieve pressures 

of -24 in. Hg vacuum pressure. The value from this separate study is included here for reference 

to this work. Oxygen partial pressures were determined to be 0.64 psi and 0.02 psi at vacuum steps 

of -18.0 in. Hg and -24 in. Hg (where 1 psi = 2.03602 in. Hg), respectively. Henceforth in this 

paper, references to pressure are provided in absolute oxygen partial pressure (psia) unless 

otherwise noted as gauge pressures (psig).  
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Research grade, 99.99% pure, O2 (Airgas) was introduced into the pressure vessel 

containing the degassed water sample. O2 pressure was increased using the syringe pump in 100 

psi increments up to 1000 psig. Depressurization steps were also controlled by the syringe pump, 

and the spent gas was vented to atmosphere. Pressure was decreased from 1000 psig to 100 psig 

in steps of 300 psi to document the changes in T2LM values between 100 psig and 1000 psig.   

Below 100 psig, pressure was decreased in smaller pressure steps of 20 psi for higher resolution 

of T2LM changes from 0 to 100 psig. Finally, a vacuum of -18 in. Hg (pO2 = 3.06 psia following 

pressurization in a pure oxygen environment) was applied to the system. Pressure values were 

taken by agreement with the syringe pump and pressure gauge. Pressure was maintained with the 

syringe pump until the NMR readings stabilized. Gentle rocking of the pressure vessel facilitated 

gas entering (pressurizing) or leaving (depressurizing) the solution. Continuous fluid phases have 

no change in T2 spectra following formation of discrete bubbles of differing fluid composition 

(Majid et al. 2015). Similarly, Scardina and Edwards (2001) show negligible nucleation of bubbles 

in water without temperature or pH changes at pressures higher than 1 atm., allowing us to ignore 

the effects of bubble formation in our NMR results. 

4.6.4 NMR Experiments 

NMR measurements were performed with a low-field (2 MHz) NMR (Magritek Rock Core 

Analyzer (RCA)) with a 2-inch probe aperture. T2 relaxation was acquired using Carr-Purcell-

Meiboom-Gill (CPMG) pulse sequences (Carr and Purcell 1954; Meiboom and Gill 1958). The 

data were inverted using Laplace non-negative least square (NNLS) fitting (Lawson and Hanson 

1974; Buttler et al. 1981) for 200 logarithmically spaced time steps across the bulk relaxation time 

range (0.01-10000 ms). Prospa Programming by Magritek was utilized for inversions.  
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The T2 signals were collected with a minimum SNR of 100. Sufficiently long inter-

experimental delay times (1000-20000 ms), number of echoes (2500-100000), at an echo spacing 

(TE) of 100 µs were collected until full decay of the magnetic signals was observed in the NMR 

CPMG measurements. A background reading of the empty pressure vessel was collected at a SNR 

of 200 for increased measurement resolution of the background signal. This background was 

subtracted from each fluid measurement to ensure inverted magnetic decay trains were solely the 

result of the fluid response. Measurements were collected on the as-introduced sample of DI water. 

A vacuum of -18.0 in. Hg was applied to the entire system by opening all valves and closing the 

vent valve of the pressure vessel (Figure 4.6). Gently rocking the pressure vessel at discrete 

intervals helped remove gas from the fluid during the degassing process. NMR measurements were 

made at discrete time intervals between pressure steps until the relaxation time did not change – 

typically after a wait time of 36 hours. The solution was deemed fully degassed when successive 

NMR measurements showed no change in the relaxation time of the sample based on T2 relaxation 

distribution shape and the logarithmic mean of the NMR transverse relaxation data (T2LM) value, 

given by: T2LM = exp [∑ ai ln(T2i)i ∑ aii ]                                                 (4.4) 

where, T2LM = NMR logarithmic mean of the spectra [ms], ai = amplitude of spectra at 

inversion step i, and T2i = Transverse NMR relaxation time at inversion step i [ms]. 

4.6.5 Solubility Modeling  

 We quantified the amount of O2 and other gases commonly dissolved in DI water in 

solution at each pressure step, by modeling their solubility in water at the laboratory temperature 

of 70 OF (21.1 OC) with Multiflash advanced thermodynamic modeling software that uses Cubic-

Plus-Association (CPA) equation of state calculations (Figure 4.4). Oxygen solubility shows a 
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linear increase from 43.25 mg O2/L H2O at 1 atmosphere of pure oxygen pressure to 2723.29 mg 

O2/L H2O at 1000 psi, neglecting compressibility effects. At ambient atmospheric air pressure 

(14.7 psi), the equilibrium concentration of oxygen in water due to partial pressure is 

approximately 9.2 mg O2/L H2O (pO2 = 3.08 psia).  

The amount of O2 dissolved in water can vary with changes in atmospheric composition 

and pressure, and by solubility modification due to temperature, salinity, and salt type (Benson 

and Krause 1984; Geng and Duan 2010). We use changes in these conditions to vary dissolved O2 

in water (aqueous solutions) and measure the corresponding changes in NMR fluid relaxation time. 

4.6.6 Pressurization of a Berea Sandstone Core with O2 

We evaluated effect of dissolved oxygen on T2LM in porous media using a Berea 

sandstone core (length = 2 in., diameter ≈ 0.75 in.). The core was fully saturated in a vacuum 

chamber with DI water prior to the experiment and put in the NMR pressure vessel. A minimal 

head space of a few mm of DI water was added to the top of the core to prevent gas drying when 

pressurized. NMR measurements were made at ambient pressure (11.9 psi, pO2 = 2.50 psia), at a 

vacuum of -24 in. Hg (pO2 = 0.02 psia), and at an oxygen gauge pressure of 10 psig (pO2 = 21.90 

psia). Due to the multi-exponential decay of the NMR magnetization and the difference in 

relaxation times of the bulk fluid and pore fluid, pore fluid relaxation was distinguishable from 

relaxation of the free fluid head, and was used to evaluate pore fluid changes due to pO2 effects. 
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CHAPTER 5 

CONCLUSIONS AND RECOMMENDATIONS 

 The main objective of this thesis was to provide an improved understanding of the 

fundamental controls on NMR response through an investigation of mineralogy, fluid properties, 

and their interaction in porous media. We first considered why the three relaxation mechanisms: 

surface, bulk, and diffusion, dominating NMR transverse (T2) relaxation are generally simplified 

to surface dominated relaxation as the sole mechanism in porous media. Bulk relaxation is 

typically defined as being much longer in duration than surface dominated effects, and diffusion 

induced relaxation is typically negligibly small in unconventional systems. We investigated these 

assumptions to improve NMR interpretation for downhole studies. To first increase the 

understanding of NMR surface relaxation, we extended studies of surface relaxivity in shales for 

relevance with increased mineral variety with differing paramagnetism in organic-rich formations.  

The second step of this thesis was to take a well-established, highly productive 

unconventional reservoir in the Permian Basin and compare downhole NMR with laboratory 

responses for determining fluid type and mobility from 2D NMR mapping. This was performed 

by studying the fluid response of produced fluids. We then considered representative mineralogies 

of the unconventional system and used fluid imbibition and drainage by saturating duplicate cores 

with produced crude oil and brine in different saturation pathways. This allowed us to study the 

interaction between each of the formation fluids and representative formation mineralogy. 

The third step of this thesis was an investigation of pure fluid response with NMR under 

pressure conditions. We extended the applications of surface dominated paramagnetic relaxation 

to fluids by investigating the response of paramagnetic oxygen in solution. In the following, I 
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provide a summary of the conclusions for each chapter. I also provide recommendations for future 

study in the subjects of this thesis. 

5.1 Conclusions 

The following presents the main findings and conclusions of this thesis. I present the 

findings in this section separated by the three main subjects of the thesis.   

5.1.1 Effect of Paramagnetic Mineral Content and Distribution on NMR Surface Relaxivity 

(Chapter 2) 
 

Our surface relaxivity calculations using NMR T2 distributions and surface to volume ratio 

determined with different methods for organic rich Niobrara and Haynesville shales show that: 

    The level of magnetism, concentration, and distribution of paramagnetic minerals affect the 

surface relaxivity values regardless of the calculation method.  

    SR values calculated with surface areas from CEC and N2 methods show similar fitting 

relationships with the dominant paramagnetic clay species in samples with low internal 

surface areas. This is not observed in samples with high internal surface area. 

    Due to differences in detected surface areas with the N2 and CEC methods, different SR 

values are observed, yet both methods accurately characterize the surfaces that cause NMR 

relaxation in samples with low internal surface area, such as the Haynesville. This is not 

the case for smectite rich samples that have greater internal surface areas, such as the 

Niobrara. 

    Lower SR values derived from CEC indicate less scaling is needed between distributions 

from time domain NMR and measured pore size in the Haynesville and should be used in 

converting NMR spectra to the size domain in these lower surface area samples.  
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Our work shows the potential of creating site-specific correlations between the surface relaxivity 

(calculated using CEC and N2 techniques) and clay content, with NMR to improve log 

interpretation using spectral gamma ray logs.  

5.1.2 2D NMR Maps for Fluid Identification and Mobility in Permian Basin Formations 

(Chapter 3) 
 

We have provided qualitative interpretations of 2D NMR maps for discrimination of fluid 

type from T1-T2 ratio. We find that: 

 T1-T2 ratios of the bins in the 2D map remain close to the unity line, and do not depend 

on the saturating fluid, water or oil nor on the saturation path.  

 T1-T2 ratio is not effective at distinguishing fluid type due to the low viscosity nature of 

the crude oil in the Permian Basin. Using T1-T2 as fluid type discriminator can lead to 

errors in the Permian Basin unconventional system.  

 Mobile fluids are observed at times as low as 0.1 ms.  

 Moveable fluid cutoff values can lie well below the commonly used 10 ms cutoff time. 

 Fluid mobility can occur through imbibition and drainage of oil and brine at pressures 

typical for unconventional reservoirs.  

 Sandstones and laminated rock facies show a preferential affinity for water. 

 Carbonate facies are characterized by mixed fluid wettability.  

5.1.3 Quantification of Dissolved O2 in Bulk Aqueous Solutions and Porous Media Using 

NMR (Chapter 4) 

 

This work has provided a quantitative relationship between NMR relaxation of water with 

O2 concentration in solution at different pressure steps. The average 2MHz NMR T2 relaxation 

time (T2LM) dependence on absolute oxygen pressure (psia) is: 
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T2LM = 3503*pO2
-0.627 

Our theoretical maximum relaxation time of water without the presence of oxygen, approximately 

3.5 s corresponds to values found in the literature.  We find that variations of 61% in T2LM of 

bulk water can occur depending on global location, and variations in pore relaxation of up to 36% 

in simple porous media can occur with changes in O2 partial pressure of less than 3 psi. This work 

demonstrates how small impurities of paramagnetic gases in solutions cause great changes in the 

NMR relaxation at low NMR frequency. The impurity-altered relaxation time of pure fluids that 

are controlled by bulk relaxation mechanisms approach and mask surface dominated relaxation 

effects in porous media. We suggest that models of pressure and temperature dependent NMR 

response of porous media correct for oxygen content that may skew the NMR spectra due to 

enhanced relaxation caused by the paramagnetism of the gas. Similarly, variation of oxygen in 

solution with temperature, salinity, or other gases could result in appreciable differences in the 

NMR response that should be accounted for with our empirical relationship for more accurate 

predictions of pore properties with low-field NMR relaxometry. 

5.2 Recommendations 

 Our learnings from this study help us to further understand NMR surface and bulk 

dominated effects in porous media studies. In this section I introduce some questions whose 

investigation was beyond the scope and limit of this PhD thesis. 

 In this study, we focus on the paramagnetism and distribution of simple clay mineral 

classes. We don’t characterize iron or magnesium replacement in clay structures that 

greatly vary paramagnetism of the clays. Studies with varying paramagnetism and clay 

structure are needed to further understand NMR response in clay rich systems. 
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 Integration of image processing with SEM images for characterizing total mineral surface 

area and distribution would greatly help in studies of surface dominated NMR response in 

clay systems. 

 We show the effects of simple imbibition and drainage on mineralogies of an 

unconventional reservoir system. Further studies with 1-D fluid displacement and 

stabilization of fluid saturations during imbibition and drainage is needed to fully explore 

the effects of wettability in different formations. 

 Our study focused on the effects of paramagnetic oxygen in solution on NMR T2 times. 

Further studies with varying temperature, salinity, and different fluid type is needed to 

better understand the physical meaning of the constants in the power-law fit. Integration of 

this work with rheological studies would greatly improve the application of these NMR 

corrections in laboratory settings. 

 NMR studies of diffusion should be implemented with oxygen injection to enhance our 

molecular collision calculation.  
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APPENDIX A 

GEOPHYSICAL EARLY WARNING OF SALT PRECIPITATION DURING GEOLOGICAL 

CARBON SEQUESTRATION 

 

A paper published in Scientific Reports 

Ismael Himar Falcon-Suarez, Kurt Livo, Ben Callow, Hector Marin-Moreno, Manika Prasad, 

and Angus Best 

 

A.1 Abstract 

Sequestration of industrial carbon dioxide (CO2) in deep geological saline aquifers is needed 

to mitigate global greenhouse gas emissions; monitoring the mechanical integrity of reservoir 

formations is essential for effective and safe operations. Clogging of fluid transport pathways in 

rocks from CO2-induced salt precipitation reduces injectivity and potentially compromises the 

reservoir storage integrity through pore fluid pressure build-up. Here, we show that early warning 

of salt precipitation can be achieved through geophysical remote sensing. From elastic P- and S-

wave velocity and electrical resistivity monitoring during controlled laboratory CO2 injection 

experiments into brine-saturated quartz-sandstone of high porosity (29%) and permeability (1660 

mD), and X-ray CT imaging of pore-scale salt precipitation, we were able to observe, for the first 

time, how CO2-induced salt precipitation leads to detectable geophysical signatures. We inferred 

salt-induced rock changes from (i) strain changes, (ii) a permanent ~1.5% decrease in wave 

velocities, linking the geophysical signatures to salt volume fraction through geophysical models, 

and (iii) increases of porosity (by ~6%) and permeability (~7%). Despite over 10% salt saturation, 

no clogging effects were observed, which suggests salt precipitation could extend to large sub-
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surface regions without loss of CO2 injectivity into high porosity and permeability saline sandstone 

aquifers. 

A.2 Introduction 

Deep siliciclastic saline aquifers are among the preferred options for geological CO2 

sequestration (GCS), because of their low reactivity to CO2 and high storage capacities (Michael 

et al. 2010). The storage efficiency is determined by the porosity (reservoir capacity), while the 

effectivity of the injection is controlled by the permeability (connectivity of the effective volume). 

Any changes in the storage capacity and/or injection efficiency during GCS activities may 

compromise the integrity of the reservoir (Benson and Cole 2008; Rutqvist 2012), and hence needs 

further study for long-term and safe sequestration of CO2. 

The CO2 injected in a reservoir advances as a plume by displacing a fraction of the resident 

brine (Chadwick et al. 2019; Zhu et al. 2019). The injected CO2 partially dissolves in the parent 

brine while inducing evaporation of water. These two mechanisms, together with capillary 

pressure gradients towards the injection source, molecular diffusion of saline ions within the brine, 

CO2 gravity (buoyancy) and self-enhancing salt crystallization phenomena, can trigger complex 

salt precipitation patterns in porous media (Miri et al. 2015). CO2-induced salt precipitation can 

lead to a significant decrease of up to 15% in porosity, and up to 85% in permeability (Miri and 

Hellevang 2016). Eventually, this phenomenon can dramatically impact the injection efficiency, 

as observed off-shore in the Tubåen Formation at the Snøhvit Field (Grude et al. 2014).  

Several studies have addressed the mechanisms and location of salt precipitates in saline 

aquifers during CO2 storage, and the negative consequences for the injectivity (Zeidouni et al. 

2009; Bacci et al. 2013; Liu et al. 2013; Ott et al. 2014; André et al. 2014; Roels et al. 2014). 

Numerical simulations predict significant salt-induced pressure build-up around the CO2 injection 
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well, the preferential salt precipitation area (Kleinitz et al. 2003; Pruess and Müller 2009; Bacci et 

al. 2011), even for high permeability rocks and low injection rates (Kim et al. 2012; Guyant et al. 

2015). Experimental studies have confirmed CO2 - induced salt precipitation in porous media from 

lab-on-chip experiments (Kim et al. 2013; Miri et al. 2015) and core scale flow-through tests 

(Peysson et al. 2014; Ott et al. 2015; Sokama-Neuyam et al. 2019). Experimental observations 

show that the precipitation process starts after a transition period post - CO2 injection, forming 

early pore scale crystals in the brine, followed by late polycrystalline aggregates at the CO2 - brine 

interface (Miri and Hellevang 2016). The velocity and extent of the process depend on CO2 

injection flow rate (Kim et al. 2012), brine mobility (Giorgis et al. 2007), pore network geometry 

(Guyant et al. 2015), and the physical properties of both fluids defined by the temperature, pressure 

and composition (Mahadevan et al. 2007; Nooraiepour 2018), particularly brine salinity (Miri and 

Hellevang 2016).  

Simple engineering mitigation strategies can be applied in the reservoir to prevent the salt 

precipitation during CO2 injection activities in the field. For instance, fresh water-washing - a 

technique originally used in gas-producing wells to avoid salt clogging (Kleinitz et al. 2003) that 

has been proposed for GCS prior to CO2 injection (Muller et al. 2009; Pruess and Müller 2009; 

Miri and Hellevang 2016). Early detection of salt precipitation is crucial for timely mitigation 

strategies and ultimately for preserving reservoir integrity. However, this requirement contrasts 

with the lack of experimental and modelling studies aimed at the identification of CO2 - induced 

salt precipitation from field-scale monitoring datasets, especially geophysical remote sensing.  

We conduct CO2 flow-through tests, using a high porosity-permeability non-reactive 

sandstone to isolate the CO2-induced salt precipitation phenomenon. Here we integrate elastic and 

electrical resistivity measurements, X-ray micro-CT imaging, and rock physics modelling, to 
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assess the potential of combined seismic and electromagnetic surveys for early detection of CO2 - 

induced salt precipitation.  

A.3 Core Flood Experiments  

This study involves two CO2 injection experiments (denoted as CSMe and NOCe) on a high 

porosity (~29%), high permeability (~1660 mD) synthetic quartz-rich sandstone, saturated with 

high salinity (XNaCl = 25% wt. NaCl) synthetic brine. The experiments were conducted using two 

experimental setups for high pressure multi-phase flow-through tests (CSMe and NOCe, Figure 

A.1), under constant hydrostatic confining pressure (Pc = σ1 =σ2 =σ3 = 25 MPa), pore pressure (Pp 

= 5.5 MPa), and room temperature (~20 °C).  

 

Figure A.1: CSMe and NOCe experimental rigs. 
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CSMe aimed at analysing the distribution of CO2, brine, and CO2-induced precipitation of 

salt crystals in the rock using micro-X-ray computed tomography (XCT) scans. In the first step, 

17 pore volumes (PV) of brine were injected through the rock at a flow rate of ~0.2 cm3 min-1, 

followed by a XCT (lasting ~24 h). Next, CO2 gas (CO2(g)) was injected into the sample at ~0.2 

cm3 min-1 continuously for 24 h (~200 PV), followed by a second XCT scan (~24 h). From the 

XCT, we developed a four-phase segmentation analysis to obtain the CO2, brine, quartz grain and 

salt volumetric fractions. Then, the sample was dried, cut and prepared into thin sections to 

compare with the original sample to assess the total salt content in the porous medium. Finally, the 

sample was subjected to X-ray diffraction (XRD) and scanning electron microscopy with energy 

dispersive spectroscopy (SEM-EDS) analysis to assess the precipitation of secondary minerals 

resulting from the CSMe test (see Supplementary Information). For the thin section analysis, we 

developed a three-phase (pore space, quartz grain and salt) segmentation analysis.  

In the NOCe, we measured geophysical (ultrasonic compressional and shear, P and S, wave 

velocities and electrical resistivity) and hydro-mechanical (axial strains) properties, under three 

flooding conditions: (i) initial 25% NaCl brine flow-through the brine saturated sample (~10 PV); 

(ii) CO2(g) injection flow displacing the brine from the saturated sample (drainage episode; ~75 

PV); and (iii) 25% NaCl brine flow through the partially CO2 saturated sample (imbibition episode; 

~30 PV). During the test, we alternated between two flow (Q) regimes: active measuring periods 

when Q was above 0, and interludes (Q = 0) without data collection. The test was repeated twice, 

named hereafter as NOCe Test-1 and Test-2, respectively. 
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A.4 Results and Discussion 

A.4.1 Salt Saturation Estimate (CSMe) 

XCT image analysis (Figure A.2) shows that CO2 and brine occupied 42% and 50% of the 

total pore volume, respectively, after CO2 injection (i.e., second scan), yielding a salt saturation 

(SNaCl) of ~8% (Table A.1). During the scanning the vessel was sealed, limiting the brine salinity 

to the dissolved ions within the pore water. Considering that the XCT scan lasted ~24 h, SNaCl 

likely increased during scanning and therefore 8% represents a lower bound of SNaCl in the CO2-

brine-rock system after two days of CO2 exposure (i.e., one day of CO2 injection and one for the 

scan). 

 

Table A.1: XCT scan and thin section processed results.  
CT-Run (CSMe) *Volume fractions (%)  Saturation 

 CO2  Brine Quartz **NaCl   SNaCl SCO2 Sbrine 
Before CO2  0 29.7 69.6 0.7     

After CO2  12.7 15.1 69.0 3.2  0.08 0.42 0.50 
         
Thin sections Area fractions (%)     
 Pores Grains **NaCl  SNaCl   
Original sample  27.5 ±0.5 71.4 ±0.5 2.1 ±0.2  0.0   
Fully dried after 
CSMe 

22.5 ±1.0 67.5 ±1.0 10 ±0.2  ~0.19   

* General volume fraction error of 1%; **NaCl phase contains NaCl plus others isotropic 
minerals 
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Figure A.2: Salt precipitation evidence from the sandstone used in the CSMe. Examples of XCT 
scans before and after CO2 injection in 2D (a-b), and 3D (a 2.5 mm3 volume portion post-CO2 
injection (c.1-3), including segmentation (a.1, b.1 and c.1-c.2). 
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 Theoretically, using mass balance considerations, in our closed system, one single halite 

crystal of density ρNaCl = 2100 kg m-3 formed from the brine (Sbrine, with density ρbrine = 1190 kg 

m-3 and salinity XNaCl = 25% wt) occupying the available pore space post-test (i.e., 1 – SCO2) would 

occupy 8.2% of the total pore volume (i.e., SNaCl(theoretic) = (1 - SCO2) ·  XNaCl · ρbrine /ρNaCl). However, 

thin section analysis (Figure A.3) reveals the subsequent drying process led to a final SNaCl(observed) 

~19% (±2% derived from 2D-thin section to 3D transformation (Saxena et al. 2017)). This analysis 

indicates that the salt precipitates around the rock grains mainly as an agglomerate of halite 

microcrystals, as previously observed (Miri et al. 2015). This finding is corroborated by SEM-

EDS analysis (Figure A.4) and XRD post-testing, which also shows NaCl crystals sometimes 

coexisting with nahcolite (NaHCO3) as subsidiary (further information in Supplementary 

Information). For practical reasons, we adopt the physical properties of the major component 

observed (i.e., halite) for the whole salt fraction and estimate a salt-aggregate micro-porosity of 

~56.7% ± 2%, resulting from the ratio between theoretical and thin-section estimated SNaCl post-

test (ΦNaCl,micro = 1 – SNaCl(theoretic) / SNaCl(observed)). This micro-porosity fraction is below the image 

resolution for both the XCT and thin section processing. Accounting for this micro-porosity, the 

SNaCl determined from XCT scan drops to 3.5%, indicating the salt precipitation was still in an 

early stage after two days exposed to CO2.   
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Figure A.3: Salt precipitation evidence from thin sections of (a) the original sandstone used in the 
CSMe and (b) after full drying post – testing, including segmentation (a.1, b.1). 
 

 

 

Figure A.4: Scanning electron microscope (SEM) images showing salt crystals (NaCl) coating the 
original sample grains, in three zoom-in scales (from a to c), after full drying post – testing, 
corroborated by Energy Dispersive Spectroscopy (EDS) analysis (Supplementary Information).  

 

A.4.2 Geophysical Data Analysis (NOCe) 

The NOCe CO2(g) injection test lasted approximately five days (~115 h) and it was repeated 

twice, with an effective flow-through time of ~40 h that led to ~110 pore volumes (PV) throughput 

each (Figure A.5). Both tests show similar trends for all the measured properties except for the 
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strains. Around 2% hysteresis effect of P- and S-wave velocities (VP and VS) suggests a change in 

the physical properties of the sample during the experiment. On the other hand, the transport 

properties of the sample remained undiminished (under the experimental conditions), as indicated 

by an almost constant pore pressure gradient throughout the NOCe for each pore fluid (i.e., brine 

flow in E1brine and E5; CO2 from E1CO2 to E4) within the range of flow rates 0 - 2 cm3 min-1.  

 
 

Figure A.5: Results of two consecutive brine-CO2 flow-through tests (Test-1, black solid line and 
solid dots; Test-2, grey solid line and open triangles) in synthetic sandstone during the NOCe. Up- 
and downstream differential pore pressure (∆Pp) and total outlet flow (Q), P- and S-wave velocities 
(VP, VS), bulk electrical resistivity (Rb), and axial strains (εa in %) are plotted versus pore volume 
(PV) and experimental time for three flooding episodes (E): brine flow (E1brine, below 9 PV), CO2 
replacing brine (E1CO2 to E4; drainage), and brine replacing CO2 (E5; imbibition). Geophysical 
properties and strains are presented normalized with respect to initial values of Test-1. Solid 
vertical lines indicate interludes between episodes (i.e., Q = 0). 
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The CO2 arrival (episode E1CO2 after 9 PV of brine flow; Figure A.5), led to a resistivity 

increase of ~50%. Electrical resistivity tomography (ERT) images (Figure A.6) show preferential 

pathways localized peripherally by the inlet-outlet ports on the axial platens (diagonally opposite 

one other); the invariant differential pore pressure for changing flow-rates suggests the preferential 

pathways remained active through the test (Zhang et al. 2017). This annular fluid distribution 

provides very little variations on VP and VS. Hence, the brine was first mainly drained from the 

edges of the sample whereas the CO2 is progressively saturating the resident brine towards the 

centre. Water evaporation rate into the CO2 stream is very low during this step (Peysson et al. 

2014). This behaviour might indicate early salt precipitation acting as a lateral permeability barrier 

for CO2 advance towards the central part of the sample (Kim et al. 2012). 

 

Figure A.6: 2D electrical resistivity tomography acquired during the NOCe Test-1 (star points in 
Figure A.5). The images are vertical planes crossing the centre of the sample, containing the inlet 
(IL) and outlet (OL) pore fluid ports as marked by solid triangles.     
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After the initial gas-pushing water piston fluid substitution effect (Krevor et al. 2015), each 

interlude leads to a redistribution of the two-phase fluids due to capillary effects that enhances salt 

precipitation (Miri and Hellevang 2016; Nooraiepour et al. 2018). During the interlude E1-E2, in 

the absence of effective pressure variations, the axial strain (εa) increased (more significantly 

during the first test; Figure A.5). Since our quartz-rich sandstone is barely reactive to CO2, we 

interpret sample dilation as being caused by local salt-induced volumetric increase effects, 

previously observed in CO2-brine tests in sandstones under hydrostatic confining conditions 

(Falcon-Suarez et al. 2017) and in air-brine systems under uniaxial loading (Noiriel et al. 2010). 

In this regard, it has been recently demonstrated (Desarnaud et al 2016) that salt crystals may exert 

pressures against pore walls up to ten times higher than the confining pressure used here (up to 

150 MPa at the 50 µm observation microscale). Sample dilation continued during episode E2 

accompanied by a weak decrease in both VP and VS by ~2%, and a resistivity increase by ~25%, 

in agreement with previously reported data (Lei and Xue 2009; Alemu et al. 2013; Kim et al. 2013; 

Falcon-Suarez et al. 2017; Falcon-Suarez et al. 2018; Zhu et al. 2019). Overall, E1 and E2 have 

similar pore fluid distributions (Figure A.6), and small geophysical variations, which can be 

explained by minor mechanical-chemical changes in the outer part of the sample. 

The most significant changes in the elastic properties of the rock sample occur after the 

second interlude (from E2 to E3; Figure A.5), with VP and VS increasing by ~3% and VS ~0.5%, 

respectively, in both tests. These changes contrast with the positive deformation of the sample (i.e., 

inflation) and the theoretical lowering of VP for an increasing CO2 content (Kim et al. 2013; Zhu 

et al. 2019). However, our results agree with the scarce data reported about changes of elastic wave 

properties associated with salt precipitation in high porosity sandstone (Vanoiro et al. 2011; Grude 

et al. 2014). During E3 and E4, resistivity, strains, and VS progressively increase while VP 
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decreases with CO2 injection. Despite a few sharp variations seen for all the parameters during the 

interlude E3-E4, E3 and E4 show similar trends that agree with those previously observed during 

CO2-brine drainage tests in sandstone (Lei and Xue 2009; Nakatsuka et al. 2010; Alemu et al. 

2013; Kim et al. 2013; Falcon-Suarez et al. 2017). During the last episode (E5, forced imbibition), 

the original brine flows through the sample, partially saturated in CO2. All the measured 

parameters recover to their original values except axial strains in barely five PV (Figure A.5 and 

Figure A.6), a rapid recovery previously observed in CO2-brine-quartz systems under imbibition 

(Falcon-Suarez et al. 2017; Falcon-Suarez et al. 2018). Resistivity totally recovered its original 

values. VP and VS carry ~1% of negative hysteresis at the end of the first test, and up to 1.5% after 

the second, with a minimum decrease from the end of Test-1 to start of Test-2. After the NOCe 

Test-2, the sample showed an increase of the original porosity, by ~6%, and permeability, by 7%. 

A.4.3 Saturation Uncertainties 

In a natural reservoir, a constant brine salinity scenario should be expected provided that salt 

clogging does not occur; in our test, the brine salinity progressively decreases as salt saturation 

increases. Since we calculate pore fluid saturations from the measured electrical resistivity and 

Archie’s laws (Falcon-Suarez et al. 2017; Falcon-Suarez et al. 2018), we must first consider any 

changes in brine salinity caused by the CO2 drying process. The observed changes in bulk 

resistivity are mainly related to (i) a fluid substitution effect (i.e., high resistive CO2 displacing the 

original brine in the porous medium), and (ii) a progressive decrease of the original brine salinity 

with CO2 (i.e., ions-depleted residual brine due to salt precipitation). Each of these two factors 

reduces resistivity and affects the transformation of electrical resistivity into saturation differently.  

Pore fluids saturation in a CO2-brine system can be calculated from electrical resistivity 

(Nakatsuka et al. 2010; Alemu et al. 2013; Kim et al. 2013; Falcon-Suarez et al. 2017), combining 
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the first, ϕ-m = Rb,0
Rw

, and second, Sw
n  = Rw

Rb,i
ϕ-m, Archie’s laws for fully and partially saturated porous 

media (Archie 1942), respectively. In these expressions, Rb is the bulk resistivity of the sample 

with subscripts 0 and i indicating full and partial saturation, Rw is the resistivity of the pore fluid, 

Φ the porosity, Sw the brine saturation, and m and n are the cementation and saturation exponents, 

empirically derived for each particular rock.  

The dissolved CO2 (less than 5% vol. at the experimental conditions (Duan et al. 2006; Canal 

et al. 2013)), is invisible to our resistivity and ultrasonic detection tools (Falcon-Suarez et al. 2018), 

and therefore neglected in the saturation calculations based on Archie’s expressions above. This 

simple transformation is valid for invariable porous framework systems, i.e., in the absence of 

dissolution/precipitation phenomena. However, the XCT scanning showed a minimum SNaCl 

(aggregate microcrystalline) of 8% for our experiments. CO2-induced salt growth progressively 

changes the bulk electrical properties of the rock, by changing both the porosity and brine 

resistivity. Therefore, to calculate Sw, the combination of the first and second Archie’s laws has to 

be modified to account for each state of the rock with respect to the original values (subscripts i 

and 0, respectively), as follows: 𝑆𝑤𝑛 = 𝑅𝑏,0𝑅𝑏,𝑖 𝑅𝑤,𝑖𝑅𝑤,0                                                           (A.1) 

In Equation A.1, we consider constant cementation (m) and saturation (n) exponents, 

because the salt aggregates observed in our CSMe test are suspended at the CO2-brine interface 

(Figure A.2). However, the cementation exponent is likely to increase in more advanced drying 

stages. Note that the change in water resistivity between stages is explicitly considered in Equation 

A.1, but the change in porosity due to salt precipitation is not. The micro-metre salt crystals are 

surrounded by highly conductive water films feeding the crystallization process (Miri et al. 2015). 
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At laboratory conditions (20 ºC), if we consider a closed system where all the original brine 

contributed its ions to halite formation, the Rw would have increased according to the expression43 

Rw = (4x105  TS⁄ )0.88
, with S being the brine salinity (in ppm) and T the temperature (in 

Fahrenheit). However, some backflow of brine towards the injection point (Pruess and Müller 

2009), particularly during interludes, might have partially contributed to salinity recovery. We 

consider the transition between a backflow completely renewing the resident brine (i.e., constant 

salinity), to no backflow leading to a progressively NaCl-depleted brine (Figure A.7). In our test, 

the degree of brine saturation estimated from bulk resistivity data should lie between both cases.  

 
 

Figure A.7: Bulk resistivity versus degree of brine saturation considering an initial brine salinity 
(S) of 25x104 ppm, a constant temperature of ~20 °C, and the ions-depleting effect associated with 
the precipitation of salt (SNaCl, salt saturation) in a closed system.  
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A.4.4 Combining Elastic and Electrical Properties 

Salt can form either away from the mineral grains (non-cementing salt), or at grain contacts 

bridging mineral grains (cementing salt). Image analysis suggests a transition from non-cementing 

salt at early stages of salt formation (XCT images; Figure A.2) to cementing salt after fully drying 

(thin sections; Figure A.3). Early detection of this transition in the field using geophysical 

monitoring techniques is essential to initiate mitigation strategies in a timely manner, before both 

injectivity and ultimately the mechanical integrity of the reservoir are compromised (as suggested 

by the mechanical hysteresis observed in our data). 

The bulk elastic properties of rocks are sensitive to the rock frame and pore fluid elastic 

properties (Gassman 1951), and to the distribution of fluids in the porous medium for multiple 

fluids (e.g., uniform/patchy (Mavko and Mukerji 1998)). Hence, to infer such a transition in the 

salt distribution from our geophysical data, we can use the so called uncemented and cemented 

sand models (Dvorkin and Nur 1996; Mavko et al. 2009), and introduce them into Biot-Stoll 

poroelastic formulation (Biot 1956a; Biot 1956b; Stoll and Bryan 1970) to calculate frequency-

dependent P and S wave velocity and attenuation. This approach has been applied previously to 

understand and assess quantitatively the impact of marine methane hydrate on these properties 

(Ecker et al. 1998; Marín-Moreno et al. 2017). Due to the similarities in the distribution of hydrate 

and salt in the pores, we adopt these models using the physical properties (bulk and shear moduli, 

and density) of halite.   

Using these model predictions, we can explain the observed evolution of the CO2-brine-salt-

sandstone system from changes in the compressional and shear wave velocities with brine 

saturation, with both the NOCe Test-1 and Test-2 showing very similar results (Figure A.8). We 

assume that non-cementing salt only modifies the bulk modulus of the fluid. In contrast, cementing 
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salt modifies both the shear and bulk moduli of the dry granular frame. Hence, VS can be 

significantly affected by cementing salt but not by non-cementing salt (only minor changes can 

occur due to changes in bulk density of the rock).  

 
 

Figure A.8: (a) Compressional and (b) shear ultrasonic wave velocity (VP and VS), normalized 
with respect to their original brine saturation (subscript 0) values for NOCe Test-1 and Test-2, 
versus brine saturation, Sbrine, for the five episodes (E1-5) of both NOCe tests. The red arrow 
indicates the transition at SNaCl 10% from non-cementing (N-C) to N-C with 0.1% of cementing 
salt (red model curves). To facilitate the analysis, we assume constant brine salinity of 25x104 ppm 
(i.e., minimum Sbrine possible; see Figure A.7), and add one cross error bar per episode to account 
(horizontally) for the effect of ions depletion during salt precipitation and (vertically) the 
uncertainty around the ultrasonic velocity determinations. 
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For P-waves, the change in VP from E1brine (brine flow) to E1CO2 (CO2 flow) can be explained 

by the presence of up to ~4% of solid non-cementing micro-crystalline NaCl into the pore space 

during Test-1 (~2% for Test-2), partially reabsorbed during the interlude E1-E2 (Figure A.8a). The 

most significant change in VP occurs from E2 to E3. During this interlude, the drying through 

evaporation is likely to be enhanced by capillary and diffusive mechanisms, leading to a higher 

crystallization rate (Miri and Hellevang 2016; Nooraiepour et al. 2018). The model indicates a 

sharp SNaCl increase from E2 (SNaCl ~1%) to E3 (SNaCl ~13% in Test-1 and ~14% in Test-2). The 

brine remaining in the pore space is then NaCl-depleted and salt crystallization stabilizes, leading 

to a (CO2 - brine) fluid substitution stage with some salt reabsorption phenomena at the end of the 

episode E4.  

For S-waves, VS reflects an early rock weakening effect during the transition from brine to 

CO2 injection (VS drops from E1brine to E1CO2), likely associated with poorly attached silica cement 

or grains, removed during early stages of the CO2 flooding due to sudden changes in the bulk 

properties (i.e., early salt nucleation) of the pore fluid (Figure A.8b). This early weakening effect 

is observed in both NOCe tests, but more significantly in Test-1. To isolate the CO2-induced salt 

precipitation effect after this early weakening, we project the modelling results to fit the data after 

E1CO2 (grey bands and grey lines in Figure A.8b) by considering the final VS value of each test as 

VS,0. From E1CO2 to E3, the VS data scatter (within the ultrasonic measurements error band) over 

the whole range of results for the non-cementing salt modelling (i.e., SNaCl from 0 to 14%). The 

clear increase in VS from E3 to E4 can be explained by considering a transition (red arrows in 

Figure A.8) from only non-cementing salt in E3, to non-cementing salt with a small fraction (0.1%) 

of cementing salt in E4 (red curve in Figure A.8); grey solid curve for the projection in Figure 
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A.8b). Finally, brine is injected into the sample, and rapidly replaces (and dissolves) the salt-rich 

CO2-brine mixture in the pore space.  

For a precise quantification of the evolution of the three pore phases, we would need to 

account for the progressive ions depletion of the original brine, which could be significant, as 

shown in Figure A.7; this would require monitoring of pore water conductivity during the CO2 

flooding, which is missing in this experiment. Instead, we have added one single horizontal error 

bar to reflect the uncertainty associated with the increasing pore water resistivity for each episode 

(E1-E5). 

The transition from non-cementing to cementing salt (E4) occurs after a substantial SNaCl 

increase from E2 to E3 of (from ~2 to ~12% in Test-1 and up to ~14% in Test-2) well-defined by 

~3% increase in VP (Figure A.8a). This rapid SNaCl increase occurs in the absence of CO2 flow 

(interlude E2-E3). By contrast, during flowing episodes, changes in rock properties are better 

explained by fluid substitution mechanisms as data points within each episode evolve towards 

higher CO2 saturations.  

A.4.5 Insights of Salt Distribution in Geological Reservoirs  

From the constant response of our pore pressure sensors for different flow rate conditions all 

through the NOCe tests, we conclude that any clogging effects due to salt induced porosity 

reduction were insignificant. The distribution of gas-induced salt precipitation in a porous medium 

can be described through the Peclet (Pe = LV/D), and Damköhler (Da = Lkr / V for Pe > 1 (Luquot 

and Gouze 2009)) numbers (reference length, L; effective flow velocity, V; diffusion coefficient 

of salt in water, D; kinetic rate constant, kr). Pe determines the importance of advective (Pe > 1) 

and diffusive (Pe < 1) transport (Huinink et al. 2002), while Da describes to which extent the 

dissolution/precipitation processes are dominated by fluid velocity or mineral reactivity (Luquot 
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and Gouze 2009). For Pe >> 1, salt precipitation would occur close to the injection zone, whereas 

Pe << 1 would lead to a homogeneous distribution (Peysson et al. 2014); the crystallization process 

is controlled by diffusion when Da >> 1 (Naillon et al. 2017). In our closed system, the calculation 

of Da is not straightforward, as it varies with the ions concentration decay in original brine with 

the increasing SNaCl. In the NOCe, the Pe changes from the order of 102 (advective regime) during 

flowing episodes (i.e., V > 0), to null during interludes (i.e., V = 0), and the system is completely 

controlled by the diffusion (i.e., Da tends to infinity). Since this change in Pe is expected to 

enhance the homogenization of salt precipitation, it explains the SCO2 and SNaCl backwards 

transition from E1CO2 to E2 during Test-1 (Figure A.8a).  

Overall, upon detection of CO2-induced salt precipitation in a reservoir formation through 

seismic and electromagnetic geophysical surveys, reducing or stopping the CO2 injection is 

advisable for high porosity and permeability reservoirs and low brine salinity (e.g., Sleipner CCS 

field (Falcon-Suarez et al. 2018)). However, stopping or reducing the CO2 injection (i.e., minimum 

Pe; maximum Da), might have undesirable effects for reservoirs with lower porosity and 

permeability and higher brine salinity (Baumann et al. 2014; Grude et al. 2014). In these latter 

reservoirs case, the higher capillarity of the rock could lead to self-enhancing salt growth 

phenomena (Miri et al. 2015), rather than salt reabsorption and homogenization, which would 

extend the salt precipitation to large sub-surface regions. In turn, this would reduce the 

effectiveness of common clogging mitigation techniques, such as fresh water flooding, mainly 

focused on the surroundings of the injection well. 

Furthermore, salt would be prone to fill (micro-) pores and start cementing the rock, thus 

modifying rock mechanical properties. During the GCS post-injection stage, natural aquifer 

recharge might lead to re-dissolution of salt crystals, this time with permanent changes in rock 
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mechanical properties, as suggested by the hysteresis shown by the axial strain (only ~5% 

recovery) during the NOCe, together with the VP and VS drop and the increase of the original 

porosity and permeability, during NOCe Test-1 and Test-2.    

A.5 Conclusions   

During a set of CO2 flow-through experiments using a synthetic sandstone of well-known 

petrophysical properties, we have found evidence of CO2-induced salt precipitation from X-ray 

micro-CT imaging and of detectable geophysical signatures (elastic waves and electrical 

resistivity) associated to this phenomenon. Our results show for the first time how elastic wave 

velocities, when combined with electrical resistivity measurements, can be used to detect early 

stage salt precipitation during CO2 injection into reservoir sandstones. Based on our experimental 

results, we conclude: 

1. The precipitation of salt induced by CO2 injection into brine saturated sandstones 

significantly affects measurable geophysical properties of the original rock formation, i.e., 

compressional and shear wave velocity, and electrical resistivity. During early stage injection, 

salt precipitates away from grain contacts (non-cementing), then starts to cement the rock grains 

after a certain threshold salt saturation is achieved (10% in our experiment). 

2. The precipitation of salt triggers detectable changes in compressional wave velocity (up to 

3%) that can be differentiated from pore fluid substitution effects with the aid of electrical 

resistivity, based on the latter’s sensitivity to electrically insulating gas phases like CO2. While 

compressional wave velocity is sensitive to both non-cementing and cementing salt 

precipitation, shear waves velocity is predominantly sensitive to the fraction of cementing salt. 
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3. During CO2 -induced salt precipitation, pore fluid salinity changes have to be considered 

to successfully estimate the evolution of CO2, brine and salt saturations from electrical 

resistivity. 

4. CO2-induced salt precipitation may lead to dilation of the rock frame, even in high porosity 

and permeability sandstones that are barely reactive to CO2. Hence, early detection of salt 

precipitation is crucial to preserve reservoir injectivity properties and mechanical integrity. 

A.6 Materials and Methods 

A.6.1 Rock Samples and Pore Fluid 

We created a homogeneous synthetic sandstone of high (effective) porosity (Φ= 0.29; He-

pycnometry), and high absolute permeability kabs ~1660 mD (N2-permeameter), to avoid salt-

induced clogging during CO2 injection. Following the manufacturing procedure described in 

Falcon-Suarez, et al. (2019), we used sorted, coarse grained (diameter >500 µm) sand and low 

cement-to-grain ratio to ensure high porosity and permeability (with a final dry density ρd ~1826 

kg m-3) and to avoid clay conductivity and clogging effects. The composition of the sample was 

~97% quartz, ~3% albite (X-ray diffraction, XRD, analysis with a Philips X’Pert pro XRD – Cu 

X-ray tube), which ensures the applicability of the original Archie’s laws without applying 

corrections related to the presence of clay minerals in the rock. From the original sample, we 

extracted two core plugs of (sample A) 2 cm length, 1.2 cm diameter, and (sample B) 2 cm length, 

5 cm diameter, for the CSMe test and for the NOCe tests, respectively.  

We used a 25% NaCl synthetic brine solution prepared with deionized water in both tests, 

keeping NaCl concentration slightly below the saturation point to promote rapid crystallization 

during CO2–induced evaporation. To ensure the saturation condition, the samples were first oven-

dried, then saturated with the experimental brine via imbibition under vacuum conditions, and 



 

127 
 

finally flushed at 5 MPa with the experimental brine solution to enhance the dissolution of 

remaining air in the system. At the pore pressure used in this test, the salinity of the brine has 

neglectable effect on the mutual solubility of CO2 and brine.  

A.6.2 CSMe Setup and Test Configuration 

The brine saturated sample A contained in an in-house developed Aluminium pressure vessel 

was pressure equilibrated for one night at the target Pc (25 MPa) and Pp (5 MPa) conditions, and 

left for one night for stress-strain equilibrium. Then, the test started with a brine flow episode at 

0.2 cm3 min-1, up to completing 17 PV of brine flow-through. Immediately after, the first XCT-

scanning was carried out lasting ~24 h. Next, CO2 was injected in the sample at variable flow rate 

(0.1 - 0.2 cm3 min-1) continuously during 24 h (Peclet’s number Pe ~60), reaching ~200 PV of 

collected pore fluid volume downstream. Immediately after, the second XCT-scanning was 

conducted. 

The pressure vessel setup consisted of an aluminium tube sealed with commercial high-

pressure fittings, and three flow-through lines for confining, and inlet and outlet pore pressure. The 

sample A was jacketed and plugged with in-house manufactured endcaps, allowing pore fluid 

flow-through while isolating the sample from the confining hydraulic oil. Pressure vessel 

connecting lines were flexible to ensure free twisting of the vessel within the XCT instrument 

during XCT image acquisition. We performed the measurements using a Xradia Micro XCT-400. 

Tomographic images were collected in increments of 0.1 degrees of rotation with a background 

reference image generated from 10 averaged individual scans preceding installation of the pressure 

vessel. The reference image was subtracted from the measurement images to give adjusted values 

for the sample and vessel without background effects. Optimal tomography angles were calculated 

using specialist software XM-Controller 8.1.7546 (XRadia Inc.; 
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https://www.zeiss.com/microscopy/int/products/x-ray-microscopy), and measurements were 

obtained with 0.5x and 4x lens yielding resolutions of approximately 25 and 3 microns, 

respectively. For this study, we only used the latter (high resolution image set). Tomographic 

images were generated following beam hardening and centre shift corrections to ensure optimal 

image quality in the reconstructed images, using Avizo software version 9.5.0 

(https://www.fei.com/software/avizo-user-guide). The XCT-images were segmented using a 3D 

weka semi-automated segmentation (Arganda-Carreras et al. 2017) to characterize the four phases 

of interest: CO2, brine, quartz and the rest, which included ore minerals and salt (Figure A.2). First, 

we selected a sub-sample (~1.5 mm3) and obtained the four phases; second, we extrapolated the 

results to the whole sample, following the procedure described in Callow et al. (2018). 

After the test, the sample was left to dry under atmospheric conditions. Then, thin sections 

were obtained from both the original and the tested samples, to assess the total salt content in the 

porous medium. The images were analysed using Fiji-ImageJ software version 2.0.0-rc-68/1.52g 

(https://fiji.sc) to measure the total salt in the sample. The blue-resin method used to make the thin 

sections allowed the segmentation of the obtained in plane-polarized light images into four 

domains: pores (blue), grains (light grey), cement (brownish), and salt (black regions: isotropic 

salt crystals and ore minerals). The processing consisted of a threshold filtering to define the pores 

(Φ) and salt (S) fractional areas, and then transform it to grey scale to calculate the salt saturation 

as SNaCl = S / (Φ + S). 

A.6.3 NOCe Setup and Test Configuration 

The rig is configured around a triaxial cell core holder under accurate control (ISCO pumps) 

of confining and pore pressure (Falcon-Suarez et al. 2017). The rubber sleeve inside the vessel has 

16 stainless steel electrodes connected to an electrical resistivity tomography data acquisition 
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system (Falcon-Suarez et al. 2017; Falcon-Suarez et al. 2018). Using a tetra-polar electrode 

configuration, each run collects 208 individual (tetra-polar) measurements, which are then inverted 

using a variation of the software EIDORS (version 3.1) MATLAB toolkit (http://eidors3d.sf.net). 

Axially, two (confining) platens house ultrasonic pulse-echo sensors, isolated from the sample and 

the rest of the rig by two polyether ether ketone (PEEK) buffer rods of well-defined acoustic 

impedance and low energy loss. This configuration provides a reliable delay path within the 

frequency range 400-1000 kHz, which enables the identification of top/base sample reflections for 

calculating ultrasonic P- and S-wave velocities and attenuations using the pulse-echo technique 

(Kim et al. 2012; Guyan et al. 2015), with ±0.1% velocity precision and ±0.3% accuracy (95% 

confidence), while up to ±5% for the attenuation. The signals are displayed on a digital 

oscilloscope LeCroy Wavesurfer 4000HD (https://teledynelecroy.com/) and stored on the 

computer for spectral analysis assembly using MATLAB R2017a (https://www.mathworks.com). 

For this test, we processed the ultrasonic data from Fourier analysis of broad band signals to 

compare the ultrasonic properties of our three samples at a single frequency of 550 kHz. 

The sample B was equipped with 350 Ω electrical strain gauges, epoxy-glued on the lateral 

side of the sample, to record axial (εa) strains during the tests in continuous (every two seconds) 

with an accuracy of ±10-6 m m-1 (i.e., <1.5% error for the deformation range in our experiment; 

Figure A.5). The strain gauges limited the ERT interpretation to the vertical plane (i.e., 2D) 

elongated 90º with respect to the gauges position. Along with the strains, the pore pressure was 

also monitored with two additional pressure (piezoresistivity) sensors located directly up- and 

downstream of the sample. The injection of both the brine and CO2 were carried out under 

controlled pore pressure downstream (5.5 MPa) and outlet flow. To avoid early compaction 

effects, the sample was initially placed into the triaxial vessel at the test conditions during four 



 

130 
 

days, and then subjected to minimum brine flow-through (0.01 cm3 min-1). Injected confining fluid 

and the strains indicated mechanical stabilization occurred after two days. After the first test, the 

confining and pore pressure were dropped by keeping constant the differential pressure (Pdiff = Pc 

– Pp = constant, to minimize stress-induced damages), down to atmospheric Pp conditions. Then, 

first, the sample was newly saturated via vacuum imbibition under confining inside the vessel for 

~3 h; next, under continuous brine flow, both Pc and Pp were again increased at constant Pdiff, first 

up to Pp = 10 MPa (i.e., Pc = 30 MPa) during 1 h flow to enhance dissolution of any remaining 

CO2 bubble, and finally to the original test conditions (Pc = 25 MPa and Pp = 5 MPa). Once at the 

test conditions, the CO2 flow-through test was repeated, replicating the episodes of the first one. 

After the NOCe Test-2, the sample was batched in DIW for a week, and then dried to measure the 

final (subscript f) porosity (Φf= 0.306; He-pycnometry) and permeability (kabs,f ~1771 mD; N2-

permeameter).    

A.6.4 Elastic Wave Modelling: Rock with Salt in the Pores 

Our modelling of elastic wave parameters follows Ecker et al. (1998) approach that considers 

two idealized models for solid phase precipitation in the pores (gas hydrate in their case and salt 

in this work). We combine the stiff uncemented and cemented sand models (Mavko et al. 2009; 

Dvorkin and Nur 1996) using MATLAB (R2017a) to calculate the frame properties of the dry 

rock, and applied Biot-Stoll (Biot 1956a; Biot 1956b; Stoll and Bryan 1970) to calculate P and S-

wave velocity and attenuation over the whole brine saturation range at a frequency of 550 kHz. 

Fluid density, viscosity and compressibility at the experimental pressure, temperature and salinity 

conditions were calculated using the High Pressure International EOS for brine (Millero et al. 

1980) and data from the National Institute of Standards and Technology 

(https://webbook.nist.gov/chemistry/fluid/) for CO2.    
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A.7 Data Availability  

Data presented in this study will be publically available: (1) the XCT data (CSMe tests) at 

the OSF (https://osf.io/) and the Colorado School of Mines website 

(https://crusher.mines.edu/publications/); and (2) the geophysical data (NOCe tests) at the UK 

National Geoscience Data Centre (NGDC) repository (https://doi.org/10.5285/6c9d05aa-f1f2-

49a9-868e-3d2d5947ad54). 
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materials in this thesis. 
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from Chapter 2 in this thesis. 

Milad Saidian Permission.pdf PDF file containing permission from Milad 
Saidian for using published material from 
Chapter 2 in this thesis. 

Fuel Publishing Agreement (Chapter 2).pdf PDF file containing publishing agreement 
from Fuel regarding use of material from 
authors and retention of publication rights 
from published journal articles for Chapter 2. 

Trenton R. Graham.pdf PDF file containing permission from Trent R. 
Graham for using published material from 
Chapter 4 in this thesis. 
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PDF file containing publishing agreement 
from Nature Scientific Reports regarding use 
of material from authors and retention of 
publication rights from published journal 
articles for Chapter 4. 

Ismael Falcon Suarez Permission.pdf PDF file containing permission from Ismael 
Falcon-Suarez for using published material 
from Appendix A in this thesis. 

Ben Callow Permission.pdf PDF file containing permission from Ben 
Callow for using published material from 
Appendix A in this thesis. 

Hector Marin Moreno Permission.pdf PDF file containing permission from Hector 
Marin-Moreno for using published material 
from Appendix A in this thesis. 

Angus Best Permission.pdf PDF file containing permission from Angus 
Best for using published material from 
Appendix A in this thesis. 
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Table B.1 Continued 
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