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ABSTRACT 

A methodology for a 3D geomechanical model for shale plays based on pre-stack time 

migration (PSTM), 1D geomechanical model and geochemical analysis are presented in this study 

to understand an unconventional reservoir in Colombia. A Vertical Transversely Isotropic (VTI) 

model was used to calculate the anisotropic geomechanical properties of the shale formation.  

Exceptional shale plays in Colombia have been encountered through a drilling campaign in the 

last few years. Geomechanical and geochemical characterization of these shale formations have 

been used to provide the required information for designing optimal well trajectories and 

understanding reservoir and completion qualities. Additionally, extensive tri-axial, and Rock-Eval 

measurements have been included in the study to calibrate the mechanical properties and organic 

composition from well logs. The critically stressed fracture concept has been included in the 

geomechanical model to determine the conductivity of the natural fractures in the shale play. 

Analyses of the in-situ principal stresses, geomechanical properties, mud weight windows, 

optimal well trajectories, kerogen type and thermal maturity of the formation have been carried 

out. Hampson-Russell model was used for inversion of the seismic from pre-stack time migration 

to deliver a 3D volume of P-wave impedance, S-wave impedance and bulk density to have lateral 

and vertical spatial coverage. 1D and 3D geomechanical models were developed applying 

commercial and proprietary software packages with customized analysis of the fractured reservoir 

stress state in the shale play. The pore pressure, litho-facies, geomechanical properties, and Total 

Organic Carbon (TOC) in specific areas of the reservoir were determined using electrical and 

image logs, core samples, drill cuttings, and field data from two wells. GOHFER 3D™ software 

package was used for hydraulic fracturing simulation of selected intervals in Well 1 to identify the 

types of hydrocarbons in the potential shale plays and to understand the performance of the well 

for stimulation, regardless of not expecting commercial production rates in this vertical well. A 

Discrete Fracture Network (DFN) was built for the G horizon in the studied field to predict natural 

fractures away from the two wells in the field using image logs and seismic attributes. The results 

were used in recommending specific development scenarios in the shale play. 
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CHAPTER 1 

INTRODUCTION 

 

Geomechanical understanding is essential component for wellbore instability prediction, 

reducing Non-Productive Time (NPT) and drilling and completing high integrity wells, increasing 

production and selecting completion type suitable for unconventional reservoirs. The development 

of shale plays in a safe and environmentally friendly manner in Colombia will provide the oil and 

gas necessary to be self-sufficient in reserves and production of hydrocarbons for the next decades 

with the associated benefits in royalties to the government, tax revenue, jobs and better living 

standard of Colombian people. 

In this study, a methodology for 1D geomechanical model has been proposed to determine 

the mud weight window with Mohr-Coulomb, modified Lade and Drucker-Prager failure criteria, 

geomechanical properties following a VTI rock model, which along with TOC and type of kerogen 

will allow the selection of hydraulic fracturing intervals in the shale formation. Carefully selected 

intervals based on geomechanical and geochemical analyses of two vertical wells have been 

incorporated to the hydraulic fracturing simulation to identify the type of hydrocarbons in the shale 

plays. A 3D geomechanical model and Discrete Fracture Network (DFN) model were also key 

components of this study that has been associated with the geo-navigation, horizontal well 

placement and in-fill drilling. Finally, lessons learned during the development of the field at depths 

of more than 10,000 ft (TVD) in a basin with high tectonically activity are highly valuable.  

1.1 Methodology 

The methodology of this research study of the unconventional reservoir for field 

development in Colombia includes: 

1. Build 1D and 3D geomechanical models for unconventional shale reservoirs. 

2. Describe geomechanical and geochemical characteristics of potential shale plays. 

3. Propose drilling trajectories to improve drilling efficiency and recommend hydraulic 

fracturing designs for a vertical well to identify hydrocarbons.  
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1.2 Research Motivation 

Finding and developing oil and gas in shale plays will be necessary to avoid Colombia 

losing its oil self-sufficiency within few year (Daza et al. 2000).  The economic situation of the 

country can deteriorate by the absence of resources provided by oil and gas from conventional 

reservoirs.  Consequently, it will be necessary to increase taxes to balance the economic resources 

that are not produced by the exploration and development of oil and gas fields in Colombia. 

Oil and gas from unconventional reservoirs in Colombia could supply enough oil for the 

refineries and improve the balance between light and heavy Colombian oil, assuring the supply of 

hydrocarbons for the country. The President of Ecopetrol in 2017 mentioned that the Middle 

Magdalena Valley in Colombia has a potential of at least 5 billion barrels of crude oil and 20 Tcf 

of gas. That is, three times the proven current reserves of crude oil and five times those of gas in 

Colombia.  Unconventional reservoirs could ensure oil and gas self-sufficiency in Colombia far 

beyond the year 2030 or 2040. 

Geomechanical evaluations for these potential oil and gas shale plays in Colombia have a 

key role in development of the field to determine: geomechanical properties, optimal well 

trajectories, in-situ stresses, and criteria to select the stages and perforation clusters to design the 

hydraulic fracturing jobs, among others. This research study is focused on understanding the 

mechanical rock properties of shales plays in a field in Colombia, mud weight windows, optimal 

well trajectories, kerogen type of the rock and design of hydraulic fracturing treatment in a vertical 

well. 

 
1.3 Description of a Shale Reservoir 

In this chapter, a general description of the typical characteristics of shale reservoir is 

carried out: definition, general characteristics, the drilling and stimulation strategies, geochemical, 

petrophysical and geomechanical evaluation, and assessment of world shale oil and shale gas 

resources of 46 countries were presented by U.S. Energy Information Administration (2019).  
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1.3.1 Unconventional Reservoir 

 
Unconventional resources typically include: tight gas sands, gas and oil shales, tight oil 

(shale oil), heavy oil sands and heavy oil carbonates, coal bed methane or CBM gas, heavy oil 

sands and heavy oil carbonates, tight sands gas in ultra-low permeability formations, gas hydrates 

and geothermal energy. Shale gas reservoirs significantly differ from conventional reservoirs 

related to its petrophysical, geomechanical properties and reservoir characteristics. Consequently, 

horizontal drilling and hydraulic fracturing are necessary for shale gas production to have a 

business case. 

The research study focused on shale oil and shale gas reservoirs in a Colombian field. The 

challenge in developing shale plays is finding the best drilling trajectories that can result in high 

production and recovery of hydrocarbons. The shale plays have remaining hydrocarbons that were 

not expulsed and did not migrate into conventional reservoirs. Oil and gas generating potential is 

related to volume of source rock, organic richness and thermal maturity. The key shale 

characterization parameters are: Total Organic Carbon (TOC, wt%), thermal maturity level 

(indicated by vitrinite reflectance), mineralogy, thickness, structure (including major faults and 

natural fractures), organic matter type, porosity and depositional environment of shales (marine 

vs. non-marine). Marine-deposited shales normally have lower clay content, and they have higher 

Young’s modulus and lower Poisson’s ratio than non-marine shales. Furthermore, deeper 

sediments with high lamination typically contain stronger anisotropy than shallow reservoirs with 

small random anisotropy. Moreover, compressive and tensile strength are strong functions of TOC 

content in shales (Liu et al. 2012; Tutuncu and Mese 2011). Shales with high Young’s modulus 

and low Poisson’s ratio could respond favorably to hydraulic fracturing treatment.  

Another definition from a petroleum system view, the physical processes of migration and 

storage occurs within the same source rock, as seen in Figure 1.1. 



4 

 

 

Figure 1.1 Schematic geology of unconventional reservoirs (Sonnenberg 2019). 

 

As the permeability of the unconventional reservoir decreases, it implies a higher cost for 

its exploitation than conventional oil or gas reservoirs, and it requires more complex and expensive 

technologies as presented in Figure 1.2 

 

 

Figure 1.2 The resource pyramid (Sonnenberg 2019). 
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Acoustic and mechanical properties depend on mineralogy, density and distribution of 

natural fractures, bedding plane orientation, TOC, thermal maturity and in-situ stress state and pore 

pressure which are significantly different in shale reservoirs and even within the same basin. 

(Alqahtani et al. 2013).  

Ternary diagrams are common to describe mineralogy of shale plays. The more carbonate 

and less clay and less quart-feldspar-mica fraction, the stiffer is the shale in the cluster of Vaca 

Muerta formation as shown in Figure 1.3.  

 

 

Figure 1.3 Ternary diagrams of petrophysical data based on mineralogy for lower Quintuco and 

Vaca Muerta formations. Top of the ternary diagram delivers 100% calcite + dolomite, the lower 

left 100% clay + TOC and the lower right 100% quartz + feldspar (Willis and Tutuncu 2014). 

 

In summary, geomechanics analyses for unconventional oil and gas reservoirs is complex 

because of the high anisotropy of shales, presence of natural fractures in low permeability rock, 

and difficulty in selecting hydraulic fracture stages. These properties depend on in-situ stress 

magnitudes, rock mechanical properties, thermal maturity, complexity of micropore structure 

mixed with the distributed organic matter that makes the measurements of rock properties and 

shale permeability at in-situ conditions complex as shown in Figure 1.4. In addition, reservoir 

simulation and hydraulic fracturing of shales are very challenging, and it is necessary to investigate 

these reservoirs in a different way than conventional reservoirs. 
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Figure 1.4 Elements of a successful unconventional oil play (Sonnenberg 2019). 

 

1.3.2 Types of Unconventional Reservoirs 

Four large groups are the most studied types of unconventional reservoirs, these are: 

1. Gas Hydrates: This type of gas reservoir consists of a network of water particles that freezes 

around methane molecules, encapsulating them. This methane hydrates can exist in the 

permafrost and in deep ocean sediments. Gas hydrates contain mainly methane gas, but 

also other alkanes, and lesser amounts of other gases (CO2, N2 and H2S). The potential 

volume of gas-in-place in a hydrated state is estimated to exceed 1.5×1016 m3. One cubic 

meter of natural gas hydrate in the subsurface contains about 150-160 m3 of gas at normal 

conditions (Makogon et al. 2004).  

2. Coal Bed Methane (CBM): Gas produced from unmined coal seams where the gas is inside 

the pore space. The retained gas in coalbeds come from gas molecules absorbed in and 

adsorbed on coal particles or as free gas in fractures and pores of the coal, as well as 

dissolved gas in formation water. Figure 1.5 compares the initial flow dictated by the stored 

gas and water in the orthogonal butt and face cleats of the coal bed and a conventional 

reservoir. Subsequent long-term production is controlled by desorption of the gas from the 
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coal matrix as reservoir pressure drops due to long-term water production.  Factors that 

affect coal bed methane production includes: tectonic and thermal history, depth, total coal 

thickness, total gas content, structural controls, natural fractures, permeability, porosity of 

coal, depositional and stratigraphic controls (areal extent), distance to outcrop or mining 

operations, reservoir pressure and hydrodynamic environment (Tutuncu 2018). 

 

 

Figure 1.5 Flow channels (cleat system) and the production mechanism via dewatering (Ahmed 

and Meehan 2016). 

 

3. Tight formations: Formations of reduced permeability where under conventional 

procedures, the hydrocarbon does not flow, commonly they are sandstones and limestones 

with permeabilities in the microdarcy range. Extended-reach horizontal laterals and 

multistage hydraulic fracturing designs radically increase production rates of tight 

formations in comparison to a single-stage or vertical wellbores. 

4. Shale gas and shale oil: Shales that contain a large amount of organic matter that is 

favorable to the production and subsequent exploitation of hydrocarbons. Petrophysical 

and geomechanical properties in addition to the reservoir characteristics of shale gas and 

shale oil differ from conventional reservoirs and tight gas sandstone formations. Shale gas  
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or shale oil production would not be economically viable without horizontal drilling and 

hydraulic fracturing. Permeability in shale gas or shale oil is extremely low, often in the 

nanodarcy range. Movable hydrocarbons may be present within the pores (identified as 

free gas), but they are also present as absorbed hydrocarbons on the kerogen and clay 

surfaces (identified as adsorbed gas). Thermogenic methane is formed when organic matter 

is compressed at very high pressures for a very long time. In the meantime, biogenic 

methane can be formed by microorganisms that chemically break down organic matter. 

Biogenic methane is generally formed at shallow depths in anoxic environments.  

Tight sands, coalbed methane, and shale gas are the largest components of remaining 

natural gas resources in the United States (Liu et al. 2012). The present study focuses on a field 

with potential reserves in shale gas and shale oil in Colombia. 

1.4 Drilling and Hydraulic Fracturing Strategies of Shale Plays 

Drilling in shale plays requires a detailed study of the anisotropic nature and thermal 

maturity of the source rock, geological analysis of natural fractures and stress regimes, and well 

integrity, among others. Efficiencies in drilling and hydraulic fracturing may depend on: 

1. Constructing large surface locations for clusters of horizontal wells and planning massive 

hydraulic fracturing jobs to increase reservoir contact.  

2. Building 1D and 3D predrill geomechanical models for unconventional reservoirs to define 

casing points, drilling fluid density, anisotropic mechanical rock properties, mud weight 

windows and optimal drilling trajectories for hydraulic fracturing in horizontal wells.  

3. Including a study of chemical reactivity of geological formations to define the shale 

inhibitor for water-based drilling fluid and estimate the osmotic pressure of the shales or 

using an invert emulsion drilling fluid. Furthermore, an optimum mud-weight window and 

drilling practices are necessary to manage borehole stability in shales. 

4. Drilling smooth lateral wellbores in the geological target with low non-productive time 

(NPT). 
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5. Designing hydraulic fracturing jobs of the wells based on reservoir and completion quality 

of the intervals for stimulation. 

6. Avoiding well integrity problems. Well integrity complications arise through a 

combination of specific parameters associated with drilling, cementing, completion, 

production or stimulation operations, formation lithology, and local tectonic setting. Well-

bonded cement design avoids zonal isolation problems during the life of the well, because 

it prevents that fluids in the subsurface formations leak into the fresh water aquifers or to 

the surface, and isolates producing zones from water-bearing intervals zones (Tutuncu 

2018). 

7. Monitoring seismicity of the area before initiating hydraulic fracturing and water injection 

of disposal wells. Also, monitor seismicity and quality of fresh water in aquifers in the field 

during the life of the project.  

1.4.1 The Importance of Horizontal Wells in Unconventional Shale Reservoirs  

Horizontal wells are necessary for the development of unconventional reservoirs. 

Conventional reservoirs have small areal extent, but high content of hydrocarbons, while 

unconventional reservoirs of shale have large areal extent, but with lower content of hydrocarbons. 

Also, unconventional shale reservoirs have gas recovery factors less than 15% and oil recovery 

factors less than 5%. 

The horizontal wells allow an increase of the drainage radius of the well and increase the 

recovery of hydrocarbons in a non-conventional reservoir. Another advantage of horizontal 

drilling with hydraulic fracturing create a larger drainage area. 

1.4.2 Problems during Drilling of Shale Formations  

When drilling in shale formations, it is necessary to prevent or mitigate mechanical or 

chemical borehole stability problems during drilling process. There are four main problems related 

to shale formations during drilling process: 

1. Fragile shales: The shale fractures into small fragments that fall into the well, causing pack- 

off at the Bottom Hole Assembly (BHA) or casing. 
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2. Annular pressure fluctuations: Variations in mud hydrostatic pressure can cause stress 

fatigue of the shales leading to borehole instability. Excessive annular pressure fluctuations 

can be mitigated by (Tutuncu 2018): 

a. Maintaining optimum mud rheology 

b. Preventing excessive / progressive gels 

c. Maintaining good hole cleaning practices 

d. Accelerating / decelerating mud pumps slowly 

e. Optimizing trip speeds for drill string and casing 

f. Using muds that prevent bit-balling, accretion and pack-off 

g. Using Pressure While Drilling (PWD) tool in abnormal pressure expected areas 

3. Overpressure shales: Shale reservoirs range from normally pressured to highly 

overpressured. The higher pressured a shale reservoir is, the higher the mud density and 

initial production (IP) and higher gas / oil recovery than others. The higher the reservoir 

pressures, the higher the breakdown and fracture propagation pressure on the hydraulic 

fracturing designs. Proppant strength selection depends on the reservoir pressure and 

closure fracture pressure. 

4. Reactive shale: Shale formations have clay minerals like smectite that in the presence of 

water-based muds react and swell or hydrate. Clay stabilizers like KCl are used in the 

drilling fluid to prevent shale hydration and stabilize boreholes in reactive formations 

containing smectite clays. Iron-rich clays react with HCl and HF acids during well 

stimulation, precipitates can plug pore throats, and it is necessary to increase the pH of the 

fluids (Miskimins 2018). It is necessary to monitor the volumes and morphology of cavings 

during drilling to detect chemical or mechanical shale instability. 

1.4.3 Hydraulic Fracturing 

Hydraulic fracturing is the process of injecting a fluid into the well with exceeding 

breakdown pressure of the formation creating a fracture in the deep-rock formations through which 

natural gas, petroleum and water will flow more freely. When the hydraulic pressure is removed 
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from the well, the proppant holds the fractures open. One purpose of hydraulic fracturing is to 

connect the existing natural fractures and create a complex network of pathways that enable 

hydrocarbons to enter the wellbore.  

The type of input data for modeling a hydraulic fracture in shale includes: vertical and 

horizontal Poisson’s ratios, vertical and horizontal Young’s moduli, stress profile for a Vertical 

Transversely Isotropic (VTI) model, pore pressure, Biot tensor and depth. The challenges for 

hydraulic fracturing in the shale plays include: create the expected fracture geometry, transport the 

proppant to the fracture, have an adequate final conductivity of the fracture without gel damage or 

proppant crushing and stimulate appropriate volume of rock to have economical production of 

hydrocarbons.  

The goals for hydraulic fracture stimulation are (Miskimins 2018): 

1. Maximize producing fracture length 

2. Achieve enough conductivity 

3. Minimize conductivity damage 

4. Minimize formation damage 

5. Minimize treatment cost 

6. Maximize number of zones producing 

7. Drain everything connected to the well 

8. Accelerate recovery and/or add reserves 

The completion of hydraulically fractured wells involves many processes and variables, 

including: completion type, stage design, lateral landing, hydraulic fracture geometry, fracturing 

fluid, proppant type/size/schedule, hydraulic fracture monitoring, fracture spacing, tubular 

selection, selection of fracturing points, simultaneous versus sequential fracturing, fracture 

initiation points, hydraulic fracture’s interaction with natural fractures, perforation strategies and 

production analysis (Ma and Holditch 2016). 

 



12 

 

The available hydraulic fracturing models in the oil industry comprise: 2D models (PKN, 

KGD and radial), pseudo-3D models, lump parameter models and 3D models (GOHFER 3D™  

and Kinetix). These models predict fracture geometry and evolution of parameters during the 

hydraulic fracturing job and after fracture closure. GOHFER 3D™ software is widely used for 

stimulation design of shale plays.  

1.4.4 Fracture Fluid and Proppants 

Ductile shales tend to heal any natural or hydraulic fractures and fragile shales are more 

likely to be naturally fractured. Fragile shales also are more likely to have better results to hydraulic 

fracturing treatments. The fracture fluid must be compatible with the formation fluid and with the 

rock. Fracturing fluids have a non-Newtonian rheology, and their properties are affected by shear 

rate, shear history, minor additive concentrations, proppant types, temperature, mix water 

chemistry, age of chemicals and many other factors (Miskimins 2018).  

There are three types of commonly used fracture fluids: slickwater, linear gel and 

crosslinked gel. The slickwater contains water with friction reducer, biocide, surfactant, breaker 

or clay inhibitor. Also, the slickwater has a viscosity of 2-3 cp, and it is used to pump 100, 40/70 

and 30/50 mesh proppants. The linear gel fluid includes a gelling agent such as guar or xanthan 

gum, generating a fluid viscosity of 10-30 cp. Furthermore, the linear gel allows to pump proppant 

of medium size like 30/50, 20/50 meshes. On the other hand, the crosslinked gel systems include 

linear gel additives, but it has a crosslinking agent such as Borate ion (temporary and regenerative 

crosslinker), Zirconate (stable at high temperatures and shear sensitive), Titanate (shear sensitive 

metallic crosslinker) or Aluminate (not as commonly used) for water-based systems. Crosslinked 

gel systems have a viscosity of 100 - 1000 cp, and it is used to pump mesh size proppants of 30/50, 

20/40 and 16/30 (Ahmed and Meehan 2016). 

Multifunctional proppants such as traceable proppants and proppants filled with chemical 

additives or coated with chemicals have been used in the field for long-term well performance. 

Sand, ceramic, resin coated proppant, lightweight and ultra-low weight proppant, intermediate-

strength ceramic proppant, sintered clays and bauxites, and Nano-particles are a new type of 

proppant in the fracturing processes. Figure 1.6 shows the proppant conductivity pyramid where 

99% of all proppants used today in the oil industry fit in this pyramid. 
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Figure 1.6 Proppant conductivity pyramid (Tutuncu 2018). 

 

Proppant crushing is related to formation closure stress and cyclic closure stress. Fines 

from the reservoir and proppant crushing are classified into three sizes (Tutuncu 2018): 

1. Particles are small enough to flow through the proppants pack 

2. Particles are small enough to enter the proppant pack, but large enough to plug the pore 

throats, resulting in a lower conductivity 

3. Particles are too large to go through the proppant pack 

Proppant has a great portion of the total cost of the hydraulic fracturing job, but the cost is 

not the only variable to consider for its selection. The proppant should be selected based on the 

economic analysis of the fracture conductivity versus expected production rates. Crush resistance, 

proppant size, density, temperature and chemical resistance, roundness, sphericity, fluid 

compatibility and fracturing fluid are the main important properties of proppants to analyze for 

hydraulic fracturing designs. Figure 1.7 shows the common proppant type as a function of closure 

stress. As the stress is applied to the proppant, the permeability of the proppant pack is reduced 

because of proppant crushing and proppant embedment. In weakly consolidated sandstone 

embedment can reduce the width by 10% to 60% width (Tutuncu 2018). 
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Figure 1.7 Recommendations of proppant type based on closure pressure. LW, ISP and RC make 

reference to lightweight, intermediate density proppant and resin-coated, respectively (Ahmed 

and Meehan 2016). 

 

The proppant size is selected by the minimum fracture width generated by fracture fluid 

viscosity and pump rate (Figure 1.8). Table 1.1 and Figure 1.9 show the perforation diameter to 

assure no proppant bridging and the minimum required perforation diameter versus concentration 

of proppant. Perforation diameters of six times the proppant diameter assure no bridging 

(Miskimins 2018). 

 

 

Figure 1.8 Proppant size selection based on the minimum fracture width for common proppant 

sizes (Rickman et al. 2008). 
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Table 1.1 Minimum perforation sizes to prevent proppant bridging (Miskimins 2018) 

Proppant Size (mesh) Recommended Perforation Diameter (in.) 

6/12 0.80 

8/16 0.56 

12/20 0.40 

16/30 0.28 

20/40 0.20 

30/50 0.14 

40/70 0.10 

 

 

Figure 1.9 Minimum perforation diameter vs. maximum proppant concentration          

(Miskimins 2018) 

 

The effective length of fracture wing depends on: reservoir permeability, fracture fluid 

cleanup, producing water-cut and condensate fluid, applied drawdown, created fracture length, 

average proppant concentration, applied closure pressure and mechanical properties of the 

reservoir rock. Furthermore, the effective fracture length is usually much shorter than expected. 

Embedment and spalling of the proppant lead to internal pack and width loss (Miskimins 2018). 
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Hydraulic fractures develop perpendicular to the least in-situ principal stress. Knowledge 

of the in-situ stress magnitudes and directions permits finding the favorable direction for wellbore 

stability and the geometry of hydraulic fractures (longitudinal, transverse or horizontal). Figure 

1.10 shows that horizontal wells generate transverse hydraulic fractures when the well is drilled in 

the direction of the minimum horizontal stress direction in a normal stress regimen. On the other 

hand, horizontal wells drilled in the direction of maximum horizontal stress direction can generate 

longitudinal fractures in a normal stress regime. In general, longitudinal fractures are parallel to 

the well and they are not efficient for well production. It is likely to occur that the fracture initiates 

longitudinally at the borehole wall and then turn to become transverse fracture and normal to the 

minimum horizontal stress (Barree and Miskimins 2015). 

 

 

Figure 1.10 Longitudinal and transverse fractures in horizontal well with normal stress regime 

(Sv>SH>Sh) (Tutuncu 2018). 

 

A discrete fracture network (DFN) is built to understand the orientation, size, position, 

density and shape and aperture of the natural fractures in shales to simulate the hydraulic fracture 

dimensions for optimum production and economic analyses. The simulation of a hydraulic 

fracturing with and without a DFN of a horizontal well in a normal stress regime (Sv>SH>Sh) that 

was drilled in the direction of minimum horizontal stress is shown in Figure 1.11. The hydraulic 

fracture can intersect natural fractures with the following scenarios: the hydraulic fracture crosses 

the natural fracture, the hydraulic fracture can be stopped by the natural fracture, or the hydraulic 

fracture can branch in the natural fracture with full hydraulic fracture redirection (Tutuncu 2018). 
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Figure 1.11 Hydraulic fracturing in formations without natural fractures (above) and with natural 

fractures (below) (Tutuncu 2018). 

 

Evaluation of well spacing is required to avoid well bashing or frac-hit during hydraulic 

fracturing jobs with mostly negative effects with a hydraulic and direct connections of proppant 

and/ or fluids, collapsed casing, lost reserves and wells and surface facility impacts. 

Multistage hydraulic fracturing techniques in naturally fractured shale plays comprise of 

consecutive, zipper and alternating fracture geometries. Suppachoknirun et al. (2016) investigated 

the impact in the stimulated reservoir volume (SRV) to evaluate production and total oil recovery 

of these three hydraulic fracturing techniques and concluded that alternating technique has the 

greatest initial production rate, total oil recovery, and decline rate compared to the others. 

Furthermore, consecutive pattern had the lowest production rate and recovered volume. Moreover, 

they showed that the zipper fracturing technique has a late-time production rate and large drainage 

area. Lastly, the implementation of zipper fracturing in the field can be easier than the alternating 

fracturing technique with the current instrumentation used in hydraulic fracturing. The comparison 

of oil production rates of the three hydraulic fracturing techniques is shown in Figure 1.12. 
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Figure 1.12 Relative production rates of consecutive, zipper and alternating hydraulic fracturing 

techniques using a coupled geomechanics fracture and flow model (Suppachoknirun et al. 2016). 

 

1.5 Statistics of World Shale Resource Assessments 

The United States of America was the first country to investigate the development of shale 

plays. According to Steward (2013), Mitchell Energy and Development company ventured to 

make deep shale gas extraction a commercial reality in the Barnett Shale basin in Texas between 

1980 to 1990, being the most emblematic in the world, because by the year 2005 it was producing 

almost half a trillion cubic feet of natural gas per year.  

The U.S. has changed drastically being from a net importer to a potential net exporter with 

the development of shale gas and tight oil during the last decade. The initial assessment of world 

shale oil and shale gas resources of 46 counties presented by U.S. Energy Information 

Administration (EIA) is listed in Table 1.2. According to Energy Information Administration 

(2015), the estimated world tight oil and shale gas resources represent 10% of the world's crude 

oil and 32% of the world's natural gas technically recoverable resources. Concerning South 

America, the three countries with the main potential unproved technically recoverable wet shale 

gas and tight oil are Argentina, Brazil and Venezuela. 

According to Zamora (2009), Colombia had estimated in approximately 32 Tcf of 

recoverable reserves in shale plays for 2009.  As indicated in Table 1.3 and Figure 1.13, the Middle 

Magdalena Valley concentrates the largest volume of recoverable reserves in shales within La 

Luna formation in Colombia. 



19 

 

Table 1.2 World shale resource assessments (U.S. Energy Information Administration 2019) 

 

 

Region Country Wet Shale Gas, Tight Oil, Date

Tcf Billion Barrels Updated

North America Canada 572.9 8.8 5/17/2013

Mexico 545.2 13.1 5/17/2013

U.S. 622.5 78.2 4/14/2015

Australia Australia 429.3 15.6 5/17/2013

South America Argentina 801.5 27.0 5/17/2013

Bolivia 36.4 0.6 5/17/2013

Brazil 244.9 5.3 5/17/2013

Chile 48.5 2.3 5/17/2013

Colombia 54.7 6.8 5/17/2013

Paraguay 75.3 3.7 5/17/2013

Uruguay 4.6 0.6 5/17/2013

Venezuela 167.3 13.4 5/17/2013

Eastern Europe Bulgaria 16.6 0.2 5/17/2013

Lithuania/kaliningrad 2.4 1.4 5/17/2013

Poland 145.8 1.8 5/17/2013

Romania 50.7 0.3 5/17/2013

Russia 284.5 74.6 5/17/2013

Turkey 23.6 4.7 5/17/2013

Ukraine 127.9 1.1 5/17/2013

Western Europe Denmark 31.7 0.0 5/17/2013

France 136.7 4.7 5/17/2013

Germany 17.0 0.7 5/17/2013

Netherlands 25.9 2.9 5/17/2013

Norway 0.0 0.0 5/17/2013

Spain 8.4 0.1 5/17/2013

Sweden 9.8 0.0 5/17/2013

United Kingdom 25.8 0.7 5/17/2013

North Africa Algeria 706.9 5.7 5/17/2013

Egypt 100.0 4.6 5/17/2013

Libya 121.6 26.1 5/17/2013

Mauritania 0.0 0.0 5/17/2013

Morocco 11.9 0.0 5/17/2013

Tunisia 22.7 1.5 5/17/2013

West Sahara 8.6 0.2 5/17/2013

Sub-Saharan Africa Chad 44.4 16.2 12/29/2014

South Africa 389.7 0.0 5/17/2013

Asia China 1115.2 32.2 5/17/2013

India 96.4 3.8 5/17/2013

Indonesia 46.4 7.9 5/17/2013

Mongolia 4.4 3.4 5/17/2013

Pakistan 105.2 9.1 5/17/2013

Thailand 5.4 0.0 5/17/2013

Caspian Kazakhstan 27.5 10.6 12/29/2014

Middle East Jordan 6.8 0.1 5/17/2013

Oman 48.3 6.2 12/29/2014

United Arab Emirates 205.3 22.6 12/29/2014

46 countries' total 7576.6 418.8
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Table 1.3 Distribution of shale resource assessments in Colombia (Zamora 2009) 

Basin Area  

(km2) 

Net Thickness (ft) Gas in-place  

(Tcf) 

Recoverable 

Reserves (Tcf) 

Middle 

Magdalena 

7500 328.08 289.5 29 

Eastern 

Cordillera 

500 328.08 19.3 1.9 

Cesar Ranchería 200 328.08 7.72 0.8 

Total 8200 
 

316.5 31.7 

 

 

Figure 1.13 Map of unconventional reserves in Colombia with prospective shale gas and shale 

oil potential within marine-deposited Cretaceous shale (modified from Google Earth 7.3 2019). 

 

1.6 Geochemistry 

Geochemistry plays a key role in the characterization of an unconventional reservoir.  

Thermal maturity, Total Organic Carbon content (TOC) and kerogen type are geochemical 

evaluation outputs. The type of hydrocarbon that is prone to produce depends on the thermal 

maturity and type of the kerogen. Geochemical, petrophysical and geomechanical analyses are 
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essential topics to select the stages and clusters of perforations for hydraulic fracturing in the 

reservoir. 

1.6.1 Total Organic Carbon (TOC) 

TOC includes three components: the gas or oil that are already present in the rock, the 

kerogen that includes the available carbon that could be generated, and residual carbon that has no 

potential to generate hydrocarbons. TOC is the weight-percent of organic carbon in the shale (and 

does not include carbon from carbonates for example). TOC richness can range from Poor: <1%; 

Fair: 1 to 2%; and Good to Excellent: 2 to 10%. 

There are different tests to determine TOC and they are divided into two subgroups: 

geochemical methods and electrical logging methods. Geochemical methods are tests performed 

with a sample, either of formation cores or drill cuttings. Also, geochemical methods vary from 

simple tests, from acidification with HCl to dissolve carbonated minerals, to complex and exact 

tests such as Rock-Eval Pyrolysis. In the case of analysis of electrical logging there are different 

equations that are a function of the values of gamma-ray, neutron, density and slowness of the P-

wave. High-definition spectroscopy log (Litho ScannerTM) measures directly TOC in the well. The 

present study includes TOC calculation by Rock-Eval tests or Passey method (ΔLog R) using 

electrical logs and high-definition spectroscopy log results.  

1.6.2 Pyrolysis  

The pyrolysis process is a geochemical method to determine the TOC of the shale in the 

laboratory, and this test consists of determining the thermal maturity of the source rock by 

decomposing organic matter by heating the sample in the absence of oxygen; in which the amount 

of CO2 released is measured as illustrated in Figure 1.14. In practice, the following process is 

carried out to conduct Rock-Eval test. 

1. The sample is obtained, which can be taken from a core of the formation or drill cuttings. 

2. The sample is heated in an oven to extract volatile hydrocarbons (referred to as S1), 

thermogenic hydrocarbons (S2), and the carbon dioxide released up to a fixed temperature 

(S3). 
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3. At the end of the pyrolysis, the remaining organic carbon is oxidized in an independent 

oven and produces the S4 peak. 

4. Finally, the carbon derived from the decomposition is calculated, which is reflected in the 

S5 peak. 

These values (S1 through S3) are used in calculating several common geochemical values 

including the hydrogen and oxygen indices (HI and OI). Tmax is the S2 peak at maximum value 

temperature or can be defined as the temperature at which the maximum hydrocarbon is released 

from kerogen cracking during pyrolysis. Tmax is often used as an indication of thermal maturity 

of the rock as explained in Figure 1.14. The data obtained by pyrolysis are necessary to estimate: 

1. The potential oil and gas in the rock 

2. The type of organic matter that is in the formation 

3. The kerogen type of the shale 

 

 

Figure 1.14 Results of the pyrolysis process (Sonnenberg 2019). 

 

Rock-Eval pyrolysis equipment allows the calculation of the Total Organic Carbon (TOC), 

Hydrogen Index (HI), Oxygen Index (OI), Production Index (PI) and Normalized Oil Content 
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(NOC) are based on the S1, S2, S3 and S4 results using Equations 1.1, 1.2, 1.3, 1.4 and 1.5, 

respectively:  

 𝑇𝑂𝐶 = (0.082 ∗ 𝑆1 + 𝑆2 + 𝑆4)/10 (1.1) 

 𝐻𝐼 = 𝑆2𝑇𝑂𝐶 ∗ 100 (1.2) 

 𝑂𝐼 =  𝑆3/𝑇𝑂𝐶 ∗ 100 (1.3) 

 𝑃𝐼 = 𝑆1(𝑆1+𝑆2) (1.4) 

 𝑁𝑂𝐶 = 𝑆1𝑇𝑂𝐶 ∗ 100 (1.5) 

where TOC is given in percent by weight. S1 is the milligrams of free hydrocarbons already present 

in the sample distilled by the effects of temperature from one gram of source rock. The 

hydrocarbons distilled out of the sample at initial heating of the sample to a temperature of            

350 °C. The minimum value of S1 for good source rocks is 1.0 mg HC/g dry rock. S2 measures 

the milligrams of residual hydrocarbons generated through thermal cracking of nonvolatile organic 

matter (kerogen) when the sample temperature is increased to 550 °C contained in a gram of 

generating rock. The minimum value of S2 for good source rocks is 5.0 mg hydrocarbons per gram 

of dry rock. S3 quantifies the CO2 that is released from the thermal cracking of the kerogen, 

expressed in milligrams per gram of rock. S4 is the residual carbon content of the sample.  

Hydrogen index (HI) is a measure of the hydrogen richness of the source rock, and when 

the kerogen type is known, it can be used to estimate the thermal maturity of the rock. HI ranges 

from ~100 to 600 mg HC/g OC, but it can be as high as 900+ with a maximum of 1230 mg HC/g 

OC, it depends on the thermal maturity state and original kerogen type (Ahmed and Meehan 2016). 

OC refers to organic content or TOC.  

Oxygen index (OI) is a measure of the oxygen richness of a source rock and can be used 

in conjunction with the Hydrogen Index to estimate the quality and thermal maturity of source 

rocks, the Oxygen Index is unreliable in rocks with high carbonate content, and OI values range 

from near 0 to ~150 mg CO2/g OC (Ahmed and Meehan 2016). High OI values (>50 mg CO2/g 

OC) are characteristics of immature hydrocarbons.  Low productivity index (PI) ratios indicate 
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either immaturity or extreme post-mature organic matter and high PI ratios indicate the mature 

stage or contamination by migrated hydrocarbons or drilling additives.  

Shale oil and shale gas with normalized oil content (NOC) greater than 100 milligrams 

hydrocarbons/ gram of organic content or TOC are very positive for production. NOC indicates if 

the shale intervals contain moveable hydrocarbons or not (Ahmed and Meehan 2016). 

The quality of the generating rock is known from the results of pyrolysis, where the S2 

peak is measured in milligrams of hydrocarbons per gram of rock. A value of S2 less than two 

indicates that the rock is not a hydrocarbon generator; between five and ten is good, and greater 

than ten are very good. 

The TOC measurement is the first classification for the quantification of the organic 

richness of the rock. The TOC values only provide a semi quantitative scale of the TOC generation 

potential. The TOC value indicates the quantity, but not the quality of the organic matter in the 

rock. If the rock has enough organic material, it must undergo additional tests to establish the 

quality and thermal maturity of the rock. 

1.6.3 Thermal Maturity 

One of the most important properties measured in a geochemical analysis is the thermal 

maturity, which measures formation’s exposure to heat over time to break down organic matter in 

hydrocarbons. Typical temperature ranges at which oil and gas are generated are illustrated in 

Figure 1.15. The oil window is 60 to 175 °C (140 to 350 °F) and the gas window is 100 to 300 °C 

(212 to 570 °F).  

The generation of hydrocarbons in the generating rocks is controlled mainly by 

temperature, as the kerogen content passes from reactive carbon to dead carbon. To measure the 

degree of thermal maturity there are several methods, but vitrinite reflectance measurement is the 

most commonly used method. This method consists in measuring through a microscope the 

sample, and it is established that the higher the reflectance, the greater the thermal maturity of the 

rock.  
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Figure 1.15 Typical temperature range at which oil and gas are generated                          

(Ahmed and Meehan 2016).   

 

Vitrinite reflectance, %Ro, is a technique for source rock thermal maturity determination 

that measures the intensity of the reflected light from polished vitrinite particles (a maceral group 

formed by lignified, higher order land plant tissues, such as leaves, stems and roots) in shale under 

a reflecting microscope. Increased reflectance is caused by aromatization of kerogen and loss of 

hydrogen. Figure 1.16 shows the thermal maturation scale. Vitrinite reflectance less than 0.60 

means that the shale is immature to produce hydrocarbons, the oil window corresponds when %Ro 

is between 0.60 -1.00, condensate/wet gas window when %Ro is between 1.00 -1.40 and dry gas 

window when %Ro is greater than 1.4. Producible gas in shales may be found at 1.0 %Ro.  

1.6.4 Van Krevelen Diagrams 

When performing the Rock-Eval pyrolysis test, the information obtained is used to 

calculate the relationship, Oxygen/Carbon and Hydrogen/Carbon and then plot them. There is also 

the modified van Krevelen diagram, which plots the Oxygen Index versus the Hydrogen Index as 

illustrated in Figure 1.17. Also, HI versus Tmax, S2 versus TOC, Tmax versus TOC diagrams are 

also used to identify the kerogen type.  
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Figure 1.16 Rock thermal maturity based on vitrinite reflectance (Tutuncu 2018). 

 

The van Krevelen diagram highlights the areas of oil gas and oxygenated products (CO2 

and H2O). The kerogen types with the highest amount of oil are types 1 and 2, and kerogen type 3 

has the highest amount of gas. The general trend in the thermal transformation of the kerogen into 

hydrocarbons is characterized by the generation of non-gaseous hydrocarbons, then transforming 

them into oil, wet gas and dry gas. During this process, the kerogen loses mainly oxygen as it 

releases CO2 and H2O. Subsequently, it begins to lose more hydrogen as it releases hydrocarbons. 

 

 

Figure 1.17 Modified van Krevelen diagram for identification of kerogen type           

(Sonnenberg 2019). 
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1.6.5 High-Definition Spectroscopy Log (Litho Scanner™) 

Litho Scanner™ is a wireline logging tool that provides quantitative determination of both 

mineralogy and TOC, parameters needed for the analysis of the reservoir and completion qualities 

in unconventional reservoirs. The tool is an inorganic geochemical log and in principle measures 

the inorganic carbon of the formation and subtracts it from the total carbon. 

The tool measures the following elements in the rock Si, Ca, Fe, Mg, S, K, Al, Na, C, and 

to a lesser extent Mn and Ti. The four most essential elements that are measured are Mg, C, Al 

and K. For the case of Mg, in carbonate formations, Litho Scanner™ is used to determine if the 

formation has calcite or dolomite. By measuring the inorganic carbon present in the formation, it 

is quantified and subtracted from the total carbon content. The direct measurement of Al is used 

to quantify the volume of clay. The K is measured to know the radioactivity of the formation and 

it can be used to design mud systems for drilling water-sensitive shales, especially hard, brittle 

shales. The measurement of Si, Ca, Fe, and S are used to find the clay content.  

The methods to calculate TOC by electrical logs and pyrolysis tests have advantages and 

disadvantages. Pyrolysis may be accurate in finding TOC but requires multiple samples and they 

are analyzed in the laboratory. The electrical logs, on the other hand, have less precision, but can 

be run during drilling and evaluate a greater range of formations. For this reason, both methods 

complement each other.  

1.7 Stoneley Wave Measurements 

Sonic logging tools such as the Sonic Scanner from Schlumberger, Xaminer Sonic Imager 

from Halliburton or Xmac F1 from Baker Hughes, allow a three-dimensional characterization of 

the sound propagation around the well and to know the anisotropy of the rocks. These tools provide 

an advanced type of measurements, using its scanning platform, which features a monopolar 

compensated sonic register, crossed dipole sonic and Stoneley wave. With its wide frequency 

range of sonic waves, this electrical log provides the characterization of homogeneous or 

heterogeneous, isotropic or anisotropic formations. Cross-dipole anisotropy logs can detect the 

rock intrinsic anisotropy and the near wellbore fractures in unconventional reservoirs. In some 

cases, the Stoneley wave measuring tools logs can make a clear difference between open near 

vertical natural fractures and drilling-induced fractures. 
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The mechanical core anisotropy can be measured by triaxial compression tests (Triaxial 

cells) or ultrasonic velocity measurements on samples taken in multiple directions with respect to 

the intrinsic rock anisotropy: parallel, perpendicular or oblique to bedding or natural fractures. 

Shale formations with VTI model required five independent acoustic measurements to fully 

characterize the dynamically derived stiffness components Cij, two shears and three compressional 

wave velocities measurements, as illustrated in Figure 1.18. 

 

 

Figure 1.18 Ultrasonic core velocities in shale rock sample for characterizing VTI anisotropic 

stiffness tensor (Ahmed and Meehan 2016). 

 

1.7.1 How the Tool Operates to Measure Stoneley Wave 

The transmitter first emits the compressional wave (P) to the formation, where the wave 

front moves in the direction of particle displacement, and it is the fastest wave. Then, the electrical 

log transmits the shear wave or secondary wave (S). The wave travels in a direction perpendicular 

to the direction of displacement of the particles. The S-wave is slower than the P-wave, traveling 

about fifty percent less than the P-wave. Finally, the Stoneley wave that propagates along a solid-

fluid interface is transmitted along the walls from a well full of fluid. Stoneley waves measure the 

anisotropy of the formation. Figure 1.19 shows how the P, S and Stoneley waves of Sonic Scanner 

log travel in an open hole. The transmitter is in the lower part of the tool and the receiver in the 

upper part of the tool. 
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Figure 1.19 Diagram of Sonic Scanner log tool (Brie et al. 1998). 

 

1.7.2 Scatter Analysis of the Acoustic Scanning Platform 

The dispersion analysis of the Sonic Scanner log presents information through graphs to 

indicate whether the formation is homogeneous or heterogeneous and whether it is isotropic or 

anisotropic. Quantifying the degree of anisotropy of the rocks is important to optimize optimal 

well trajectories, completion design, fracture geometry predictions, understand rock properties and 

correct seismic processing, among others. This log transmits compressional waves (P), shear 

waves (S) and Stoneley waves. Figure 1.20 presents a wave scheme transmitted and logged by the 

Sonic Scanner. The compressive waves as well as the fast and slow shear waves are used to 

calculate the stiffness constants, Cij. In a vertical borehole with horizontal bedding planes, C33 

represents the vertically polarized compressional wave, C44 represents the vertically polarized 

shear wave, and C66 represents the horizontally polarized shear wave. For Vertical Transversely 

Isotropic (VTI) model the shear wave velocities are the fastest when they are oriented parallel to 

bedding and the slowest when they are oriented perpendicular to bedding. For Horizontal 

Transversely Isotropic (HTI) model the shear velocities are the fastest when they are oriented 

parallel to the fracturing and the slowest when they are oriented perpendicular to the fracturing 

(Blyth et al. 2016). 
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Figure 1.20 Stiffness coefficients for a vertical well with horizontal bedding transmitted by the 

Sonic Scanner log (Ma and Holditch 2016). 

 

Anisotropy can arise from intrinsic structural effects such as natural fractures or thin 

stratification planes or differences of in-situ stresses. The polarization of the shear wave in 

anisotropic and isotropic media is presented in Figure 1.21. In A the polarization of the cut wave 

is presented as an anisotropy indicator; in B the polarization of the cutting wave in a fractured 

medium where the fast shear wave is polarized parallel to the strike of the fractures while the slow 

shear wave is polarized perpendicular to it when the anisotropy is created by intrinsic rock 

anisotropy; in C the polarization of the cutting wave in a medium with stress anisotropy where the 

fast shear is polarized toward the direction of the maximum horizontal stress and the slow shear 

wave is polarized toward the minimum horizontal stress direction in sandstones and in D the 

medium is isotropic. 

Several scenarios of the fast and slow shear wave polarization which identifies the 

anisotropy type is shown in Figure 1.22. In an anisotropic environment, the shear wave is divided 

into two waves, the fast shear wave and the slow shear wave (red and blue curves, respectively). 

The dotted curve in each plot corresponds to the modeled homogenous isotropic scenario. The fast 

shear wave moves in the direction of the maximum horizontal stress and the slow shear wave 

moves in the direction of the minimum horizontal stress. In an isotropic environment, shear waves 

do not split, and both shear waves remain together.  
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Figure 1.21 S wave splitting on passing through an anisotropic and isotropic medium (Wenlong 

and Yucheng 2012). 

 

 

Figure 1.22 Four combinations of homogeneity and isotropy and the associated effects on the 

shear wave polarization into fast and slow directions. It presents the differences in an isotropic 

model (A and B) and anisotropic model (C and D) (Close et al. 2009).  
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1.8 Petrophysics  

Unconventional shale reservoirs require the integration of geology, geophysics, 

geomechanics, geochemistry and petrophysics to identify the most productive intervals and place 

the perforation clusters with the hydraulic fracture stages to develop the field economically. In the 

petrophysical environment, those properties in which the fluid interacts in the rock are classified 

as porosity, permeability, capillary pressure and fluid saturations, among others. These 

petrophysical characteristics are calculated or observed from electrical logs acquired in the target 

zone, mainly because they are the only measurements available for all wells at different depths. 

Another way to measure these properties is through laboratory tests with core data. 

Petrophysics in unconventional shale reservoirs requires further analysis of the mineralogy 

of the area of interest, the type of shale, the fragility of the rock and the potential for hydraulic 

fracturing. In addition, a geochemical evaluation is needed that provides knowledge of the 

reservoir, identifying the TOC, thermal maturity of the rock and kerogen type. 

1.9 Reservoir and Completion Quality  

Well productivity depends on reservoir and completion quality of the rock.  Reservoir 

quality (RQ) describes hydrocarbon potential, amount of hydrocarbon in place, and hydrocarbon 

deliverability of the rock formation. Reservoir quality includes: Total Organic Carbon (TOC), 

thermal maturity, organic matter, mineralogical composition, lithology, effective porosity, fluid 

saturations, permeability and formation pressure. Completion quality (QC) refers to the potential 

for initiating a fracture based on geomechanical parameters required for stimulation design, 

mineral composition of the formation, including rock fracturability, in-situ stress regime, and the 

presence of natural fractures (Ahmed and Meehan 2016). On the other hand, completion 

effectiveness quantifies the connectivity between the reservoir, the wellbore, and the stimulation 

coverage of the producing intervals. It focuses to design the fracture stages, assess their geometries 

(i.e., width and lengths), and monitor the depletion of the hydraulic fractures over time (Ma and 

Holditch 2016). 

Interval selection for hydraulic fracturing in shale plays require good reservoir quality (RQ) 

and good completion quality (CQ), however, it is possible to have well production with bad 

reservoir quality (RQ) and good completion quality (CQ) because it is crucial to create an adequate 
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hydraulic fracture to connect the well to the reservoir, and the fracture can stay open after the 

pressure is reduced (Figure 1.23). In-situ stresses and anisotropic rock properties impact the 

fracture geometry, orientation, and containment complexity. 

 

 

Figure 1.23 Cluster selection for hydraulic fracturing base on reservoir quality and completion 

quality in shale plays (Tutuncu 2018). 
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CHAPTER 2 

METHODOLOGY FOR WELLBORE STABILITY ANALYSIS AND TOC CALCULATION 

IN UNCONVENTIONAL SHALE RESERVOIRS 

This chapter contains the basic equations and concepts for the development of a 

geomechanical model and analysis of geochemistry for an unconventional reservoir of shale oil 

and shale gas. Equations are included to determine the rock mechanical properties of elastic 

anisotropic rocks, pore pressure, magnitude and direction of in-situ stresses and rock failure 

criteria, such as Mohr-Coulomb, Drucker-Prager and Modified Lade. Additionally, critically 

stressed natural fracture analysis will be included for shale plays. Finally, equations to calculate 

TOC with Passey, Schmoker and Hesteer methods and Litho Scanner™ log theory are reviewed 

in this chapter. 

Before drilling a well, it is necessary to build a predrill geomechanical model to determine 

the mud weight window, risks of water or gas influxes or mud losses, casing points to ensure well 

integrity during the life of the well. When drilling in an unconventional reservoir, building a 

geomechanical model becomes more challenging due to the following factors: 

1. Rock anisotropy is included to have better assessment of the mechanical properties which 

have an impact in borehole stability and hydraulic fracturing design. Mechanical properties 

of the shales vary depending on the direction in which they are measured, and in some 

cases the measurements of the properties can drastically change if they are measured 

parallel, inclined and perpendicular to bedding of the shale (Tutuncu 2018). Additionally, 

the anisotropic properties of unconventional reservoirs vary throughout the formation, and 

it is essential to study the impact of anisotropy on seismic sources. 

2. Comprehensive assessment of the in-situ stresses regime, in-situ stress directions and rock 

properties, among others, is required to design optimal well trajectories and determine 

zones with low in-situ stresses and high fragility. Also, in-situ stresses anisotropy controls 

the fracture growth, including the geometry, size of the fractures and strength of the 

proppant.   
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3. Geomechanical model in shales need triaxial tests and open hole sonic logs with cross-

dipole data and Stoneley waveforms, which are indispensable to calculate stiffness 

coefficients, anisotropic mechanical properties and in-situ stresses. Also, borehole imaging 

logs identifies natural fractures, faults, borehole breakouts and drilling induced tensile 

fractures. 

4. Geomechanical models are used to design an effective fracture treatment to improve 

proppant distribution and stimulated reservoir volume. Moreover, the analysis of critically-

stressed natural fractures allows the determination of conductive fractures in the reservoir. 

Understanding rock and stress anisotropy are necessary to create a geomechanical model 

that works as a guide for drilling and completion engineers, minimizing non-productive times 

(NPT) and designing correct fracture treatments in shales reservoirs.  

2.1 Calculation of Shale Volume 

Drilling problems can be associated with the different lithology and pore pressure of the 

rocks. Shales and natural fractured rocks are more likely to cause borehole instability due to 

variations in mechanical behavior and low rock strength. Normally, wells include formation 

evaluation logs (FEL), and in some circumstances wells have cores and X-ray Diffraction (XRD) 

analysis of cuttings or cores. Volume of shale (Vsh) can be calculated with Equation 2.1 for linear 

volume of shale, Equation 2.2 is for non-linear volume of shale in Tertiary rocks and Equation 2.3 

is for non-linear volume of shale in older rocks (Halliburton 2015). GR log is the most used 

electrical log to evaluate Vsh. 

𝐼𝑠ℎ𝑎𝑙𝑒_𝐺𝑅 = ( 𝐺𝑅 − 𝐺𝑅𝑐𝑙𝑒𝑎𝑛𝐺𝑅𝑠ℎ𝑎𝑙𝑒 − 𝐺𝑅𝑐𝑙𝑒𝑎𝑛) (2.1)   𝑉𝑠ℎ = 0.083 ∗ (23.71∗𝐼𝑠ℎ − 1) (2.2)   𝑉𝑠ℎ = 0.33 ∗ (22∗𝐼𝑠ℎ − 1) (2.3) 

Where GR is gamma ray log value, GRclean is the gamma ray value of clean sandstone, GRshale is 

the gamma ray for pure shale, Ishale_GR is the linear volume of shale, dimensionless, Vsh is the non-

linear volume of shale, fraction. 
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2.2 Elastic Rock Properties and Rock Strength 

Elastic rock properties, rock compressive and tensile strengths are the primary inputs for 

borehole stability analysis, wellbore completion, and hydraulic fracture modeling and evaluation 

during the development of unconventional resources. One-dimensional (1D) and three-

dimensional (3D) of the mechanical properties of the field are required for borehole stability and 

most of the commercial hydraulic fracturing simulators rely on a 1D analysis to predict fracture 

propagation and overall geometry while assuming Vertical Transversely Isotropic (VTI) model in 

the well. Mechanical properties of rocks, especially shales, can be affected by in-situ stresses, 

anisotropy due to bedding or fractures, mineral composition, porosity and thermal maturity of the 

shales (Mokhtari et al. 2013). 

2.2.1 Elastic Isotropic Properties of the Rock 

The elastic properties or elastic moduli of the rocks can be determined in a dynamic and 

static way. The static elastic properties are calculated from stress and strain relationships measured 

directly in laboratory analyzing core samples with typically a triaxial cell, while the dynamic data 

is calculated by tests carried out from equations of elastic propagation of acoustic waves in a solid 

medium, in our case, a porous medium. The acoustic waves can be obtained from electrical logs, 

acoustic waves taken in the laboratory or from seismic information. The frequency of acoustic 

waves of electrical logs, seismic waves or acoustic tests differ from the laboratory, and they are 

not equivalent.  

The values obtained from static tests are those used in the geomechanical models, because 

they approach the real behavior of the rocks. The following elastic properties of rocks are the most 

used in geomechanics: 

2.2.1.1 Young’s Modulus (E) 

Young’s modulus is a measure of the stiffness of an elastic material. For isotropic materials 

that are linearly elastic, Young's modulus relates the axial deformation to the axial stress in a 

compression test. Figure 2.1 illustrates the difference between a linear elastic model and non-linear 

elastic behavior in materials. The slope of the axial stress versus axial strain curve represents the 

Young's modulus. In a linear elastic model, the deformation is fully reversible when loads are 
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removed, and this model applies to materials such as metal and very low porosity rocks. Non-

linear elastic behavior is appropriate for highly fractured rocks and high porosity rocks, and it is 

convenient to use of non-linear elastic solution. Rocks with low Young’s modulus tend to be 

ductile and rocks with high Young’s modulus tend to be brittle. 

 

 

Figure 2.1 Linear elastic model (left) and non-linear elastic behavior (right). Material 1 is stiffer 

than Material 2 (Tutuncu 2018). 

 

In drilling operations, acoustic and density measurements are acquired in the well, 

providing data to calculate dynamic elastic properties over continuous depth intervals. Cores 

samples can be taken in the same depth intervals, allowing measurements of dynamic and static 

properties of the samples. In shale reservoirs, the elastic properties vary depending on the direction 

in which they are measured. It is necessary to quantify the elastic properties of the rock in multiple 

orientations using cores and acoustic measurements in different directions to bedding, because the 

results have significant differences and impact the wellbore stability and hydraulic fracturing jobs.  

Figure 2.2 shows that the horizontal sample (β=90) shows higher Young’s modulus than 

the vertical sample (β=0), and there is a difference between major loading and unloading cycles as 

the slope of the stress/strain curves. The rock behaves in a linear and elastic manner, except for 

the very low stresses.  
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Figure 2.2 Stress/strain curve for an Eagle Ford shale sample with different horizontal and 

vertical Young’s modulus. Negative strain numbers show the radial strain while positive strain 

numbers indicate axial strain values (Mokhtari et al. 2016). 

 

Young’s modulus obtained from ultrasonic measurement is greater than the sonic log 

derived moduli and these two-waves propagation-based moduli are greater than the static Young’s 

modulus obtained from the geomechanical based stress-strain measurements. Dynamic Young’s 

modulus can be 1-6 times greater than the static moduli measured under the same in-situ stress 

conditions. Dynamic Poisson’s ratio can be larger or smaller than the statistic Poisson’s ratio. The 

differences between static and dynamic Young’s moduli tend to decrease as the clay content 

increases. Static and dynamic Poisson’s ratio does not depend on clay content (Tutuncu and 

Sharma 1992).  

2.2.1.2 Poisson’s Ratio (ν) 

Poisson’s ratio measures the relationship between lateral deformation (Δεradial) and axial 

deformation (Δεaxial) as shown in Figure 2.3. Poisson’s ratio is dimensionless. Poisson’s ratio takes 

values between 0 and 0.5. Typical values of sandstones and carbonates are from 0.1 to 0.25 and 

for shales from 0.2 to 0.35. 
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Figure 2.3 Young’s modulus and Poisson’s ratio (Tutuncu 2018). 

 

In general, quartz and carbonate-rich rocks tend to be brittle and clay-rich rocks are more 

ductile with low Young’s modulus. However, because of the evaluation of the well, it is necessary 

to determine the specific values of Young’s modulus, Poisson’s ratio, mineral composition, 

discrete fracture network (DFN), faulting, rock anisotropy, pore pressure, porosity, water 

saturation, in-situ stresses and Total Organic Carbon (TOC) of the well. A high Young’s modulus 

and low Poisson’s ratio tend to give a long hydraulic fracture, as well as the in-situ stress 

controlling the fracture growth, geometry and size of the hydraulic fractures. Figure 2.4 shows the 

effect intrinsic anisotropy in core samples of Mancos shale where Poisson’s ratio is slightly higher 

in the horizontal sample than in the vertical sample.   

2.2.1.3 Shear Modulus (G) 

The Shear modulus relates the shear stress with respect to shear deformation, as shown in 

Equation 2.4 (Zoback 2007). 

G = τγ (2.4) 

Where τ is the shear stress, psi, γ is the shear deformation, dimensionless. 
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Figure 2.4 Poisson’s ratio of the Mancos shale for the vertical and horizontal core samples at 

various bedding angles (Mokhtari et al. 2013). 

 

2.2.1.4 Bulk Modulus (K) 

This variable represents the response of a material when subjected to a load condition of 

three orthogonal stresses. The bulk modulus represents the relation of octahedral stress to the 

volumetric deformation of the rock, Equation 2.5 (Zoback 2007). 

𝐾 = 𝜎𝑜𝑐𝑡𝜖𝑣𝑜𝑙  (2.5) 

Where σoct is the octahedral stress, in psi, and εvol is the volumetric deformation, dimensionless, 

and they are defined by Equations 2.6 and 2.7, respectively (Zoback 2007): 

𝜎𝑜𝑐𝑡 = 𝜎𝑥𝑥 + 𝜎𝑦𝑦 + 𝜎𝑧𝑧3  (2.6) 𝜖𝑣𝑜𝑙 = 𝜖𝑥𝑥 + 𝜖𝑦𝑦+𝜖𝑧𝑧  (2.7) 

Where σxx, σyy and σzz are the octahedral stress, psi, in the x, y and z directions, respectively. ϵxx, 

ϵyy and ϵzz are the deformations in the x, y and z directions, dimensionless. 
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Table 2.1 presents the relationship between isotropic elastic constants as a function of two 

independent parameters required to describe the stress versus strain relationship, i.e. =(). 

These relationships are valid if the formation is assumed to be isotropic, homogenous, linear and 

elastic. 

 

Table 2.1 Relationship between elastic moduli (Tutuncu 2018) 

Modulus Young’s 

Modulus, 

E 

Shear 

Modulus, G 

Bulk 

Modulus, 

Kb 

Poisson’s 

Ratio, ν 

Compressional 

Modulus, M 

E E 𝐺(3𝑀 − 4𝐺)𝑀 − 𝐺  
3𝐾𝑏(1− 2ν) 2𝐺(1 + ν) 𝐾𝑏 + 4 3⁄ 𝐺 

G 𝐸2(1 + ν) G 3𝐾𝑏𝐸9𝐾𝑏 − 𝐸 
𝐸3(1 − 2ν) G 

Kb 𝐸3(1 − 2ν) 𝐸𝐺(3𝐸 − 9𝐺) 𝐾𝑏 𝐾𝑏 𝑀 − 4 3⁄ 𝐺 

ν 3𝐾𝑏 − 𝐸6𝐾𝑏  
𝑀 − 2𝐺2(𝑀 − 𝐺) 3𝐾𝑏 − 2𝐺2(3𝐾𝑏 + 𝐺) ν ν 

M 𝐸(1 − ν)(1 + ν)(1 − 2ν) 2𝐺(1 − ν)(1 − 2ν)  
𝐾𝑏 + 4 3⁄ 𝐺 3𝐾𝑏(1 − ν)(1 + ν)  

M 

 

Dynamic elastic constants can be obtained by propagating elastic waves through the 

samples or cores or by taking sonic logs in the well. Table 2.2 presents a list of the dynamic elastic 

isotropic constants in terms of transit times and rock density. 

It is expensive to perform rock mechanics laboratory tests for the entire well, and then it is 

necessary to calculate the dynamic mechanical properties from electrical logs and calibrate them 

with static tests measured in the laboratory. By using these calibrations, it is possible to obtain 

continuous logs of the mechanical properties of the well assuming isotropic, homogenous, linear 

and elastic formation. Dynamic elastic constants can be obtained by propagating elastic waves 

through the samples, cores or by analyzing sonic logs from the well.  
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Table 2.2 Equations of dynamic elastic isotropic properties of rocks (Zoback 2007) 

ν Poisson’s ratio 𝐿𝑎𝑡𝑒𝑟𝑎𝑙 𝑠𝑡𝑟𝑎𝑖𝑛𝐿𝑜𝑛𝑔𝑖𝑡𝑢𝑑𝑖𝑛𝑎𝑙 𝑠𝑡𝑟𝑎𝑖𝑛 
12 (𝑡𝑠𝑡𝑐)2 − 1(𝑡𝑠𝑡𝑐)2 − 1  

G Shear modulus 𝐴𝑝𝑝𝑙𝑖𝑒𝑑 𝑠𝑡𝑟𝑒𝑠𝑠𝑆ℎ𝑒𝑎𝑟 𝑠𝑡𝑟𝑎𝑖𝑛  1.347 × 1010 𝜌𝑏𝑡𝑠2  

E Young’s modulus 𝐴𝑝𝑝𝑙𝑖𝑒𝑑 𝑢𝑛𝑖𝑎𝑥𝑖𝑎𝑙 𝑠𝑡𝑟𝑒𝑠𝑠𝑁𝑜𝑟𝑚𝑎𝑙 𝑠𝑡𝑟𝑎𝑖𝑛  
2𝐺(1 + 𝜈) 

K Bulk modulus 𝐻𝑦𝑑𝑟𝑜𝑠𝑡𝑟𝑎𝑡𝑖𝑐 𝑝𝑟𝑒𝑠𝑠𝑢𝑟𝑒𝑉𝑜𝑙𝑢𝑚𝑒𝑡𝑟𝑖𝑐 𝑠𝑡𝑟𝑎𝑖𝑛  1.347 × 1010𝜌𝑏 ( 1𝑡𝑐2 − 43𝑡𝑠2) 
Cb Total or bulk 

compressibility (with 

porosity) 

𝑉𝑜𝑙𝑢𝑚𝑒𝑡𝑟𝑖𝑐 𝑑𝑒𝑓𝑜𝑟𝑚𝑎𝑡𝑖𝑜𝑛𝐻𝑦𝑑𝑟𝑜𝑠𝑡𝑎𝑡𝑖𝑐 𝑝𝑟𝑒𝑠𝑠𝑢𝑟𝑒  
1𝐾𝑏 

Cr Total or bulk 

compressibility (zero 

porosity) 

 1.347 × 1010 ( 1𝑡𝑚𝑎2 − 43𝑡𝑠𝑚𝑎2 ) × 𝑔 

α Biot elastic isotropic 

constant 

 1 − 𝐶𝑟𝐶𝑏 

 

In Table 2.2, ts is the shear wave transit time in s/ft; tc is the compressional wave transit 

time in s/ft; b is total or bulk density of the rock in g/cm3; g is the gravitational acceleration 

constant in ft/s2 ; tma is the transit time of the compressional wave of the rock matrix in s/ft; tsma 

is the shear wave transit time of the rock matrix in s/ft In addition,  and  are dimensionless, G, 

E, Kb are in psi, and Cb and Cr are in psi-1. 

2.2.1.5 Unconfined Compressive Strength 

Unconfined compressive strength is defined as the ultimate or peak strength of a cylindrical 

core sample when compression is applied uniaxially, under unconfined condition. Indirect testing 

of unconfined compressive strength of the rock (UCS) includes scratch tests, rigid indenter tests 

and multistage triaxial tests, among others.  UCS of a rock is typically measured with a core in a 

triaxial or uniaxial cells, but it can be estimated from electrical logs with empirical correlations 

and calibrated with laboratory results. 
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The Confined Compressive Strength (CCS) of the rock is different from UCS, and values 

of CCS depend on the confining pressure of the rock during the test. The shear stress needed to 

fail the rocks increases with the confining pressure, as this is represented by the Mohr-Coulomb 

failure criteria. UCS has application in borehole stability, bit selection, well cementing, well 

integrity, completion, hydraulic fracturing (proppant embedment), sand control and openhole 

completions, among others. 

Unconventional reservoirs have formations with rock anisotropy, and the rock strength will 

depend on the orientation of the loading, relative to the bedding plane. Rock strengths measured 

parallel and perpendicular to bedding planes are stronger than orientations in other directions. 

Also, shale strength deteriorates with time, temperature, pressure build up and physico-chemical 

interaction of clays with the drilling fluid (Mokhtari and Tutuncu 2012). 

Experimental studies (Alqahtani and Tutuncu 2017; Mokhtari et al. 2013) show that shales 

not only have anisotropic strength properties, but also anisotropic elastic moduli (Young’s 

modulus and Poisson’s ratio) depending on the inclination of bedding with respect to the maximum 

loading direction during triaxial testing.  Figure 2.5 shows the compressive failure of Mancos shale 

with 2000 psi confining pressure where the horizontal oriented samples disclosed the highest 

compressive strength and the lowest compressive strength was observed at the orientation 60°. The 

horizontal and vertical samples of Mancos shale occurred a multi-step failure (complex fractures) 

and the samples with lamination orientations of 25°, 45° and 60° had a shear failure (sliding failure 

mode). Fractures and high TOC can impact the log response and cause log-based UCS to be 

underestimated, and it is necessary verification of the log-based UCS calculations with triaxial 

tests. 
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Figure 2.5 Unconfined compressive strength for Mancos shale. Stress/strain curve at several 

lamination orientations (left) and post-failure behaviors (right) (modified from Alqahtani and 

Tutuncu 2017; Mokhtari et al. 2013). 

 

2.2.2 Anisotropic Elastic Properties of the Rock 

The difference between conventional and unconventional shale reservoirs implies the need 

to include the anisotropy of the rock. In a geomechanical model of a conventional reservoir, an 

elastic isotropic model of the rock is usually used, where the properties of the rock are constant in 

all directions, but in a shale reservoir it is essential to include its anisotropy, where its properties 

vary in the three-coordinate axis. 

There are three types of anisotropy of the rocks that are shown in Figure 2.6: 

1. Vertical Transversely Isotropic (VTI) model. In the case of VTI the bedding planes are 

horizontal. 

2. Horizontal Transversely Isotropic (HTI) model. The most commonly considered 

mechanism for this type of anisotropy is vertical aligned fractures embedded in an isotropic 

background medium. 

3. Orthotropic model, varying its properties in all directions. A material is orthotropic if its 

properties are unique and independent in three mutually perpendicular directions. 
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Figure 2.6 Young’s module anisotropy of the rocks. A is an isotropic model; B is model with 

VTI; C is model with HTI, and D is an orthotropic model (De Gennaro et al. 2014). 

 

A VTI model has been used in the geomechanical study representing the shale formation 

based on the experimental results obtained. The stress tensor is presented in Equations 2.8 and 2.9 

(Schön 2015). For a transversely isotropic formation with a vertical axis of symmetry (VTI), the 

elastic stiffness matrix, Cij, can be written in the conventional two-index notation, with five 

independent stiffness coefficients including, C11=C22, C33, C12=C21, C13=C31=C23=C32, C44=C55, 

and by symmetry C66=(C11-C12)/2.  

   𝜎𝑖𝑗 = 𝑐𝑖𝑗𝑘𝑙 ∗ 𝜀𝑘𝑙 − 𝛼𝑃𝑝 (2.8) 

where  

 cijkl = ( 
  
C11 C12 C13 0 0 0C21 C22 C23 0 0 0C31 C32 C33 0 0 00 0 0 C44 0 00 0 0 0 C55 00 0 0 0 0 C66) 

   (2.9) 

where σij is the stress tensor, psi, cijkl is the elastic stiffness tensor, psi, εkl is the strain tensor of the 

rock, dimensionless, α is the Biot tensor, dimensionless, Pp is the pore pressure of the rock, psi. 

However, to fully characterize VTI model, five independent parameters are required (C33, C44, C66, 

C11 and C13). The equivalences and meaning of the static stiffness coefficients in a Vertical 

Transversely Isotropic (VTI) model  are shown in Table 2.3.  
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Table 2.3 Dynamic stiffness coefficient matrix in the VTI model (Higgins et al. 2008)  C11 = C33 + 2(C66 − C44) Propagation of the horizontal compressional 

wave C22= C11 C33= 13400 ρ( 1DTC)2 Propagation of the vertical compressional 

wave C44= 13400 ρ( 1DTS)2 Propagation of the polarized vertical shear 

wave C55= C44 C66= 13400 ρ( 1DTSH)2 Propagation of the polarized horizontal 

shear wave C12=C21=C32=C31=C23= C13 
 

C13= C33 − 2C44 

 

where ρ is the bulk density (RHOB), g/cm3, DTC is the transit time of the compressional wave 

µsec/ft, DTS is the transit time of the shear wave µsec/ft, DTSH is transit time of the Stoneley 

wave µsec/ft. 

Equations 2.10 and 2.11 present the static vertical and horizontal anisotropic Young’s 

modulus in psi, respectively (Mokhtari et al. 2014). 

𝐸𝑣 = C33 − 2 C132C11 + C12 (2.10) 

𝐸ℎ = (C11 − C12)(C11C33 − 2C132 + C12C33)C11C33 − C132  (2.11) 

where C33 represents the vertically polarized compressional wave, psi, C13 characterizes the 

component of the transversely isotropic system (Table 2.3), psi, C11 represents the compressional 

wave with horizontal propagation, psi, and C12=C13. 

The static vertical Poisson’s ratio (νv) and static horizontal Poisson’s ratio (νh) can be 

calculated with the proportionality constants of the stress tensor, as shown in Equations 2.12 and 

2.13 (Mokhtari et al. 2014): 
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𝜈𝑣 = C13  C11 + C12    (2.12) 

𝜈ℎ =  C12C33 − C132  C11C33 − C132    (2.13) 

where C13 represents the component of the transversely isotropic system (Table 2.3), psi, C11 is the 

component of compressional wave with horizontal propagation, psi, C33 represents the vertically 

polarized compressional wave, psi, and C12= C13. 

Thomsen (1986) introduced three anisotropy parameters ε, γ and δ as the measure of P-

wave, S-wave anisotropy and energy dissipated, respectively (Equations 2.14, 2.15 and 2.16). 

𝜀 = C11− C332C33  (2.14) 

𝛾 = C66− C442C44  (2.15) 

𝛿 = (C13+ C44)2 − (C33− C44)22C33(C33− C44)  (2.16) 

where C66 is the horizontally polarized shear wave, psi, and C44 is the vertically polarized shear 

wave, psi. 

2.3 Overburden Stress 

Overburden stress (Sv) is calculated by integrating the density log (weight of the 

overburden per unit area), multiplied by gravity as shown in Equation 2.17. The vertical stress can 

be assumed equal to the overburden stress in most cases, except close to salt domes, where these 

values are not the same.  

Sv = 𝑔∫𝜌𝑏𝑑𝑧  𝑧
0  (2.17) 

where ρb is the bulk density (RHOB), g/cm3, 𝑔 is the acceleration of gravity, 9.81 m/s2. 

Miller’s equation can be used to estimate the rock porosity in first section of the well where 

density logs are not taken (Equation 2.18) and the bulk density can be calculated with Equation 

2.19 (Halliburton 2015): 
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𝜙 = 𝑎 ∗ 𝑒𝑏∗𝑧 (2.18)  𝜌𝑏 = 𝜌𝑚𝑎(1 − 𝜙) + 𝜌𝑓(𝜙) (2.19) 

Here ϕ is the porosity, fraction, a and b are constants that depend on the type of formation, Z is 

depth, ft ρma is the density of the matrix rock, g/cm3, ρf is the density of the saturated fluid, g/cm3 

and ϕ is the porosity of the formation, fraction. 

2.4 Calculation of Pore Pressure 

Pore pressure calculation has multidisciplinary roles in oil and gas exploration, safe and 

efficient drilling, reservoir characterization and well production (sand prediction and depletion 

effect). In drilling operations, it is necessary to calculate the pore pressure to prevent kicks and 

lost circulation, borehole stability analysis, well completion and well path optimization, among 

others. In permeable zones, it is possible to use sampling techniques such as MDT or RFT. The 

pore pressure in shales can be estimated in Diagnostic Fracture Injection Tests (DFIT™) or 

electrical logs. Figure 2.7 shows two approaches to predict pore pressure: Normal Trend methods 

and explicit methods.  

 

 

Figure 2.7 Pore pressure prediction methods (Tutuncu 2018).  

 

Eaton presented empirical equations to calculate the pore pressure gradient (psi/ft) from 

the resistivity (Equation 2.20), sonic or seismic (Equation 2.21) and while D exponent (Equation 

2.22) is using drilling data. The exponents given were calibrated for consolidated formations from 

the Gulf coast region (Eaton 1975). 
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𝑃𝑍 = 𝑆𝑍 − (𝑆𝑍 − (𝑃𝑍)𝑛) (𝑅𝑜𝑅𝑛)1.2 (2.20) 𝑃𝑍 = 𝑆𝑍 − (𝑆𝑍 − (𝑃𝑍)𝑛) (𝑡𝑛𝑡𝑐)3 (2.21) 𝑃𝑍 = 𝑆𝑍 − (𝑆𝑍 − (𝑃𝑍)𝑛) (𝑑𝑐𝑜𝑑𝑐𝑛)1.2 (2.22) 

In the Equations 2.20, 2.21 and 2.22, P/Z represents the pore pressure gradient (psi/ft), S/Z 

indicates the vertical stress gradient (psi/ft), (P/Z)n denotes the normal pore pressure gradient 

(psi/ft), Ro corresponds the deep resistivity observed in the resistivity log (ohm), Rn defines the 

normal resistivity of the normal trend line of the resistivity of the well (ohm), tc is the transit time 

observed in the sonic log (μsec), tn describe the transit time of the compressional wave taken from 

the normal train of the compressional time of the well (μsec), dCO denotes the corrected, 

dimensionless dc exponent, and dCN  is the normal exponent corrected, dimensionless dc. The 

Eaton method is known as a normal trend method. 

Holbrook method is an explicit method for pore pressure prediction that applies to 

resistivity or sonic logs and it is described by Equation 2.23 (Holbrook et al. 1995):  Pp = Sv − 𝜎𝑚𝑎𝑥(1 − ϕ)𝛽 (2.23) 

where Sv is the overburden pressure calculated from density log, σmax is a constant of 14,461 for 

shales and 130,000 for sands, ϕ is porosity of the rock calculated from resistivity and gamma ray 

logs or sonic and gamma ray logs, β is a constant of 8.728 for shales and 13.219 for sands, and Pp 

is the calculated pore pressure in psi.  

The sonic log is a shallow reading tool and is affected by borehole condition, especially in 

shales, and sonic log is also affected by rock anisotropy. Unlike resistivity log, sonic log is not 

significantly affected by salinity and it can be correlated to seismic data. 

Resistivity methods in pore pressure prediction cannot be used when drilling close to salt 

bodies, and resistivity readings are also affected by high smectite clay content and the presence of 

hydrocarbons in the shale (Tutuncu 2018). Density logs can be strongly affected by borehole 

condition in pore pressure prediction.  Density log is used for overburden calculation, and if density 

log is run in conjunction with sonic and/or resistivity logs allows good quality control.   
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The main disadvantages of using normal trend methods in pore pressure prediction are the 

following (Tutuncu 2018): 

1. Consistency of picking the normal trend-line by different users. 

2. High stresses associated with low porosities are typical. 

3. Overpressure calculated by standard trend-line and effective stress methods underestimate 

overpressure at higher temperature formations and thermal operations since thermal 

generating mechanisms are not incorporated in the normal trend line methods. 

2.5 Calculation of Minimum and Maximum Horizontal Stress Magnitudes 

Determining the in-situ stresses allowing for the linear elasticity has been a standard in the 

industry for its simplicity, since the electrical logs could not quantify the anisotropy of the rocks. 

In Equations 2.24 and 2.25 (Higgins et al. 2008), the magnitudes of the minimum and maximum 

horizontal stresses in a linear isotropic medium is determined by: 

𝜎ℎ − 𝛼𝜎𝑃𝑃 = 𝜈1 − 𝜈 (𝜎𝑣 − 𝛼𝜎𝑃𝑃) + 𝐸1 − 𝜈2 𝜀ℎ + 𝐸𝜈1 − 𝜈2 𝜀𝐻 (2.24) 

𝜎𝐻 − 𝛼𝜎𝑃𝑃 = 𝜈1 − 𝜈 (𝜎𝑣 − 𝛼𝜎𝑃𝑃) + 𝐸1 − 𝜈2 𝜀𝐻 + 𝐸𝜈1 − 𝜈2 𝜀ℎ (2.25) 

where E is the Young's modulus of the rock in psi, ν corresponds to Poisson’s ratio, dimensionless, 

σh and σH indicate the minimum and maximum horizontal stress magnitudes in psi, respectively, 

σV indicates the vertical stress magnitude in psi, α specifies Biot coefficient, dimensionless, εh 

shows deformation in the minimum horizontal direction, dimensionless plane, εH specifies the 

deformation in the maximum horizontal direction, dimensionless plane. 

With Equations 2.26 and 2.27 (Waters et al. 2011) determine the magnitude of the 

minimum and maximum horizontal stresses in a Vertical Transversely Isotropic (VTI) model, 

respectively: 

𝜎ℎ − 𝛼𝜎𝑃𝑃 = 𝐸ℎ𝑜𝑟𝑧𝐸𝑣𝑒𝑟𝑡 𝜈𝑣𝑒𝑟𝑡1 − 𝜈ℎ𝑜𝑟𝑧 (𝜎𝑣 − 𝛼(1 − 𝜉)𝜎𝑃𝑃) + 𝐸ℎ𝑜𝑟𝑧1 − 𝜈ℎ𝑜𝑟𝑧2 𝜀ℎ + 𝐸ℎ𝑜𝑟𝑧𝜈ℎ𝑜𝑟𝑧1 − 𝜈ℎ𝑜𝑟𝑧2 𝜀𝐻 (2.26) 

𝜎𝐻 − 𝛼𝜎𝑃𝑃 = 𝐸ℎ𝑜𝑟𝑧𝐸𝑣𝑒𝑟𝑡 𝜈𝑣𝑒𝑟𝑡1 − 𝜈ℎ𝑜𝑟𝑧 (𝜎𝑣 − 𝛼(1 − 𝜉)𝜎𝑃𝑃) + 𝐸ℎ𝑜𝑟𝑧1 − 𝜈ℎ𝑜𝑟𝑧2 𝜀𝐻 + 𝐸ℎ𝑜𝑟𝑧𝜈ℎ𝑜𝑟𝑧1 − 𝜈ℎ𝑜𝑟𝑧2 𝜀ℎ (2.27) 
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where Ehorz is the horizontal Young's modulus magnitude, psi, Evert indicates the vertical Young's 

modulus magnitude, psi, νvert and νhorz relates the vertical and horizontal Poisson’s ratio, 

dimensionless, σh and σH specify the minimum and maximum horizontal stress magnitudes, psi, 

σV is the vertical stress, psi, α indicates Biot coefficient, dimensionless, ξ designates the poroelastic 

constant, dimensionless, εh and εH define the minimum and maximum deformations in the 

horizontal plane, dimensionless, respectively. 

The minimum horizontal stress magnitude, Shmin is usually equal to the fracture closure 

pressure measured in Minifrac tests, extended leak-off tests and step-rate test. However, leak off 

tests (LOTs) are often used as an approach to Shmin.  

Quantification of the minimum horizontal stress magnitude, stress contrast and mechanical 

rock properties with depth in the reservoir above and below the target zone to be stimulated are 

required to determine the geometry of the hydraulic fracture. Normal and strike stress regimes can 

lead to vertical fractures and inverse or reverse stress regime can conduct to horizontal fractures 

or a combination of vertical and horizontal hydraulic fractures such as T-shaped fracture 

geometries (Ahmed and Meehan 2016).  

2.6 Direction of the Minimum and Maximum Horizontal Stresses 

The oriented caliper log is used to register the changes in the diameter of the well and 

estimate the quality of the borehole, the volumes of cement slurry, together affecting the quality 

of well logs, among others. The caliper log must have at least four arms and one of its pads must 

be oriented and corrected for the local magnetic declination at the time of measurement. The 

deformations in the face of the well with the caliper log can be identified as shown in Figure 2.8.  

The four-arm caliper tool can rotate as it is pulled up the borehole due to cable torque. The 

tool stops rotating in zones of borehole enlargement if one caliper pair get into the enlargement 

direction (Zoback 2007). Despite being a tool with low sensitivity, if used with care, it can be 

reliable to find the orientation of the well (borehole breakouts). When analyzing the caliper log, it 

is necessary not confuse borehole breakouts with keyseats, or enlargements of the whole 

circumference of the well (washouts). The borehole breakouts in vertical wells indicate the 

direction of the minimum horizontal stress and the maximum horizontal stress is perpendicular to 

the minimum horizontal stress.  
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Figure 2.8 Identification of borehole deformations using caliper log (Zoback 2007). 

 

Borehole breakouts can be identified using an Ultrasonic Borehole Analyzer (UBI) log as 

presented in Figure 2.9. In the UBI log, the two dark vertical columns are borehole breakouts and 

soft vertical lines are drilling induced tensile fractures. Borehole breakouts indicate the minimum 

horizontal stress direction and drilling induced tensile fractures infer the maximum horizontal 

stress direction in vertical wells. In the example of Figure 2.9, the maximum horizontal stress has 

NE-SW direction and the minimum horizontal stress has NW-SE direction. 

 

 

Figure 2.9 UBI log, Ultrasonic Borehole Analyzer (Zoback 2007). 
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The World Stress Map is used in the academy and industry to integrate the direction of the 

maximum horizontal stresses around the world, and it is very useful when the information of a 

well is limited (Figure 2.10). Drilling direction of deviated or horizontal wells in conventional and 

unconventional reservoirs have an impact in drilling efficiency to reduce non-productive time 

(NPT) and drilling costs. Also, drilling direction must consider in-situ stress directions and stress 

regimen for well stimulation to maximize reservoir stimulation volume in unconventional 

reservoirs. 

 

 

Figure 2.10 World Stress Map. The arrows show the maximum horizontal stress directions from 

different data sources (Zoback 2007). 

 

2.7 Fracture Gradient 

The upper limit of the mud weight is defined by the fracture gradient (FG) and there are 

several equations in the literature to determine the fracture gradient prediction based on normal 

trend approaches and acoustic based approach. Equation 2.28 describes the fracture gradient, FG 

in psi, using normal trend approaches: FG = [ ν1−ν] (Sv − 𝛼Pp) + 𝛼Pp  (2.28) 
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where ν is the Poisson’s ratio, Sv is the overburden pressure gradient, psi/ft, α is the Biot 

coefficient, and Pp is the pore pressure gradient, psi/ft. The fracture gradient, FG in psi/ft is 

calibrated form the reinterpreted LOT. 

Equation 2.29 describes minimum horizontal stress magnitude, Shmin, as the fracture 

gradient, using acoustic based approach. 𝑆ℎ𝑚𝑖𝑛 = (Sv − 𝛼Pp)(1 − ϕ) + 𝛼Pp  (2.29) 

Here Sv is the overburden pressure gradient from density log, psi/ft, α is the Biot coefficient, and 

Pp is the pore pressure gradient, psi/ft, and ϕ is the porosity of the rock, fraction.  

Daines’ method is a normal trend approach used for sand formations in conjunction with 

pore pressure input, Poisson’s ratio, overburden gradient and the tectonic stress factor. Equation 

2.30 indicates the Daines’ method to determine the fracture gradient in sandstones (Halliburton 

2015): 

FG = 𝜌1 + 𝑆𝑍 ( ν1 − ν) + Pp𝐷  
(2.30) 

where S/Z is the overburden gradient (OBG), psi/ft, ρ1 represents the tectonic stress, psi, ν relates 

the Poisson’s ratio, dimensionless, Pp denotes the pore pressure, psi, and D is the true vertical 

depth, ft.  

Matthew and Kelly method is also a normal trend approach for fracture gradient prediction 

for shales. Equations 2.31 and 2.32 describe the Matthew and Kelly method (Halliburton 2015): FG = Ki (SV − PP) + PP (2.31)  𝐾𝑖 = LOT − PpSv − Pp  (2.32) 

where Sv is the vertical stress, psi, Ki is the effective, dimensionless stress, LOT is the leak-off test 

pressure, psi, Pp is the pore pressure, psi, and FG is the fracture pressure, psi.  

2.8 Rock Failure Criteria 

There are different criteria to establish the failure of the rock; however, the most used rock 

failure criteria in wellbore stability analyses are Mohr-Coulomb, Drucker-Prager and Modified 
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Lade.  Mohr-Coulomb criterion assumes that the intermediate principal stress has no influence on 

rock strength. Drucker-Prager and Modified Lade criteria incorporate the intermediate principal 

stress as well as the major and minor principal stresses. When applied to the wellbore stability 

cases, Mohr-Coulomb criterion is too conservative, because it neglects the strengthening effect of 

the intermediate principal stress. If Mohr-Coulomb and Drucker-Prager criteria are both fit to the 

same set of triaxial compression (σ1>σ2=σ3) strength data, then Drucker-Prager criterion predicts 

higher rock strength than Mohr-Coulomb criterion for all stress states other than triaxial 

compression. 

2.8.1 Mohr-Coulomb Failure Criterion  

This criterion states that the material fails when the following linear relationship presented 

in Equation 2.33 (Jaeger et al. 2007): 𝜏 = 𝑆0 + 𝜇𝑓𝜎𝑛 (2.33) 

Here τ is the shear stress in Mohr-Coulomb criterion, psi, So is the rock cohesion at a confining 

pressure of zero, psi, f is the internal coefficient friction of the material, dimensionless, σn is the 

normal stress, psi. 

Mohr-Coulomb failure criterion can also be presented as shown in Equation 2.34 (Jaeger 

et al. 2007): 

𝜎1 = 𝐶𝑜 + 𝜎3𝑡𝑎𝑛2 (45° + 𝜑2) (2.34) 

where σ1 is the main stress, psi, Co is the unconfined compression stress of the rock, psi, σ3 is the 

confined stress, psi, φ is the internal friction angle, degrees. The internal friction angle, φ, is related 

to the friction coefficient, f, with Equation 2.35 (Jaeger et al. 2007): 

 𝜇𝑓 = 𝑡𝑎𝑛𝜑 (2.35) 

Equation 2.36 relates the unconfined compressive strength of the rock, Co, with the rock 

cohesion and friction angle of the rock, φ (Jaeger et al. 2007):  

𝐶𝑜 = 2𝑆𝑜𝑡𝑎𝑛 (45° + 𝜑2) (2.36) 

where Co is the unconfined compressive strength of the rock or UCS, psi, φ is the internal friction 

angle, dimensionless, So is the rock cohesion at a confining pressure of zero, psi. 
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The coordinates - located below the straight-line Mohr-Coulomb, represents the stable 

conditions as shown in Figure 2.11; the - coordinates on the Mohr-Coulomb line represent the 

equilibrium point; the coordinates -  above the straight line of Mohr-Coulomb represent unstable 

conditions. To construct the Mohr-Coulomb circles, the unconfined strength of the rock, Co or 

UCS, where the first semicircle starts at 0 (without confinement) and ends at the maximum 

compressive stress at which the sample fails. The next Mohr-Coulomb circle is constructed with 

the confining pressure and the failure stress of the rock with different confining pressures.  

 

 

Figure 2.11 Mohr-Coulomb failure criterion (Goodman 1989). 

 

Application of the Mohr-Coulomb failure criterion at the wellbore where σr is the radial 

stress, psi, Pm is the hydrostatic pressure of the drilling fluid, psi, Pp is the pore pressure, psi, σv is 

the effective vertical stress, psi, Sv is the vertical stress and σθ is the tangential stress, psi is shown 

in Figure 2.12., while the consequences of increasing pore pressure on a failed rock is presented 

in Figure 2.13, and the failure of the formation when the well has insufficient mud weight, given 

specific rock properties of cohesion and friction angle is illustrated in Figure 2.14. 

The Mohr-Coulomb failure criterion does not include the main intermediate stress, 2, 

which does not include that rock failure has an influence. That is, the maximum shear stress      

max= (1-3)/2 is the dominant factor in the failure of the rock. Triaxial tests of the rock with 

different confining pressures allow the construction of different Mohr circles in the Mohr-

Coulomb failure criterion. 

Mohr-Coulomb Criterion 
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Figure 2.12 Mohr-Coulomb failure criterion at the wellbore (Tutuncu 2018). 

 

 

Figure 2.13 Pore pressure effect on failure with the Mohr-Coulomb criterion (Tutuncu 2018). 

 

   

Figure 2.14 Effect of mud weight and rock failure (Tutuncu 2018). 
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2.8.2 Modified Lade Failure Criterion  

Modified Lade failure criterion is a three-dimensional failure criterion, originally 

developed for frictional materials without effective cohesion. It was developed for soils with 

curved failure envelopes. The resistance of isotropic rocks is a function of the three principal 

stresses acting to determine whether a rock will fail in compression. In 1984, Lade proposed 

Equation 2.37 that is called Modified-Lade criterion equation (Zoback 2007): 

(𝐼13𝐼3 − 27) ( 𝐼1𝑃𝑎)𝑚 = 𝜂1 (2.37) 

where I1 and I3 are the first and the third invariant of the stress tensor. I1 is the sum of S1, S2 and 

S3.  I3 is the product of S1, S2 and S3. Pa is the atmospheric pressure, m and η1 are constants of the 

materials. S1, S2 and S3 are the magnitude of in-situ stresses in the planes 1, 2 and 3 (X, Y, Z). 

Ewy (1999) changed the value of m to zero to obtain a criterion which can predict a linear 

shear strength increases with increasing mean stress I1. For materials with cohesion, Ewy (1999) 

included pore pressure as a necessary parameter and introduced the parameters S and η.  The S is 

related to rock cohesion and η represents the internal friction of the rock. The Modified Lade 

criterion predicts the strengthening effect with the increase of the intermediate principal stress, σ2, 

followed by a slight reduction in resistance when the intermediate principal stress, σ2, increases. 

Ewy (1999), did all the modifications and defined appropriate stress invariants, and proposed the 

failure criterion defined in Equations from 2.38 to 2.42 (Zoback 2007). (I1′ )3I3′ = 27 + η (2.38) I′1 = (σ1 + S) + (σ2 + S) + (σ3 + S) (2.39) I′3 = (σ1 + S)(σ2 + S)(σ3 + S) (2.40) S = UCSTanφ = UCS2√q (2.41) 

η = 4(Tanφ)2 (9 − 7 sinφ)(1 − sinφ)  (2.42) 

Here φ is the internal friction angle of the rock, degrees, and UCS is the unconfined compressive 

strength of the rock. 
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2.8.3 Drucker-Prager Failure Criterion 

The extended von Mises yield criterion, or Drucker-Prager failure criterion, was originally 

developed for soil mechanics. Von Mises proposed Equation 2.43 (Zoback 2007):    𝐽2 = 𝑘2 (2.43) 

where k is an empirical constant related to cohesion of the material. 

The intersection of the π-plane with this yield surface is a circle. The yield function used 

by Drucker-Prager to describe the cone in applying the limit theorems to plastic soil is described 

by Equations from 2.44 to 2.48 (Tutuncu 2018; Zoback 2007):    𝐽2𝐷1/2 = ƭ𝐽1 + 𝑘  (2.44) 𝐽1 = 13 (𝜎1 + 𝜎2 + 𝜎3)  (2.45) 𝐽2 = 16 [(𝜎1 − 𝜎2)2 + (𝜎2 − 𝜎3)2 + (𝜎3 − 𝜎1)2]  (2.46) ƭ = 2 sinφ√3(3 + sinφ) (2.47) 

k = 6 UCS cosφ√3(3 + sinφ) (2.48) 

where φ is related to the internal friction angle of the material, ƭ is related to internal friction of the 

material, k is related to cohesion of the material. The k and ƭ are material constants and can be 

determined from the slope and intercept of the failure envelope plotted in the J1 and (J2D)1/2 space 

(Figure 2.15). 

The Drucker-Prager criterion can be divided into an outer bound criterion (or 

Circumscribed Drucker-Prager) and an inner bound criterion (or Inscribed Drucker- Prager). In 

These two Drucker-Prager criteria are plotted in the π-plane in Figure 2.16. The inner Drucker-

Prager circle only touches the inside of the Mohr-Coulomb criterion and the outer Drucker-Prager 

circle coincides with the outer apices of the Mohr-Coulomb hexagon. 
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Figure 2.15 First invariant of the stress tensor, J1, in function of J2D in the Drucker-Prager Failure 

Criterion (Tutuncu 2018). 

 

 

Figure 2.16 Yield envelopes projected in the π-plane for the Mohr-Coulomb criterion, the Hoek 

and Brown criterion, the Modified Wiebols and Cook criterion and the Circumscribed and 

Inscribed Drucker-Prager criterion (Colmenares and Zoback 2002). 

 

The Inscribed Drucker-Prager (Veeken et al. 1989) is defined by Equations from 2.49 to 

2.53:    J2D1/2 = c + dJ1 (2.49) 
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ƭ = 3 sinφ√9 + 3 sin2φ (2.50) 

k = 3UCS cosφ2√q √9 + 3 sin2φ (2.51) tanφ = μ (2.52) q = (√μ2 + 1 + μ)2 tan2 [π4 + φ2] (2.53) 

where φ is the angle of internal friction, degree, and UCS is the Unconfined Compressive Strength. 

The Circumscribed Drucker-Prager criterion is obtained with Equations 2.54 and 2.55 

(Zoback 2007): 

ƭ = 6 sinϕ√3 (3 − sin φ) (2.54) 

k = √3Co cosφ√q (3 − sin φ) (2.55) 

where ƭ is related to internal friction of the material, k is related to cohesion of the material. 

As evident in Equations 2.54 and 2.55, ƭ only depends on φ, which means that ƭ has an 

upper bound for both cases; 0.866 in inscribed Drucker-Prager case and 1.732 in circumscribed 

Drucker-Prager case (Zoback 2007). Inscribed Drucker-Prager criterion predicts failure at much 

lower stresses as a function of σ2 than circumscribed Drucker-Prager criterion. In addition, 

Drucker-Prager criterion incorporates the intermediate principal stress as well as the major and 

minor principal stresses. 

2.9 Borehole Stress Analysis-Kirsch Equations 

2.9.1 Vertical Borehole Stress Analysis 

During drilling operations, a cylinder of rock is replaced with a cylinder of fluid of different 

density, this leads to redistribution of the in-situ stresses near the hole, creating a stress 

concentration. The concentration of the tangential stress component around a circular hole in a 

homogeneous and isotropic material is expressed by the Kirsch’s solution with Equation 2.56 to 

2.61 (Tutuncu 2018): 
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𝜎𝑟 = 𝜎𝑥𝑥 + 𝜎𝑦𝑦2 [1 − (𝑎𝑟)2] + 𝜎𝑥𝑥 − 𝜎𝑦𝑦2 [1 + 3 (𝑎𝑟)4 − 4 (𝑎𝑟)2] cos 2𝜃+ 𝜏𝑥𝑦 [1 + 3 (𝑎𝑟)4 − 4(𝑎𝑟)2] sin 2𝜃 + ∆𝑃𝑤 (𝑎𝑟)2 

(2.56) 

𝜎𝜃 = 𝜎𝑥𝑥 + 𝜎𝑦𝑦2 [1 + (𝑎𝑟)2] + 𝜎𝑥𝑥 − 𝜎𝑦𝑦2 [1 + 3 (𝑎𝑟)4] cos 2𝜃− 𝜏𝑥𝑦 [1 + 3 (𝑎𝑟)4] sin 2𝜃 − ∆𝑃𝑤 (𝑎𝑟)2 

(2.57) 

𝜎𝑧 = 𝜎𝑧 − 2𝜗(𝜎𝑥𝑥 − 𝜎𝑦𝑦) (𝑎𝑟)2 cos 2𝜃 − 4𝜗𝜏𝑥𝑦 (𝑎𝑟)2 sin 2𝜃 (2.58) 

𝜏𝜃𝑧 = (𝜏𝑦𝑧 cos 𝜃 − 𝜏𝑥𝑦 sin 𝜃) [1 + (𝑎𝑟)2] (2.59) 

𝜏𝑟𝑧 = (𝜏𝑥𝑧 cos 𝜃 + 𝜏𝑦𝑧 sin 𝜃) [1 − (𝑎𝑟)2] (2.60) 

𝜏𝑟𝜃 = [𝜎𝑥𝑥 − 𝜎𝑦𝑦2 sin 2𝜃 + 𝜏𝑥𝑦 cos 2𝜃] [1 − 3 (𝑎𝑟)4 + 2(𝑎𝑟)2] (2.61) 

where  and  with subscript of r and   are the normal and shear stresses in a cylindrical coordinate 

system with z direction parallel to the drilling direction;  with subscript of xx, yy and   with 

subscript of xy, xz and yz are normal and shear stresses with a Cartesian coordinate system which 

has the same z axis as the cylindrical system; r is the radial distance from the center of the borehole 

and a is the borehole radius;  is the azimuthal angle measured from the y axis (maximum 

horizontal stress direction); ∆Pw is change of borehole pressure caused by the mud density, Pw, 

minus pore pressure, Pp.  r, , and z are not principal stresses in the general case when the 

borehole is deviated. 

Equations 2.62 to 2.67 depend on the angle , i.e., the stresses vary with the position around 

the borehole, and it has an impact on the positions of borehole breakouts. For a vertical well, at 

the borehole wall r = a, the equations are condensed to the following expressions (Tutuncu 2018): 𝜎𝑟 = ∆𝑃𝑤 (2.62) ∆𝑃𝑤 = 𝑃𝑤 − Pp  (2.63) 𝜎𝜃 = (𝜎𝑥𝑥 + 𝜎𝑦𝑦 − ∆𝑃𝑤) − 2(𝜎𝑥𝑥 − 𝜎𝑦𝑦) cos 2𝜃 − 4𝜏𝑥𝑦 sin 2𝜃 (2.64) 𝜎𝑧 = 𝜎𝑧 − 2𝜗(𝜎𝑥𝑥 − 𝜎𝑦𝑦) cos 2𝜃 − 4𝜗𝜏𝑥𝑦 sin 2𝜃 (2.65) 
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𝜏𝜃𝑧 = 2(𝜏𝑦𝑧 cos 𝜃 − 𝜏𝑥𝑦 sin 𝜃) (2.66) 𝜏𝑟𝜃 = 𝜏𝑟𝑧 = 0 (2.67) 

For a vertical well in isotropic horizontal stress field, at the borehole wall r = a, and  θ = 0° 

(in the maximum horizontal stress direction), the minimum tangential stress, σθmin, is given by 

Equation 2.68: 𝜎𝜃𝑚𝑖𝑛 = 3𝜎ℎ − 𝜎𝐻 − ∆𝑃𝑤 (2.68) 

For a vertical well in isotropic horizontal stress field, at the borehole wall r = a, and θ is 

90° (in the minimum horizontal stress direction), the maximum tangential stress, σθmax, is given by 

Equation 2.69: 𝜎𝜃𝑚𝑎𝑥 = 3𝜎𝐻 − 𝜎ℎ − ∆𝑃𝑤 (2.69) 

For vertical hole, if principal stress is vertical and rock is isotropic, borehole breakouts can 

occur in opposite sides of a borehole centered at the azimuth of minimum horizontal compression 

where elastic stress concentration is the greatest. 

2.9.2 Inclined Borehole Stress Analysis 

As shown in Figure 2.17, the formation is characterized by the existence of far-field in-situ 

stresses H, h and v.  The angles of the inclined borehole with deviation from vertical is γ and 

projected orientation with respect to x-axis is . The stresses near the borehole are most 

conveniently described in a coordinate system (x, y and z) where the y-axis is parallel to the 

borehole.  Furthermore, the z-axis is chosen to be horizontal, and the x-axis is parallel to the 

lowermost radial direction of the borehole. 

The principal and the maximum shear stress at any given location at the wall of an inclined 

borehole for an elastic, porous, isotropic and homogenous rock are given by Equations from 2.70 

to 2.75 (Tutuncu 2018): 𝜎𝑥𝑥 = (𝜎ℎ𝑐𝑜𝑠2𝜑 + 𝜎𝐻𝑠𝑖𝑛2𝜑)𝑐𝑜𝑠2𝛾 + 𝜎𝑣𝑠𝑖𝑛2𝛾 (2.70) 𝜎𝑦𝑦 = 𝜎ℎ𝑠𝑖𝑛2𝜑 + 𝜎𝐻𝑐𝑜𝑠2𝜑 (2.71) 𝜎𝑧𝑧 = (𝜎ℎ𝑐𝑜𝑠2𝜑 + 𝜎𝐻𝑠𝑖𝑛2𝜑)𝑠𝑖𝑛2𝛾 + 𝜎𝑣𝑐𝑜𝑠2𝛾 (2.72) 𝜏𝑥𝑦 = (𝜎𝐻 − 𝜎ℎ) sin𝜑 cos𝜑 cos 𝛾 (2.73) 
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𝜏𝑦𝑧 = (𝜎𝐻 − 𝜎ℎ) sin𝜑 cos𝜑 sin 𝛾 (2.74) 𝜏𝑧𝑥 = (𝜎𝐻𝑠𝑖𝑛2𝜑 − 𝜎ℎ𝑐𝑜𝑠2𝜑 − 𝜎𝑣) cos 𝛾 sin 𝛾  (2.75) 

For an arbitrary oriented borehole, effective principal stress at the borehole is given by 

Equations from 2.76 to 2.79 (Tutuncu 2018): 

𝜎𝜃𝑚𝑎𝑥 = 12 [𝜎𝑧𝑧 + 𝜎𝜃 +√(𝜎𝑧𝑧 − 𝜎𝜃)2 + 4𝜏𝜃𝑧2 ] (2.76) 

𝜎𝜃𝑚𝑖𝑛 = 12 [𝜎𝑧𝑧 + 𝜎𝜃 −√(𝜎𝑧𝑧 − 𝜎𝜃)2 + 4𝜏𝜃𝑧2 ] (2.77) 

𝜏𝜃𝑧 = 12 tan 2𝜔(𝜎𝑧𝑧 − 𝜎𝜃) (2.78) 𝜎𝑟 = ∆𝑃 (2.79) 

 

 

Figure 2.17 Geometry of an inclined borehole (Tutuncu 2018). 

 

Figure 2.18 shows the maximum effective principal stresses, θmax, and the minimum 

effective principal stresses, θmin, on a differential segment of the tangential plane of the borehole 

wall. Radial stress is the other principal stress, and it is always perpendicular to the borehole wall.  

The maximum effective tangential stress, θmax, deviates by an angle  from the borehole axis. 
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Figure 2.18 Principal stresses at the wall of an inclined borehole (Peska and Zoback 1995). 

 

2.10 Critically Stressed Natural Fractures 

In unconventional reservoirs is necessary to know if fractures of the shales are critically 

stressed, which are more likely to have greater hydraulic conductivity for flow of hydrocarbons to 

the well. Figure 2.19 presents the normalized Mohr-Coulomb diagram that allows determining if 

the fractures present in the well are critically stressed. Natural fractures of conventional reservoirs 

located between coefficient of friction, μ of 0.6 - 1.0 are critically stressed. Where  corresponds 

to the shear stress in the fracture, Sv is the vertical stress in the fracture, σn is normal stress in the 

fracture, Pp is the pore pressure.  

2.11 Methods for Calculating Total Organic Carbon (TOC) 

Very fine-grained, organic material (usually from plants) is often deposited concurrently 

with the silt, mud, and clay matter that will eventually form shales. Total Organic Carbon (TOC) 

is the weight-percent of organic carbon in the shale to convert into hydrocarbons (depending on 

kerogen type) and represents a qualitative measurement of the source rock potential. Reservoirs 

are involved in rich deposit of organic content in marshy and marine environments. TOC richness 

can range from poor at < 1wt%, to fair at 1 to 2 wt%, to good-to-excellent at 2 to 10 wt%, and 

more than 20 wt% is overmatured rock such coal. Several experimental analyses have been 

developed for thermal maturity and richness of source rocks such as Rock-Eval, mineral analysis, 

elemental analysis, gas chromatography, detailed descriptions of cores and thin sections. 
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Figure 2.19 3D-well normalized Mohr diagram. Most of natural fractures (blue spots) are 

critically stressed (left column), most natural fractures (green color) are not critically stressed 

(central column), stereonet with natural fracture orientation (right column) (Zoback 2007). 

 

Kerogen refers to all the solid organic material in sedimentary rocks, and it is generally 

insoluble in water or organic solvents due to their high molecular weights. Kerogen is primarily 

composed of carbon and hydrogen with lesser amounts of oxygen, sulfur and nitrogen. Kerogen 

may be formed under various circumstances from this organic matter, which can be broken down 

into lighter organic materials under heat and pressure. Bitumen refers to the insoluble portion. 

Bitumen is considered a lower oil window thermal maturity product, which is non-producible at 

typical reservoir temperatures. Bitumen can also occur in the form of pyrobitumen that is 

considered a high thermal dry gas window product (Ahmed and Meehan 2016).  

There are several methods to quantify organic content from electrical logs. The most 

common method is based on the comparison of the sonic log with respect to the resistivity log. 

This method is known as Passey Delta Log R Method, and it is used in this study for calculation 

of TOC in 1D models. Also, the method of Schmoker and Hesteer is applied for 3D model of TOC 

in this thesis. 
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2.11.1 Passey Delta Log R Method 

It is assumed that rocks rich in organic material have three components: the rock’s matrix, 

organic matter solids and fluids that fill the porous spaces.  When the source rock matures, a part 

of solid organic matter is transformed into liquid or gaseous hydrocarbon, which moves within the 

pore space, displacing the formation water. Resistivity log shows dramatic increases in the matured 

bedrock. Passey Delta Log R method allows the organic rich intervals to be identified and the 

TOC, wt%, is calculated with the Level of Thermal Maturity (LOM) of the kerogen. The LOM is 

calculated from Tmax or vitrinite reflectance, %Ro, measurements. 

  Although the Passey Delta Log R is the best-known method, density and neutron logs can 

also be included for the calculation of TOC, TOCd and TOCn as evidenced in Equations from 2.80 

to 2.85 (Passey et al. 1990). 𝑇𝑂𝐶𝑠 = 𝑆𝐹1𝑠 ∗ (𝑆𝑙𝑜𝑔𝑅 ∗ 10(0.297−0.1688∗𝐿𝑂𝑀)) + 𝑆𝑂1𝑠 (2.80) 𝑇𝑂𝐶𝑑 = 𝑆𝐹1𝑑 ∗ (∆𝑙𝑜𝑔𝑅 ∗ 10(0.297−0.1688∗𝐿𝑂𝑀)) + 𝑆𝑂1𝑑  (2.81) 𝑇𝑂𝐶𝑛 = 𝑆𝐹1𝑛 ∗ (𝑁𝑙𝑜𝑔𝑅 ∗ 10(0.297−0.1688∗𝐿𝑂𝑀)) + 𝑆𝑂1𝑛  (2.82) 𝑆𝑙𝑜𝑔𝑅 = log ( 𝑅𝐸𝑆𝐷𝑅𝐸𝑆𝐷𝑏𝑎𝑠𝑒) + 0.02 ∗ (𝐷𝑇𝐶 − 𝐷𝑇𝐶𝑏𝑎𝑠𝑒)  (2.83) ∆𝑙𝑜𝑔𝑅 = log ( 𝑅𝐸𝑆𝐷𝑅𝐸𝑆𝐷𝑏𝑎𝑠𝑒) − 2.5 ∗ (𝐷𝐸𝑁𝑆 − 𝐷𝐸𝑁𝑆𝑏𝑎𝑠𝑒)  (2.84) 𝑁𝑙𝑜𝑔𝑅 = log ( 𝑅𝐸𝑆𝐷𝑅𝐸𝑆𝐷𝑏𝑎𝑠𝑒) + 4.0 ∗ (𝑃𝐻𝐼𝑁 − 𝑃𝐻𝐼𝑁𝑏𝑎𝑠𝑒)  (2.85) 

where TOCs, TOCd and TOCn are the Total Organic Carbon using the sonic, density and neutron 

logs, respectively. LOM is the level of organic maturity, dimensionless, SF1s, SF1d, SF1n and 

SO1s, SO1d, SO1n correspond to safety factors and correlation factors to calibrate laboratory TOC 

values. RESD is the deep resistivity in the area to calculate the TOC, in ohm-m, RESDbase relates 

to base resistivity in a non-source rock, ohm-m, DTC is the compressional sonic log in the area to 

calculate the TOC, µs/ft, DTCbase is the sonic base in a non-source rock, µs/ft, DENS is the 

density log in the area to calculate the TOC, in g/cm3, DENSbase  is the density in a non-source 

rock, in g/cm3, PHIN is the neutron log measurement in the area to calculate the TOC, in fraction, 

PHINbase is the neutron base in a non-source rock, fraction, and SlogR, ∆logR, NlogR are 

Passey’s number from the sonic, density and neutron logs. 
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TOC in the Passey Method is calculated using ΔlogR and the sonic log as shown in Figure 

2.20. First a baseline is created where the curves of the deep resistivity log and the compressional 

acoustic slowness have crossed each other (scale of sonic log starts from left to right). The acoustic 

curve is shifted until the acoustic and resistivity curves overlay each other in an inorganic shale 

interval. From the values of the baseline, the TOC is calculated and calibrated with respect to the 

TOC measured in laboratory. These calibration processes may vary from simple linear regressions 

to more sophisticated multiple linear or non-linear regressions or neural networks. It is also 

important to note that the Passey Method is a qualitative method to estimate TOC from logs.  

Schmoker and Hester developed a relationship between formation density and TOC weight 

percent for shale gas reservoirs shown in Equation 2.86 (Halliburton 2015). This equation assumes 

a constant kerogen density, a constant ratio of organic content between kerogen and Total Organic 

Carbon, a constant inorganic matrix density, and the assumption that all decreases in measured 

formation density are due to increased amounts of organic carbon and not variations in total 

porosity. 

𝑇𝑂𝐶 = (154.497𝑟ℎ𝑜 ) − 57.261 (2.86) 

where TOC is the weight percent Total Organic Carbon, wt%, and rho is formation density, g/cm3. 

 

 

Figure 2.20 Passey method, ΔlogR and Sonic log (Passey et al. 1990). 
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2.11.2 TOC from Uranium Log Data 

Petrophysical properties are commonly used with high gamma ray values to identify rocks 

rich in organic material, zones that consist mostly of uranium. Empirical relationships between 

uranium and organic matter can be effectively used to identify and quantify the richness of organic 

matter. Equation 2.87 presents a linear regression of TOC vs. uranium (Halliburton 2015). 𝑇𝑂𝐶 = 𝐴 ∗ (𝑈𝑟𝑎𝑛𝑖𝑢𝑚) + 𝐵 (2.87) 

where TOC is the weight percent Total Organic Carbon, wt%, Uranium corresponds to the uranium 

content, A and B are parameters can be computed from a regression between the measurements of 

the spectral gamma ray values and TOC information from cores.  

2.12 Elastic Rock Properties from Seismic Inversion Data 

Pre-stack seismic inversion provides information of acoustic impedance and shear 

impedance. Information from pre-stack seismic inversion calibrated and validated with wireline 

logs, drill cuttings, core measurements can predict 3D models of Young’s modulus, Poisson’s 

ratio, Shear modulus, first Lamé parameter, Lamda-Rho and Mu-Rho, pore pressure, in-situ 

stresses and lithofacies. Also, it’s possible to have correlations between TOC with P-wave 

impedance and S-wave impedance. 

P-wave impedance (Zp) and S-wave impedance (Zs) are the product of P and S velocities 

by density (Equations 2.88 and 2.89). It is a fundamental property of the rock: 𝑍𝑝 = 𝑉𝑝𝜌 (2.88) 𝑍𝑠 = 𝑉𝑠𝜌 (2.89) 

where Vp is the compressional wave velocity, Vs is the shear wave velocity and ρ is the bulk 

density. The value of Vp responds mainly to the change in porosity and less to the change in pore 

fluids. Shear-wave velocity increases slightly with gas saturation. 

P-wave impedance plays a key role in Normal Incidence Reflectivity (Equation 2.90). At 

Normal Incidence, the reflection from interface between two layers, with Zp1, representing P-wave 

impedance of the top layer, and Zp2, the P-wave impedance of the bottom layer, is given by: 
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𝑅 = 𝑍𝑝2 − 𝑍𝑝1𝑍𝑝2 + 𝑍𝑝1 (2.90) 

where R, dimensionless, is the Reflectivity. The velocity and density measured from the seismic 

data reflects some average property of the rock, because the seismic waves in oil exploration are 

in order of meters. 

Poisson’s ratio can be calculated from P-wave impedance and S-wave impedance. This 

relationship is defined by Equation 2.91: 

𝜈 = 𝑍𝑝2 − 2𝑍𝑠22(𝑍𝑝2 − 𝑍𝑠2) (2.91) 

where Zp is P-wave impedance and Zs is S-wave impedance. Poisson’s ratio, which is a function 

of Vp/Vs, responds mainly to the change in fluids. 

First Lamé parameter (λ) (Equation 2.92) and Lambda-Rho (Equation 2.93) are defined in 

function of P-wave and S-wave impedance by:  

𝜆 = 𝑍𝑝2 − 2𝑍𝑠2𝜌  (2.92) 𝜆𝜌 = 𝑍𝑝2 − 2𝑍𝑠2 (2.93) 

where Zp is P-wave impedance Zs is S-wave impedance and ρ is density.  

The equations for second Lamé elastic parameter (or Shear modulus, µ), Mu-Rho (µρ) and 

Young’s modulus (E) are defined by Equations 2.94, 2.95 and 2.96, respectively: 

µ = 𝑍𝑠2𝜌  (2.94) µ𝜌 = 𝑍𝑠2 (2.95) 𝐸 = µ(3𝜆 + 2µ)𝜆 + µ  (2.96) 

where Zp is P-wave impedance and Zs is S-wave impedance, ρ is density, µ is the Shear modulus, 

and λ is the First Lamé parameter. Analysis of the elastic rock properties from pre-stack seismic 

inversion allows identifications of zones with higher values of Young’s modulus and low Poisson’s 

ratio, which are necessary for completions and fracture stimulation designs.   
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CHAPTER 3 

1D GEOMECHANICAL MODEL OF AN UNCONVENTIONAL SHALE RESERVOIR IN 

COLOMBIA 

 This chapter shows the methodology used to build the 1D geomechanical model of an 

unconventional shale reservoirs in Colombia, which includes calibrations of the anisotropic rock 

properties, in-situ stresses, pore pressure, collapse and fracture gradients of the formations in two 

vertical wells drilled in the field. The anisotropic rock properties of the 1D geomechanical model 

are calibrated with results of tri-axial tests completed by the operator. Furthermore, the in-situ 

stresses, pore pressure, collapse pressure and fracture gradients of the formations for the 1D 

geomechanical model are calibrated with drilling events, Diagnostic Fracture Injection Test 

(DFIT™), image and Caliper logs of the studied wells. 

The mineralogy of the shale plays are described using Ternary diagrams and zones of near-

borehole alterations like stress-induced, intrinsic anisotropy of the rocks are identified through the 

analysis of dispersion curves from Dipole Shear Sonic Imager (DSI). 1D geomechanical model 

results will be included in the 3D geomechanical model, Discrete Fracture Network (DFN) and 

hydraulic fracturing designs during the progress of this thesis. 

3.1 Information of Electrical Logs and Operational Events  

The analysis of the anisotropic formations for the studied wells includes the following 

electrical logs: gamma gay (GR), resistivity (RES), sonic (DTC, DTS, DT Stoneley), density 

(RHOB) and neutron porosity (NPHI) logs. The sonic logs with the Stoneley wave (DT Stoneley) 

are available from 7542 ft TVD to 13,500 ft TVD (the final depth of Well 1). Figures 3.1 and 3.2 

illustrate the stratigraphic column and the electrical logs available in Well 1 and Well 2 to build 

the 1D geomechanical model of the field. The prospected shale plays in this study are G and E 

formations. A summary of the drilling events (Track 2) and gas shows of Well 1 and Well 2 (Tracks 

4 to 11), where the presence of hydrocarbons is greater than 60% in Well 1 with gas content 

ranging from methane to N pentane are shown in Figures 3.3 and 3.4.  
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Figure 3.1 Available electrical logs at Well 1. Formation tops, ft (track 1), gamma ray, API units 

(track 2), Vshale, % (track 3), resistivity, ohm-m (track 4), compressional, shear and stoneley 

wave slowness, µs/ft (track 5), bulk density, gr/cm3 (track 6) and neutron porosity, fraction  

(track 7). 

 

 
Figure 3.2 Available electrical logs at Well 2. Formation tops, ft (track 1), gamma ray, API units 

(track 2), resistivity, ohm-m (track 3), compressional, shear and stoneley wave slowness, µs/ft 

(track 4), bulk density, gr/cm3 (track 5) and neutron porosity, fraction (track 6). 
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Figure 3.3 Drilling events and gas shows at Well 1. Formation tops, ft (track 1), drilling events 

(track 2), gamma ray, API units (track 3), total percentage of hydrocarbons (HYDC1- track 4), 

methane, ppm (track 5), ethane, ppm (track 6), propane, ppm (track 7), iso-butane, ppm (track 8), 

n-butane, ppm (track 9) and  iso-pentane, ppm (track 10). 

 

Figure 3.4 Drilling events and gas shows at Well 2. Formation tops, ft (track 1), drilling events 

(track 2), gamma ray, API units (track 3), total percentage of hydrocarbons (HYDC1- track 4), 

methane, ppm (track 5), ethane, ppm (track 6), propane, ppm (track 7), n-butane, ppm (track 8) 

and iso-pentane, ppm (track 9). 
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3.2 Calculation of Shale Volume 

Evaluation of different geomechanical properties are available in the literature, and it 

requires the volume of shale of the rock, which can be calculated from gamma ray log of the well. 

In this study, Equation 2.1 is used to calculate the shale volume of the rocks with GR log.  

The volume of shale for Well 1 and Well 2 calculated using Equation 2.1, indicating that 

Well 2 has higher shale volume than Well 1 that is shown in Figure 3.5. Rocks with low volume 

of shale are normally more fragile, providing better hydraulic fracture geometry for well 

production than in ductile rocks. 

 

Figure 3.5 Shale volume at Well 1 (left) and Well 2 (right). Formation tops, ft (track 1), gamma 

ray, API units (track 2) and shale volume, fraction (track 3). 
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Ternary diagram for G and E formations based on cores and drilling cuttings from Well 1 

is shown in Figure 3.6. The white area in the ternary diagram represents the maximum clay content 

(< 30%), before the rock becomes too ductile and the formation doesn’t allow large fracture 

propagation. In Well 1, G2 unit has higher clay content than G1 and G3 units. Also, G1 has a mix 

of quartz and carbonate contents. G1 has more quartz content in average than carbonate, but its 

mineralogical content varies along its depth. G3 has mostly quartz with low clay content.  Before 

selecting intervals for hydraulic fracturing based on mineralogy content, it is necessary to include 

the formation’s tectonic activity, stress regime and Total Organic Content (TOC) of the shales. E 

formation has mixed mineralogical content of quartz, carbonates, illite and kaolinite clays. 

 

 

Figure 3.6 Ternary diagrams for G and E formations in Well 1. G1, G2 and G3 units of G 

formation (left) , E formation (right) and the red shaded area represents clay content > 30%.  

 

Figure 3.7 presents the ternary diagrams for G and E formations based on sidewall cores 

and drilling cuttings from Well 2. Overall, most of G formation samples have high quartz with low 

clay content. G1 and G2 units of Well 2 have mostly quartz and a lower degree carbonate content. 

The potential pay zones of G formation at Well 2 clearly show mostly quartz, unlike Well 1 which 

has an evenly distribution of quartz and carbonate content. G2 unit of Well 2 shows some samples 

with high clay content, but in less proportion than Well 1. G2 unit may be included as a prospective 

interval in Well 2, from a mineralogical standpoint. Even though E formation in Well 2 has more 
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samples than in Well 1, E formation appears to have high clay content in both wells. The high clay 

content (> 30%) of E formation could impact the fracture geometry during fracture treatments of 

the wells. Finally, there is a similarity in the volume of shale derived from electrical logs and clay 

content given in the ternary diagrams of Well 1 and Well 2.  

 

 

Figure 3.7 Ternary diagrams for G and E formations in Well 2. G1, G2 and G3 units of G 

formation (left), E formation (right) and the red shaded area represents clay content > 30%.  

 

3.3 Anisotropic Elastic Mechanical Rock Properties 

Shales are analyzed in this study using a Vertical Transversely Isotropic (VTI) model 

where the properties of the rock are the same in two directions (horizontal plane x / y), but different 

in the third direction (vertical axis or z). The stiffness constants of the stress tensor for Well 1 and 

Well 2 are calculated based on the definitions presented in Table 2.3, Chapter 2. The results of 

stiffness constants of the stress tensor in millions of psi (Mpsi) after calibration with ultrasonic 

velocity measurements on core samples of Well 1 and Well 2 are shown in Figures 3.8 and 3.9. 

There are some differences of the stiffness constants values of the rocks between the two wells at 

E and G formations.  
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Figure 3.8 Stiffness constants of the stress tensor at Well 1. Formation tops, ft (track 1), 

calibrated stiffness constants, Mpsi (from track 2 to 7) and all stiffness constants, Mpsi (track 8). 

 

Figure 3.9 Stiffness constants of the stress tensor at Well 2. Formation tops, ft (track 1), 

calibrated stiffness constants, Mpsi (from track 2 to 7) and all stiffness constants, Mpsi (track 8). 
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The equations to calculate the vertical and horizontal anisotropic Young’s moduli in psi, 

vertical Poisson’s ratio and horizontal Poisson’s ratio with the elastic stiffness tensor in a VTI 

model are shown in Table 3.1 (Mokhtari et al. 2014). Thomsen (1986) introduced three anisotropy 

coefficients ε, γ, and δ as the measure of P-wave, S-wave anisotropy, and energy dissipated, 

respectively, to understand the magnitude of anisotropy in shale intervals. 

 

Table 3.1 Mechanical rock properties and Thomsen parameters (Mokhtari et al. 2014) 

Mechanical Property/ Thomsen 

Coefficients 

Value 

Ev C33 − 2 C132C11 + C12 

Eh (C11 − C12)(C11C33 − 2C132 + C12C33)C11C33 − C132  𝜈𝑣 C13  C11 + C12    𝜈ℎ  C12C33 − C132  C11C33 − C132    
Thomsen coefficient ( 𝜀) C11− C332C33  

Thomsen coefficient (𝛾) C66− C442C44  

Thomsen coefficient (𝛿) (C13+ C44)2 − (C33− C44)22C33(C33− C44)  

 

where C13 is the component of the transversely isotropic system, psi, C11 is the component of 

compressional wave with horizontal propagation, psi, C33 is the vertically polarized 

compressional, psi, C66 is the horizontally polarized shear wave, psi, and C44 is the vertically 

polarized shear wave, psi, and C12= C13. 

The dynamic elastic mechanical properties calibrated with ultrasonic velocity 

measurements on core samples, vertical and horizontal Young’s modulus (Ev and Eh), vertical and 

horizontal Poisson’s ratio (νv and νh) and calculated Thomsen coefficients (ε and γ) of the rocks, 

are shown in Figures 3.10 and 3.11. 
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Figure 3.10 Dynamic mechanical properties with rock anisotropy at Well 1. Formation tops, ft 

(track 1), vertical Young’s modulus with lab tests, psi (track 2), horizontal Young’s modulus 
with lab tests, Mpsi (track 3), vertical Poisson’s ratio with lab tests (track 4), horizontal Poisson’s 

ratio with lab tests, dimensionless (track 5) and Thomsen parameters, dimensionless (track 6). 

 

Figure 3.11 Dynamic mechanical properties with rock anisotropy at Well 2. Formation tops, ft 

(track 1), vertical Young’s modulus with lab tests, psi (track 2), horizontal Young’s modulus, 
Mpsi (track 3), vertical Poisson’s ratio with lab tests (track 4), horizontal Poisson’s ratio,     

(track 5) and Thomsen parameters, dimensionless (track 6). 
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Dipole Shear Sonic Imager (DSI) log of Well 2 identifies zones of near-borehole alterations 

like stress-induced and intrinsic anisotropy of the rocks. Acoustic dispersion refers to the 

phenomenon that waveform slowness changes with frequency. Low frequency of the shear wave 

with its long wavelength has a deep depth of investigation while high-frequency of shear wave has 

a short wavelength and responds to the near wellbore region (Murray et al. 2004).  The shear wave 

can split into a fast and a slow shear wave depending on the rock isotropy generating four common 

dispersion curves scenarios (Figure 1.23). The fast shear waves travel through stiffer sections of 

the formation and the slow shear waves travel through softer rocks perpendicular to the fast shear 

waves. 

Shear wave dispersion plot for G3 unit of G formation in Well 2, where the fast shear wave 

(red circles) and the slow shear wave (blue circles) present a crossover signature characteristic of 

stress-induced anisotropy is illustrated in Figure 3.12. At this depth (9900 ft) of Well 2, the 

dispersion plot shows that the waveforms behave differently in the wellbore than away in the far-

field region, indicating different tangential stresses around the borehole.  

 

 

Figure 3.12 Shear wave dispersion plot showing stress-induced anisotropy behavior in G3 unit at 

9900 ft in Well 2.  
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The effects of isotropy in G2 unit of G formation at x-y plane where the fast and shear 

waves overlay close to the wellbore is displayed in Figures 3.13. The curves do not indicate high 

formation alteration, as the curves maintain the same slowness and do not get steeper with wave 

frequency. 

 

 

Figure 3.13 Shear wave dispersion plot showing isotropic behavior in G2 unit at 10,174 ft in 

Well 2.  

 

Stress-induced anisotropy in F and E formations are shown in Figures 3.14 and 3.15. The 

fast and slow shear waves have a crossover phenomenon close to the wellbore. Thomsen 

parameters calculated at Well 2 and provided in Figure 3.9 also indicate high horizontal stress 

differences in formation F and in a minor degree in formation E. 

The UCS for sandstone and shale are calculated using Equations 3.1 and 3.2 (Halliburton 

2015): UCS𝑠𝑎𝑛𝑑𝑠𝑡𝑜𝑛𝑒 = 1.4130 ∗ 107 ∗ 𝐷𝑇𝐶−3  (3.1) UCSshale = 0.77Vp2.93 (3.2) 

where UCSsandstone is the unconfined compressive strength for sandstone, psi, UCSshale is the 

unconfined compressive strength for shale, psi, DTC is the transit time of the compressional wave 

in sandstones, µ/ft, Vp is the compressional sonic wave velocity in shale, km/s. 
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Figure 3.14 Shear wave dispersion plot shows a stress-induced anisotropy behavior in F 

formation at Well 2.  

 

 

Figure 3.15 Shear wave dispersion plot shows stress-induced anisotropy behavior in E formation 

at 12,470 ft in Well 2.  

 

 The tensile and cohesion strength of the rock for shale and sandstone are calculated using 

Equations 3.3 and 3.4 (Halliburton 2015): 

𝑇𝑠 = UCS10  (3.3) 
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𝑆𝑜 = UCS(1 − 𝑠𝑖𝑛φ𝑓)2 𝑐𝑜𝑠 φ𝑓  (3.4) 

Here Ts is the tensile strength of the rock, psi, UCS is the unconfined compressive strength of the 

rock, psi, So is the cohesion strength of the rock, psi, φf is the friction angle of the rock, radians. 

The friction angle of the rock is calculated using Equation 3.5 (Halliburton 2015): 

∅𝑓 = (𝑉𝑝 − 1)(𝑉𝑝 + 1) (3.5) 

where φf is the friction angle of the rock, degrees, Vp is the compressional sonic wave velocity, 

km/s. 

1D geomechanical model at Well 1 and Well 2 includes static elastic mechanical properties 

based on dynamic elastic properties, volume of shale, type of rock and calibrated with tri-axial test 

results as shown in Figures 3.16 and 3.17. Tri-axial tests were run in core samples of Well 1 and 

sidewall cores of Well 2 by the operator.  

 

Figure 3.16 Static elastic mechanical properties of the rocks at Well 1. Formation tops, ft (track 

1), vertical Young’s modulus, Mpsi (track 2), cohesion strength, psi (track 3), friction angle, 

degrees (track 4), vertical UCS, psi (track 5) and vertical tensile strength, psi (track 6). 



84 

 

Figure 3.17 Static elastic mechanical properties of the rocks at Well 2. Formation tops, ft (track 

1), vertical Young’s modulus, Mpsi (track 2), cohesion strength, psi (track 3), friction angle, 

degrees (track 4), vertical UCS, psi (track 5) and vertical tensile strength, psi (track 6). 

 

3.4 Calculation of Pore Pressure  

 The pore pressure is calculated with Equation 2.21 with information of the compressional 

sonic log (DTC), the overburden gradient, the rock compaction trend lines and shale volume at 

Well 1 and Well 2. The Eaton method considers the subcompaction theory in shale or clay zones 

to calculate the pore pressure. 

The pore pressure calculation with Eaton method (Equation 2.21) at Well 1 and Well 2 are 

resented in Figures 3.18 and 3.19. In this case, the Eaton method uses the compressional sonic log, 

an exponent of 0.9 instead of 3. There is more than 1 trend line due to an unconformity at the top 

of G formation and geological faults below G formation in the wells.  
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Figure 3.18 Pore pressure at Well 1 with Eaton’s method. Formation tops (track 1), gamma ray, 

API units (track 2), shale volume, fraction (track 3), compressional slowness, µs/ft, and normal 

compaction trend lines (track 4), pore pressure gradient (red curve), drilling fluid density (black 

curve) and overburden gradient (pink curve), ppg (track 5).  

 

Figure 3.19 Pore pressure at Well 2 with Eaton’s method. Formation tops (track 1), gamma ray, 

API units (track 2), shale volume, fraction (track 3), compressional slowness, µs/ft, and normal 

compaction trend lines (track 4), pore pressure gradient (red curve), drilling fluid density (black 

curve) and overburden gradient (pink curve), ppg (track 5). 
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3.5 Magnitude and Direction of the Minimum and Maximum Horizontal Stresses 

3.5.1 Minimum and Maximum Horizontal Stress Magnitudes in the Field 

Equations 2.26 and 2.27 are used in this analysis to calculate the magnitude of the minimum 

and maximum horizontal stresses in a Vertical Transversely Isotropic (VTI) model. Equation 3.6 

(Barton et al. 1998) in combination with Equations 2.26 and 2.27 are applied to estimate the 

minimum and maximum deformations in the horizontal plane: εh and εH.  

σH = [(UCS + (𝑃𝑚 − 𝛼Pp) tan2 (452 + 𝑓2 ) + 𝑃𝑚 + αPp) − 𝜎ℎ(1 − 2 cos 2𝜃𝑏)](1 + 2 cos 2𝜃𝑏)  
(3.6) 

 

where σH is the maximum horizontal stress magnitude, psi, σh is the minimum horizontal stress 

magnitude, psi, UCS is the unconfined compressive strength of the rock, psi, Pm is the hydrostatic 

pressure, psi, α is the Biot coefficient, dimensionless, Pp is the pore pressure, psi, φf is the friction 

angle of the rock, degrees, θb is the half of borehole breakout size, degrees. 

The minimum and maximum horizontal stress gradients (Shmin and SHmax) calculated 

for Well 1 and Well 2 shown in Figures 3.20 and 3.21 are obtained using Equations 2.27, 2.28 and 

3.6. This study includes a Biot coefficient equal to 0.95, the poroelastic constant equal to 0, and 

the calculated deformations in the horizontal plane εh and εH are 0.001 and 0.00146, respectively.  

Shmin is calibrated with LOT at 1810 ft and 7593.7 ft TVD and a DFIT at 11,437 ft TVD.  

This DFIT showed a breakdown pressure gradient of 1.14 psi/ft and fracture closure pressure 

gradient of 1.05 psi/ft. This analysis shows that Well 1 and Well 2 have a normal stress regime   

(σh < σH < σv) in the overburden and variations from strike-slip (σh < σv < σH) to reverse stress 

regimes (σv < σh < σH) in the shale plays (E and G formations). 
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Figure 3.20 Minimum and maximum horizontal stress magnitudes at Well 1. Formation tops, ft 

(track 1), compressional slowness, µs/ft (track 2), uni-axial tests and calculated vertical UCS, psi 

(track 3), pore pressure (red curve), minimum horizontal stress gradient (black curve) and 

maximum horizontal stress gradient (green curve), ppg (track 4). 

 

Figure 3.21 Minimum and maximum horizontal stress magnitudes at Well 2. Formation tops, ft 

(track 1), compressional slowness, µs/ft (track 2), calculated vertical UCS, psi (track 3), pore 

pressure (red curve), minimum horizontal stress gradient (black curve) and maximum horizontal 

stress gradient (green curve), ppg (track 4). 
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3.5.2 Minimum and Maximum Horizontal Stress Directions in the Field 

Figure 3.22 shows stereograms of borehole breakouts and drilling induced tensile fractures 

from resistivity-based image logs (FMI) of Well 1 and Well 2, indicating Shmin azimuth of 25° 

(NE-SW direction) and SHmax azimuth of 115° (NW-SE direction).  

 

 

Figure 3.22 In-situ stress orientations in the field based on borehole breakouts and drilling 

induced tensile fractures. 

 

3.6 Calculation of the Shear Failure Curve 

 Equation 3.7 (Barton et al. 1998) is an arrangement of Equation 3.6 which allows to 

calculate the hydrostatic pressure of the drilling fluid at a specific depth, Pm, to avoid borehole 

instability in vertical wells based on the Mohr-Coulomb failure criterion.  

𝑃𝑚 = 3𝜎𝐻 − 𝜎ℎ − 𝑈𝐶𝑆 + 𝛼PP (𝑡𝑎𝑛2 (45° + 𝑓2 ) − 1)(1 + 𝑡𝑎𝑛2 (45° + 𝑓2 ))  (3.7) 

where Pm is the hydrostatic mud pressure, psi, σH is the maximum horizontal stress magnitude, psi, 

σh is the minimum horizontal stress magnitude, psi, UCS is the unconfined compressive strength 

of the rock, psi, α is the Biot coefficient, dimensionless, Pp is the pore pressure, psi, φf is the friction 

angle of the rock, degrees. 

The shear failure curve with Modified Lade, Drucker-Prager and Mohr-Coulomb criteria 

to calculate the mud density required to avoid borehole instability at Well 1 and Well 2 is shown 
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in Figures 3.23 and 3.24. Modified Lade, Drucker-Prager and Mohr-Coulomb criteria make use of 

Equation 2.38, 2.44 and 3.7, in that order, for borehole breakout size of 90°.  The best adjustment 

of the shear failure curve is Mohr-Coulomb criterion, consistent with information from Caliper 

logs, drilling events and mud densities in Well 1 and Well 2. 

Modified Lade and Drucker-Prager criteria includes the three main stresses, different from 

Mohr-Coulomb criterion, which considers only the magnitude of the maximum and minimum 

stresses applied to the rocks. Generally, Modified Lade criterion predicts rock stability with lower 

drilling fluid density than that suggested by Mohr-Coulomb criterion for a borehole breakout size 

of 0°. 

 

Figure 3.23 Shear failure gradient curve (SFG) with Modified Lade (track 2), Drucker-Prager 

(track 3) Mohr-Coulomb (track 4) failure criteria at Well 1. Formation tops, ft (track 1), shear 

failure curve with Modified Lade (dark blue curve in track 2), Drucker-Prager (purple curve in 

track 3), Mohr-Coulomb (brown curve in track 4) failure criteria and Caliper log (track 5). 
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Figure 3.24 Shear failure gradient curve (SFG) with Modified Lade (track 2), Drucker-Prager 

(track 3) Mohr-Coulomb (track 4) failure criteria at Well 2. Formation tops, ft (track 1), shear 

failure curve with Modified Lade (dark blue curve in track 2), Drucker-Prager (purple curve in 

track 3), Mohr-Coulomb (brown curve in track 4) failure criteria and Caliper log (track 5). 

 

1D geomechanical model of the wells include anisotropic elastic properties of the rocks in 

the analysis. The geomechanical model shows a strike-slip (σh <σv<σH) and inverse stress               

(σv <σh<σH) regimes in the shale intervals (E and G formations). The failure criteria suggest 

increasing the density of the fluid between 15 ppg to 16.5 ppg to improve wellbore stability when 

drilling E formation. This makes it possible to run image logs or any electrical log in this section. 

3.7 Fracture Gradient Determination 

Daines’ and Matthew and Kelly methods are used in this study to calculate fracture gradient 

of the wells. Daines’ method is used for rocks with shale volume lower than 36% and Matthews 

and Kelly method for rocks with shale volume equal to or greater than 36%. 
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Fracture gradient at Well 1 and Well 2 using Equation 2.30 (Daines’ method) and Equation 

2.31 (Matthews and Kelly method) are shown in Figures 3.25 and 3.26. The fracture gradient 

calculation includes pore pressure, Poisson’s ratio and overburden gradient. Also, LOT of the two 

wells and breakdown calculation from the DFIT at 11,437 ft of Well 1 are used to calibrate the 

fracture gradient curves. The analysis results indicate that Well 2 has higher fracture gradient than 

Well 1, and it could be related to higher in-situ stress magnitudes and volume of shale in Well 2 

than in Well 1. Daines’ and Matthews and Kelly methods are common in drilling for calculating 

the fracture gradient. Nevertheless, this geological structure has opened natural fractures and the 

magnitude of Shmin is recommended as the upper limit of mud window. Shmin is the pressure 

required to reopen natural fractures leading to mud losses into the formation. 

 

Figure 3.25 Fracture pressure gradient (FG) at Well 1 (blue color curve in Track 3) with Daines’ 
method for sandstones and Matthews and Kelly method for shales. Drilling events and formation 

tops (track 1), shale volume (track 2), pore pressure (red curve), shear failure gradient with 

Mohr-Coulomb failure criterion (purple curve), minimum horizontal stress gradient (black 

curve), closure fracture pressure gradient from DFIT at 11,437 ft (orange square), calculated 

fracture gradient (blue curve) and breakdown pressure gradient from DFIT at 11,437 ft (red 

square), (track 3) and Caliper log and bit sizes (track 4). 
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Figure 3.26 Fracture pressure gradient (FG) at Well 2 (blue color curve in Track 3) with Daines’ 
method for sandstones and Matthews and Kelly method for shales. Drilling events and formation 

tops (track 1), shale volume (track 2), pore pressure (red curve), shear failure gradient with 

Mohr-Coulomb failure criterion (purple curve), minimum horizontal stress gradient (black 

curve), calculated fracture gradient (blue curve in track 3) and Caliper log and bit sizes (track 4).  
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CHAPTER 4 

RECOMMENDED DRILLING TRAJECTORIES AND ANALYSIS OF NATURAL 

FRACTURES IN UNCONVENTIONAL RESERVOIRS 

The recommended drilling trajectories in the studied shale plays evaluating borehole 

stability analysis and hydraulic fracturing jobs for future horizontal wells are presented in this 

chapter. The shale plays in this field are in zones with strike-slip and reverse stress regimes. 

Additionally, analysis of critically-stressed natural fractures of two vertical wells are carried out 

with information of in-situ stresses in the field, dip and dip directions of the natural fractures to 

identify potential conductive natural fractures in the shales plays. The present analysis makes use 

of commercial borehole stability software package as well as a software package of Ecopetrol.  

4.1 Optimal Drilling Trajectories According to the Geomechanical Model  

The knowledge of the stress regime and in-situ stress directions of the field is used to define 

optimal drilling trajectories of planned horizontal wells in the field. The classification of faults 

according to Anderson: Normal, Strike-Slip and Reverse faults is shown in Figure 4.1. The stress 

regimens depend on the required in-situ stress magnitudes to create different types of faults.  

Drilling trajectories are related to stress anisotropy in the wellbore and anisotropic 

mechanical properties of the rocks. In wells with normal stress regime, or also called extensional 

stress regime, vertical wells or wells drilled in the direction of the minimum horizontal stress are 

generally more stable than wells drilled in the direction of the maximum horizontal stress. 

Wells drilled in zones with a strike-slip or reverse stress regime are mechanically more 

stable when drilled in the direction of maximum horizontal stress. However, it is necessary to 

evaluate the magnitude of the in-situ stresses and mechanical properties of the rocks to determine 

with greater certainty optimal drilling trajectories, required mud density for drilling and fracture 

initiation (breakdown). Osmotic potential between the shale and the mud is not studied in this 

thesis, but inhibited drill-in fluids or oil-based drilling fluids with low HPHT fluid loss and low 

osmotic potential are suggested for future horizontal wells in the field.  
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Figure 4.1 Classification of faults according to Anderson (Tutuncu 2018). 

 

Stereograms are used to represent wellbore stability in any orientation of the wells, such as 

those shown in Figures 4.2, where each point denotes a well with an inclination and azimuth. A 

vertical well is represented by a point in the center of the stereogram and the horizontal wells 

correspond to a point in the periphery of the stereogram at an azimuth. The deviated wells are 

represented by a point in the respective azimuth and inclination of the well. The inclination of the 

well is represented in the stereogram by concentric circles with increments of inclination of the 

well in 30 degrees. The scale of colors in the stereogram (left), indicates the densities of the drilling 

fluid to have mechanical stability of the rock, and the stereogram (right) indicates initiation of 

fracture (breakdown) at a certain depth of the well. The color scale attached to the stereogram 

indicates the equivalence of the mud density required in ppg, where the red colors indicate a higher 

fluid density than the blue colors. 

The effects of wellbore trajectory and stress state on mechanical wellbore stability at G and 

E formations of Well 1 and Well 2 using Mohr-Coulomb failure criterion for shear failure gradient 

are shown in Figures 4.2 (left), 4.3 (left), 4.4 (left) and 4.5 (left). These stereograms show the 

drilling fluid densities to have a mechanical stability for a vertical, deviated or horizontal well with 

a borehole breakout size of 90° drilled in any trajectory at G and E formations. The mud density 

for fracture initiation (breakdown) at G and E formations for a vertical, deviated or horizontal well 

are also presented in these figures.  
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In this study case, wells drilled in the direction of SHmax, in NW-SE direction are 

relatively more stable than wells drilled in the NE-SW direction. It is well known that drilling 

formations up dip are more stable than drilling formations down or cross dip. Also, horizontal 

wells for shale plays should be drilled in the Shmin direction to create transverse hydraulic 

fractures for maximum amount of well production. Otherwise, wells drilled in the maximum 

horizontal stress direction can create non-optimal longitudinal hydraulic fractures for well 

production.  

 

 

Figure 4.2 Stereograms of borehole stability with breakout size of 90° (left) and tensile fracture 

initiation (right) as a function of mud density in G formation at 8500 ft (TVD) of Well 1.  

 

 

Figure 4.3 Stereograms of borehole stability with breakout size of 90° (left) and tensile fracture 

initiation (right) as a function of mud density in E formation at 11,720 ft (TVD) of Well 1. 
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Figure 4.4 Stereograms of borehole stability with breakout size of 90° (left) and tensile fracture 

initiation (right) as a function of mud density in G formation at 9400 ft (TVD) of Well 2. 

 

 

Figure 4.5 Stereograms of borehole stability with breakout size of 90° (left) and tensile fracture 

initiation (right) as a function of mud density in E formation at 13,060 ft (TVD) of Well 2. 

 

4.2 Critically-Stressed Natural Fractures in Shale Intervals  

Not all open natural fractures in the target formations are conductive, and natural fractures 

that are critically stressed are more likely to permit fluid flow during well production. The presence 

of open fractures in the well does not guarantee that they are all conductive within the reservoir 

distant of the borehole. This concept is also applied to identify conductive or sealing geological 

faults and the risk of fault reactivation for fluid injection. 
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Majority of the open and resistive natural fractures in G formation of Well 1 and Well 2 

are dipping to the north and south of the geological structure is shown in Figure 4.6. Moreover, 

Well 1 has more open natural fractures than Well 2. 

 

 

Figure 4.6 Stereograms of dip and dip direction of natural fractures at Well 1 and Well 2. 

 

3D Mohr-Coulomb shear diagrams versus effective normal stress with a friction coefficient 

of 0.16 to calculate if the natural fractures are critically-stressed (conductive fractures) in shale 

intervals or not are shown in Figures 4.7, 4.8 and 4.9. Normal shear stress and effective stress at 

the natural fracture planes are calculated with the data of main in-situ stresses in the wells and the 

orientation of the planes of the natural fractures with respect to the axes of the main in-situ stresses. 

Additional tri-axial tests are required to determine the exact value of the friction coefficient of the 

shale intervals in this field.   

 The natural fractures in G formation that are critically-stressed when the fracture 

representation is located above the Mohr-Coulomb fault line as shown in Figure 4.7. In Figure 4.7, 

the slope of the fault line is 0.16 (purple color), and it represents the friction coefficient of the 

shales with zero cohesion. G formation in Well 1 shows a great number of natural fractures that 

are critically-stressed (above Mohr-Coulomb fault line) with a friction coefficient of 0.16 (red 

points and red tadpoles).  
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Figure 4.7 Evaluation of critically-stressed natural fractures in G formation of Well 1. The last 

track illustrates open fractures (blue tadpoles), closed fractures (black tadpoles) and critically-

stressed natural fractures (red tadpoles). The depth of natural fractures is shown on the ordinate 

and dip on the abscissa of the last track. 

 

Figures 4.8 and 4.9 display that none of natural fractures in Well 2 are critically-stressed, 

because they are below the Mohr-Coulomb fault line. This means that the ratio of shear stress to 

normal stress in these fractures is insufficient to promote fracture sliding and fluid flow through 

the natural fractures. It can be observed that none of the open natural fractures in G and E 

formations of Well 2 are critically-stressed. G formation in Well 1 shows critically-stress natural 

fractures with a friction coefficient of 0.16, meanwhile, G and E formations in the Well 2 do not 

show this stage, and therefore, the fractures have been interpreted to be not conductive.  
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Figure 4.8 Evaluation of critically-stressed natural fractures in G formation of Well 2. The last 

track displays open fractures (blue tadpoles), closed fractures (black tadpoles), but there are not 

critically-stressed natural fractures (red tadpoles). The depth of natural fractures is shown on the 

ordinate and dip on the abscissa of the last track. 

 

 

Figure 4.9 Evaluation of critically-stressed natural fractures in E formation of Well 2. The last 

track shows open fractures (blue tadpoles), closed fractures (black tadpoles), but there are not 

critically-stressed natural fractures (red tadpoles). The depth of natural fractures is shown on the 

ordinate and dip on the abscissa of the last track.  
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CHAPTER 5 

 INTEGRATION OF GEOMECHANICS AND GEOCHEMISTRY FOR SELECTION OF 

HYDRAULIC FRACTURING IN SHALE INTERVALS 

 Van Krevelen and Tmax vs. HI diagrams are covered in this chapter to evaluate the 

kerogen type based on Rock-Eval pyrolysis results completed in core and cuttings samples of two 

drilled wells in the field. Moreover, TOC, wt%, is calculated with Passey method and the results 

are related with high-definition spectroscopy log and Rock-Eval results. Additionally, the 

integration of 1D geomechanical model and geochemical analysis of the shale plays to select 

intervals for hydraulic fracturing in two vertical wells are also included in Chapter 5. 

   The selection of intervals for hydraulic fracturing in unconventional reservoirs for this 

study includes TOC, Young’s modulus, Poisson’s ratio, volume of shale, in-situ stress regimes of 

the field and the analysis of critically-stressed natural fractures. Rock-Eval pyrolysis tests in cores 

and drilling cuttings were completed by the operator.  

5.1 Kerogen Type and TOC of Shale Plays 

During the sediment deposition process, organic matter under pressure and temperature 

conditions deposited in shale gradually maturize and becomes kerogen and bitumen. TOC values 

of the shale plays do not indicate the quality of the organic matter and requires all values found in 

the Rock-Eval  pyrolysis analyzer, which expose the shale formation of interest between    100 °C 

and 850 °C in an inert helium atmosphere or nitrogen. Equations 1.1, 1.2, 1.3 and 1.4 are applied 

to calculate TOC, Hydrogen Index (HI), Oxygen Index (OI) and Production Index (PI) of the shale 

plays in this field. 

Temperatures of the pyrolysis process are recorded and the maximum temperature (Tmax) 

is determined, where the cracking of the kerogen and the heavy hydrogens produce the peak S2. 

Tmax should not be confused with the present-day geological temperatures of the rocks, because 

the formations could have been lifted due to geological faults or folds. Rock-Eval pyrolysis results 

for Well 1 and Well 2 are shown in Figures 5.1 and 5.2, indicating that E and G formations are 
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potential shale plays, based on S1 and S2 values, higher than 1.0 and 5 mg of hydrocarbons per 

gram of dry rock. 

 

Figure 5.1 Rock-Eval pyrolysis results (S1, S2 and S3 in milligrams per gram of rock) at Well 1 

and calculation of HI, OI and PI.  Tests were done with core samples for G formation and drill 

cuttings for E formation. 

 

Figure 5.2 Rock-Eval pyrolysis results (S1, S2 and S3 in milligrams per gram of rock) at Well 2 

and calculation of HI, OI and PI.  Rock-Eval pyrolysis were completed with drill cuttings. 
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Van Krevelen diagram determines the kerogen type, where the Hydrogen Index versus 

Oxygen Index is plotted for classification of kerogen types. As mentioned in Chapter 1, S1 

indicates the milligrams of free hydrocarbons already present in the sample distilled by the effects 

of temperature from one gram of generating rock. S2 is a measure of the milligrams of residual 

hydrocarbons generated through thermal cracking of nonvolatile organic matter (kerogen) when 

the sample temperature is increased to 550 °C in an inert environment. S2 and the TOC data are 

used to calculate the Hydrogen Index (HI) using Equation 1.1. Hydrogen index indicates un-

oxidized hydrogen in the system. S3 quantifies the CO2 that is released from thermal cracking of 

the kerogen, expressed in milligrams per gram of rock, and it is used with TOC data to calculate 

the Oxygen Index (OI) using Equation 1.2. Oxygen index is indicator of gas richness, the values 

of G and E formations have OI values less than 50 mg/g, indicating mature hydrocarbons. Tmax 

is the temperature at which cracking of kerogen releases the maximum volume of hydrocarbons, 

and it augments with increasing thermal maturity.  

Van Krevelen and Tmax vs. HI diagrams for G and E formations of Wells 1 and 2 with 

Rock-Eval pyrolysis results are presented in Figures 5.3, 5.4, 5.5 and 5.6. Type I kerogen is oil-

prone and Type II kerogen originates oil and gas, while the Type III kerogen produces mainly 

gaseous hydrocarbons.  

Van Krevelen diagrams in Figures 5.3 and 5.5 mainly show kerogen Type I and II for G1, 

G2 and G3 units of G formation. Furthermore, Tmax vs HI diagrams indicate mostly kerogen Type 

I, II and a couple of points of kerogen Type II-III for G1, G2, G3 units. Based on the previous 

evaluation, G formation has kerogen Type I and II, and it is mostly a shale oil play. 

 Moreover, van Krevelen diagram in Figures 5.4 and 5.6 indicates mainly kerogen Type II 

and III for E Formation. In the Tmax vs. HI diagram, there is principally kerogen Type II-III and 

kerogen Type III for E formation. The Tmax vs. HI diagram solves the uncertainty on kerogen 

type in E formation. In conclusion, E formation has kerogen Type II-III, which is dry gas prone. 

 



103 

 

 
Figure 5.3 Kerogen type of G formation (G1, G2 and G3 units) at Well 1 based on van Krevelen 

and Tmax vs. HI diagrams. 

 

 

Figure 5.4 Kerogen type of E formation at Well 1 based on van Krevelen and Tmax vs. HI 

diagrams. 
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Figure 5.5 Kerogen type of G formation (G1, G2 and G3 units) at Well 2 based on van Krevelen 

and Tmax vs. HI diagrams. 

 

Figure 5.6 Kerogen type of E formation at Well 2 based on van Krevelen and Tmax vs. HI 

diagrams. 

 

   The percentage of vitrinite reflectance is used to define thermal maturity of the shale 

plays. Vitrinite reflectance, %Ro, measures the intensity of the reflected light from polished 

vitrinite particles (a maceral group formed by lignified leaves, stems and roots of plants) in shale 

under a reflecting microscope. Vitrinite reflectance less than 0.60 means that the shale is immature 

to produce hydrocarbons, the oil window occurs when %Ro is between 0.60 - 1.00, condensate/wet 

gas window when %Ro ranges from 1.00 - 1.40 and dry gas window when %Ro is greater than 

1.4. Producible gas in shales may be found when %Ro is greater than 1.0% (Tutuncu 2018). 
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Equation 5.1 relates Tmax (temperature at which cracking of kerogen releases the 

maximum release of hydrocarbons) with vitrinite reflectance, %Ro (Wust et al. 2013): %Ro = 0.018𝑇max − 7.16 (5.1) 

Percentage of vitrinite reflectance, %Ro, based on Equation 5.1 at G and E formations is 

presented in Table 5.1. This analysis confirm that G formation is in the oil window, since %Ro is 

between 0.64 - 0.76. Furthermore, E formation is in the condensate/wet gas window, because %Ro 

data is 1.12. 

 

Table 5.1 Vitrinite reflectance in shale plays of G and E formations 

Formations Tmax, pick S2 (°C) Percentage of vitrinite  

    reflectance, %Ro 

G 3 unit 433 0.64 

G 2 unit 438 0.73 

G 1 unit 440 0.76 

E 460 1.12 

 

The Level of Thermal Maturity (LOM) of the kerogen are in the range of 6 to 14, and LOM 

can be estimated from vitrinite reflectance measurements and Figure 5.7 (Passey et al. 2010). LOM 

values vary between 8.4 and 11 for G and E formations in the study field as shown in Table 5.2. 

Using Passey’s method TOC, wt%, of shales with GR, sonic, resistivity logs and LOM data 

of the shale formation is estimated. Passey's method (Equation 2.80) relies on the response of well 

logs to organic matter using an overlay of porosity logs (sonic, density and neutron logs) and 

resistivity logs. Passey’s method with the sonic log is selected in this study, because the sonic log 

is not severely influenced by borehole conditions compared to the density or neutron readings. An 

overlay of sonic and resistivity curves over a mature organic rich interval causes a separation i.e. 

a delta Log R separation occurs. Delta Log R separation is directly proportional to TOC and is a 

function of LOM (Passey et al. 1990).  



106 

 

 

Figure 5.7 Estimation of Level of Thermal Maturity (LOM) based on %Ro of shale plays at G 

and E formations. 

 

Table 5.2 Level of Thermal Maturity (LOM) at G and E formations 

Formations 

  

Percentage of Vitrinite  

Reflectance, %Ro 

Thermal Maturity of  

Organic Matter, LOM 

G 3 unit 0.64 8.4 

G 2 unit 0.73 8.9 

G 1 unit 0.76 9.6 

E 1.12 11.0 

 

 The results of TOC with the Passey’s method and Rock-Eval tests at depths greater than 

7600 ft MD in Well 1 is presented in Figure 5.8. TOC, wt%, in the source rocks has values higher 

than 4 wt%, which corresponds to source rocks of very good quality. Additionally, gas shows were 

evident during drilling operations of Well 1 with values up to 60%, as it is indicated in Track 5 of 

Figure 5.8. Results of TOC, wt%, have concordance with Rock-Eval pyrolysis and Passey’s 

method. This analysis gives information of reservoir quality of G and E formations to select 

intervals for geo-navigation or potential intervals for hydraulic fracturing.  
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Figure 5.8 TOC calculation with Passey’s method and Rock-Eval results in Well 1. Depth, ft 

(track 1), GR, API units (track 2), resistivity and compressive slowness logs (track 3), TOC with 

Passey’s method (blue color) and Rock-Eval tests (brown diamonds) in track 4, show gas, % 

(track 5). 

 

5.2 Selection of Intervals for Hydraulic Fracturing in the Shale Intervals 

Selection of intervals for hydraulic fracturing in shale plays requires an integrated analysis 

of geochemistry and geomechanics investigations of the wells. This study has included the 

following criteria for selection of intervals for fracture treatment in Well 1 and Well 2: normal or 

strike-slip stress regimes, analysis of critically-stressed natural fractures, shale volume less than 

30%, TOC greater than 2%, vertical Young’s modulus greater than 1 Mpsi, and vertical Poisson’s 

ratio equal or less than 0.2 and Normalized Oil Content (NOC) greater than 100 milligrams 

hydrocarbons/ gram of organic content or TOC, as shown in Figures 5.9, 5.10, 5.11 and 5.12.    

Well 2 is not a good candidate for hydraulic fracturing treatment, based on the previous criteria of 

shale interval selection.  Also, Litho Scanner™ log shows good match with Rock-Eval pyrolysis 

in the two wells of this field.   

Shale intervals with reverse stress regime are not recommended in this study for hydraulic 

treatment. In a reverse stress regime, the vertical stress or overburden is the minimum principal 

stress, which generates horizontal fractures with the risk of undesirable proppant placement, 

proppant crushing and proppant embedment leading to inefficient hydraulic fracturing jobs.  
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Figure 5.9 Selected intervals for hydraulic fracturing in G formation at Well 1 (red rectangles). 

Formation tops, ft (track 1), GR, API units (track 2), shale volume, % (track 3), TOC, wt%, 

(track 4), vertical Young’s modulus, Mpsi (track 5), static vertical Poisson’s ratio, dimensionless 

(track 6), NOC (track 7) and Sv, Shmin, SHmax, ppg (track 8). 

 

Figure 5.10 Selected interval for hydraulic fracturing in E formation at Well 1 (red rectangle). 

Formation tops, ft (track 1), GR, API units (track 2), shale volume, % (track 3), TOC, wt%, 

(track 4), static Young’s modulus, Mpsi (track 5), static Poisson’s ratio, dimensionless (track 6), 

NOC (track 7) and Sv, Shmin, SHmax, ppg (track 8). 
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Figure 5.11 Selected interval for hydraulic fracturing in G formation at Well 2 (red rectangle). 

Formation tops, ft (track 1), GR, API units (track 2), shale volume, % (track 3), TOC, wt%, 

(track 4), vertical Young’s modulus, Mpsi (track 5), static vertical Poisson’s ratio, dimensionless 

(track 6), NOC (track 7) and Sv, Shmin, SHmax, ppg (track 8). 

 

Figure 5.12 Selected interval for hydraulic fracturing in E formation at Well 2 (red rectangle). 

Formation tops, ft (track 1), GR, API units (track 2), shale volume, % (track 3), TOC, wt%, 

(track 4), static Young’s modulus, Mpsi (track 5), static Poisson’s ratio, dimensionless (track 6), 

NOC (track 7) and Sv, Shmin, SHmax, ppg (track 8).  
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CHAPTER 6 

HYDRAULIC FRACTURING DESIGNS IN THE SHALE PLAYS OF THE STUDY AREA 

Slickwater and hybrid fracture treatment designs in carefully selected intervals to provide 

significantly more reservoir contact for well production are described in this chapter.  The field 

has only two vertical wells where G and E formations are the target zones. Well 1 is initially 

selected for hydraulic fracturing designs based on:  Well 1 has higher number of natural fractures 

than   Well 2, Geomechanical model indicates more intervals with normal and strike-slip stress 

regimes than Well 2, and Well 1 has lower volume of shale than Well 2.  G and E formations are 

potential shale plays with Total Organic Carbon (TOC) higher than 4 wt%.  

A correct hydraulic fracturing design at Well 1 can help identify the type of hydrocarbons 

(oil gravity or gas composition) in the potential shale plays, understand the performance of the 

well with hydraulic stimulation jobs, TOC, rock mechanical properties and in-situ stresses, 

regardless of not expecting commercial production rates in this vertical well. Furthermore, 

hydraulic fracturing jobs in Well 1 can give information of the appropriate pumping schedule for 

future horizontal wells, stress anisotropy effect on hydraulic fracturing geometry, proppant 

concentrations and fracturing fluid design without a potential early screen-out. Finally, a 

comprehensive logistic plan is required for water, proppant and equipment supplies in this vertical 

well.  

Analysis of van Krevelen and Tmax versus HI diagrams (Figures 5.3 and 5.5) show that G 

formation contains kerogen type I and II, indicating that this formation is oil prone shale play. 

Also, as shown in Figures 5.4 and 5.6, E formation has kerogen type III, which is mostly, a shale 

gas play. This information is included in the hydraulic fracturing designs, especially for proppant 

size and fracturing fluid selection. 

6.1 Input Information for Hydraulic Fracturing Designs 

GOHFER 3D™ software (3D Grid Oriented Hydraulic Fracture Extension Replicator) for 

hydraulic fracturing simulation of selected intervals in Well 1 has been used in this study. The 

software is one of the most commonly used software packages in the oil and gas industry to model 
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complex hydraulic fracture designs, evaluations and optimizations. GOHFER 3D™ integrates the 

handling of digital log data to produce horizontal and asymmetric fracture modeling that includes 

complex reservoir geometry. Spectral Gamma Ray calibrated elastic rock properties, in-situ 

stresses and image logs are also given inputs to GOHFER 3D™  software. 

 Carefully chosen intervals for hydraulic fracturing based on geomechanical and 

geochemical analysis for Well 1 is shown in Table 6.1. The interval selection is based on stress 

regime being normal or strike slip to create and propagate vertical fractures. E formation has a 

transition from strike-slip to reverse stress regime, and it is the main risk of this shale play in this 

well, due to the probability of creating horizontal hydraulic fractures. The selected interval at G3 

formation (8470-8500 ft) has a normal stress regime, the other intervals in G3 (8080-8200 ft and 

8390-8454 ft) and G1 (9265-9315 ft) have a strike-slip stress regime in Well 1. The next criteria 

for hydraulic fracturing jobs are intervals with shale volume less than 30% and TOC greater than 

2 wt%. Furthermore, intervals with critically stressed natural fractures, vertical Young’s modulus 

above 1 Mpsi, vertical Poisson’s ratio equal or less than 0.2 and gross thickness of at least 15 ft. 

 

Table 6.1 Geomechanical and geochemical input data for hydraulic fracture designs 

Unit  
Selected 
Interval 

(ft) 

Perforated 
Height (ft) 

Vertical 
Young’s 
Modulus 
(Mpsi) 

Vertical 
Poisson’
s  ratio 

Shmin 
(psi/ft) 

Sv 
(psi/ft) 

SHmax 
(psi/ft) 

TOC, 
wt% 

NOC 

G3 

8080-8200 120 3.66 0.17 0.9464 0.993 1.120 4 150 

8390-8454 64 2.37 0.19 0.8268 0.993 1.009 5 150 

8470-8540 70 2.35 0.20 0.7956 0.993 0.972 8 200 

G1 9265-9315 50 1.86 0.17 0.9048 0.998 1.076 5 150 

E 
11,610-
11,670 

60 2.0 0.17 1.019 1.014 1.154 8 200 

 

Perforation diameter selected at Well 1 is 0.32 in. to prevent bridging with proppant size 

of 30/50 mesh selected for these hydraulic fracturing designs. Perforation diameters of 6 times the 

proppant diameter assure no bridging (Miskimins 2018). Six shots per foot is suggested to reduce 
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near wellbore tortuosity and early screen-outs in G and E formations. It is convenient to only use 

one type of proppant for G and E formations for logistic reasons at the beginning of the project.  

Hydraulic fracturing design for G formation (G1 and G3 units) need a proppant that can 

withstand a closure pressure higher than 7760 psi for G formation (minimum horizontal stress 

magnitude in G3 unit) and 11,300 psi in E formation. Carbobond Lite 30/50 mesh is selected in 

GOHFER 3D™ simulations as proppant for G and E formations.  This proppant can withstand 

closure pressure up to 12,000 psi and 250 °F, it is a curable resin coated and light weight ceramic 

with specific gravity 2.557.  

6.2 Hydraulic Fracturing Designs for Selected Intervals of Well 1 

Two hydraulic fracturing fluid designs are included in this analysis: slickwater for 180 °F 

and hybrid treatment for 180 °F designs in G and E formations, respectively.  Sensitivity analysis 

with different flow rates are included in this study to evaluate fracture geometry (high, length and 

width of the fracture), proppant concentration inside the fracture and bottom-hole pressures of five 

intervals of Well 1, as shown in Tables 6.2 and 6.3. Slickwater and hybrid treatment designs 

include 268,000 gal of fracturing fluid, Carbobond Lite 30/50 mesh, six shots per foot with a 

perforation diameter of 0.32 in. Slickwater and hybrid system designs include a maximum 

concentration of Carbobond Lite 30/50 mesh of 2 ppa and 3 ppa, respectively. 

Long propped fracture length is created with slickwater in G3 units, yet slickwater fracture 

system creates a short-propped fracture length at G1 unit and E formation. Hybrid systems create 

wider fractures because of crosslinked fluid in the system with enough viscosity to transport 

proppant. Slickwater design generates lower bottom-hole pressures than hybrid treatments (Tables 

6.2 and 6.3). 

During this study, hybrid treatment designs is preferred over slickwater systems in Well 1, 

because hybrid treatment create longer flowing fracture length, longer propped fracture length and 

wider average fracture width than slickwater systems. Hybrid treatment in the interval 8080-8200 

ft should be pumped at a flow rate of 60 bbl/min, in interval 8390-8454 ft at a flow rate of 40 

bbl/min, in the interval 8470-8540 ft at a flow rate of 40 bbl/min, in the interval 9265-9315 ft at a 

flow rate of 40 bbl/min, and in the interval 11,610-11,670 ft at a flow rate of 80 bbl/min to get 

correct fracture geometries as summarized in Table 6.3.  
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Table 6.2 GOHFER 3D™ simulation results of slickwater system for Well 1 with different flow 

rates 

Units Intervals (ft) 
Perforated 

Height (ft) 

Flowing 

Fracture 

Length (ft) 

Propped 

Fracture 

Length (ft) 

Volume of 

Proppant 

(ppa) 

Average 

Fracture 

Width (in.) 

Max. 

Bottom 

Hole 

Pressure 

(psi) 

Slurry Rate 

(bbl/min) 

G3 

8080-8200 120 98 600 297,000 0.32 4973 40 

8080-8200 120 98 680 297,000 0.33 5667 50 

8080-8200 120 99 600 297,000 0.35 5719 60 

8080-8200 120 100 600 297,000 0.36 5779 70 

8080-8200 120 99 580 297,000 0.36 5845 80 

G3 

8390-8454 64 41 260 85,999 0.35 5545 40 

8390-8454 64 56 580 85,999 0.44 5611 50 

8390-8454 64 59 300 85,999 0.45 5711 60 

8390-8454 64 58 440 85,999 0.37 5800 70 

8390-8454 64 50 300 85,999 0.54 5900 80 

G3 

8470-8540 70 49 240 85,999 0.50 5560 40 

8470-8540 70 16 80 85,999 0.44 5640 50 

8470-8540 70 50 240 85,999 0.50 5729 60 

8470-8540 70 95 620 85,999 0.62 5826 70 

8470-8540 70 87 520 85,999 0.64 5934 80 

G1 

9265-9315 50 5 20 85,999 0.35 6170 40 

9265-9315 50 5 20 85,999 0.35 6308 50 

9265-9315 50 3 40 85,999 0.36 6473 60 

9265-9315 50 3 20 85,999 0.36 6655 70 

9265-9315 50 8 80 85,999 0.53 6855 80 

E 

11,610-11,670 60 47 120 85,999 0.18 7169 40 

11,610-11,670 60 48 120 85,999 0.19 7220 50 

11,610-11,670 60 48 100 85,999 0.19 7290 60 

11,610-11,670 60 49 100 85,999 0.19 7348 70 

11,610-11,670 60 49 100 85,999 0.20 7443 80 
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Table 6.3 GOHFER 3D™ simulation results of hybrid treatment design for Well 1 with different 

flow rates 

Unit  Intervals (ft) 
Perforated 

Height (ft) 

Flowing 

Fracture 

Length 

(ft) 

Propped 

Fracture 

Length 

(ft) 

Volume 

of 

Proppant 

(ppa) 

Average 

Fracture 

Width 

(in.) 

Max. 

Bottom 

Hole 

Pressure 

(psi) 

Slurry Rate 

(bbl/min) 

G3 

8080-8200 120 97 580 586,000 0.42 5751 40 

8080-8200 120 97 620 586,000 0.44 5798 50 

8080-8200 120 97 640 586,000 0.60 5849 60 

8080-8200 120 96 620 586,000 0.45 5905 70 

8080-8200 120 96 640 586,000 0.46 5963 80 

G3 

8390-8454 64 91 700 417,500 0.84 5762 40 

8390-8454 64 90 600 417,500 0.85 5837 50 

8390-8454 64 90 600 417,500 0.87 5924 60 

8390-8454 64 90 520 417,500 0.88 6017 70 

8390-8454 64 91 540 417,500 0.88 6121 80 

G3 

8470-8540 70 78 680 417,500 0.78 5785 40 

8470-8540 70 78 680 417,500 0.78 5868 50 

8470-8540 70 76 520 417,500 0.79 5963 60 

8470-8540 70 76 500 417,500 0.80 6071 70 

8470-8540 70 76 500 417,500 0.81 6186 80 

G1 

9265-9315 50 19 720 417,500 1.27 6622 40 

9265-9315 50 19 640 417,500 1.30 6749 50 

9265-9315 50 19 640 417,500 1.32 6898 60 

9265-9315 50 18 640 417,500 1.33 7068 70 

9265-9315 50 18 660 417,500 1.34 7260 80 

E 

11,610-11,670 60 156 360 586,000 0.65 7833 40 

11,610-11,670 60 157 400 586,000 0.69 7941 50 

11,610-11,670 60 158 380 586,000 0.72 8041 60 

11,610-11,670 60 159 380 586,000 0.74 8135 70 

11,610-11,670 60 159 400 586,000 0.76 8234 80 

 

The summary of sensitivity analysis for slickwater and hybrid fracture fluid systems for 

five intervals of Well 1, presented in Tables 6.2 and 6.3 and shown in Figures 6.1 and 6.2. 

Carbobond Lite 30/50 mesh, six shots per foot (spf) and perforation diameter of 0.32 in. are 

included in simulations. Slickwater is very good at carrying low weight proppant, such as sand, 

but for this studied field with high tectonic activity, the sand will crush, and ceramic proppant must 

be used instead of sand.  
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Figure 6.1 Sensitivity analysis of slickwater design for Well 1 at different slurry rates. 

 

 

Figure 6.2 Sensitivity analysis of hybrid system for Well 1 at different slurry rates. 
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The issue of using a low viscosity fluid to carry ceramic is highlighted in Figure 6.1. This 

fracture fluid is only viable in upper interval of G3 unit (8080-8454 ft) and cannot carry the 

proppant effectively in the lower interval of G3 unit (8470-8540 ft), G1 unit and E formation. 

Hybrid fluid system creates better fracture geometry than slickwater in Well 1 as shown in Figure 

6.2. Hybrid treatment has consistent performance at all slurry rates (40-80 bbl/min), high propped 

fracture lengths (360-680 ft) and good fracture widths (0.42-1.34 in.). 

 GOHFER 3D™ simulation results for the hybrid fluid system with 40 bbl/min at 8470-

8540 ft of Well 1 are presented in Figures 6.3, 6.4, 6.5, 6.6 and 6.7. This interval has normal stress 

regime.  Fracture treatment simulation with hybrid system in the following intervals of Well 1: 

8080-8200 ft, 8390-8454 ft, 8470-8540 ft, 9265-9315 ft, and 11,610-11,670 ft are presented in 

Appendix A. Hybrid treatment for Well 1 has a total of nine stages and slickwater displacement at 

the end of the treatment as shown in Figure 6.3. Slickwater and crosslinked fluids for the designs 

can withstand 180 °F.  

A grid size of 2000 ft (200 columns by 100 transverse columns) in the GOHFER 3D™ 

simulations for the hybrid treatment is used. This length permits that the induced fractures stay in 

the grid at different flow rates. Also, the perforation coefficient (CD) of 0.7, the Modulus Stiffness 

Factor (MSF) of 7.0 E-6, the Pressure Dependent Leakoff (PDL) coefficient of 0.0002 psi-1, the 

Tortuosity Factor of 0, and Transverse Storage Coefficient of 0.0005 psi-1 have been used for the 

sensitivity analysis of slickwater and hybrid treatments.   

In the pumping schedule presented in Figure 6.3, the pad volume of 36,000 gals of 

slickwater creates the initial fracture and remove the skin formed during drilling operations. 

Proppant concentrations is gradually increased during the stimulation until the crosslinked fluid 

carries the highest proppant concentration up to 3 ppa. Carbobond Lite mesh 30/50 is a curable 

resin coated and light weight ceramic with specific gravity 2.557 and this ceramic can withstand 

up to 12,000 psi of closure pressure at 250 °F. This hybrid system includes stages of low viscosity 

fluid like slickwater, intermediate fluid viscosity like guar (Guar_40#_180_SP_.5) and high 

viscosity fluid like crosslinked fluid (CMHPG#35_Zr_180_AP_0.1) to carry progressively more 

volume of proppant than with single slickwater.  
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The hybrid system design with an injection rate of 40 bbl/min reaches a bottom-hole 

pressure of 5785 psi at the end of the treatment is shown in Figure 6.4. Also, the wellhead pressure 

is lower than 3600 psi.  The friction pipe is consistent with the different stages of the hybrid 

treatment with values lower than 1800 psi. The surface and bottom proppant concentration have a 

delay of less than 5 min during the elapsed time (2:51 hours) of the hybrid treatment. 

A well contained fracture within the perforated interval with a minimum fracture width of 

0.3 in. and average fracture width of 0.78 in. is presented in Figure 6.5.  The fracture width is 

higher in the upper part of the fractured interval due to its rock properties. The concentration of 

proppant in the fracture is in average 2 lbm/ ft2 that can give a good fracture conductivity is shown 

in Figure 6.6. The propped fracture length is 680 ft and flowing fracture length is 78 ft (Table 6.3). 

The crosslinked fluid (CMHPG#35_Zr_180_AP_0.1) is evenly distributed and covers the total 

fracture geometry as presented in Figure 6.7.  

The breakdown pressure gradient at 8470 ft of Well 1 (left side) increases in the minimum 

horizontal stress direction (NE-SW) with values of 1 psi/ft for wells with an inclination between 

20° and 60° as shown in Figure 6.8. Wells drilled in the maximum horizontal stress directions 

(NW-SE) show lower breakdown pressure gradients than wells drilled in the minimum horizontal 

stress direction. Moreover, as shown in Figure 6.8 (right side), wells drilled in the minimum 

horizontal stress direction (NE-SW) with an inclination up to 30° has a tensile fracture initiation 

angle of 60 to 90° from the nominal top of the borehole. 

 

Figure 6.3 Hybrid fluid system pumping schedule at 8470-8540 ft of Well 1 with a flow rate of 

40 bbl/min. 
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Figure 6.4 GOHFER 3D™ output showing hydraulic fracturing data of hybrid system vs. time at 

a flow rate of 40 bbl/min, interval 8470-8540 ft of Well 1. 

 

Figure 6.5 GOHFER 3D™ output shows fracture width (in.) inside the fracture at 8470-8540 ft 

of Well 1 with hybrid fluid system at a flow rate of 40 bbl/min. The vertical scale on the left-

hand side represents the volume of shale. The horizontal scale at the bottom is for gross fracture 

length (ft). The fracture width (in.) scale is illustrated as the color bar on the right-hand side. 
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Figure 6.6 GOHFER 3D™ output shows proppant concentration (lbm/ft2) inside the fracture at 

8470-8540 ft of Well 1 with hybrid fluid system at a flow rate of 40 bbl/min. The vertical scale 

on the left-hand side represents the volume of shale. The horizontal scale at the bottom is for 

gross fracture length (ft). The proppant concentration scale (lbm/ft2) is illustrated as the color bar 

on the right-hand side. 

 

Figure 6.7 GOHFER 3D™ output shows component fraction of crosslinked fluid inside the 

fracture at 8470-8540 ft of Well 1 with hybrid system at a flow rate of 40 bbl/min. The vertical 

scale on the left-hand side represents the volume of shale. The horizontal scale at the bottom is 

for gross fracture length (ft). The component fraction scale is illustrated as the color bar on the 

right-hand side. 
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Figure 6.8 GOHFER 3D™ output shows breakdown pressure gradient (left side) and tensile 

fracture initiation angle (right side) at 8470 ft of Well 1. The breakdown pressure gradient is 

shown as the color bar on the left-hand side. The tensile fracture initiation angle (0° to 90°) from 

the nominal top and bottom of the borehole is illustrated as the color bar on the right-hand side. 
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CHAPTER 7 

PRE-STACK SEISMIC INVERSION AND 3D GEOMECHANICAL MODEL 

The approach for pre-stack seismic inversion in time to create an earth model of acoustic 

impedance, shear impedance and density is described in this chapter. The 3D geomechanical model 

integrates the results of the pre-stack seismic inversion to build cubes in depth of pore pressure, 

in-situ stresses, stiffness constants, rock mechanical properties and TOC, wt%, in the shale plays 

with a Vertical Transversely Isotropic (VTI) model. Electrical logs, 1D geomechanical model, 

TOC results and tri-axial tests of two wells are used to build 3D volume of TOC and 3D 

geomechanical model in the study area. 

7.1 Pre-stack Seismic Inversion for the Study Area 

Pre-stack seismic inversion is applied in the 3D geomechanical model to fill with 

information the area between the wells and around them. The processes input data are: geological 

surfaces, electrical logs, well tops and processed pre-stacked gather, preserving the amplitudes and 

corrected by normal moveout (NMO).  

The methodology involves loading of the input information, conversion of the offset 

domain to the domain of the angle of incidence. Next, it is necessary to create the seismic-well tie, 

wavelet extraction and construct the initial impedance, velocity and density models. Finally, the 

last step in the seismic inversion process is running the inversion analysis in the wells and to the 

whole seismic volume to estimate rock property volumes. 

 The base map of the pre-stack seismic volume in a rectangular grid with 549 inlines and 

623 crosslines, where the two wells are in the field is shown in Figure 7.1.  The seismic volume 

includes the shale plays (G and E horizons), but not the overburden. The pre-stack seismic 

inversion of the studied area is completed using commercial software package. 
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Figure 7.1 Location and orientation of the seismic gather used for pre-stack seismic inversion 

process in the field. 

 

The seismic well tie output of the two wells are illustrated in Figures 7.2 and 7.3. This 

process involves matching the electrical log frequency of each well to seismic data adjacent to it. 

Joining the data also involves using a wavelet to tie the wells to the horizons. Once the process 

was completed, the following correlation factors were found: 0.827 for Well 1 and 0.706 for      

Well 2, respectively. 

The strengths and weaknesses of the pre-stack seismic inversion of the studied seismic 

volume is shown in Figure 7.4. This seismic inversion model presents how close are the P-wave 

impedance (Zp) and S-wave impedance (Zs) output, while the resulting bulk density values do not 

indicate a strong trend. This result shows that density data obtained from the seismic inversion is 

not as precise as the bulk density obtained from the two well logs due to the seismic data having a 

larger frequency on both wells. 
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Figure 7.2 Seismic-well tie for Well 1. Horizon tops (G and E horizons are the target zones) 

(track 1), P-wave (track 2), S-wave (track 3), density log (track 4), synthetic trace created from 

P-wave, S-wave and density log (blue trace in track 5). The synthetic trace also uses a wavelet 

(top of track 5), seismic trace (red trace in track 5). Seismic range trace around the well (track 6). 

 

 

Figure 7.3 Seismic-well tie for Well 2. Horizon tops (G and E horizons are the target zones) 

(track 1), P-wave (track 2), S-wave (track 3), density log (track 4), synthetic trace created from 

P-wave, S-wave and density log of Well 2 (blue trace in track 5). The synthetic track also uses a 

wavelet (top of track 5). Siesmic trace (red trace in track 5). Range of the seismic trace around 

the well (track 6). 
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Figure 7.4 Cross-plots of Ln (Zs) vs. Ln (Zp) (left) and Ln (Density) vs. Ln (Zp) (right). 

 

Before running the seismic inversion on the gather, it is crucial to run an inversion analysis.  

The results of the inversion analysis for Well 1 and Well 2 is presented in Figures 7.5 and 7.6. It 

is fundamental to select the correct wavelet and generate the inversion analysis that best suits the 

sections of interest. 

Building a 3D geomechanical model using pre-stack seismic inversion requires six 

parameters: Zp, Zs, density, neutron porosity (NPHI), volume of shale (Vshale) and lithology. The 

first three are created in the seismic inversion process. NPHI and Vshale are calculated with neural 

networks and the lithology is estimated with seismic inversion software package as shown in 

Figures 7.7 and 7.8. 
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Figures 7.5 Generated synthetic seismogram with the extracted wavelet for Well 1. There is a 

good match between the Zp, Zs and density logs from the electrical logs (blue curves in tracks 2, 

3, 4 and 5) and the same data calculated from the seismic data (red curves in tracks 2, 3, 4 and 5). 

The last three tracks compare the created synthetic trace (red curve next to the blue wavelet in 

track 6) with the seismic trace (black curve in track 7). 

 

 

Figure 7.6 Generated synthetic seismogram with the extracted wavelet for Well 2. There is a 

good match between Zp, Zs and density logs from the electrical logs (blue curves in tracks 2, 3, 4 

and 5) and the same data calculated from the seismic data (red curves in tracks 2, 3, 4 and 5). 

The last three tracks compare the created synthetic trace (red curve next to the blue wavelet in 

track 6) with the seismic trace (black curve in track 7). 
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Figure 7.7 NPHI result with neural networks (E and F horizons) for Well 1(right) and Well 2 

(left). 

 

 

Figure 7.8 Vshale results with neural networks (E and F horizons) for Well 1(right) and Well 2 

(left). 
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7.2 3D Geomechanical Model for the Study Area 

1D geomechanical model calibrated with tri-axial tests, geochemical analysis and electrical 

logs of the two wells are upscaled to the geological model contemplating a VTI model. 

Furthermore, cross plots are used to create the 3D geomechanical model in Petrel software based 

on pre-stack seismic inversion. 

The first stage of the 3D geomechanical model involves calculating the in-situ stresses for 

the whole geological structure.  A 3D visualization of the vertical stress gradient with values from 

0.99 to 1.03 psi/ft at the shale plays at depths greater than 8400 ft TVD is shown in Figure 7.9. 

 

 

Figure 7.9 3D visualization of the vertical stress gradient, psi/ft, in the geological structure. 3D 

model geomechanical model with geological faults (right). 

 

The volume of shale calculated in the 3D geomechanical model with input properties of 

the 1D geomechanical model and from the deterministic seismic inversion results are shown in 

Figures 7.10 and 7.11. G3 horizon has the lowest volume of shale, and E horizon has the highest 

volume of shale. Shale intervals with low values of shale volumes improve completion quality of 

the rock. 
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Figure 7.10 3D visualization of the volume of shale, fraction, from G to D horizons. 

 

 

Figure 7.11 Maps of volume of shale, fraction, in G1, G2, G3 and E horizons. 
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Components Cij of the stiffness matrix are calculated for the field. The stiffness components 

Cij, C33 and C66 are presented in Figures 7.12 and 7.13. 3D geomechanical model includes all 

stiffness component Cij for the field. G1 horizon has the highest value of C33 with values close to 

6.5 Mpsi, meanwhile, C66 stiffness component of the shale plays have values less than 1 Mpsi.  

 

 

Figure 7.12 Maps of C33, Mpsi, in G1, G2, G3 and E horizons. 
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Figure 7.13 Maps of C66, Mpsi, in G1, G2, G3 and E horizons. 

 

3D visualization of the pore pressure gradient indicating that G3 horizon has values from 

9 to 10.5 ppg, and E horizon with values up to 13 ppg as shown in Figures 7.14 and 7.15. Also, 

there are changes of pore pressure in the same horizon possibly due to presence of geological faults 

in the field.  

 

 

Figure 7.14 3D visualization of the formation pore pressure gradient, ppg, including geological 

faults (right). The volume includes pore pressure gradient from G to D horizons. 



131 

 

 

Figure 7.15 Maps of formation pore pressure gradient, ppg, in G1, G2, G3 and E horizons. 

 

A 3D visualization of the vertical Poisson’s ratio in the field is illustrated in Figure 7.16. 

G1 horizon has the lowest vertical Poisson’s ratio of the shale plays with values close to 0.15 as 

illustrated in the map of Figure 7.17.  

 

 

Figure 7.16 3D visualization of the vertical Poisson’s ratio, fraction, from G to D horizons. 



132 

 

 

Figure 7.17 Maps of the vertical Poisson’s ratio, dimensionless, in G1, G2, G3 and E horizons. 

 

 The 2D and 3D visualization of the horizontal Poisson’s ratio with changes in the vertical 

and horizontal Poisson’s ratio, indicating anisotropy of the rocks are presented in Figures 7.18 and 

7.19.  

 

 

Figure 7.18 3D visualization of horizontal Poisson’s ratio, fraction, from G to D horizons. 
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Figure 7.19 Maps of horizontal Poisson’s ratio, dimensionless, in G1, G2, G3 and E horizons. 

 

Similarly, 2D and 3D visualization of the vertical Young’s modulus in the field are 

presented in Figures 7.20 and 7.21. The map of vertical Young’s modulus indicates that G3 horizon 

has the highest vertical Young’s modulus with values up to 5 Mpsi. 
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Figure 7.20 3D visualization of vertical Young’s modulus, Mpsi, from G to D horizons.  

 

 

Figure 7.21 Maps of vertical Young’s modulus, Mpsi, in G1, G2, G3 and E horizons. 
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2D and 3D visualization of the horizontal Young’s modulus in the field are illustrated in 

Figures 7.22 and 7.23. The map view of horizontal Young’s modulus of G and E horizons indicates 

values from 3 to 3.5 Mpsi. 

 

 

Figure 7.22 Cubes of horizontal Young’s modulus, Mpsi, from G to D horizons. 

 

 

Figure 7.23 Maps of horizontal Young’s modulus, Mpsi, in G1, G2, G3 and E horizons. 
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2D and 3D visualization of the minimum horizontal stress gradient, psi/ft, in the geological 

structure with values close to the overburden (1 psi/ft) or higher than the overburden as shown in 

Figures 7.24 and 7.25.  

 

 

Figure 7.24 Cubes of minimum horizontal stress gradient, psi/ft, from G to D horizons. 

 

 

Figure 7.25 Maps of minimum horizontal stress gradient, psi/ft, in G1, G2, G3 and E horizons. 
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2D and 3D visualization of the maximum horizontal stress gradient, psi/ft, in the geological 

structure with values higher than overburden as illustrated in Figures 7.26 and 7.27. The stress 

regime in these potential shale plays has a transition from strike-slip to reverse. 

 

 

Figure 7.26 Cubes of the maximum horizontal stress gradient, psi/ft, from G to D horizons. 

 

 

Figure 7.27 Maps of maximum horizontal stress gradient, psi/ft, in G1, G2, G3 and E horizons. 
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2D and 3D visualization of calculated TOC, wt%, from G to E horizons are presented 

Figures 7.28 and 7.29. TOC richness of the shale plays is good to excellent with values from 2 to 

6.5, wt%. G1 and G3 have TOC close to 6.5, wt%, G2 with values between 3 and 4 wt%, and E 

horizon with TOC of 2 wt%.   

 

 

Figure 7.28 Cubes of TOC, wt%, including geological faults (right). TOC from G to E horizons. 

  

 

Figure 7.29 Maps of TOC, wt%, in G1, G2, G3 and E horizons.  



139 

 

 

CHAPTER 8 

DISCRETE FRACTURE NETWORK (DFN) MODEL  

Discrete Fracture Network (DFN) models are effective for characterization of natural 

fractures in shale oil and shale gas developments by using statistical distribution to generate a 3D 

representation of fracture network. Results of DFN, fault likelihood attribute from 3D seismic data 

and interpreted geological faults are integrated in the analysis to compute the occurrence and 

orientation of natural fractures. 3D geomechanical model and location of the natural fractures are 

used in this study to propose the best zones and drilling directions of the wells in the field. 

In this research, the DFN is built by using Petrel Fracture Modeling module for G horizon 

in the field studied. The predicted natural fractures generated from the DFN are based on the 

fracture types, dip and azimuth interpretations from image logs of two vertical wells in the field. 

The objective of the DFN is predicting where such volumes of natural fractures are likely to occur 

away from the two wells in the field. 

8.1 Approach to the DFN Model at G Horizon in the Study Area 

Fault likelihood attribute is an algorithm used with the seismic data to delineate faults and 

fractures in the field. The natural fractures predicted in this study is integrated data from many 

sources as shown in Table 8.1. 

The first step to create the DFN is acquiring and classifying the natural fracture data from 

image logs at Well 1 and Well 2.  Three natural fracture types are studied in the DFN model: joints, 

faults and deformation bands. Joints are natural rock fractures formed predominantly by mode I 

movement. Faults are type of natural rock fractures formed predominantly by mode II and/or mode 

III movements. Deformation bands are natural rock fractures defined by a zone of grain crushing 

and compaction developed by mixed anti-mode I (volume loss) + mode II and/or III movement.  

The stereogram of natural fractures of the two wells indicating that the joints and in a less degree 

faults are oriented north-south is shown in Figure 8.1. Natural fractures type joints and faults have 

a dip angle between 60° to 90° in these two wells. Joints are more likely to shear than deformation 

bands during hydraulic fracturing. 
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The stereogram with the pattern of natural fractural of the DFN model at G horizon in the 

field is shown in Figure 8.2. The group of natural fractures in the center of the stereogram replicates 

the frequency and orientation of the natural fractures type deformation bands. Most of the natural 

fractures type joints and faults in this field have a strike from 60° to 300°. The DFN model for this 

field indicates disperse natural fractures like image logs of the two wells. There are more natural 

fractures in the DFN model than the ones measured in the two wells, because the Discrete Fracture 

Network (DFN) model covers the entire 3D model of the studied area. 

 

Table 8.1 Data inventory for predicting natural fractures with DFN at G horizon 

Data Description Use 

Image logs  Interpreted natural 

fractures of two wells 

Frequency, orientation of natural 

fractures to outline DFN model 

Geomechanical models 1D and 3D 

geomechanical models  

 In-situ stresses and pore pressure 

Structural model and pre-

stack seismic volume  

Interpreted horizons and 

geological faults   

Define fault likelihood attribute  

 

 

Figure 8.1 Interpreted natural fracture orientations (type joints, deformation bands and faults) 

from image logs at G horizon at Well 1 and Well 2. 
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Figure 8.2 Distribution of predicted natural fractures (type joints, deformation bands and faults) 

based on DFN model for G horizon in the field. 

 

8.2 Results of the DFN Model at G Horizon in the Study Area 

The primary importance is the interpretation of image logs at wells to construct a database 

of strike and dip angle of natural fractures in the shale play. The orientation of the natural fractures 

is calculated from image logs and propagated to the whole model.  The plan view and side view 

of DFN in the studied field. The DFN model includes the frequency and orientation of natural 

fractures type joints, faults and deformation bands across the shale play.  

 

 

Figure 8.3 Plan view of DFN model integrated with pore pressure showing natural fractures type 

joints, deformation bands and faults at G horizon of the field. (No seismic cube scale due to 

confidentiality). 



142 

 

 

Figure 8.4 Side view of DFN model integrated with pore pressure showing joints, deformation 

bands and faults at G horizon of the field. (No seismic cube scale due to confidentiality). 

 

 A lateral view of Well 1 and Well 2 intercepting natural fractures created by the DFN 

model is shown in Figure 8.5. DFN model integrated with the pore pressures (psi/ft) displays 

higher fracture type-joints in the upper part than in the lower part of G horizon.  

 

 

Figures 8.5. Lateral view of the DFN model (left), scale of Pp gradient (top right) and cube of Pp 

(bottom right) at G horizon of the field. (No seismic cube scale due to confidentiality). 
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 The plan view with the type of natural fractures generated by the DFN model in the field 

is shown in Figure 8.6. First, the DFN model indicates that the fracture type-joints have a NE-SW 

strike. Furthermore, deformation bands are abundant and distributed in the whole field. Lastly, 

fracture type faults are sparse without a preference orientation in the field.   

 

 

Figure 8.6 Fracture types in the DFN model, joints (top left), faults (top right) and deformation 

bands (bottom left) at G horizon of the studied area. (No seismic cube scale due to 

confidentiality). 

 

  An integration of natural fractures tendency generated by the DFN model, interpreted 

geological faults and fault likelihood attribute from 3D seismic data is shown in Figure 8.7. The 

orientation of the joints is either dominated by the geological faults and by the maximum horizontal 
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stress direction in the field.  Natural fractures type deformation bands are sub-horizontal, and they 

will not slip during hydraulic fracturing. 

 

Figure 8.7 Plan view of the DFN model including fault likelihood attribute and interpreted 

geological faults at G horizon of the field. (No seismic cube scale due to confidentiality). 

 

The DFN model indicates that most of the joints are oriented close to the direction of the 

maximum horizontal stress direction (115°, NW-SE) in the field. However, some natural fractures 

type joints are not oriented to the current maximum horizontal stress direction of the field. 

Furthermore, when the joints are near the geological fault systems, they tend to be reoriented near 

the direction of the geological faults. Lastly, natural fractures type joints could be originated by 

the geological faults in this shale play.  
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The DFN model shows greater number of fracture-type joints in quadrants I and III than in 

quadrants II and IV. Wells drilled northeast and southwest direction in quadrants I and III of the 

structure could have more probability to intercept natural fracture type joints than in quadrants II 

and IV.  

Geological faults could lead to borehole instability, mud and fracturing fluids losses.  

Horizontal wells should avoid hydraulic fracturing jobs in geological faults due to the risk of fault 

reactivation and loss of treatment effectiveness. Finally, disposal wells should avoid water 

injection in geological faults due to the risk of fault reactivation and generate seismicity in the 

studied area. 

One of the difficulties in modeling natural fractures in this shale play is the limited input 

data. In this study case, there is only image log data from two pilot vertical wells, and this 

information is used to propagate the natural fracture tendency to the entire model with Petrel 

Fracture module for G horizon. Continuous data acquisition and analysis are required to update 

the geological and natural fracture models in this field. 
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CHAPTER 9 

CONCLUSIONS AND RECOMMENDATIONS FOR FUTURE WORK 

This study focuses on a methodology for 1D and 3D geomechanical models from an 

unconventional shale play in Colombia, with a Vertical Transversely Isotropic (VTI) model to 

calculate the anisotropic geomechanical properties. 1D geomechanical model along with TOC 

calculation allowed the selection of hydraulic fracturing intervals in the shale play. 

             A 3D geomechanical model and Discrete Fracture Network (DFN) model were also key 

components of this study to suggest optimal well trajectories. Finally, conclusions of this work 

were produced from this conducted study using based on pre-stack time migration (PSTM), 

electrical logs, lab tests and sensitivities analysis. A summary of the main results of the study are 

included in this chapter along with future work recommendations.  

9.1 Conclusions  

1. Prospective shale zones at E and G formations have variations from normal, strike-slip to 

reverse stress regimes. 

2. The 1D and 3D geomechanical models have been built in this research study to analyze 

multiple well-trajectories for optimal well-placement in E and G formations.  

3. G formation presents mostly kerogen type I and II and less amount of kerogen type III. The 

E formation presents kerogen type III. 

4. TOC of the G and E formations reach values up to 7 wt%. There is a good agreement 

between TOC calculation from the Passey’s method, Litho Scanner™ log and Rock-Eval 

measurement results.  

5. The lowest mud density to drill G and E formations in the geological structure correspond 

to wells drilled in the direction of the maximum horizontal stress, i.e. in the NW-SE 

direction with azimuth of 115° or 295°. However, horizontal wells for shale intervals 

should be drilled in the NE-SW direction to create transverse hydraulic fractures and 

maximize production. 
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6. Some critically stressed fractures are observed in G formation of Well 1, but not in Well 2.  

Reverse and strike-slip regimes in the field impact the conductivity of the natural fractures. 

7. G formation presents better probability of economical productivity than E formation, 

because of its reservoir and quality of the source rock. Moreover, horizontal wells in the 

direction of the minimum horizontal stress direction in G formation close to Well 1 have a 

higher probability to intercept conductive natural fractures than close to Well 2. 

8. The fracturing fluid sensitivity analysis proved that the hybrid treatment design had better 

results than the slickwater treatment design, because the hybrid system had higher proppant 

concentrations and covered more intervals around the perforated section. 

9. The DFN showed that the natural fractures were oriented towards the faults if they were 

near them, but many of the natural fractures were in the direction of the maximum 

horizontal stress. 

9.2 Recommendations for Future Work 

1. Continue exploring the basin for shale intervals in zones with normal or strike-slip stress 

regimens. G and E formations in this basin have an excellent reservoir quality with TOC 

greater than 4 wt%. Hydraulic fractures under reverse stress regime usually generate 

horizontal hydraulic fractures, which may have a low efficiency in hydrocarbon 

productivity.  

2. Include the use of microseismic monitoring during hydraulic fracturing to identify the 

fracture network growth and geometry and calibrate the models developed using a hybrid 

fracturing fluid. 

3. Define the development plan that should include well spacing based on stimulated reservoir 

volume and enhanced oil recovery (EOR) method for these shale intervals from the 

beginning of the drilling campaigns. 

4. Well projects for unconventional reservoirs in shale plays in Colombia requires the 

implementation of technologies with minimal impact on ecosystems, hydrogeology and 

health. 
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LIST OF SYMBOLS 

Cb total or bulk compressibility with porosity, psi-1 

Cij stiffness coefficients, psi 

Co unconfined compression stress of the rock, psi 

Cr total or bulk compressibility (zero porosity), psi-1 

dCN normal exponent corrected in Eaton’s method, dimensionless 

dCO dc exponent in Eaton’s method, dimensionless 

DENSbase  density in a non-source rock in Passey method, g/cm3 

E Young’s modulus, 106 psi 

Eh horizontal Young’s modulus, 106 psi  

Ev vertical Young’s modulus, 106 psi ƭ internal friction angle of the material constants for inscribed Drucker-Prager, degree 

FG fracture gradient, psi/ft 

G shear modulus, psi 

g acceleration of gravity, ft/s2 [m/s2] 

I1 first invariant of the stress tensor, psi 

I3 third invariant of the stress tensor, psi 

Ishale_GR  gamma ray for pure shale, dimensionless 

J1 invariant of the stress tensor, psi 

J2D Drucker-Prager failure function, psi 

K bulk modulus, psi  

Ki effective stress in Matthew and Kelly method, dimensionless 

M compressional modulus, psi  

NlogR  Passey’s number using neutron log, fraction 

NPHI  neutron porosity, fraction 

PHINbase  neutron base in a non-source rock in Passey method, fraction 

Pm, Pw hydrostatic pressure of the drilling fluid, psi 
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Pp pore pressure, psi 

P/Z pore pressure gradient in Eaton’s method, psi/ft  

(P/Z)n normal pore pressure gradient in Eaton’s method, psi/ft  

R  reflectivity, dimensionless 

RESD deep resistivity to calculate the TOC in Passey method, ohm-m 

Rho  formation density, g/cm3 

Rn normal resistivity of the normal trend line in Eaton’s method, ohm-m  

Ro deep resistivity observed in the resistivity log, ohm-m 

Ro, %  percentage of vitrinite reflectance, fraction 

S1 in-situ stresses in the plane 1 (X), psi 

S2 in-situ stresses in the plane 2 (Y), psi 

S3 in-situ stresses in the plane 3 (Z), psi 

S1  milligrams of free hydrocarbons in pyrolysis process, mg HC/g of dry rock 

S2  milligrams of residual hydrocarbons in pyrolysis process, mg HC/g of dry rock 

S3  CO2 released in pyrolysis process, mg CO2/g of dry rock 

SF1s   scale factor to calibrate to lab values of TOC with sonic log in Passey method, 

fraction 

SF1d  scale factor to calibrate to lab values of TOC with density log in Passey method, 

fraction 

SF1n  scale factor to calibrate to lab values of TOC with neutron log in Passey method, 

fraction 

SlogR   Passey’s number using resistivity and sonic logs, fraction 

So  cohesion strength of the rock, psi 

SO1d  scale offset to calibrate laboratory TOC values using density log in Passey method, 

wt% 

SO1s  scale offset to calibrate laboratory TOC values using sonic log in Passey method, 

wt% 

SO1n  scale offset to calibrate laboratory TOC values using neutron log in Passey method, 

wt% 

Sv   overburden stress, psi 

S/Z  vertical stress gradient, psi/ft 
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Tmax  temperature at which cracking of kerogen releases the maximum amounts of 

hydrocarbons, °C 

To  initial shear stress, psi 

TOCd  Total Organic Carbon using density log in Passey method, wt% 

TOCn  Total Organic Carbon using neutron log in Passey method, wt% 

TOCs  Total Organic Carbon using sonic log in Passey method, wt% 

Ts  tensile strength of the rock, psi 

tc  transit time observed in sonic log, μs/ft  

UCSsandstone unconfined compressive strength for sandstone, psi  

UCSshale  unconfined compressive strength for shale, psi  

Vp  compressional wave velocity, ft/s 

Vs  shear wave velocity, ft/s  

Vshale  shale volume, fraction 

Z  depth, ft  

Zp  P-wave impedance, km/s x g/cm3 

Zp1  P-wave impedance of the top layer, km/s x g/cm3 

Zp2  P-wave impedance of the bottom layer, km/s x g/cm3 

Zs  S-wave impedance, km/s x g/cm3 

α  Biot elastic isotropic constant, dimensionless 

β  constant of 8.728 for shales in Holbrook method of pore pressure γ  S-wave anisotropy coefficient in Thomsen parameters, dimensionless 

δ  energy dissipated anisotropy coefficient in Thomsen parameters, dimensionless 

∆logR  Passey’s number from the density log, fraction ε  P-wave anisotropy coefficient, dimensionless 

εh  deformation in the minimum horizontal direction, dimensionless 

εH  deformation in the maximum horizontal direction, dimensionless 

εvol  volumetric deformation, dimensionless 

ϵxx  deformations in the x direction, dimensionless 

ϵyy  deformations in the y direction, dimensionless 
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ϵzz  deformations in the z direction, dimensionless 

η  internal friction of the rock, fraction 

   azimuthal angle measured from the y axis (SHmax stress direction), degree 

θb  half of borehole breakout size, degree 

λ  first Lamé parameter, psi 

λρ  lambda-rho for seismic inversion process, psi x g/cm3
 

µ  shear modulus, psi 

f  internal coefficient friction of the material, dimensionless 

ϕ  porosity, fraction 

φf  friction angle of the rock, degree 

Φ  internal friction angle, degree 

ξ  poroelastic constant 

ρ, ρb  bulk density, g/cm3  

ρf  density of the saturated fluid, g/cm3  

ρma  density of the matrix rock, g/cm3  

σ1  main stress, psi 

2  intermediate stress, psi 

σ3  minimum stress, psi 

σh  minimum horizontal stress magnitude, psi 

σH  maximum horizontal stress magnitude, psi 

σn  normal stress, psi 

σoct  octahedral stress, psi 

σxx  octahedral stress in the x direction, psi 

σyy  octahedral stress in the y direction, psi 

σzz  octahedral stress in the z direction, psi 

σθmax  maximum tangential stress, psi 

σθmin  minimum tangential stress, psi 

τ  shear stress in Mohr-Coulomb criterion, psi 

max  maximum shear stress, psi 
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ν  Poisson’s ratio, unitless νv  vertical Poisson’s ratio, unitless νh  horizontal Poisson’s ratio, unitless 

∆Pw  change of borehole pressure caused by the mud density, Pw, minus pore pressure, 

Pp, psi 
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LIST OF ABBREVIATIONS 

BHA : Bottom Hole Assembly 

CCS : Confined Compressive Strength 

DFN : Discrete Fracture Network 

DSI : Dipole Shear Sonic Imager 

EIA  : U.S. Energy Information Administration 

FEL : Formation Evaluation Log 

GOHFER : Grid Oriented Hydraulic Fracture Extension Replicator 

HI  : Hydrogen Index 

HTI : Horizontal Transversely Isotropic  

LOM : Level of Maturity 

NMO : Normal Moveout 

NOC : Normalized Oil Content 

NPT : Non-Productive Time 

OBG : Overburden Gradient 

OI : Oxygen Index 

PI : Production Index 

PWD : Pressure While Drilling 

QC : Completion Quality 

RQ : Reservoir Quality 

SRV : Stimulated Reservoir Volume  

TOC : Total Organic Carbon 

UCS : Unconfined Compressive Strength 

VTI : Vertical Transversely Isotropic  

XRD : X-Ray Diffraction 
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APPENDIX 

 HYBRID SYSTEM DESIGNS OF WELL 1 

The GOHFER 3D™ model outputs of hybrid treatment are presented in this Appendix to 

get correct fracture geometries in four intervals of Well 1. Hydraulic fracturing simulations are 

presented in Figures A.1 to A.24 with the following flow rates: 60 bbl/min in the interval        8080-

8200 ft, 40 bbl/min in interval 8390-8454 ft, 40 bbl/min in the interval 9265-9315 ft and 80 bbl/min 

in the interval 11,610-11,670 ft. Each hybrid system design includes 268,000 gal of fracturing 

fluid, Carbobond Lite mesh 30/50, 6 shots/ft (spf) and perforation diameter of 0.32 in. 

 

 

Figure A.1 Hybrid system pumping schedule at 8080-8200 ft of Well 1 with a flow rate of 60 

bbl/min. 
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Figure A.2 GOHFER 3D™ output of hydraulic fracturing data of hybrid system vs. time at a 

flow rate of 60 bbl/min, interval 8080-8200 ft of Well 1. 

 

 

Figure A.3 GOHFER 3D™ output shows fracture width (in.) inside the fracture at 8080-8200 ft 

of Well 1 with hybrid fluid system at a flow rate of 60 bbl/min. The vertical scale on the left-

hand side represents the volume of shale. The horizontal scale at the bottom is for gross fracture 

length (ft). The fracture width (in.) scale is illustrated as the color bar on the right-hand side. 
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Figure A.4 GOHFER 3D™ output shows proppant concentration (lbm/ft2) inside the fracture at 

8080-8200 ft of Well 1 with hybrid fluid system at a flow rate of 60 bbl/min. The vertical scale 

on the left-hand side represents the volume of shale. The horizontal scale at the bottom is for 

gross fracture length (ft). The proppant concentration scale (lbm/ft2) is illustrated as the color bar 

on the right-hand side. 

 

 

Figure A.5 GOHFER 3D™ output shows component fraction of crosslinked fluid inside the 

fracture at 8080-8200 ft of Well 1 with hybrid system at a flow rate of 60 bbl/min. The vertical 

scale on the left-hand side represents the volume of shale. The horizontal scale at the bottom is 

for gross fracture length (ft). The component fraction scale is illustrated as the color bar on the 

right-hand side. 
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Figure A.6 GOHFER 3D™ output shows breakdown pressure (left side) and tensile fracture 

initiation angle (right side) at 8080 ft of Well 1. The breakdown pressure gradient is illustrated as 

the color bar on the left-hand side. The tensile fracture initiation angle (0° to 90°) from the 

nominal top and bottom of the borehole is shown as the color bar on the right-hand side. 

 

 

Figure A.7 Hybrid system pumping schedule at 8390-8454 ft of Well 1 with a flow rate of 40 

bbl/min. 
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Figure A.8 GOHFER 3D™ output of hydraulic fracturing data of hybrid system vs. time at a 

flow rate of 40 bbl/min, interval 8390-8454 ft of Well 1. 

 

 

Figure A.9 GOHFER 3D™ output shows fracture width (in.) inside the fracture at 8390-8454 of 

Well 1 with hybrid fluid system at a flow rate of 40 bbl/min. The vertical scale on the left-hand 

side represents the volume of shale. The horizontal scale at the bottom is for gross fracture length 

(ft). The fracture width (in.) scale is illustrated as the color bar on the right-hand side. 
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Figure A.10 GOHFER 3D™ output shows proppant concentration (lbm/ft2) inside the fracture at 

8390-8454 ft of Well 1 with hybrid fluid system at a flow rate of 40 bbl/min. The vertical scale 

on the left-hand side represents the volume of shale. The horizontal scale at the bottom is for 

gross fracture length (ft). The proppant concentration scale (lbm/ft2) is illustrated as the color bar 

on the right-hand side. 

 

Figure A.11 GOHFER 3D™ output shows component fraction of crosslinked fluid inside the 

fracture at 8390-8454 ft of Well 1 with hybrid system at a flow rate of 40 bbl/min. The vertical 

scale on the left-hand side represents the volume of shale. The horizontal scale at the bottom is 

for gross fracture length (ft). The component fraction scale is illustrated as the color bar on the 

right-hand side. 



165 

 

 

Figure A.12 GOHFER 3D™ output shows breakdown pressure (left side) and tensile fracture 

initiation angle (right side) at 8390 ft of Well 1. The breakdown pressure gradient is illustrated as 

the color bar on the left-hand side. The tensile fracture initiation angle (0° to 90°) from the 

nominal top and bottom of the borehole is shown as the color bar on the right-hand side. 

 

 

Figure A.13 Hybrid system pumping schedule at 9265-9315 ft of Well 1 with a flow rate of 40 

bbl/min. 
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Figure A.14 GOHFER 3D™ output of hydraulic fracturing data of hybrid system vs. time at a 

flow rate of 40 bbl/min, interval 9265-9315 ft of Well 1. 

 

Figure A.15 GOHFER 3D™ output shows fracture width (in.) inside the fracture at 9265-9315 ft 

of Well 1 with hybrid fluid system at a flow rate of 40 bbl/min. The vertical scale on the left-

hand side represents the volume of shale. The horizontal scale at the bottom is for gross fracture 

length (ft). The fracture width (in.) scale is illustrated as the color bar on the right-hand side. 
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Figure A.16 GOHFER 3D™ output shows proppant concentration (lbm/ft2) inside the fracture at 

9265-9315 ft of Well 1 with hybrid fluid system at a flow rate of 40 bbl/min. The vertical scale 

on the left-hand side represents the volume of shale. The horizontal scale at the bottom is for 

gross fracture length (ft). The proppant concentration scale (lbm/ft2) is illustrated as the color bar 

on the right-hand side. 

 

Figure A.17 GOHFER 3D™ output shows component fraction of crosslinked fluid inside the 

fracture at 9265-9315 ft of Well 1 with hybrid system at a flow rate of 40 bbl/min. The vertical 

scale on the left-hand side represents the volume of shale. The horizontal scale at the bottom is 

for gross fracture length (ft). The component fraction scale is illustrated as the color bar on the 

right-hand side. 
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Figure A.18 GOHFER 3D™ output shows breakdown pressure (left side) and tensile fracture 

initiation angle (right side) at 9270 ft of Well 1. The breakdown pressure gradient is illustrated as 

the color bar on the left-hand side. The tensile fracture initiation angle (0° to 90°) from the 

nominal top and bottom of the borehole is shown as the color bar on the right-hand side. 

 

 

Figure A.19 Hybrid system pumping schedule at 11,610-11,670 ft of Well 1 with a flow rate of 

80 bbl/min. 

 

 



169 

 

 

Figure A.20 GOHFER 3D™ output of hydraulic fracturing data of hybrid system vs. time at a 

flow rate of 80 bbl/min, interval 11,610-11,670 ft of Well 1. 

 

Figure A.21 GOHFER 3D™ output shows fracture width (in.) inside the fracture at 11,610-

11,670 ft of Well 1 with hybrid fluid system at a flow rate of 80 bbl/min. The vertical scale on 

the left-hand side represents the volume of shale. The horizontal scale at the bottom is for gross 

fracture length (ft). The fracture width (in.) scale is illustrated as the color bar on the right-hand 

side. 
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Figure A.22 GOHFER 3D™ output shows proppant concentration (lbm/ft2) inside the fracture at 

11,610-11,670 ft of Well 1 with hybrid fluid system at a flow rate of 80 bbl/min. The vertical 

scale on the left-hand side represents the volume of shale. The horizontal scale at the bottom is 

for gross fracture length (ft). The proppant concentration scale (lbm/ft2) is illustrated as the color 

bar on the right-hand side. 

 

 

Figure A.23 GOHFER 3D™ output shows component fraction of crosslinked fluid inside the 
fracture at 11,610-11,670 ft of Well 1 with hybrid system at a flow rate of 80 bbl/min. The 

vertical scale on the left-hand side represents the volume of shale. The horizontal scale at the 

bottom is for gross fracture length (ft). The component fraction scale is illustrated as the color 

bar on the right-hand side. 
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Figure A.24 GOHFER 3D™ output shows breakdown pressure (left side) and tensile fracture 

initiation angle (right side) at 11,670 ft of Well 1. The breakdown pressure gradient is illustrated 

as the color bar on the left-hand side. The tensile fracture initiation angle (0° to 90°) from the 

nominal top and bottom of the borehole is shown as the color bar on the right-hand side. 


