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ABSTRACT  

 The current evolution in unconventional reservoirs occurred due to technological 

breakthroughs in the oil and gas industry. Currently, technologies allow extraction of economical 

volumes of hydrocarbon from unconventional resources via the assistance of special technologies 

or massive stimulation treatments. Since new formation development depends on their economics, 

it is critical to optimize each step within the well stimulation treatments in order to make the 

development economical.  

The Eagle Ford shale play has been under development since 2008. Initially, trial and error 

methods were used to hydraulically fracture wells in the play. These methods provided both good 

and poor results. This research focuses on optimizing future well landing zones and their 

corresponding well stimulation treatments within the studied area. Data provided by the Reservoir 

Characterization Project (RCP) were utilized to develop full geological and geomechanical models 

using the Grid Oriented Hydraulic Fracture Extension Replicator (GOHFER®) software package. 

The developed model was calibrated with available field data to ensure that the generated model 

matches the studied area’s geological and geomechanical characteristics. Base fracture models for 

two wells, Well B and Well C, were created using the developed geological and geomechanical 

model. Pressure and production matches for both wells were performed to guarantee that the 

generated base models reflect what was actually done in the field. 

The base fracture models were utilized to perform landing zone sensitivity, as well as well 

stimulation treatment sensitivity analyses. The Austin Chalk and the Eagle Ford formations were 

examined. Fracturing fluids and their volume, proppant selection, and cluster spacing were 

sensitized to determine the optimum hydraulic fracture treatment. GOHFER® was utilized to run 

production analysis for each sensitivity in order to compare the sensitized parameters.   
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Five landing zones within the Austin Chalk and the Eagle Ford were analyzed. The 

analyses showed that the Eagle Ford had higher oil production potential than the Austin Chalk. 

104% and 29% were the increases in the estimated production when the Eagle Ford was targeted 

instead of the Austin Chalk using slickwater and gel treatments, respectively. Based on the landing 

zones analyses, the highest oil production, around 326 Mbbl, was obtained from the Pepper Shale 

formation using a gel treatment. The induced fractures from the slickwater treatment in the Pepper 

Shale was contained by the Lower Eagle Ford and Buda, while the gel treatment was capable of 

breaking into the Lower Eagle Ford and accessing additional net pay. 

Well stimulation treatment sensitivities within the Pepper Shale were also studied. 

Introducing gel to the slickwater treatment and creating a hybrid treatment improved the oil 

production; and 70% gel with 30% slickwater yielded the optimum oil production. Larger proppant 

size performed better than smaller proppant due to conductivity damaging mechanisms. Increasing 

the fracturing fluid volumes from 175,000 gallons to 300,000 gallons per stage provided negligible 

increase, around 1%, in the oil production from the Pepper Shale; hence the optimum volume to 

create the fractures was 175,000 gallons. Thirty foot cluster spacing generated the optimum 

fracture density and had minimal impact to the production due to stress shadowing. Overall, this 

research demonstrated that oil production may be increased when the optimized well stimulation 

treatment is used to hydraulically fracture the Pepper Shale formation.    
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CHAPTER 1   

INTRODUCTION 

 The oil and gas industry is constantly evaluating and developing new formations in order 

to keep up with the increasing demand for energy around the world. Currently, unconventional 

hydrocarbon resources are responsible for increasing worldwide hydrocarbon production. Figure 

1.1 illustrates how the oil production from unconventional resources in the United States has 

increased significantly through time. Technological breakthroughs in the petroleum industry have 

caused the recent evolution in these unconventional plays. Unconventional reservoirs are those 

reservoirs that are spread over a large area and only produce economic volumes of hydrocarbon 

with the assistance of special technologies or massive stimulation treatments (Holditch, 2006). 

 Multistage hydraulic fracturing treatments are one of the stimulation techniques that are 

applied in the unconventional plays in order to make them economical to develop. Furthermore, 

multiple hydraulic fracturing techniques are used to develop horizontal wells in the unconventional 

resources; each one has its own advantages and limitations. Therefore, it is critical to optimize the 

multistage hydraulic fracturing treatments as well as the hydraulic fracturing technique by 

understanding the play characteristics.      
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Figure 1.1 Tight oil production from various unconventional formations in the United States (EIA 

2019). 

1.1 Motivation for the Study 

Trial and error methods are frequently used to design stimulation treatments within new 

plays, where it is common to use treatments from other plays and apply them in new plays. These 

methods do not always succeed since unconventional plays do not have the same geological and 

geomechanical characteristics, and stimulation treatments vary across plays; causing economic 

loss. This thesis aims to determine an alternate method to design stimulation treatments in a new 

shale play by analyzing the play characteristics. The thesis outcome can be utilized when 

developing new plays in the future.   
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1.2 Research Objectives 

The main goal of this thesis is to determine the optimum future well treatment design and 

associated landing interval in a section of the Eagle Ford play. This goal is achieved by completing 

the following objectives:  

• Develop accurate fracture models for both subject horizontal wells using multistage, 

multiwell software package and pressure matching previous treatments;    

• Optimize future well treatments within the area by running multiple sensitivity analyses; 

and, 

• Determine the optimum landing zone by analyzing several landing zones in the studied 

area.  

1.3 Eagle Ford Shale Play 

Early unconventional plays produced only gas. However, in the last ten years, 

unconventional plays are producing more oil due to lagging gas prices and increasing oil prices. 

One of the recent plays being focused on is the Eagle Ford shale play. The Eagle Ford play extends 

through three states, including Texas, Louisiana, and Mississippi, in the United States. Figure 1.2 

shows the play geographical location. 
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Figure 1.2 Location of the U.S. shale plays including the Eagle Ford (EIA 2011). 

1.3.1   Geology  

The Eagle Ford shale overlies the Buda limestone and is below the Austin Chalk. The Eagle 

Ford shale is considered the source rock for the Austin Chalk. Marls, interbedded chalks, and 

volcanic ash are the main components of the Austin Chalk.  The Austin Chalk was the target 

reservoir in the past especially with the presence of natural fractures (Pearson 2010). Currently, 

the Eagle Ford shale is the target itself and is a self-sourced hydrocarbon reservoir (Martin et al. 

2011). Figure 1.3 illustrates the critical geological components, such as fault zones and shelf edges, 

of the play and their locations.  Both the Eagle Ford shale and Austin Chalk were deposited during 

the Upper Cretaceous period. A stratigraphic column of the Upper Cretaceous rock layers is 

represented in Figure 1.4; the research will mainly focus on the Eagle Ford and the Austin Chalk 

formations. In addition to the Austin Chalk, the Tokio and Eutaw formations are reservoir rocks 

for hydrocarbons migrating from the Eagle Ford. The Anacacho, Upson, Brownstown, and Eutaw 

formations are the seal for the petroleum system in the Austin Chalk (Pearson 2010). The Eagle 
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Ford has a pay thickness between 125 ft and 300 ft (Martin et al. 2011). The pay starts to thin 

toward the northwest, as shown in Figure 1.5, until it pinches out. 

The Austin Chalk was deposited in a shallow marine environment during a worldwide sea 

level highstand. The Austin Chalk, which has a thickness varying from 150 ft to 800 ft, is divided 

into three main parts: lower chalk, middle marl, and upper chalk. Since there is higher natural 

fracture density and low clay content in the upper and lower chalk, they are better reservoir rocks 

than the middle marl (Pearson 2010). On the other hand, the Eagle Ford shale thickness ranges 

from 50 ft to 330 ft from the northeast to the southwest, respectively (See Figure 1.5). The Eagle 

Ford shale is separated into two sections: upper shale and lower shale. The upper part consists of 

near-shore sediments, which are calcareous shale, bentonites, fractured limestone, and siltstone, 

that were deposited in a regressive cycle. Whereas, the lower part was deposited during a 

transgressive cycle and consists of well-laminated organic-rich shale (Martin et al. 2011).       

 

Figure 1.3 Geological features of the Eagle Ford shale play (Pearson 2010). 
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Figure 1.4 Stratigraphic column for the Eagle Ford shale play (Pearson 2010).  
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Figure 1.5 Eagle Ford shale play pay thickness between Lavaca County and Maverick County in 

South Texas (Martin et al. 2011). 

 

1.3.2   Reservoir Characteristics   

The reservoir characteristics differ significantly across the Eagle Ford shale play. The 

variation caused multiple challenges while developing fields within the play. Therefore, 

understanding reservoir characteristics is critical before designing a hydraulic fracture treatment. 

Also, it is crucial to evaluate each field in the Eagle Ford individually due to the wide range of 

reservoir properties in the play. 

  The Eagle Ford shale play has a similar characteristics to the Haynesville shale. The Eagle 

Ford is calcite-rich with mixed clay, pyrite, and illite. Figure 1.6 shows an X-ray diffraction 
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analysis of a well in the Eagle Ford. The analysis helps to understand the mineralogy within the 

play, which plays a major role during fluids selection for hydraulic fracturing treatments in order 

to avoid any negative impacts due to fluid and minerals interaction (Mullen et al. 2010).         

 

Figure 1.6 XRD mineralogy analysis for the Eagle Ford shale play. Each bar stands for a 

different sample obtained from different depth (Mullen et al. 2010). 

The petroleum system reservoir properties in the Eagle Ford shale play change significantly 

across the play due to variation in the depositional environment. Thus, it is important to evaluate 

the local reservoir to develop it successfully. The Austin Chalk has a dual porosity system of 3% 

to 10% matrix porosity and a permeability of 0.1 to 0.5 millidarcies. Both the permeability and 

porosity decrease with depth (Pearson 2010). The Eagle Ford shale mean effective porosity and 

matrix permeability are 6% and 180 nanodarcies, respectively (Martin et al. 2011). Having low-

porosity and low-permeability provide a common trap type to prevent fluids migration both 

vertically and laterally. In addition, normal faults seal the updip reservoirs accumulating the 

hydrocarbon downthrown side of faults.  The movement of the Jurassic Louann Salt also formed 
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structural traps such as anticlines and growth faults. Furthermore, a stratigraphic trap is present in 

the play due to pinchouts through facies change (Pearson 2010).       

The great variation of the play Eagle Ford properties form multiple maturation windows. 

Three maturation windows occurred in the play as it dips south, including an oil window, a gas 

condensate window, and a dry gas window. The hydrocarbon system in the play consists of 

kerogen Type II, Type II/III, and Type III (Martin et al. 2011).  The types of hydrocarbon across 

the play are shown in Figure 1.7. Total organic carbon (TOC) in the shale ranges from 2 to 5 wt.%; 

while TOC in Austin Chalk has an average of 3.5 wt%. The TOC in the shale depends on the 

presence of pyrite and glauconite and absence of bioturbation. On the other hand, the TOC 

increases with depth in the Austin Chalk since there is less organic carbon (Pearson 2010).  

 

Figure 1.7 Eagle Ford hydrocarbon production distribution across the Eagle Ford play in South 

Texas (Mullen et al. 2010). 
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1.3.3   Project Focus Area   

The Eagle Ford extends over 400 miles from Texas to Mexico. This project focuses on the 

area around the San Marcos Arch in Lavaca County, Texas, as illustrated in Figure 1.8. The main 

reservoir targets are the lower Austin Chalk and the lower Eagle Ford. Both targets are located 

within kerogen fluid Type II/III window. The project area has a high gas-oil ratio (GOR), around 

4000 scf/bbl. 

  Two wells, Well B and Well C, were drilled within the zones of interest. The horizontal 

section of Well C targeted the lower Austin Chalk even though the vertical section was drilled to 

the Del Rio formation. Well B targeted the lower Eagle Ford shale. The main reason that Well C 

vertical section was drilled deeper was to collect more data within the area. Figure 1.9 shows 

relative locations of Well B and Well C. The horizontal sections of Well B and Well C were drilled 

opposite to each other, where Well B was drilled toward the northwest while Well C was drilled 

toward the southeast.      

 

Figure 1.8 Reservoir Characterization Project (RCP) study area (modified form EIA 2014)   



11 

 

Figure 1.9 Well A, Well B, and Well C relative locations. 

1.3.4   Available Data   

The Reservoir Characterization Project (RCP) Consortium provided a full data set for this 

project. Wellbore survey, production, stimulation, and completion data for Well B and Well C 

were included in the data set. Only Well C wireline data were provided. The available data are 

represented in Table 1.1. Since the data set only included Well C wireline data, Well C was used 

as a reference well in order to develop a geological and geomechanical model for the project. The 

model development process is discussed in further details in Chapter 3.  
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Table 1.1 Provided Data from the RCP for Both Wells 
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CHAPTER 2   

LITERATURE REVIEW 

The evolution of unconventional reservoirs has encouraged further research into hydraulic 

fracturing and geomechanics. Relevant previous studies that are related to this research are 

highlighted in this chapter.    

2.1 Well Stimulation  

Unconventional reservoirs frequently require massive well stimulation to produce 

economical volumes. Well stimulation is a treatment performed to improve the productivity of a 

well via eliminating formation damage or bypassing it. Acidizing and fracturing are the two main 

categories of well stimulation. Induced fractures can be created by hydraulic fracturing to bypass 

formation damage. These fractures will increase the productivity of the well by increasing the 

hydrocarbon flow (Nnanna and Ajienka 2005). This section discusses basic well stimulation 

principles that are related to this study, which focuses mainly on hydraulic fracturing.    

 2.1.1   Hydraulic Fracturing   

Hydraulic fractures are created when formation rock strength is exceeded through 

increasing downhole pressure by fluid injection. During the hydraulic fracturing process, 

fracturing fluids are injected into the desired zone faster than it can leakoff, causing induced 

fractures. The fracturing fluids are responsible for initiating the fractures and transporting 

proppants. Proppant must be introduced after fracture initiation in order to hold the fractures open 

(Miskimins 2018). There are three modes of fracturing: Mode I (opening mode), Mode II (sliding 

mode), and Mode III (tearing mode); the main difference between the modes is the force that 

created the fracture. Mode I occurs when the fracture is propagating as a result of a tensile failure. 
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However, Mode II and Mode III are caused by shear failure. Mode II fails in the same direction of 

the applied force while Mode III tears laterally. All fracture modes and associated propagation 

directions are shown in Figure 2.1 (Lawn 1975).    

 

Figure 2.1 Basic modes of hydraulic fracture (Lawn 1975). Mode I is tensile failure while Mode 

II and Mode III are shear failure.   

Stress orientation in the field plays a major role in fracture propagation. Fractures 

propagate parallel to the direction of maximum stress, or perpendicular to the minimum horizontal 

stress. Figure 2.2 demonstrates fracture plane direction when in-situ stresses are applied (Hubbert 

and Willis 1957). Knowing the in-situ stresses directions within the field is critical during a 

hydraulic fracturing treatment since it will control the direction of the induced fractures. 

Transverse, longitudinal, and oblique fractures are types of induced fractures based on the well 

azimuth and the stress orientation as illustrated in Figure 2.3. When the wellbore is aligned in the 

direction of the minimum horizontal stress, transverse fractures will be created in a horizontal well. 

Whereas, longitudinal fractures are formed when the wellbore is in the same direction as the 

maximum horizontal stress. If the wellbore is placed between the maximum horizontal stress and 

the minimum horizontal stress, the created fractures will be oblique (EPT International 2019). 
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Figure 2.2 Minimum principal stress direction while induced fractures are propagating (Hubbert 

and Willis 1957). 

 

Figure 2.3 Induced fracture types and their propagation orientation in vertical and horizontal wells 

(EPT International 2019). 
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   Principal stresses are not always oriented in the same direction due to changes in stress 

orientations; each fault condition has its own principal stress directions as shown in Figure 2.4. 

The least principal stress in both normal fault and strike-slip conditions is the minimum horizontal 

stress, while it is the vertical stress under thrust fault conditions. The minimum horizontal stress, 

which is a function of the formation’s principal stresses and geomechanical properties as well as 

strain, and tectonic stress, can be obtained using Equation 2.1 (Barree et al. 2009b).   

 Pc = σh = v(1 − v) [σv − αvPp] + αhPp + εhE + σt (2.1) 

Where; 

𝜎𝑡: Tectonic stress, psi 𝜎ℎ: minimum horizontal stress, psi 𝜎𝑣: Overburden Pressure, psi Pp: Pore pressure, psi 𝜀ℎ: Horizontal tectonic strain, microstrain E: Young’s modulus, million psi v: Poisson’s ratio, unitless 𝛼𝑣: Vertical poroelastic constant, unitless 𝛼ℎ: Horizontal poroelastic constant, unitless 

 

Figure 2.4 Orientations and magnitudes of principal stresses under multiple fault conditions 

(World Stress Map 2016). 
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Hydraulic fracturing treatments are performed in tight formations in order to enhance the 

productivity since induced fractures within the formation act as conductive channels between the 

wellbore and the reservoir. Improving the effective stimulated reservoir volume (SRV), which is 

the volume of the producing fracture network surrounding the wellbore, can further increase the 

productivity of tight formations (Mayerhofer et al. 2010). Since most of the hydrocarbon 

production is flowing in the fracture network in unconventional reservoirs, the induced fracture 

conductivity impacts the hydrocarbon flow to the wellbore significantly. The fracture conductivity 

is identified as the flow capacity in the fracture. Figure 2.5 illustrates the role of induced fractures 

in altering the flow in tight formations (Holditch and Tschirhart 2005). If the well is stimulated 

successfully, every point of the fracture is an entry point for the hydrocarbon at the early time. 

Conversely, at late times, the tip of the fracture will be the main entry point for the hydrocarbon 

flow (Holditch and Tschirhart 2005).    

  

Figure 2.5 Hydrocarbon flow in tight gas systems before and after well stimulation (Holditch and 

Tschirhart 2005).  
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2.1.2   Hydraulic Fracture Geometry   

Multiple factors influence induced fracture propagation making each fracture geometry 

unique. Fracture height, width, and length are the main parameters in the geometry of the fracture. 

All of these parameters are related to each other. Induced fractures gain length from injecting 

fracture fluids at high pressure. Maintaining the high pressure can provide additional fracture 

length while increasing its width and height at the same time. Fractures stop growing in height due 

to variable interface and material properties of the formations forming higher stress layers, which 

act as barriers, above or below the fracture. However, fractures can remain growing laterally as 

shown in Figure 2.6. When a fault is present near the fracture, height growth can be restricted by 

the same factors even though faults can cause taller fractures (Fisher and Warpinski 2012).  

 

Figure 2.6 Fracture growth within oil zone only due to barriers above and below it (Perkins and 

Kern 1961). 
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The fracturing fluid pressure drop in the fracture controls the fracture width. Figure 2.7 

shows how fluid pressure within the fracture allows the generation of additional width. Wider 

fractures are created when a high injection rate is used along with viscous fracturing fluid. 

Whereas, thin fluid and low pumping rates yield to narrower fractures (Perkins and Kern 1961). In 

a complex fracture network, fractures tend to grow shorter and wider due to the increase in pressure 

generated from additional friction caused by extra strands in the complex system (see Figure 2.8). 

The increase in surface area in the system will increase the leakoff and reduce the length of the 

fracture; while the extra width is gained as a result of the fluid pressure increase from the friction 

(Fisher and Warpinski 2012). Once the width is created, proppant is used to keep it open. The 

width can decrease through time because of proppant embedment, formation spalling, and filter 

cake. Closure pressure forces the proppant to be embedded in the walls of the fracture. Spalling 

and filter cake extrusion occur during the embedment process, where the proppant grains are 

crushed or absorbed by the filter cake (Duenckel et al. 2019). Figure 2.9 and Figure 2.10 illustrate 

proppant grains embedment and spalling, respectively.  

Induced fracture length can be categorized into four lengths: microseismic length, 

hydraulic length, propped length, and effective length. The microseismic length represents the 

length of the induced SRV around the well. The fluid length of the fracture caused by the treatment 

is the created length, while the propped length is the length at which the proppant reached. Both 

hydraulic and propped length are not necessarily contributing to production. The effective length, 

which is considered the most important length, is the length that contributes to the production and 

controls the production rate (Miskimins 2018; Cipolla et al. 2008)                 
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Figure 2.7 The role of fluid pressure drop in fractures in generating wider fractures in a vertical 

well (Perkins and Kern 1961). 

 

Figure 2.8 Difference between complex fracture network and simple fracture (Fisher and 

Warpinski 2012). Additional strands are showing in complex fracture network causing shorter and 

wider fracture as a result of increased pressure caused by the additional friction due to extra surface 

area in the system.   
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Figure 2.9 Proppant grain embedment in the fracture walls (Terracina et al. 2010). 

 

Figure 2.10 Proppant grain spalling (circled) during the embedment process (Terracina et al. 

2010). 
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2.1.3   Hydraulic Fracture Conductivity 

Most of the hydrocarbon flow in unconventional reservoirs occurs within natural and 

induced fractures. Fracture conductivity is the total capacity of hydrocarbon that the fracture can 

deliver through the porous media; while the flow through a specific amount of proppant is the 

proppant conductivity. Proppant conductivity, communication between propped fracture and the 

wellbore, and production time can affect the fracture conductivity (Lehman et al. 1999). Hence, 

improving the proppant conductivity will generally improve fracture conductivity. Dimensionless 

fracture conductivity is a ratio of the fracture conductivity and reservoir deliverability as shown in 

Equation 2.2 (Cinco L. et al. 1978). Proppant and fracturing fluid selection, as well as pumping 

rate, impact the fracture width. The width of the fracture has a direct relationship with the viscosity 

of the fracture fluids and its pumping rate, where increasing the viscosity or pumping rate yields 

an increase in the fracture width (Perkins and Kern 1961). The proppant can impact the final width 

due to crushing, proppant fines migration, and embedment (Stegent et al. 2010). In addition, the 

fracture permeability is affected by changes in stress, non-Darcy flow, and multiphase flow (Barree 

et al. 2003). 

 𝐹𝑐𝐷 = 𝑤𝑓𝑘𝑓𝑘𝑋𝑓    
(2.2) 

 

Where; 

𝐹𝑐𝐷: Dimensionless fracture conductivity, unitless 𝑤𝑓: Fracture width, ft 𝑘𝑓: Fracture permeability, md 𝑘: Formation permeability, md 𝑤: Fracture width, ft 
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2.1.4   Hydraulic Fracturing Modeling 

Multiple fracture models have been developed over time to obtain fracture geometry.  

Models for multistage horizontal wells should take into consideration the interference within a 

stage and between stages. Every model starts with a width equation based on an analytical solution 

to determine the fracture geometry. Fracture models can be classified as two-dimensional (2D) 

models, pseudo-three-dimensional (pseudo-3D) models, and three-dimensional (3D) models. The 

2D fracture model was the first fracture model to be developed. Perkins-Kern-Nordgren (PKN) 

and Khristianovic-Geertsma-de Klerk (KGD) models are the most common 2D models used in 

simulators to obtain fracture propagation (Perkins and Kern 1961, Nordgren 1972, Khristianovic 

and Zheltov 1955, Geertsma and de Klerk 1969). Both of these models, which are shown in Figure 

2.11, use the same equation, but are solved differently and assume linear elastic conditions (Barree 

2015).  The PKN model assumes that the fracture is elliptical with variable height. Whereas, the 

KGD model assumes that the fracture is rectangle with variable length. Longer fractures are 

generated when using the PKN model compared to the KGD model due to the assumed geometry 

of the fracture. Currently, the PKN fracture model is preferred to be used instead of the KGD 

model when modeling fractures in 2D since the PKN model has more realistic fracture propagation 

than KGD model. In complex geology, neither of these models would be applicable to determine 

the fracture geometry due to rock fabric and pore pressure impacts on fracture propagation (Barree 

2015).  



24 

 

Figure 2.11 PKN and KGD fracture models (Barree 2015). 

Pseudo-3D models were created by integrating both PKN and KGD models. Settari and 

Cleary (1986) developed a method to determine the fracture geometry in a pseudo-3D model. The 

PKN model is used to approximate the length of the fracture while the height is estimated using 

the KGD model (see Figure 2.12). This pseudo-3D model is capable of obtaining fracture height 

growth; where net pressure is used to estimate the height growth. Multiple cells are created in 

pseudo-3D models to determine the fracture geometry, where each has its own height, width, and 

pressure profile. Lumped parameter fracture models are another approach to finding the fracture 

geometry. These models use general models from a reference database to estimate fracture growth. 

Spatial averaging is utilized in order to be able to fit complicated models with the general models 

(Keck et al. 1984).       
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Figure 2.12 Pseudo-3D model fracture gemoetry determination method (Settari and Cleary 1986) 

More realistic fracture geometries can be obtained via fully 3D models since they can take 

into consideration geological complexities. 3D models utilize 3D fracture deformation along with 

2D flow within the fracture. Elastic coupling handling, fluid flow in the fracture and its pressure 

analysis, and fracture growth methodology are the main differences between pseudo-3D models 

and 3D models (Zhang et al. 2017). Unlike 2D and pseudo-3D models, 3D models, such as the 

Grid Oriented Hydraulic Fracture Extension Replicator (GOHFER®) software package, does not 

necessarily assume linear elastic conditions (coupled system), but can use shear decoupled 

formulations. Fractures will be only generated due to tension (Mode I) within the model if linear 

elastic is assumed; hence an applied load would result in deformation for the entire rock surface. 

However, models are capable of creating fractures caused by shear failure when decoupled systems 

are used (Barree et al. 2013). Figure 2.13 and Figure 2.14 demonstrate how rock deformation 

occurs under coupled and decoupled assumptions accordingly.   
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Figure 2.13 Deformation of rock surface by a point load causing the whole surface to deform when 

coupled system is used (Barree et al. 2013).  

 

Figure 2.14 Shear decoupled model rock deformation by a point load causing a deformation in a 

limited area (Barree et al. 2013). 
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2.1.5   Previous Hydraulic Fracturing Treatments in the Eagle Ford   

Understanding a reservoir as much as possible is crucial before developing. Stimulating 

the wells in a play can be challenging due to massive variations in structural and other 

characteristics. When exploration wells were drilled in the Eagle Ford in 2008, stimulation 

treatments were emulated from other shale plays such as the Barnett and the Haynesville. In the 

beginning, treatment designs in the Eagle Ford were copied from the Barnett shale play even 

though the play characteristics are not the same (Stegent et al. 2010 and Mullen et al. 2010). For 

instance, the Eagle Ford has a lower Young’s modulus, which is between two and three million 

psi, and more stress anisotropy than the Barnett. The low Young’s modulus could cause 

embedment issues (see Figure 2.15), where the whole grain can be embedded in the fracture wall 

under the high closure stress in the Eagle Ford, which is around 10000 psi. Slickwater fracture 

stimulation was effective in the Barnett since the play has many natural fractures that are easy to 

open because of the minimal difference between the minimum horizontal and maximum horizontal 

stress. Unsatisfactory results were obtained when slickwater frac designs were used in the Eagle 

Ford (Stegent et al. 2010). A Haynesville shale-style frac, which is a hybrid frac system, was also 

tried. This design was selected since the Eagle Ford and the Haynesville share similar 

characteristics, such as porosity ranges, Young’s modulus, and ductility (Mullen et al. 2010). The 

outcome of using the hybrid was significantly better than the slickwater design (Stegent et al. 

2010).     

Currently, the hybrid frac system is frequently used to stimulate wells in the Eagle Ford. 

Table 2.1 (Design 1) and Table 2.2 (Design 2) show examples of fracturing treatment designs in 

the Eagle Ford. Each design was performed in different location within the Eagle Ford; Design 1 

shows treatment schedule for a well in LaSalle County, Texas, while Design 2 is for a well located 
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in DeWitt County, Texas. Around 350,000 lbs of proppant and 470,000 gallons of fracturing fluids 

were used during Design 1. A similar proppant volume was used in Design 2, which was around 

300,000 lbs of proppants. However, there was a difference of 170,000 gallons of fracturing fluids 

between the two designs. A pumping rate between 35 bbl/min to 50 bbl/min is generally effective 

to fracture the Eagle Ford even though Design 1 used around 80 bbl/min (Stegent et al. 2010).  

Both designs had two types of proppants. A smaller size proppant (100 mesh) was introduced first 

then a bigger proppant (40/70) was pumped. The Eagle Ford formation has embedment ranges 

from 300 to 700 microns; hence selected proppant should be greater than 700 microns to avoid 

proppant embedment. Hydrocarbon production can be lost because the embedment causes a 

decrease in fracture conductivity. In addition to embedment, proppant crushing and fines migration 

can also reduce the fracture conductivity through time (Stegent et al. 2010). According to Mullen 

et al. (2010), it is recommended to avoid clay-rich areas and target more brittle rocks while 

perforating wells in the Eagle Ford. At least a five-inch casing should be used in future wells to 

avoid operational challenges such as high treating pressure.  

 

Figure 2.15 Embedment of proppant grains in different rocks while the stress is changing (Cipolla 

et al. 2008). Each color represents different a Young's modulus value. 



29 

 

 

Table 2.1 Hydraulic fracturing pumping schedule in the Eagle Ford shale play using a hybrid frac system in LaSalle County, Texas 

(Mullen et al. 2010). 
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Table 2.2 Pumping schedule for a hydraulic fracturing treatment within the Eagle Ford shale play 

using slickwater frac system in DeWitt County, Texas (Stegent et al. 2010). 
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2.2 Stress Shadowing  

Stress shadowing is a phenomenon that describes stress interference between fractures as 

a result of stress changes. It occurs when a fracture is propagating near another fracture. Thus, the 

new fracture geometry, growth, and treating pressure will be impacted due to the change in the 

induced stress and strain field around the fracture (Barree 2015). An example of the stress shadow 

phenomenon is represented in Figure 2.16 where the active fracture is a growing fracture while 

passive fractures were created earlier. 

 

Figure 2.16 Stress shadow phenomenon within the same well where Dw, Da, and 𝜑 are wellbore 

spacing between adjacent fractures, actual spacing between adjustment fractures, angle between 

the wellbore and the fracture, respectively (Daneshy 2014).  

Optimizing the density of induced fractures increases the effective stimulated reservoir 

volume by optimizing the conductive paths between the reservoir and the wellbore to effectively 

deplete the reservoir. In order to increase the fracture density, operators tend to decrease cluster 

and stage spacing, hence increasing the potential of stress shadowing (Simpson et al. 2016). 

Furthermore, stress shadows impact breakdown pressure, Instantaneous Shut-In Pressure (ISIP), 
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and fracture conductivity. Fracture conductivity can change since stress shadowing would alter the 

fracture width and create asymmetric wing lengths. In addition to that, in-situ stresses will be 

increased when a hydraulic fracture is created (Nagel et al. 2017). Figure 2.17 shows how the 

principal stresses can change along the wellbore during treatment. Changes in in-situ stresses can 

cause fracture reorientation since the induced fracture propagates perpendicular to the minimum 

stress, which might change as a result of in-situ stresses alteration (McKenna et al. 2017).       

 

Figure 2.17 Stresses alteration near the wellbore due to stress shadowing during hydraulic 

fracturing treatment (Nagel et al. 2017). 

It is important to understand the factors causing stress shadowing to avoid its negative 

impacts, hence achieving the main goals of hydraulic fracturing. The factors that affect stress 

shadowing are related to fracture completion. Fracture height and cluster and stage spacing have 

the greatest influence on stress shadowing (Simpson et al. 2016). In horizontal wells, transverse 

fractures are created during hydraulic fracture treatments. The stress in the center fractures is 

higher than at the edges. Thus, the propagation of the center fractures is harder, which make them 
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narrower and shorter (Cheng 2009). Figure 2.18 and Figure 2.19 illustrate the stress distribution 

along a horizontal well and the expected fracture propagation while taking into consideration the 

stress shadow, respectively.  Cheng (2009) showed how the minimum horizontal stress changes 

around induced fractures. As shown in Figure 2.18, the change in the minimum horizontal stress 

starts to increase around the induced fractures, which are represented by three red lines in the 

figure; while it is decreasing beyond the fracture tips. The change is concentrated in the middle of 

the transverse fractures due to stress shadowing. Tensile stress is causing a negative change in the 

minimum stress around the tips of the fractures. 

 

 

Figure 2.18 Minimum horizontal stress variation along a horizontal well caused by fractures 

propagation while taking into account stress shadowing impact (Cheng 2009). 
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Figure 2.19 Fracture geometry changes due to stress shadowing (Fisher et al. 2004). 

2.3 Well Interference  

Well interference has become a common challenge in unconventional reservoirs due to the 

tighter well spacing and relatively large fracturing fluid volumes.  Well interference occurs due to 

direct pressure communication between adjacent wells, which eventually will influence the 

production. In unconventional reservoirs, well-to-well communication negatively impacts the 

production from parent and child wells since the wells share the same stimulated reservoir volume 

(Vidma et al. 2019). Lateral well spacing is an important factor in well interference, especially in 
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high matrix permeability reservoirs. In high vertical anisotropy formations, fracture height also 

can cause well-to-well interference (Siddiqui and Kumar 2016).     

Well interference can be characterized based on time of the interference and location of the 

interference. Starting with the time of interference, there are four periods of the well’s life when 

interference can occur: completion, production and pressure tests, flowback and/or early stage of 

the well, and the entire life of the well. Frac hits can occur while completing the well; where 

induced fractures grow toward nearby wells. Pressure alteration during production or pressure tests 

indicates pressure communication between wells. Short-term and long-term production 

interference occur throughout the early stages and whole life of the well, respectively. Having 

short-term production interference does not mean that long-term production interference will take 

place. These interferences can happen in hydraulic fractures, natural fractures, faults, rock matrix, 

and the surface gathering system (Cao et al. 2017).           

Well-to-well communication can be determined via pressure monitoring. The interference 

can show either high or small pressure increases. A high-pressure increase would occur when the 

wells are hydraulically connected together, while low-pressure increase is caused by fracture 

shadowing, which happens when there is an interference between active fractures and old fractures 

as illustrated in Figure 2.20 (Daneshy et al. 2012). Well interference can be avoided by optimizing 

well spacing, decreasing the in-situ stress gradient by pressurizing the depleted zone, and using 

near-wellbore or far-field diversion technologies in fracturing fluids to reduce fracture lengths 

(Vidma et al. 2019).        
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Figure 2.20 Well-to-well communication due to fracture shadowing (Daneshy et al. 2012). 
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CHAPTER 3   

METHODOLOGY  

For this research project, full 3D hydraulic fracture models were built for two wells, Well 

B and Well C, in the Eagle Ford shale play using the Grid Oriented Hydraulic Fracture Extension 

Replicator (GOHFER®) software package. GOHFER® creates geological models, geomechanical 

models, and 3D hydraulic fracture models. Production analysis and pressure diagnostic can also 

be done within the GOHFER® software package. These features were utilized in order to achieve 

the research objectives. The methodology used in the research includes geological model 

development, base model development, and sensitivity analyses. Each step is described thoroughly 

in the following sections.          

3.1 Geological Model Development   

The first step to build a 3D fracture model for both wells is creating a geological model for 

the studied area. The geological model is the base of the research since all the modeling will be 

utilizing the developed geological model. The vertical penetration pilot section of the Well C well 

logs were used to create the model. The wellbore survey and completion data are also essential to 

generate the model. When the model is built, it must also be calibrated with available field data. 

The process to build the geological model and calibrate it is discussed in this section.      

 3.1.1   Well Placement   

In order to start building the geological model, all the studied wells were included in the 

geological model. GOHFER® characterizes the wells as a treatment well or a reference well; the 

treatment wells are the wells that will be analyzed while the reference well is used to generate 

geological and geomechanical properties within the model. Since the wireline data were only 
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available for Well C, the vertical section of Well C was identified as a reference well. Wellbore 

surveys for Well B and Well C were used to reflect the exact location of the wells and their 

directions, as well as their trajectories. Figure 3.1 and Figure 3.2 illustrate the wellbore placement 

within the model for Well B and Well C, respectively.  Well B was placed in the northwest with 

an azimuth of 330 degrees, while Well C was positioned toward the southeast with an azimuth of 

145 degrees. Both wells were drilled in the direction of the minimum stress (145/330 degrees), 

hence the hydraulic fractures are expected to propagate perpendicular to both wells (235/55 

degrees) (Heidbach et al. 2016).        

 

Figure 3.1 Well B wellbore direction and trajectory in GOHFER® based on the wellbore survey 

data. A vertical black bar is included in the bottom to show the scale in feet. 



39 

 

Figure 3.2 Well C wellbore direction and trajectory in GOHFER® based on the wellbore survey 

data. A vertical black bar is included in the bottom to show the scale in feet. 

3.1.2   Well Logs Processing    

Raw well log data for Well C were uploaded into GOHFER® after the wellbore placement 

process. Gamma ray, resistivity, density, neutron porosity, and sonic data were obtained from the 

Well C logs. Only gamma ray data were uploaded into the model for Well B in order to perform 

geosteering process, which is discussed in Section 3.1.4, after creating the geological model. The 

well log data for Well C were used to populate the grid properties in the model. These properties 

were determined as explained in Section 3.1.2.1 to Section 3.1.2.3.           
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3.1.2.1   Porosity and Permeability     

Total porosity is defined as the ratio between the pore volume of the rock and its total 

volume while the effective porosity is the ratio with respect to the volume of the interconnected 

pores in the rock. Effective porosity was used in the model since only the interconnected pores are 

capable of transmitting fluids.  In order to determine the effective porosity, the average porosity 

and volume of shale must be calculated. The average porosity is estimated using arithmetic and 

root mean square averages of the neutron porosity and density porosity as shown in Equation 3.1 

and Equation 3.2, accordingly. The density porosity is calculated from Equation 3.3 using a matrix 

density of 2.71 g/cm3 and fluid density of 1 g/cm3 while the neutron porosity is measured during 

the logging process.  

The volume fraction of the shale is determined based on the rock bulk density as well as 

gamma ray index using Equation 3.4 and Equation 3.5 (Asquith and Krygowski 2006, Thomas and 

Stieber 1975). Total gamma ray uses the summation of Uranium, Thorium, and Potassium, while 

the spectral gamma ray excludes Uranium. In unconventional reservoirs, the spectral gamma ray 

is used to build the model and determine the gamma ray index since uranium salts can be present 

in organic-rich shales. When the average porosity and the volume of shale are obtained, the 

effective porosity is calculated by Equation 3.6 (Bateman 1985). The determined effective porosity 

was around 5% and 8% within the lower Austin Chalk and the Eagle Ford, respectively. Both 

calculated effective porosities are within the average range for the formations (Pearson 2010, 

Martin et al. 2011). Figure 3.3 shows the effective porosity and permeability in the zones of 

interest.     
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 φ𝑎𝑟𝐴𝑣𝑔 = φ𝑁 + φ𝐷2  
(3.1)   

 φ𝑠𝑞𝐴𝑣𝑔 = √φ𝑁2 + φ𝐷22  

  (3.2)   

 φD = 𝜌𝑚𝑎𝑡𝑟𝑖𝑥 − 𝜌𝑏𝜌𝑚𝑎𝑡𝑟𝑖𝑥 −  𝜌𝑓𝑙𝑢𝑖𝑑   (3.3)   

 IGR = 𝐺𝑅𝑙𝑜𝑔 − 𝐺𝑅𝑚𝑖𝑛𝐺𝑅𝑚𝑎𝑥 − 𝐺𝑅𝑚𝑖𝑛 
  (3.4)   

 Vshale = 𝐼𝐺𝑅3 − 2𝐼𝐺𝑅 
  (3.5)   

 φEff =  φ𝑎𝑣𝑔 −  φ𝑎𝑣𝑔 𝑉𝑠ℎ𝑎𝑙𝑒    (3.6)  

Where;  φarAvg: Arithmetic average porosity, unitless  φN: Neutron porosity, unitless φD: Density porosity, unitless φsqAvg: Root mean square average porosity, unitless  𝜌𝑚𝑎𝑡𝑟𝑖𝑥: Matrix density, g/cm3 𝜌𝑏: Bulk density, g/cm3  𝜌𝑓𝑙𝑢𝑖𝑑: Fluid density, g/cm3  IGR: Gamma ray index, unitless 𝐺𝑅𝑙𝑜𝑔: Gamma ray reading from the log, gAPI 𝐺𝑅𝑚𝑖𝑛: Gamma ray of clean sand, gAPI 𝐺𝑅𝑚𝑎𝑥: Gamma ray of shale, gAPI 𝑉𝑠ℎ𝑎𝑙𝑒: Volume of Shale, unitless φEff: Effective porosity, unitless φavg: Average total porosity, unitless 
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Figure 3.3 Well logs raw data with standard oil field units of the Eagle Ford along with the 

calculated permeability (PERM, md) and effective porosity (PHIE, unitless). Each major grid line 

is 25’.  
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The determined effective porosity was used in order to calculate the permeability of the 

studied area. The correlation used to estimate the matrix permeability is shown in Equation 3.7. 

Since the reservoir is a shale reservoir, two was used as the permeability multiplier and the 

permeability exponent was maintained as 3; where the recommended range in shale reservoirs for 

the permeability multiplier and the permeability exponent are two to five md and one to three, 

respectively. The calculated matrix permeability average for the studied area was around 300 nd, 

where the average permeability in the Eagle Ford shale play is between 3 nd to 405 nd (Martin et 

al. 2011). The determined permeability was relative to the permeability obtained by Alrashed 

(2018), who developed a geological and geomechanical models for the RCP in the same study 

area. The estimated permeability was calibrated afterward using the available DFIT as shown in 

Section 3.1.3.   

 

 k = kmult φEff𝐾𝑒𝑥𝑝
 (3.7)   

 

Where;  𝑘: Permeability, md 𝑘𝑚𝑢𝑙𝑡: Permeability multiplier, md φEff: Effective porosity, unitless 𝑘: Permeability exponent, unitless 
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3.1.2.2   Geomechanical Properties     

Geomechanical properties control induced fracture propagation because the closure 

pressure is a function of Young’s modulus, Poisson’s ratio, and Biot’s coefficient. Young’s 

modulus was determined based on dynamic modulus using compressional and shear sonic logs 

then converted to static modulus. Dynamic Poisson’s ratio was also calculated using the sonic 

waves, but it was not converted to static Poisson’s ratio. According to Barree et al. (2009b), static 

and dynamic Poisson’s ratio are similar while dynamic and static Young’s moduli are not similar. 

Figure 3.4 and Figure 3.5 illustrate the relationship between static and dynamic Poisson’s ratio and 

Young’s moduli, respectively. Equation 3.8 to Equation 3.10 show the calculations used to obtain 

Young’s modulus and Poisson’s ratio that were used to build the model. Dynamic Young’s 

modulus was converted to static modulus using the modified Eissa and Kazi (1988) correlation 

shown in Equation 3.11 (Barree et al. 2009b). The effective porosity was used to determine the 

vertical Biot’s poroelastic constant using Equation 3.12 while the horizontal Biot’s poroelastic 

constant was assumed as one. The determined geomechanical properties for the zones of interest 

are shown in Figure 3.6. The calculated geomechanical data were comparable to a geomechanical 

model developed by the RCP for the whole studied area (Kaczmarczyk 2018).   
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Figure 3.4 Relationship between dynamic and static Poisson's ratio for low and high axial stress 

conditions (Barree et al. 2009b). 

 

Figure 3.5 Relationship between dynamic and static Young’s moduli for low and high axial 

stress conditions (Barree et al. 2009b).
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R = DTS2DTC2 
(3.8)   

v = (R − 2)(2R − 2) 
(3.9)   

Ed = 13447 𝜌𝑏 (3R − 4)(DTC2R(R − 1)) 
(3.10)   

𝐿𝑜𝑔 E𝑠 = Log(𝜌𝑏 𝐸𝑑) − 0.55 (3.11)   

𝛼𝑣 = φEff0.1 (3.12)   

 

Where;  R: Ratio of the travel time squared, unitless  DTS: Shear wave travel time, microseconds/ft DTC: Compressional wave travel time, microseconds/ft v: Poisson’s ratio, unitless  Ed: Dynamic Young’s modulus, million psi  𝜌𝑏: Bulk density, g/cm3  E𝑠: Static Young’s modulus, million psi  𝛼𝑣: Vertical poroelastic constant, unitless φEff: Effective porosity, unitless 
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Figure 3.6 Calculated Poisson’s ratio (PR, unitless), dynamic Young’s modulus (YME, million 

psi), static Young’s modulus (YMES, million psi), and vertical poroelastic constant (BIOTS_V, 

unitless) well logs. Each major grid line is 25’. 
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3.1.2.3   Pore Pressure and Closure Pressure    

The Eagle Ford shale is an overpressured reservoir. The pressure gradient in the play is 

around 0.8 psi/ft (EIA 2014). The pore pressure used in the model was estimated based on the 

analyzed pressure data that were provided with the data. Instead of suddenly increasing the 

pressure at the overpressured zone, the pressure has been ramped up from 0.43 psi/ft to 0.815 psi/ft 

starting at the Austin Chalk (0.43 psi/ft) until reaching the Eagle Ford (0.815 psi/ft). After 

obtaining the geomechanical properties and the pore pressure, the closure pressure (minimum 

horizontal stress) was determined using Equation 2.1 shown in Section 2.1.1 while assuming 

tectonic stresses and horizontal tectonic strain as zero. Additionally, the density raw data were 

used to estimate the overburden pressure gradient, which was found to be 1.04 psi/ft. The pore 

pressure and closure pressure must be calibrated with available field data before setting up the 

grids. The model calibration process is discussed in the next section.  

3.1.3   DFIT Analysis and Model Calibration 

The created model using the available wireline data must calibrated before running any 

simulation. The model was calibrated using the available diagnostic fracture injection tests (DFIT). 

Both wells, Well B and Well C, were used to calibrate the model since each well has different 

direction and trajectory. The DFIT analyses were done in GOHFER®. The first step was to upload 

the data and prepare them for the DFIT analyses. Figure 3.7 and Figure 3.8 show pretest, fracture 

extension, and falloff periods for Well B and Well C, respectively. The pressure falloff period for 

Well B was around 98 hours while Well C was around 166 hours. During the test, freshwater was 

pumped using an average rate of 10 and 4 bpm and 7.7 and 4.4 bpm for Well C and Well B, 

respectively. After preparing the data, the instantaneous shut-in pressure (ISIP) for both wells were 

determine by analyzing the falloff period as shown in Figure 3.9 and Figure 3.10 using a regression 
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analysis on the pressure data. The obtained ISIP for Well B and Well C were 5883 psi and 5372 

psi accordingly.  

 

Figure 3.7 DFIT analysis diagnostics including pump rate, wellhead pressure, bottomhole pressure, 

and gauge pressure for Well B. 
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Figure 3.8 DFIT analysis diagnostics including pump rate, wellhead pressure, bottomhole pressure, 

and gauge pressure for Well C. 
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Figure 3.9 ISIP estimation for Well B by extrapolating a straight line to the ISIP on a semilog plot. 

 

Figure 3.10 ISIP estimation for Well C by extrapolating a straight line to the ISIP on a semilog 

plot. 
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In order to start the DFIT analysis, the G-function time was calculated using Equation 3.13 

to Equation 3.15 (Nolte 1979 and Nolte 1991). The G-function, square root of time, and log-log 

analyses for both wells are shown in Figure 3.11 to Figure 3.16. The analyses are performed to 

estimate the closure pressure as well as the reservoir pressure and effective permeability. The 

estimated closure pressures from the analyses, which were consistent in the G-function, square 

root of time, and log-log, were 10910 and 10477 psi with closure gradient of 0.865 and 0.813 psi/ft 

for Well B and Well C, accordingly.   The analyses indicated that Well B has pressure-dependent 

leakoff  (PDL) with a coefficient of 0.00134 1/psi since the semilog derivative shows a hump 

above the straight line. Whereas, Well C exhibits transverse storage with a coefficient of 0.00157 

1/psi because the semilog derivative had a hump below the straight line. The PDL shows that 

accelerated leakoff occurred mainly due to the presence of the natural fractures around Well B 

while decelerated leakoff took place in Well C due to variable storage behavior (Barree et al. 

2009a).  The main results for both wells are represented in Table 3.1. The reservoir pressure can 

be estimated since linear flow was achieved in both wells; and after-closure log-log and linear 

analyses were used to estimate the reservoir pressure. Figure 3.17 to Figure 3.20 demonstrate 

reservoir pressure estimation process for both wells. The obtained reservoir pressure and its 

gradient for Well B and Well C were 10089 and 9644 psi and 0.80 and 0.75 psi/ft, respectively. 

After-closure radial analyses were not done because neither well reached the radial flow period.  

The geological model was calibrated after performing the DFIT analyses. The two main 

properties that were calibrated were the closure pressure and the reservoir pressure. Since the 

reservoir pressure impacts the closure pressure (see Equation 2.1 in Section 2.1.1), the reservoir 

pressure was calibrated first. Based on the well logs processing, the reservoir pressure in the model 

was 13667 psi initially. An offset of 4000 psi was applied to the model to match the DFIT results. 
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When the reservoir pressure was calibrated, the closure pressure in the model was matched with 

the DFIT results by including the tectonic stresses and the horizontal tectonic strain. The applied 

tectonic stresses and horizontal tectonic strain were -1500 psi and -50 microstrains, respectively. 

The negative tectonic stress indicates that the tectonics at the zone of interests are under tension. 

Even though the estimated value of the tectonic stresses was relatively high, it was used to calculate 

the closure pressure since it calibrated the developed model with the actual field data. When other 

values of horizontal tectonic strain and applied tectonic stresses were used, unreasonable fracture 

geometries were obtained due to closure stress alteration mainly caused by the horizontal tectonic 

strain. Furthermore, Alrashed (2018) estimated similar values for the pore pressure and the closure 

pressure.    

∆tD = 𝑡 − 𝑡𝑝𝑡𝑝  
(3.13)   

  

𝑔(∆tD) = 43 ((1 + ∆tD)1.5 − ∆tD1.5) 
(3.14)   

 

G(∆tD) = 4𝜋 (𝑔(∆tD) + 𝑔0)   (3.15)   

Where;  

𝑡𝐷: Dimensionless pumping time, unitless  𝑡: Total time, hours  𝑡𝑝: Total pumping time, hours  𝑔: Intermediate function, unitless  𝐺: G-time function, unitless  𝑔0: Intermediate function when ∆tD is zero, unitless  
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Table 3.1 Main parameters obtained from the DFIT analyses for Well B and Well C 

 

 

 

Figure 3.11 Well B G-function analysis. The closure pressure was estimated to be 10910 psi at 

G-time of 14.4 (unitless). 
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Figure 3.12 Well B square root of time analysis. The closure pressure was estimated to be 10910 

psi at square of time of 16.88 (unitless). 

 

Figure 3.13 Well B log-log analysis. The closure pressure was estimated to be 10910 psi at log of 

time of 285 (unitless). 
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Figure 3.14 Well C G-function analysis. The closure pressure was estimated to be 10477 psi at 

G-time of 30.63 (unitless). 

 

Figure 3.15 Well C square root of time analysis. The closure pressure was estimated to be 10477 

psi at square of time of 26.44 (unitless). 
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Figure 3.16 Well C log-log analysis. The closure pressure was estimated to be 10477 psi at log of 

time of 698.96 (unitless). 

 

Figure 3.17 Log-log after-closure analysis (ACA) showing linear flow from FL2 0.18 to 0.14 

(unitless) for Well B.  
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Figure 3.18 Linear after-closure analysis (ACA) showing linear flow from 12.56 to 15.97 hours 

for Well B. The pore pressure for Well B was estimated to 10089 psi.  

 

Figure 3.19 Log-log after-closure analysis (ACA) showing linear flow from FL2 0.189 to 0.141 

(unitless) for Well C. 
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Figure 3.20 Linear after-closure analysis (ACA) showing linear flow from 29.27 to 37.61 hours 

for Well C. The pore pressure for Well C was estimated to 9644 psi. 

3.1.4   Grid Setup       

The grid setup was done after calibrating the geological model. Figure 3.21 shows the 

Poisson’s ratio grid prior to the grid setup process. The first step in the calibration was to reflect 

the regional dip, which was around two degrees, of the field to the model. Afterward, the structural 

features, if any, were included in the grid. Two faults were present in the studied area; both faults 

are intersecting with Well B (see Figure 3.22). When the faults were included in the grids, 

geosteering was performed for both wells in order to ensure that the model reflects the exact 

location of Well B and Well C. The gamma ray of the lateral section of both wells was utilized to 

geosteer both wells in the model using the gamma ray from the reference well. Figure 3.23 

represent the geosteer process for Well C. The final grid, which used a node size of ten feet and an 

aspect ratio of two, for Well B and Well C are illustrated in Figure 3.24 and Figure 3.25, 

respectively. As shown in the final grid, Well B targets the lower Eagle Ford while Well C targets 

both the lower Austin Chalk and the middle Eagle Ford.            
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Figure 3.21 Poisson's ratio (PR) grid including Well C prior to grid setup. The grid values are 

shown in the right using a legend with a color gradient for values from 0.25 to 0.32 (unitless).  

 

 

Figure 3.22 Initial grid showing both faults and Well B. Poisson's ratio (PR) values are shown in 

the right using a legend with a color gradient for values from 0.25 to 0.32 (unitless). 
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Figure 3.23 Geosteering process for the geological model for Well C. The blue and green logs to 

the left of the figure are the gamma ray logs for the reference well and the treatment well, 

respectively. Poisson's ratio (PR) values are shown in the right using a legend with a color gradient 

for values from 0.25 to 0.32 (unitless). 

 

Figure 3.24 Final grid setup showing Well B. Poisson's ratio (PR) values are shown in the right 

using a legend with a color gradient for values from 0.25 to 0.32 (unitless). 



62 

 

Figure 3.25 Final grid setup showing Well C. Poisson's ratio (PR) values are shown in the right 

using a legend with a color gradient for values from 0.25 to 0.32 (unitless). 

 

3.1.5   Error Analysis 

The created geological and geomechanical model was developed using the vertical 

penetration section of Well C wireline data. The determined grid properties were then populated 

in the model laterally. Populating the properties laterally assumes a heterogeneous study area in 

the lateral direction. Fracture propagation may be affected since uniform lateral geomechanical 

properties were assumed, which impact the total stress profile in the model (see Equation 2.1 in 

Section 2.1.1).  Having additional vertical wells in the study area, lateral wireline data, or a geo-

model can take into consideration the lateral variation in the created geological and geomechanical 

model; hence providing more accurate fracture geometries.             
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3.2  Base Model Development   

Base hydraulic fracture models for both wells, Well B and Well C, were created using the 

treatment data for each well. Stimulation treatment for each stage in both wells was simulated and 

matched to actual treatment data in the developed geological model. The following sections 

discuss the methodology for base model development for the two treatment wells.    

3.2.1   Well B Base Model     

Simulation treatment field data for Well B were used to create fracture models in 

GOHFER®. Perforations were created in the treatment well before creating the treatment schedule. 

The treatment was designed to be pumped in 15 stages with a total of 59 clusters; 14 stages had 

four clusters and one stage had three clusters. A total of 32 (8 per cluster) perforation shots were 

placed in the wellbore for Stage 3 to Stage 15 while Stage 1, Stage 2, and Stage 3 had 24 perforation 

shots. Table 3.2 shows the original designed treatment schedule for Well B. The actual treatment 

designs for each stage were altered due to practical and/or operational reasons in the field. Section 

3.2.1.1 and Section 3.2.1.2 below discuss pressure and production match process in order to create 

the base model for Well B.  

Table 3.2 Designed generic treatment schedule for Well B 
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3.2.1.1   Pressure Match     

One of the critical properties to create the base model is treating pressure. The pressure 

obtained from the fracture model, which was created by using the actual treatment schedule, in 

GOHFER® was matched with actual field pressure data for each stage. The fracture model for each 

stage was created using the reservoir properties, such as the PDL coefficient, determined from the 

DFIT data. Transverse storage coefficient, real permeability factor, coefficient of discharge, 

tortuosity erosion factor, and transverse exponent were assumed for all stages to be 0.0005 1/psi, 

3 (unitless), 0.7 (unitless), 0 (unitless), and 1.2 (unitless), respectively. The transverse storage was 

assumed using the rule of thumb when no storage is determined. For oil wells, real permeability 

factor ranges from 2-5; where the used value in the model provided best pressure match. The fluid 

flow through the perforations were not ideal, which was reflected in the model via the coefficient 

of discharge. Transverse exponent and tortuosity erosion factor were altered until reaching the 

pressure match. To match the simulator results with actual data, the width exponent, tortuosity 

factor, and fracturing fluids friction factor were modified. Since the simulated job was hybrid frac 

treatment, all stages had a width exponent from 3.2 to 3.3 (unitless) causing higher pressure 

through time compared to lower width exponent. Wider and higher fractures were created due to 

the increase in pressure caused by the assumed width exponent. The perforation tortuosity factor 

ranged from 200 to 400 psi/bpm0.5 for all stages but the first stage, which had 800 psi/bpm0.5.  It 

was noticeable that the tortuosity factor decreased at later stages due to less near-wellbore pressure 

loss. The tubular friction factor was adjusted for each fracturing fluid in each stage; a similar 

friction factor for each fracturing fluid was used in the design in all stages.  The modified design 

parameters were adjusted until reaching a reasonable match. Figure 3.26 illustrates match results 

for Stage 14. The pressure match results for all stages are included in Appendix A (see Figure A.1 
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to Figure A.15). Oil, gas, and water rates from Well B were matched after obtaining the base 

fracture model for Well B (see Figure 3.27). All stages were used to estimate the rates using well, 

simulation, and reservoir properties obtained from the model. Transverse fracture properties were 

obtained from the created base fracture model. To obtain the desired rate match, 0.0004 md, 0.39 

(unitless), 0.40 (unitless), 0.21 (unitless), 1.2 bbl/STB, and 5000 scf/STB were used as effective 

permeability, water saturation, gas saturation, oil saturation, oil formation volume factor, and gas-

oil ratio (GOR), respectively. A minimal difference was noted between the actual rates data and 

modeled rates due to the changing GOR through the life of the well; where the GOR was 

fluctuating during production.      

 

Figure 3.26 Well B pressure match results for Stage 14. The engine results shows both actual and 

simulated data. The actual data are represented by dashed lines while the simulated data are 

illustrated by solid lines.
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Figure 3.27 Well B oil, gas, and water production rates from the fracture model match with actual 

rates for 750 days. 

3.2.1.2   Production Match     

Available production data were used to perform a rate-transient analysis production match. 

Type curve, pseudo plot, semi-log, decline curve, rate decline analyses were done in order to match 

the production. The conducted analyses to obtain the production match are demonstrated in Figure 

3.28 to Figure 3.32. The analyses use essential parameters, such as effective permeability, effective 

fracture half-length, aspect ratio, drainage area, fracture conductivity, to perform the production 

match. Figure 3.33 shows the pressure match for Well B by utilizing the properties obtained from 

the performed analyses.
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Figure 3.28 Type curve analysis for Well B showing actual data along with their match. The well is shown in the left side of the type 

curve including all the 15 stages.  
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Figure 3.29 Pseudo plot analysis to determine Estimated Ultimate Recovery (EUR) of Well B along with its area and aspect ratio.  
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Figure 3.30 Well B effective permeability (k), reservoir flow capacity (kh), skin, and fracture half-length (xf) obtained from Semi-log 

analysis.  
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Figure 3.31 Decline curve analysis for Well B along with its parameter and results. 



71 

 

Figure 3.32 Rate decline curve analysis for Well B showing initial rate (Qi), initial nominal decline (Di), Hyperbolic decline constant 

(B), and abandonment rate (Aban). 
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Figure 3.33 Well B production match including total production and production rate per day.
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3.2.2   Well C Base Model     

Simulation treatment field data for Well C were used in GOHFER® to create fracture 

models. Perforations were created in the treatment well before creating the treatment schedule. 

The treatment was designed to be pumped in 16 stages with a total of 96 clusters; each stage had 

six clusters. A total of 36 (6 per cluster) perforation shots were placed in the wellbore for each 

stage. Table 3.3 shows the original designed treatment schedule for Well C. The actual treatment 

designs for each stage were altered due to practical and/or operational reasons in the field. Section 

3.2.2.1 and Section 3.2.2.2 below discuss pressure and production match process in order to create 

the base model for Well C.  

Table 3.3 Well C generic designed treatment schedule. 
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3.2.2.1   Pressure Match     

One of the critical properties to create the base model is treating pressure. The pressure 

obtained from the fracture model, which was created by using the actual treatment schedule, in 

GOHFER® was matched with actual field pressure data for each stage. The fracture model for 

each stage was created using the reservoir properties, such as the PDL coefficient, determined from 

the DFIT analysis. Transverse storage coefficient, real permeability factor, coefficient of 

discharge, tortuosity erosion factor, and transverse exponent were assumed for all stages to be 

0.0005 1/psi, 3 (unitless), 0.7 (unitless), 0 (unitless), and 1.2 (unitless), respectively. For oil wells, 

real permeability factor ranges from 2-5; where the used value in the model provided best pressure 

match. The fluid flow through the perforations were not ideal, which was reflected in the model 

via the coefficient of discharge. Transverse exponent and tortuosity erosion factor were altered 

until reaching the pressure match. To match the simulator results with actual data, the width 

exponent, tortuosity factor, and fracturing fluids friction factor were modified. Since the simulated 

job was hybrid frac treatment, all stages had a width exponent from 3.15 to 3.40 (unitless) causing 

higher pressure through time compared to lower width exponent. Wider and higher fractures were 

created due to the increase in pressure caused by the assumed width exponent. The perforation 

tortuosity factor ranged from 200 to 400 psi/bpm0.5 for all stages. The tubular friction factor was 

adjusted for each fracturing fluid in each stage; a similar friction factor for each fracturing fluid 

was used in the design in all stages.  The modified design parameters were adjusted until reaching 

a reasonable match. Figure 3.34 illustrates match results for Stage 11. The pressure match results 

for all stages are included in Appendix A (see Figure A.16 to Figure A.31). Oil, gas, and water 

rates from Well C were matched after obtaining the base fracture model for Well C (see Figure 

3.35). All stages were used to estimate the rates using well, simulation, and reservoir properties 
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obtained from the model. Transverse fracture properties were obtained from the created base 

fracture model. To obtain the desired rate match, 0.0012 md, 0.39 (unitless), 0.40 (unitless), 0.21 

(unitless), 1.2 bbl/STB, and 7500 scf/STB were used as effective permeability, water saturation, 

gas saturation, oil saturation, oil formation volume factor, and gas-oil ratio (GOR), respectively. 

A minimal difference was noted between the actual rates data and modeled rates due to the 

changing GOR through the life of the well; where the GOR was fluctuating during production.  

 

Figure 3.34  Stage 11 pressure match simulation results for Well C. The dashed lines show the 

actual data while the engine results are represented by solid lines. 
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Figure 3.35 Oil, gas, water production rates for Well C determined after creating the fracture 

base model. 

3.2.2.2   Production Match     

Available production data were used to perform a rate-transient analysis production match. 

Type curve, pseudo plot, semi-log, decline curve, rate decline analyses were done in order to match 

the production. The conducted analyses to obtain the production match are demonstrated in Figure 

3.36 to Figure 3.40. The analyses use essential parameters, such as effective permeability, effective 

fracture half-length, aspect ratio, drainage area, fracture conductivity, to perform the production 

match. Figure 3.41 shows the pressure match for Well C by utilizing the properties obtained from 

the performed analyses.  
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Figure 3.36 Well C type curve match analysis showing actual data along with their match. The well is shown in the left side of the 

type curve including all the 16 stages. 
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Figure 3.37 Estimation of Estimated Ultimate Recovery (EUR) of Well C along with its area and aspect ratio via pseudo plot analysis. 
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Figure 3.38 Well C effective permeability (k), reservoir flow capacity (kh), skin, and fracture half-length (xf) obtained from Semi-log 

analysis.  
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Figure 3.39 Well C decline curve analysis parameters and results.  
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Figure 3.40 Rate decline curve analysis for Well C showing initial rate (Qi), initial nominal decline (Di), Hyperbolic decline constant 

(B), and abandonment rate (Aban). 
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Figure 3.41 Oil, gas, and water production and rate match along with pressure match for Well C.
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3.2.3   Pressure Match Summary     

 Both wells, Well B and Well C, stimulation treatments were matched in GOHFER® using 

the developed geological model. Actual field pressure data were matched with the data obtained 

from GOHFER® treatments simulation for each stage in both wells. These treatment stimulation 

were executed to reflect what was actually done in the field. The pressure matches were achieved 

(see Figure 3.26 and Figure 3.34) by altering the transverse exponent and tortuosity erosion factor 

were until reaching the pressure match. The width exponent, tortuosity factor, and fracturing fluids 

friction factor were also modified to match the simulator results with the actual field pressure data. 

The main purpose of the pressure match for both wells was to determine the generated fractures 

geometry from the stimulation treatments for both wells. Figure 3.42 and Figure 3.43 illustrate the 

obtained fractures geometry for Well C and Well B, respectively. After simulating the stimulation 

treatments for both wells, the production for each stage in both wells was estimated using 

GOHFER®. The production analyses provides produced fluid rates (see Figure 3.27 and Figure 

3.41), which are matched with the actual production rates. The simulated rates were different since 

the GOR was fluctuating during production for both wells. 

3.2.4   Production Match Summary     

 Rate-transient analysis was performed in GOHFER® in order to match the available field 

production data for both wells. Production data generated from the rate-transient analyses for Well 

B and Well C were matched using effective permeability, effective fracture half-length, aspect 

ratio, drainage area, fracture conductivity. The estimated fluids total production had a minimal 

difference even though the fluids rate were matched since the GOR was not stable throughout the 

life of wells.    



84 

 

Figure 3.42 A side view of Well C simulated fractures geometry for all stages. Both wells are illustrated; where Well B and Well C are 

in green and yellow, respectively. Vertical and horizontal black bars are included in the bottom to show the scale in feet. 
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Figure 3.43 Well B simulated fractures geometry side view for all stages. Both wells are illustrated; where Well B and Well C are in 

green and yellow, respectively. Vertical and horizontal black bars are included in the bottom to show the scale in feet. 
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3.3 Sensitivity Analyses   

After both the geological and base model were created, sensitivity analyses could be run in 

order to optimize future well stimulation within the studied area. Well C trajectory was used to run 

the analyses since the vertical penetration pilot section of the Well C well logs were used to create 

the geological model (see Section 3.1) and to avoid any affects from the faults that intersect with 

Well B. The optimum results are obtained based on production analysis (rate transient analysis) 

done in GOHFER® for each sensitivity. GOHFER® utilizes Agarwal-Gardner (Agarwal et al. 

1999) single phase type curve model with multiphase non-Darcy flow in the fracture to estimate 

the production. Landing zone, fracturing fluids and their volume, proppant selection, and cluster 

spacing analysis were performed in order to optimize the treatment. Figure 3.44 shows the used 

process to optimize the stimulation treatment. The used methodologies for each sensitivity along 

with their parameters as well as their results are discussed in details in Chapter 4. 
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Figure 3.44 Stimulation treatment optimization process. The main sensitivities are written in white while scenarios used to determine 

the optimum results are shown below the sensitivity in black. 
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CHAPTER 4   

RESULTS AND DISCUSSION  

The results of the sensitivity analyses and their parameters are discussed in detail in this 

chapter. The sensitivities were run in the developed geological model for the studied area. The 

stimulation treatment was optimized based on production analysis that was performed for each 

sensitivity using GOHFER®. Landing zone, fracturing fluids and their volume, proppant selection, 

and cluster spacing analyses along with their parameters are covered in the following sections. 

4.1 Landing Zone Sensitivity Analysis  

Before the unconventional reservoir revolution, the Austin Chalk was the main producing 

reservoir in the study area while the Eagle Ford was the source rock for the petroleum system. 

Currently, operators are producing from the Eagle Ford itself. Hydrocarbon production varies 

across different formations within the play since each formation has its own characteristics. 

Operators have drilled and completed numerous wells to test each formation. 

 Multiple synthetic wellbores were placed vertically in the developed geological model to 

study various landing locations within the studied area. Optimization of landing locations is one 

of the objectives for this study. All synthetic wellbores had the same properties; number of 

perforation shots and clusters, cluster spacing, number of stages, and lateral length were fixed. The 

analyzed landing zones were in the lower Austin Chalk, middle Eagle Ford, lower Eagle Ford, and 

Pepper Shale. These landing zones were selected since they all had hydrocarbon production 

potential based on the analyzed well logs. Two synthetic wellbores were created in the lower 

Austin Chalk; one wellbore was placed in the top part of the lower Austin Chalk (see Figure 4.1) 

and the other was located in the lower part (see Figure 4.2). Figure 4.3 to Figure 4.5 illustrate the 
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synthetic wellbores and their corresponding landing zones to analyze the Eagle Ford and the 

Pepper Shale. The landing zones were tested by creating fracture models for each landing zone 

using a slickwater and a gel treatment. Both slickwater and gel treatments were used to take into 

consideration the differences in the geological properties for each zone, where some zones may be 

more productive when stimulated by slickwater fracture treatments, and vice versa. All fracture 

models used the same stimulation treatment to determine the optimum landing zone in the studied 

interval; fracturing fluids volume, proppant selection, and cluster spacing were maintained in all 

designed treatment schedules.     

 

Figure 4.1 Synthetic wellbore created in the developed geological model to study the top part of 

the lower Austin Chalk. 
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Figure 4.2 Synthetic wellbore created in the developed geological model to study the lower part 

of the lower Austin Chalk. 

 

Figure 4.3 Synthetic wellbore created in the developed geological model to study the middle Eagle 

Ford. 
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Figure 4.4 Synthetic wellbore created in the developed geological model to study the lower Eagle 

Ford. 

 

Figure 4.5 Synthetic wellbore created in the developed geological model to study the Pepper Shale. 
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The fracture models created for each landing zone used 100% slickwater and 100% 30# 

gel fracturing fluids. The pumping schedules for each zone are shown in Table 4.1 and Table 4.2 

for the slickwater design and the gel design, respectively. Both designs used the exact same amount 

of fracturing fluids and proppant, around 100,000 gallons of fracturing fluids and 120,000 pounds 

of proppant, with a constant pumping rate of sixty barrel per minute. The pumping rate was 

selected to ensure that the fractures keep propagating and gain extra length as well as minimizing 

screenout potential compared to lower pumping rate.  The landing zones were compared by their 

hydrocarbon production for two years obtained from the GOHFER® production analysis package. 

An Agarwal-Gardner (Agarwal et al. 1999) single phase type curve model with multiphase non-

Darcy flow in the fracture is utilized in GOHFER® to estimate the production. Reservoir 

properties, such as effective permeability, water saturation, gas saturation, oil saturation, oil 

formation volume factor, and gas-oil ratio (GOR), obtained from the base models were used while 

estimating the oil production for each landing zone. Table 4.3 and Table 4.4 demonstrate the 

resulting estimated oil production for each zone using the slickwater design and the gel design, 

respectively.  

All landing zones had significantly higher production when a gel system was used to 

stimulate the well (see Table 4.3 and Table 4.4). The Eagle Ford performed 104% and 29% better 

than the Austin Chalk for both the slickwater and gel systems, respectively (see Table 4.5 and 

Figure 4.6). The production analysis showed that the highest production, around 326 Mbbl, was 

obtained from the Pepper Shale formation when stimulated with gel treatment. Each landing 

interval within the Eagle Ford (Middle Eagle Ford, Lower Eagle Ford, and Pepper Shale) was 

further investigated using a hybrid-frac system (see Section 4.2.1) in order to study the impact of 



93 

fracturing fluids selection on the determined results. The Austin Chalk was not included in the 

further analysis since it has less hydrocarbon production potential comparing to the Eagle Ford.   

The gel system provided better production in the Pepper Shale formation for multiple 

reasons. The gel generated higher, longer, and wider fracture growth compared to the slickwater 

system due to the difference in physical properties for each fluid, such as the viscosity of the 

fracturing fluids. For instance, the fractures created by gel treatment in the Middle Eagle Ford had 

average height, width, and proppant cutoff length of 160 ft, 0.123 in., and 78 ft, respectively, while 

the slickwater treatment in the Middle Eagle Ford created fractures with average height, width, 

and proppant cutoff length of 139 ft, 0.075 in., and 50 ft, respectively (see Table 4.6).  The average 

proppant cutoff length is determined in GOHFER® by the flowing fracture length with greater than 

or equal to 2 md-ft effective conductivity. The estimated lengths are relatively low since created 

lengths with less than 2 md-ft effective conductivity were not included in the estimation.  Figure 

4.7 and Figure 4.8 illustrate the proppant concentration within the generated Pepper Shale fracture 

for slickwater and gel systems, respectively. The high minimum horizontal stress within the 

studied intervals was another reason for the higher production when stimulating the formation by 

gel. The generated fractures from slickwater were contained between the Buda and the Lower 

Eagle Ford, while the gel treatment was capable of breaking into the Lower Eagle Ford since the 

gel maintains its viscosity at the formation shear and temperature.     
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Table 4.1 Designed pumping schedule using slickwater to analyze the landing zones within the 

studied area 

 

Table 4.2 Gel pumping schedule to analyze the landing zones within the studied area 

 

Table 4.3 Estimated two-year production for each landing using GOHFER® when 100% slickwater 

was used in the designed stimulation treatment 
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Table 4.4 Results of 30# gel design estimated two-year production using GOHFER® for each 

landing zone 

 

Table 4.5 Difference in Average estimated oil production for two years for the Austin Chalk and 

the Eagle Ford 

 

Table 4.6 Generated transverse fractures properties for slickwater-frac and gel frac systems 
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Figure 4.6 Comparison of landing zones estimated total oil production for slickwater design and 30# gel design. 
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Figure 4.7 Proppant concentration within the first generated transverse fracture with total of six 

clusters in the first stage, which was in the toe, of the Pepper Shale using slickwater. The legend 

on the right illustrates the concentration of the proppant within the fracture. Vertical and horizontal 

black bars are included in the bottom to show the scale in feet. 
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Figure 4.8 The proppant concentration for the first transverse fracture generated with total of six 

clusters in the first stage, which was in the toe, of the Pepper Shale by the gel treatment design for 

the first stage within the Pepper Shale. The legend on the right illustrates the concentration of the 

proppant within the fracture. Vertical and horizontal black bars are included in the bottom to show 

the scale in feet. 
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4.2 Stimulation Treatment Sensitivity Analyses  

Simulation treatment optimization was performed in the various landing zones using the 

developed geological model. Numerous sensitivities were tested including fracturing fluids and 

their volume, proppant selection, and cluster spacing. GOHFER® was utilized to run production 

analyses for each sensitivity; the production analyses are based on an Agarwal-Gardner (Agarwal 

et al. 1999) single phase type curve model with multiphase non-Darcy flow in the fracture. 

Reservoir properties obtained from the base models were used to estimate the oil production. All 

the performed sensitivity analyses and their results are discussed in the following sections. 

4.2.1   Fracturing Fluids  

Fracturing fluids play a major role in creating the fracture. Fracturing fluids were optimized 

by using multiple fracturing fluids with different physical properties while maintaining the same 

fluid volume, proppant selection, and cluster spacing. Slickwater, gel, and hybrid fracturing fluid 

systems were used to create fracture models. As discussed in the previous section, pure gel systems 

and slickwater systems were used to determine the most productive landing zones. It was 

determined that the Eagle Ford had better hydrocarbon production when a gel design was used to 

stimulate the formation (see Section 4.1).  

Further analyses were performed using hybrid-frac designs in order to study the impact of 

reducing the amount of gel in the treatment design since using less gel in the treatment can reduce 

the cost of the well stimulation. Three hybrid treatments were analyzed within the Middle Eagle 

Ford, the Lower Eagle Ford, and the Pepper Shale: 70% gel with 30% slickwater, 50% gel with 

50% slickwater, and 30% gel with 70% slickwater. Table 4.7 to Table 4.9 show the pumping 

schedule used for all the hybrid treatments to analyze the Eagle Ford. A constant pumping rate of 

sixty barrels per minute with fixed amounts of fracturing fluids and proppant, around 100,000 
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gallons of fracturing fluids and 120,000 pounds of 30/50 sand proppant, were used in the analyses. 

The pumping rate was selected to ensure that the fractures keep propagating and gain extra length 

as well as minimizing screenout potential compared to lower pumping rate. All treatments used 

the same pumping schedule, but the pad volume was modified to fit the created three hybrid 

treatments fracturing fluids’ percentages. Figure 4.9, Figure 4.10, and Figure 4.11 illustrate the 

resulting proppant concentration in lb/ft2 within the created fracture using the treatment designs of 

70% gel with 30% slickwater, 50% gel with 50% slickwater, and 30% gel with 70% slickwater, 

respectively. Each hybrid system was capable of creating a fracture that extends from the Pepper 

Shale up into the Lower Eagle Ford, where the gel’s physical properties helped to generate 

additional fracture height by overcoming the stress barrier between the Pepper Shale and the Lower 

Eagle Ford. The generated fractures properties, including average fracture height, width, and cutoff 

length and average proppant concentration, for each hybrid system are shown in Table 4.10.  When 

the volume of the gel in the design was decreased, the created fractures were narrower and shorter 

in length and height with less proppant within them. The decrease in the average proppant 

concertation occurred because the proppant settled further away in the fractures (see Figure 4.9, 

Figure 4.10, and Figure 4.11).  

Table 4.7 Pumping schedule for a hybrid treatment of 70% gel with 30% slickwater within the 

Eagle Ford 
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Table 4.8 Pumping schedule for a hybrid treatment of 50% gel with 50% slickwater within the 

Eagle Ford 

 

Table 4.9 Pumping schedule for a hybrid treatment of 30% gel with 70% slickwater within the 

Eagle Ford 

 

Table 4.10 Created transverse fractures properties within the Lower Eagle Ford (EF), the Middle 

EF, and the Pepper Shale by using multiple hybrid-frac designs 
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Figure 4.9 Proppant concentration and its distribution for the first transverse fracture with total of 

six clusters in the first stage, which was in the toe, of the Lower Eagle Ford generated by a hybrid-

frac system with 70% gel and 30% slickwater. The legend on the right illustrates the concentration 

of the proppant within the fracture. Vertical and horizontal black bars are included in the bottom 

to show the scale in feet. 
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Figure 4.10 Proppant concentration within the first generated transverse fracture with total of six 

clusters in the first stage, which was in the toe, in the Lower Eagle Ford using 50% gel and 50% 

slickwater treatment design. The legend on the right illustrates the concentration of the proppant 

within the fracture. Vertical and horizontal black bars are included in the bottom to show the scale 

in feet. 
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Figure 4.11 Proppant concentration and its distribution for the first transverse fracture with total 

of six clusters in the first stage, which was in the toe, in the Lower Eagle Ford generated by a 

hybrid-frac system with 30% gel and 70% slickwater. The legend on the right illustrates the 

concentration of the proppant within the fracture. Vertical and horizontal black bars are included 

in the bottom to show the scale in feet.  
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After creating the fracture model for each hybrid treatment, production analyses were 

performed to estimate the oil production for two years. The results of the production analyses are 

shown in Table 4.11. Figure 4.12 illustrates the estimated production after fracturing each zone 

within the Eagle Ford using 100% gel, 70% gel with 30% slickwater, 50% gel with 50% slickwater, 

30% gel with 70% slickwater, and 100% slickwater. Decreasing the gel percentage in the treatment 

caused a decrease in the production from the Pepper Shale since the hybrid fracturing fluid 

generated less conductive fractures. When less than 70% gel was used in the treatments, the Lower 

Eagle Ford performed 5% and 28% better than the Pepper Shale for 50% gel with 50% slickwater 

and 30% gel with 70% slickwater, respectively (see Table 4.12). Fracturing the Pepper Shale 

generated better fractures network compared to the Lower Eagle Ford when pure gel treatment 

was used since the conductive fractures were propagating within the Pepper Shale and the Lower 

Eagle Ford resulting in 8% increase in production; hence producing oil from both of the 

formations. Furthermore, decreasing percentage of the gel from 100% to 70% when treating the 

Lower Eagle Ford did not cause any change in the estimated production, where the estimated 

production was 301 Mbbl in both cases (see Table 4.4, Table 4.11, and Figure 4.12). Thus, the 8% 

increase in the estimated oil production between the Lower Eagle Ford and the Pepper Shale was 

mainly produced from the Pepper Shale formation.     

The production analyses showed that using a 100% gel treatment to fracture the Pepper 

Shale can yield the highest oil production, around 326 Mbbl. However, the optimum fracturing 

fluids were determined based on the treatment economics. The difference in oil production from 

the Pepper Shale between using 100% gel and 70% gel with 30% slickwater was around eight 

thousands barrel of oil (around 3% increase), which typically will not be worth the additional cost 

of the treatment caused by the extra 30% gel in the treatment design. Simple economic analyses 
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were performed in GOHFER® to study the net present value (NPV) of using 100% gel and 70% 

gel with 30% slickwater. The analyses used fixed economic parameters, such as well cost, discount 

rate, and oil and gas prices, and variable fluid costs, where the gel price per stage was assumed to 

be twice as much as the slickwater price per stage. The estimated NPV for both fracturing 

treatments was around nine million dollars (see Figure 4.13 and Figure 4.14). The volume of fluid 

used in the economic analyses was fixed as 100K gallons. A further analysis was performed in 

Section 4.2.3 to determine the optimum volume, which was more than 100K. The economic 

analyses for the optimum volume (see Section 4.2.3) are shown in Figure 4.15 and Figure 4.16. 

The analysis showed that the NPV for the 70% gel and 30% slickwater was higher than the pure 

gel, 7.4 and 6.9 million dollars, respectively. Therefore, it was determined that the optimum 

fracturing fluids system was a hybrid-frac system with 70% gel and 30% slickwater based on the 

production analyses obtained from GOHFER® and the economics.  

Table 4.11 Estimated two-year production obtained from GOHFER® after stimulating each zone 

using multiple hybrid-frac system 
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Table 4.12 Estimated production differences between the Lower and Middle Eagle Ford and 

Pepper Shale. Negative percentages mean that there was a decrease in estimated production for the 

Pepper Shale formation.  

 

 

Figure 4.12 Estimated two-year production for the Lower Eagle Ford (EF), the Middle EF, and the 

Pepper Shale formation using slickwater-frac system, gel-frac system, and hybrid-frac systems 

determined by GOHFER®. Each color represents a different treatment design as illustrated by the 

legend in the top part of the figure.
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Figure 4.13 Economic analysis along with estimated oil production for pure gel fracturing system 

within the Pepper Shale. 

 

Figure 4.14 Estimated total production for 70% gel with 30% slickwater fracturing treatment in 

the Pepper Shale formation and its NPV. 
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Figure 4.15 Economic analysis along with estimated oil production for pure gel fracturing system 

within the Pepper Shale using 175,000 gallons of fracturing fluid. 

 

Figure 4.16 Estimated total production for 70% gel with 30% slickwater fracturing treatment in 

the Pepper Shale formation using 175,000 gallons of fracturing fluid and its NPV. 
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4.2.2   Proppant Selection    

The optimum proppant selection was determined after determining the most productive 

zone along with its corresponding fracturing fluids. Multiple sand proppants were analyzed to 

achieve the highest hydrocarbon production from the Pepper Shale. 20/40, 30/50, 40/70, and 100 

mesh proppant sizes were tested in the Pepper Shale using a hybrid-frac fluid with 70% gel and 

30% slickwater while maintaining constant fracturing fluid volumes and constant cluster spacing 

of 50 ft. Production analyses were performed after creating a fracture model for each proppant size 

using GOHFER® in order to compare the oil production for all the generated fracture models.   

Fracture models were created in the Pepper Shale using multiple sand proppants. Table 

4.13 to Table 4.16 show the treatment schedule for each fracture model. The stimulation treatment 

used a constant pumping rate of sixty barrels per minute with fixed amounts of fracturing fluids 

and proppant, which were around 100,000 gallons of fracturing fluid and 120,000 pounds of 

proppant. The pumping rate was selected to ensure that the fractures keep propagating and gain 

extra length as well as minimizing screenout potential compared to lower pumping rate. Production 

analysis was performed in GOHFER® for each proppant size after obtaining the generated fracture 

properties (see Table 4.17). Figure 4.17 to Figure 4.20 illustrate the distribution of the proppant 

within the fractures for all proppant sizes. The estimated production for all treatments within the 

Pepper Shale are demonstrated in Table 4.18 and Figure 4.21. The estimated production increased 

by 172 Mbbl, around 97% increase, when 20/40 sand was used instead of 100 mesh sand proppant. 

Same trend was observed during the analyses, where using smaller proppant size yield less oil 

production compared to bigger proppants (see Table 4.19).   
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Table 4.13 Stimulation treatment schedule created to analyze the hydrocarbon production when 

20/40 sand proppant was used to fracture the Pepper Shale. 

 

 

Table 4.14 30/50 sand proppant sensitivity pumping schedule to hydraulically fracture the Pepper 

Shale formation.    
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Table 4.15 Hydraulic fracture treatment pumping schedule in the Pepper Shale using 40/70 sand 

proppant.   

 

 

Table 4.16 Created treatment schedule to generate fracture model for the Pepper Shale formation 

using 100 mesh sand proppant. 

 



113 

Table 4.17 Generated transverse fracture properties when using multiple sand proppant sizes in 

order to stimulate the Pepper Shale formation. 

 

Table 4.18 Estimated oil production from the Pepper Shale obtained from GOHFER® by 

stimulating the formation with different proppant size. 

 

Table 4.19 Percentage change in estimated oil production between 20/40 sand proppant and 30/50, 

40/70, and 100 mesh sand proppant. The percentages reflect the decrease in production compared 

to 20/40 estimated production.     
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Figure 4.17 Proppant concentration in the generated fracture with total of six clusters in the first 

stage, which is in the toe, of the Pepper Shale from hydraulic fracture treatment with proppant size 

of 20/40. The legend on the right illustrates the proppant concentration in lb/ft2. Vertical and 

horizontal black bars are included in the bottom to show the scale in feet. 
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Figure 4.18 30/50 sand proppant concentration within generated fracture with total of six clusters 

in the first stage, which is in the toe, of the Pepper Shale. The legend on the right illustrates the 

proppant concentration in lb/ft2. Vertical and horizontal black bars are included in the bottom to 

show the scale in feet.   
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Figure 4.19 Proppant concentration grid obtained from GOHFER® using 40/70 proppant sand in 

the toe of the Pepper Shale. The legend on the right illustrates the proppant concentration in lb/ft2. 

Vertical and horizontal black bars are included in the bottom to show the scale in feet.    
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Figure 4.20 Proppant concentration in the created fracture with total of six clusters by 100 mesh 

sand proppant in the toe of the Pepper Shale. The legend on the right illustrates the proppant 

concentration in lb/ft2. Vertical and horizontal black bars are included in the bottom to show the 

scale in feet.    
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Figure 4.21 Estimated two-year production when stimulating the Pepper Shale using multiple proppant sizes. 
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Further analyses on proppant were done in Predict-K® to understand the reasons that 

changed the estimated production when the size of proppant was changed. Dynamic conductivity 

analysis was performed for all each proppant size to analyze their conductivity under the studied 

area stress (see Figure 4.22). Figure 4.23 shows production analysis done in Predict-K® based on 

the generated fracture model properties for each proppant. The production analysis in Predict-K® 

demonstrated that bigger proppant generated more productive fractures even though the estimated 

dynamic conductivities in Predict-K® were similar at the studied area stress, which was around 

10,500 psi. The difference in production occurred due to multiple damaging mechanisms, 

including grain embedment, grain spalling, and non-Darcy multiphase effect (see Table 4.20 and 

Table 4.21). The non-Darcy effect impact the production rapidly in 100 mesh proppant, while it 

took more time to impact 20/40 proppant. This impact was responsible for producing less 

hydrocarbon in early times when using finer proppants. Therefore, bigger proppant, such as 20/40, 

was capable of producing more oil compared to finer proppants. 

  
Figure 4.22 Proppant conductivity in md-ft for multiple proppants at different stress values 

obtained from Predict-K®. The studied area stress is around 10,500 psi. The legned in the top right 

corner shows all the proppant used in the analysis.  
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Figure 4.23 Production analysis performed in Predict-K® for all proppants based on the fracture 

models generated in GOHFER®. The legned in the top right corner shows all the proppant used 

in the analysis.   

 

Table 4.20 Conductivity damage factors determined by Predict-K® for multiple proppant under 

10,000 psi stress 
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Table 4.21 Production damage mechanisms for 20/40, 30/50, 40/70, and 100 mesh sand proppant 

through time 
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Higher hydrocarbon production was estimated when using 20/40 and 30/50 sand proppants 

because they generated the longest propped fractures with the highest estimated oil production, 

around 350 Mbbl and 318 Mbbl, respectively. Multiple hybrid proppant sizes were studied using 

20/40 and 30/50 sands with different ratios, where the bigger proppant was pumped after the 

smallest proppant (see Table 4.22). 20/40 and 30/50 were used since both proppants provided the 

higher estimated production than 40/70 and 100 mesh proppants. The hybrid systems used around 

60% 20/40 sand with 40% 30/50 sand and 90% 20/40 sand with 10% 30/50 sand. Only these 

systems were tested since the estimated hydrocarbon production was decreasing when 30/50 sand 

proppant was introduced in the treatment schedule due to non-Darcy multiphase effect. The 

production analyses for all sizes of proppants, including the hybrid proppant systems, showed that 

the optimum oil production from the Pepper Shale was obtained when 20/40 sand proppant was 

used during the well stimulation treatment (see Figure 4.21).    

 

Table 4.22 Generic hybrid proppant size pumping schedule using 20/40 sand and 30/50 sand to 

stimulate the Pepper Shale formation.  
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4.2.3   Fracturing Fluid Volumes 

Different volumes of fracturing fluids were analyzed in GOHFER® to obtain the optimum 

volume to stimulate the Pepper Shale formation. Fracture models were developed using 75,000 

(75K), 100,000 (100K), 150,000 (150K), 175,000 (175K), 200,000 (200K), and 300,000 (300K) 

gallons of fracturing fluids. A hybrid-frac system with 70% gel and 30% slickwater along with 

20/40 sand proppant were used to generate the fracture models while maintaining a constant cluster 

spacing of 50 ft. The optimum volume of fracturing fluids was determined based on production 

analyses for each volume, where GOHFER® was utilized to estimate the hydrocarbon production 

for two years using the created fracture models. 

  Volumes of fracturing fluids were analyzed by creating multiple fracture models with 

different volumes. The fracture models were created in GOHFER® using the treatment schedules 

in Table 4.23 to Table 4.28. The same pumping schedule was used to create the fracture models, 

but the treatment volume was changed accordingly. Even though the fracturing fluid volumes were 

changing, the fracturing fluids ratio was maintained to be 70% of gel and 30% of slickwater. A 

constant pumping rate of sixty barrels per minute was used to pump the treatment. The pumping 

rate was selected to ensure that the fractures keep propagating and gain extra length as well as 

minimizing screenout potential compared to lower pumping rate. The amount of proppant was 

modified when the fracturing fluids volume was changed since the proppant was pumped along 

with the fracturing fluids; higher volume of fracturing fluids requires higher proppant volume. 

100,000 gallons was the initial studied volume. Afterward, fracturing fluids volume was increased 

to 300,000 gallons to test the volume impact on the stimulation results. Figure 4.24 to Figure 4.29 

illustrate the proppant concentration obtained from different volumes of fracturing fluids. The 
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generated fractured properties, such as average fracture height and cutoff length, are shown in 

Table 4.29.  

Table 4.23 Pumping schedule to hydraulically fracture the Pepper Shale formation using 75,000 

gallons of 70% gel and 30% slickwater with 20/40 sand.   

 

Table 4.24 Pumping schedule to hydraulically fracture the Pepper Shale formation using 100,000 

gallons of 70% gel and 30% slickwater with 20/40 sand. 
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Table 4.25 Pumping schedule to hydraulically fracture the Pepper Shale formation using 150,000 

gallons of 70% gel and 30% slickwater with 20/40 sand. 

 

Table 4.26 Pumping schedule to hydraulically fracture the Pepper Shale formation using 175,000 

gallons of 70% gel and 30% slickwater with 20/40 sand. 
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Table 4.27 Pumping schedule to hydraulically fracture the Pepper Shale formation using 200,000 

gallons of 70% gel and 30% slickwater with 20/40 sand. 

 

 

Table 4.28 Pumping schedule to hydraulically fracture the Pepper Shale formation using 300,000 

gallons of 70% gel and 30% slickwater with 20/40 sand. 

 

Table 4.29 Average generated transverse fracture properties in the Pepper Shale by using multiple 

volumes of hybrid-frac system with 70% gel and 30% slickwater.  
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Figure 4.24 Proppant concentration within the generated fracture when 75K gallons of fracturing 

fluids was used to stimulate the first stage, which had a total of six clusters, in the well toe in the 

Pepper Shale formation. The legend on the right illustrates the proppant concentration in lb/ft2. 

Vertical and horizontal black bars are included in the bottom to show the scale in feet.    
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Figure 4.25 Proppant concentration and its distribution for the first transverse fracture generated 

by a 100K gallons of 70% gel and 30% slickwater in the first stage, which had a total of six clusters, 

in the well toe in the Pepper Shale Formation. The legend on the right illustrates the proppant 

concentration in lb/ft2. Vertical and horizontal black bars are included in the bottom to show the 

scale in feet. 
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Figure 4.26 Proppant concentration within the generated fracture when 150K gallons of fracturing 

fluids was used to stimulate the first stage, which had a total of six clusters, in the well toe in the 

Pepper Shale formation.  The legend on the right illustrates the proppant concentration in lb/ft2. 

Vertical and horizontal black bars are included in the bottom to show the scale in feet.    
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Figure 4.27 Proppant concentration within the generated fracture when 175K gallons of fracturing 

fluids was used to stimulate the first stage, which had a total of six clusters, in the well toe in the 

Pepper Shale formation. The legend on the right illustrates the proppant concentration in lb/ft2. 

Vertical and horizontal black bars are included in the bottom to show the scale in feet.   
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Figure 4.28 Proppant concentration within the generated fracture when 200K gallons of fracturing 

fluids was used to stimulate the first stage, which had a total of six clusters, in the well toe in the 

Pepper Shale formation.  The legend on the right illustrates the proppant concentration in lb/ft2. 

Vertical and horizontal black bars are included in the bottom to show the scale in feet.    
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Figure 4.29 Proppant concentration and its distribution for the first transverse fracture generated 

by a 300K gallons of 70% gel and 30% slickwater in the first stage, which had a total of six clusters, 

in the well toe in the Pepper Shale formation. The legend on the right illustrates the proppant 

concentration in lb/ft2. Vertical and horizontal black bars are included in the bottom to show the 

scale in feet.    
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When the fracture models were generated, production analysis for each model was 

performed. Table 4.30 and Figure 4.30 demonstrate the estimated oil production for all fracture 

models. Changing the fracturing fluids volume from 100,000 to 300,000 gallons increased the 

estimated production by 225 Mbbl, while decreasing the fluids volume from 300,000 to 175,000 

gallons decreased the production by 1%, around 3 Mbbl (see Table 4.31). The optimum volume 

was obtained by ensuring that created fractures were conductive and connected to the wellbore 

while sustaining the optimum hydrocarbon production. The additional fracturing fluids helped to 

increase the fracture width, height, and cutoff length (see Table 4.29.). Minimal increments in the 

generated fracture height and width occurred when more than 175K gallons of fracturing fluids 

were used. Since the oil production mainly depends on the fracture properties, similar oil 

productions were estimated if more than 175,000 gallons of fracturing fluids were used to generate 

the hydraulic fractures due to the comparable flowing area within the fracture (see Figure 4.30). 

The increase of estimated production from using more than 175,000 gallons of fracturing fluids 

were 0% and 1% for 200,000 and 300,000 gallons, respectively (see Table 4.31). The production 

analyses demonstrated that using 175K gallons to stimulate the Pepper Shale formation yielded 

the optimum oil production.     

Table 4.30 Estimated total oil production obtained from GOHFER® by using different fracturing 

fluids volume.  
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Table 4.31 Percentage change in estimated oil production between 175,000 gallons of fracturing 

fluids and numerous volumes. The negative percentage indicates that the production increased, 

and vice versa. 

 

 

 

Figure 4.30 Estimated oil production for two years from the Pepper Shale formation for multiple 

fracturing fluid volumes
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4.2.4   Cluster Spacing   

Cluster spacing sensitivities were run to obtain the optimum cluster spacing in the Pepper 

Shale formation. The optimum cluster spacing was selected based on production analysis and 

minimizing the negative impact from stress shadowing. Optimizing the cluster spacing ensures 

that more SRV is connected to the wellbore, hence producing the optimum volume of 

hydrocarbons. 175K gallons of a hybrid-frac system with 70% gel and 30% slickwater along with 

20/40 sand proppant were used to develop fracture models in GOHFER® with various cluster 

spacing. Fracturing fluids and their volume and proppant type were selected based on the analyses 

performed in Section 4.2.1 to Section 4.2.3. Initially, 50 ft cluster spacing was used; and then it 

was increased and decreased to 80 ft and 20 ft, accordingly, in order to test its impact on 

hydrocarbon production. GOHFER® was utilized to analyze the hydrocarbon production for the 

created fracture models to determine the optimum cluster spacing.  

Multiple fracture models were created using 20 ft, 30 ft, 40 ft, 50 ft, and 80 ft cluster 

spacing. The pumping schedule used to create the fracture models is shown in Table 4.23. The 

stimulation treatment used a constant pumping rate of sixty barrels per minute with a fixed amount 

of fracturing fluids and proppant, around 175,000 gallons of fracturing fluid and 230,000 pounds 

of proppant. The pumping rate was selected to ensure that the fractures keep propagating and gain 

extra length as well as minimizing screenout potential compared to lower pumping rate. The 

generated fracture properties for each cluster spacing are represented in Table 4.32. Production 

analysis was performed for two years in GOHFER® after obtaining the generated fracture 

properties for all proppants. The estimated production for each treatment with its corresponding 

number of stages are demonstrated in Table 4.33 and Figure 4.31. All fracture models covered 

lateral length of 4800 ft in the reservoir and only 30 ft and 60 ft cluster spacing fracture models 
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covered lateral length of 4680 ft. 30 ft and 60 ft cluster spacing designs covered 120 ft less since 

the wellbore design cannot fit the stages with 30 ft or 60 ft in 4800 ft. Covering less reservoir area 

will impact the production negatively, and vice versa. 30 ft cluster spacing had the maximum 

estimated oil production even though it covered less lateral length of the reservoir. The difference 

in estimated production from 30 ft spacing and 20 ft and 40 ft were 8% and 1%, accordingly (see 

Table 4.34). When 80 ft cluster spacing was analyzed, the estimated production dropped by 24%, 

around 75 Mbbl, compared to the 30 ft spacing. 

Decreasing the cluster spacing increases the fractures density within the reservoir; and the 

closer the generated fracture the higher potential of stress shadowing. Cluster spacing was 

optimized in the model by increasing the number of created fractures while minimizing the 

negative impact of stress shadowing. More oil was produced when less cluster spacing was used 

since more SRV was covered (see Table 4.33). However, 20 ft cluster spacing showed less 

estimated oil production than 30 ft cluster spacing due to the high negative impact from stress 

shadowing within the created fractures in the 20 ft cluster spacing design. The optimum oil 

production was obtained using 30 ft cluster spacing because the generated fractures connected the 

SRV with the wellbore with the minimum stress shadowing negative impact.    
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Table 4.32 Generated transverse fractures average properties for multiple cluster spacing within 

the Pepper Shale formation. 

 

Table 4.33 Cluster spacing oil production analyses results within the Pepper Shale formation. 

 

Table 4.34 Percentage change in estimated oil production between 30 ft cluster spacing and 20 ft, 

40 ft, 50 ft, and 60 ft cluster spacing.  The percentages reflect the decrease in production from 30 

ft cluster spacing.  



138 

 

Figure 4.31 Estimated oil production for two years using different cluster spacing in the Pepper Shale using 175K gallons of a hybrid-

frac system with 70% gel and 30% slickwater along with 20/40 sand proppant.
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4.2.5   Treatment Optimization Summary 

Fracturing fluids and their volume, proppant selection, and cluster spacing were analyzed 

in order to optimize future treatments within the Pepper Shale formation. Multiple sensitivities 

were used to build fracture models using the developed geological and geomechanical model to 

study the effect of each sensitized parameter. The optimum fracturing fluids and their volume, 

proppant size, and cluster spacing were determined based on two-year production analyses ran in 

GOHFER® for each fracture model. 

Slickwater, gel, hybrid fracturing fluid systems with multiple volumes were studied. 

75,000 gallons to 300,000 gallons of fracturing fluids were analyzed. The best oil production was 

obtained when 175,000 gallons of a hybrid-frac system with 70% gel and 30% slickwater was used 

to stimulate the Pepper Shale formation. The proppant sensitivity showed that pumping 20/40 sand 

was better than 30/50, 40/70, and 100 mesh sand proppant. 20 ft, 30 ft, 40 ft, 50 ft, 60 ft, and 80 ft 

cluster spacing were tested using 175,000 gallons of a hybrid-frac system along with 20/40 sand; 

and 30 ft spacing was the optimum since it had minimum stress shadowing effect compared to 20 

ft cluster spacing.  
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CHAPTER 5   

CONCLUSIONS AND RECOMMENDATIONS   

The main results, as well as the outcomes, of this research are summarized in this chapter. 

Recommendations and future work are also discussed in this chapter.   

5.1 Conclusions   

The Eagle Ford shale play is one of the most recently developed unconventional plays. 

Well stimulation treatments within the play were varied across the play with different outcomes. 

This research helps to obtain optimum hydrocarbon production from the studied area. The 

optimum production was determined by landing zone, fracturing fluids and their volume, proppant 

selection, and cluster spacing sensitivity analyses. The data provided by the Reservoir 

Characterization Project (RCP) were utilized to develop a geological and geomechanical model of 

the studied area in GOHFER®. Base fracture models were created for two wells, Well B and Well 

C, using the developed geological model. These fracture models provided the reservoir properties 

within the area of study in order to use them in the landing zone and stimulation treatment 

optimization process. Fracture models were created for each sensitized parameter during the 

optimization process. The optimum parameters were determined based on production analyses 

performed in GOHFER® for each developed fracture model. The following conclusions were 

drawn from the analyses:  
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• Developed fracture geometries in the base fracture models for Well B and Well C 

provided insights about fracture propagation within the studied area. These insights 

were then utilized to obtain realistic fracture models for each sensitized parameter. 

• The Eagle Ford shale performed better than the Austin Chalk regardless of the 

fracturing fluid selection. The increase in the estimated production when the Eagle 

Ford was targeted instead of the Austin Chalk was 104% and 29% using slickwater 

and gel treatments, respectively.  

• Landing zone analyses within the Eagle Ford demonstrated that the Pepper Shale 

formation had higher oil production potential than the Middle Eagle Ford and the 

Lower Eagle Ford. The Pepper Shale may produce 8% and 5% more oil when 

stimulated with pure gel compared to the Lower Eagle Ford and the Middle Eagle 

Ford, respectively.   

• Gel fracturing fluid yield the highest estimated oil production, around 326 Mbbl, 

from the Pepper Shale. Introducing 30% of slickwater to the treatment design only 

decreased the estimated production by eight thousand barrels of oil, around 3%. A 

hybrid fluid system with 70% gel and 30% slickwater appears to be the optimum 

fracturing fluid treatment for the studied area depending on the treatment 

economics. 

• Both production analyses performed in GOHFER® and Predict-K® showed the 

20/40 sand proppant yield the highest production in the Pepper Shale formation as 

a result of dynamic conductivity damaging mechanisms, including non-Darcy 

multiphase effect and grain embedment and spalling.      
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• Fracturing fluid volume sensitivities analysis showed that the optimum volume to 

use in the hydraulic fracturing treatment for the Pepper Shale was 175,000 gallons. 

Only a 1% increase in estimated oil production occurred when 300,000 gallons of 

fracturing fluids were used compared to 175,000 gallons per stage due to the 

minimal increase in the generated fracture height and width, which yielded slightly 

lower estimated oil production. The determined volume ensures that the created 

fractures were conductive and connected to the wellbore while sustaining the 

optimum hydrocarbon production. 

• Generating hydraulic fractures using 30 ft cluster spacing resulted in the highest 

estimated oil production, around 387 Mbbl, with minimum negative impact to the 

oil production due to stress shadowing.     

• Future hydraulic fracturing treatments within the studied area may increase the 

production from the Eagle Ford significantly compared to previous stimulation jobs 

by generating hydraulic fractures using 175,000 gallons of fracturing fluids per 

stage of 70% gel and 30% slickwater along with 20/40 sand proppant.   

5.2 Recommendations    

This research provides optimization of the well stimulation process within the Eagle Ford. 

Further analyses are required when developing new wells in the area. Based on the conclusions 

drawn from this research, the following are recommendations for future work: 
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• Perform a full economic analysis for the studied area since well stimulation can be 

dependent on logistical challenges within the field, as well as different sensitized 

parameters in the treatment optimization process. The optimum well stimulation 

may be updated by combining these research results with the economic analysis. 

• Develop a full reservoir model, including reservoir flow model, to further 

understand the reservoir. The model will be beneficial to study well-to-well 

communication in order to determine optimum well spacing within the studied 

field, which can provide future child well locations in the studied area. 

• Utilize the developed geological and geomechanical model to create a full well 

development in the studied area.  

• Analyze engineered completions potential in various landing zones and compare 

their economics against conventional completions.  

• Perform further analysis on landing zone optimization since higher hydrocarbon 

production may be obtained when landing the well in multiple zones, where some 

zones are rich with natural gas and the others are oil rich.    

  



144 

REFERENCES 

Agarwal, R.G., Gardner, D.C., Kleinsteiber, S.W. et al. 1999. Analyzing Well Production Data 

Using Combined-Type-Curve and Decline-Curve Analysis Concepts. SPE Reservoir 

Evaluation & Engineering 2 (5): 478—489. SPE-57916-

PA. http://dx.doi.org/10.2118/57916-PA. 

Alrashed, A.A. 2018. Lateral Reservoir Heterogeneities and Their Impacts on Stress Shadowing 

in the Eagle Ford Reservoir. MS Dissertation, Colorado School of Mines, Golden, 

Colorado (May 16, 2019)  

Asquith, G. and Krygowski, D. 2006. Gamma Ray Log Basic Well Log Analysis, second edition 

Chapt. 3. Tulsa, Oklahoma: The American Association of Petroleum Geologists (AAPG). 

Barree, R.D. 2015. Barree and Associates LLC . Stress Shadowing and Fracture Interference in 

GOHFER®, https://www.barree.net/images/documents/GOHFER%20-20Stress%20Shad 

owing%20&%20Fracture%20Interference%20White%20Paper.pdf (accessed 16 April 

2019). 

Barree, R.D., Barree, V.L., and Craig, D. 2009a. Holistic Fracture Diagnostics: Consistent 

Interpretation of Prefrac Injection Tests Using Multiple Analysis Methods. SPE 

Production & Operations 24 (3): 396—406. SPE-107877-

PA. http://dx.doi.org/10.2118/107877-PA. 

Barree, R.D., Cox, S.A., Barree , V.L. et al. 2003. Realistic Assessment of Proppant Pack 

Conductivity for Material Selection. Presented at the SPE Annual Technical Conference 

and Exhibition, Denver, Colorado, 5—8 October. SPE-84306-MS. 

http://dx.doi.org/10.2118/84306-MS. 

Barree, R.D., Gilbert, J.V., and Conway, M. 2009b. Stress and Rock Property Profiling for 

Unconventional Reservoir Stimulation. Presented at the SPE Hydraulic Fracturing 

Technology, The Woodland, Texas, 19—21 January. SPE-118703-MS. 

http://dx.doi.org/10.2118/118703-MS. 

Barree, R.D., Harris, H.G., Towler , B.F. et al. 2013. Effects of High Pressure-Dependent Leakoff 

(PDL) and High Process-Zone Stress (PZS) on Stimulation Treatments and Production. 

Presented at the SPE Unconventional Resources Conference and Exhibition-Asia Pacific, 

Brisban, Australia, 11—13 November. SPE-167038-

MS. http://dx.doi.org/10.2118/167038-MS. 

Bateman, R. 1985. Basic Concept of Log Analysis. In Openhole Log Analysis and Formation 

Evaluation, first edition Chapt. 7. Boston, Massachusetts: International Human Resources 

Development Corporation. 



145 

Cao, R., Li , R., Girardi, A. et al. 2017. Well Interference and Optimum Well Spacing for 

Wolfcamp Development at Permian Basin. Presented at the Unconventional Resources 

Technology Conference, Austin, Texas, 24—26 July. URTEC-2691962-MS. 

http://dx.doi.org/10.15530/URTEC-2017-2691962. 

Cheng, Y. 2009. Boundary Element Analysis of the Stress Distribution Around Multiple Fractures: 

Implications for the Spacing of Perforation Clusters of Hydraulically Fractured Horizontal 

Wells. Presented at the SPE Eastern Regional Meeting, Charleston, West Virginia, 23—25 

September. SPE-125769-MS. http://dx.doi.org/10.2118/125769-MS. 

Cinco L., H., Samaniego V., F., and Dominguez A., N. 1978. Transient Pressure Behavior for a 

Well With a Finite-Conductivity Vertical Fracture. SPE Journal 18 (4): 253—264. SPE-

6014-PA. http://dx.doi.org/10.2118/6014-PA. 

Cipolla, C.L., Lolon, E., and Mayerhofer, M.J. 2008. Resolving Created, Propped and Effective 

Hydraulic Fracture Length. Presented at the International Petroleum Technology 

Conference, Kuala Lumpur, Malaysia, 3—5 December. IPTC-12147-MS. 

http://dx.doi.org/IPTC-12147-MS. 

Cipolla, C.L., Warpinski, N.R., Mayerhofer, M.J. et al. 2008. The Relationship between Fracture 

Complexity, Reservoir Properties, and Fracture Treatment Design. Presented at the SPE 

Annual Technical Conference and Exhibition, Denver, Colorado, 21—24 September. SPE-

115769-MS. http://dx.doi.org/10.2118/115769-MS. 

Daneshy, A.A., Au-yeung, P., Thompson , T. et al. 2012. Fracture Shadowing: A Direct Method 

for Determination of the Reach and Propagation Pattern of Hydraulic Fractures in 

Horizontal Wells. Presented at the SPE Hydraulic Fracturing Technology Conference, The 

Woodlands, Texas, 6—8 February. SPE-151980-MS. http://dx.doi.org/10.2118/151980-

MS. 

Daneshy, A.A. 2014. Fracture Shadowing: Theory, Applications and Implications. Presented at 

the SPE Annual Technical Conference and Exhibition, Amsterdam, Netherlands, 27—29 

October. SPE-170611-MS. http://dx.doi.org/10.2118/170611-MS. 

Duenckel, R.J., Barree, R.D., Drylie , S. et al. 2019. Proppants—What 30 Years of Study Have 

Taught Us. SPE Journal 34(2): 297—317. SPE-187451-PA. http://dx.doi.org/10.2118/18 

7451-PA. 

Eissa, E.A. and Kazi, A. 1988. Relation between static and dynamic Young's moduli of 

rocks. International Journal of Rock Mechanics and Mining Sciences & Geomechanics 

Abstracts 25 (6): 479—782. https://doi.org/10.1016/0148-9062(88)90987-4. 



146 

EPT International. Hydraulic Fracturing Design and Execution, https://ept-

int.com/services/production-enhancement/hydraulic-fracturing-design-and-

execution/(accessed 30 July 2019). 

Fisher, M.K., Heinze, J.R., and Harris, C.D. 2004. Optimizing Horizontal Completion Techniques 

in the Barnett Shale Using Microseismic Fracture Mapping. Presented at the SPE Annual 

Technical Conference and Exhibition, Houston, Texas, 26—29 September. SPE-90051-

MS. http://dx.doi.org/10.2118/90051-MS.  

Fisher, M.K. and Warpinski, N.R. 2012. Hydraulic-Fracture-Height Growth: Real Data. SPE 

Journal 27 (1): 8—19. SPE-145949-PA. http://dx.doi.org/10.2118/145949-PA. 

Geertsma, J. and de Klerk, F. 1969. A Rapid Method of Predicting Width and Extent of 

Hydraulically Induced Fractures. Journal of Petroleum Technology 21 (12): 1571—1581. 

SPE-2458-PA. http://dx.doi.org/10.2118/2458-PA. 

Heidbach, O; Rajabi, M; Reiter, K; Ziegler, M; WSM Team (2016): World Stress Map Database 

Release 2016. GFZ Data Services. http://doi.org/10.5880/WSM.2016.001 

Holditch, S.A. 2006. Tight Gas Sands. Journal of Petroleum Technology 58 (6). SPE-103356-

JPT. http://dx.doi.org/10.2118/103356-JPT. 

Holditch, S.A. and Tschirhart, N. 2005. Optimal Stimulation Treatments in Tight Gas Sands. 

Presented at the SPE Annual Technical Conference and Exhibition, Dallas, Texas, 9—12 

October. SPE-96104-MS. http://dx.doi.org/10.2118/96104-MS. 

Hubbert, M.K. and Willis, D.G. 1957. Mechanics Of Hydraulic Fracturing. Petroleum 

Transactions 210: 153—168. SPE-686-G. 

Kaczmarczyk, W. 2018. DFN Model Building Based on Well Data from Eagle Ford Shale 

Formation. Reservoir Characterization Project (RCP) consortium Report. 

https://rcp.mines.edu/ (accessed 9 August 2019). 

Keck, R.G., Cleary, M.P., and Crockett, A. 1984. A Lumped Numerical Model for the Design of 

Hydraulic Fractures. Presented at the SPE Unconventional Gas Recovery Symposium, 

Pittsburgh, Texas, 13—15 May. SPE-12884-MS. http://dx.doi.org/10.2118/12884-MS. 

Khristianovic, S.A. and Zheltov, Y.P. 1955. Formation of Vertical Fractures by Means of Highly 

Viscous Liquid. Presented at the 4th World Petroleum Congress, Rome, Italy, 6—15 June. 

Lawn, B.R. 1975. Continuum aspects of crack propagation I. In Fracture of brittle solids, second 

edition Chapt. 2. Cambridge University Press.  

http://dx.doi.org/10.2118/90051-MS


147 

Lehman, L.V., Parker, M.A., Blauch , M.E. et al. 1999. Proppant Conductivity — What Counts 

and Why. Presented at the SPE Mid-Continent Operations Symposium, Oklahoma City, 

Oklahoma, 28—31 March. SPE-52219-MS. http://dx.doi.org/10.2118/52219-MS. 

Martin, R., Baihly, J.D., Malpani, R. et al. 2011. Understanding Production from Eagle Ford-

Austin Chalk System. Presented at the SPE Annual Technical Conference and Exhibition, 

Denver, Colorado, 30 October—2 November. SPE-145117-

MS. http://dx.doi.org/10.2118/145117-MS. 

Mayerhofer , M.J., Lolon, E., Warpinski , N.R. et al. 2010. What Is Stimulated Reservoir Volume?. 

SPE Production & Operations 25 (1): 89—98. SPE-119890-PA. 

http://dx.doi.org/10.2118/119890-PA. 

McKenna, J.P., Blaz, M., Grealy , M. et al. 2017. Using Fracture Stress Shadows to Drive Stage 

Spacing. Presented at the Unconventional Resources Technology Conference, Austin, 

Texas, 24—26 July. URTEC-2670043-MS. http://dx.doi.org/10.15530/URTEC-2017-

2670043. 

Miskimins, J. L. 2018. PEGN 522: Advanced Well Stimulation (Class Notes) Fall 2018. 

Mullen, J., Lowry, J.C., and Nwabuoku , K.C. 2010. Lessons Learned Developing the Eagle Ford 

Shale. Presented at the Tight Gas Completions Conference, San Antonio, Texas, 2—3 

November. SPE-138446. http://dx.doi.org/10.2118/138446-MS. 

Nagel, N.B., Gokaraju, D., Mitra, A. et al. 2017. Consideration of Stress Shadows in Stacked Plays. 

Presented at the 51st U.S. Rock Mechanics/Geomechanics Symposium, San Francisco, 

California, 25—28 June. ARMA-2017-0884. 

Nnanna, E.J. and Ajienka , J.A. 2005. Critical Success Factors for Well Stimulation. Presented at 

the Society of Petroleum Engineers, Abuja, Nigeria, 1—3 August. SPE-98823-MS. 

http://dx.doi.org/10.2118/98823-MS. 

Nolte, K.G. 1979. Determination Of Fracture Parameters From Fracturing Pressure Decline. 

Presented at the SPE Annual Technical Conference and Exhibition, Las Vegas, Nevada, 

23—26 September. SPE-8341-MS. http://dx.doi.org/10.2118/8341-MS. 

Nolte, K.G. 1991. Fracturing-Pressure Analysis for Nonideal Behavior. Journal of Petroleum 

Technology 42 (2): 210—218. SPE-20704-PA. http://dx.doi.org/10.2118/20704-PA. 

Nordgren, R.P. 1972. Propagation of a Vertical Hydraulic Fracture. SPE Journal 12 (4): 306—
314. SPE-3009-PA. http://dx.doi.org/10.2118/3009-PA. 



148 

Pearson, K. 2010. Geologic Controls on Austin Chalk Oil and Gas Production: Understanding a 

Dual Conventional-Continuous Accumulation. Gulf Coast Association of Geological 

Societies Transactions 60: 557—570. 

Perkins, T.K. and Kern, L.R. 1961. Widths of Hydraulic Fractures. Journal of Petroleum 

Technology 13 (9): 937—949. SPE-89-PA. http://dx.doi.org/10.2118/89-PA. 

Sanaei, A. and Jamili, A. 2014. Optimum Fracture Spacing in the Eagle Ford Gas Condensate 

Window. Presented at the Unconventional Resources Technology Conference, Denver, 

Colorado, 25—27 August. URTEC-1922964-MS. http://dx.doi.org/10.15530/URTEC-

2014-1922964. 

Settari, A. and Cleary, M.P. 1986. Development and Testing of a Pseudo-Three-Dimensional 

Model of Hydraulic Fracture Geometry. SPE Production Engineering 1 (6): 449—466. 

SPE-10505-PA. http://dx.doi.org/10.2118/10505-PA. 

Siddiqui, S. and Kumar, A. 2016. Well Interference Effects for Multiwell Configurations in 

Unconventional Reservoirs. Presented at the Abu Dhabi International Petroleum 

Exhibition&Conference, Abu Dhabi, United Arab Emirates, 7—10 November. SPE-

183064-MS. http://dx.doi.org/10.2118/183064-MS. 

Simonson, E.R., Abou-Sayed, A.S., and Clifton, R.J. 1978. Containment of Massive Hydraulic 

Fractures. SPE Journal 18(1): 27—32. SPE-6089-PA. http://dx.doi.org/10.2118/6089-PA. 

Simpson, M.D., Patterson, R., and Wu, K. 2016. Study of Stress Shadow Effects in Eagle Ford 

Shale: Insight from Field Data Analysis. Presented at the 50th U.S. Rock 

Mechanics/Geomechanics Symposium, Houston, Texas, 26—29 June. ARMA-2016-190. 

http://dx.doi.org/10.2118/. 

Stegent, N.A., Wagner, A.L., Mullen, J. et al. 2010. Engineering a Successful Fracture-Stimulation 

Treatment in the Eagle Ford Shale. Presented at the Tight Gas Completions Conference, 

San Antonio, Texas, 2—3 November. SPE-136183-MS. http://dx.doi.org/10.2118/136183-

MS. 

Terracina, J.M., Turner, J.M., Collins, D.H. et al. 2010. Proppant Selection and Its Effect on the 

Results of Fracturing Treatments Performed in Shale Formations. Presented at the SPE 

Annual Technical Conference and Exhibition, Florence, Italy, 19—22 September. SPE-

135502-MS. http://dx.doi.org/10.2118/135502-MS. 

Thomas, E.C. and Stieber, S.J. 1975. The Distribution Of Shale In Sandstones And Its Effect Upon 

Porosity. Presented at the SPWLA 16th Annual Logging Symposium, New Orleans, 

Louisiana, 4—7 June. SPWLA-1975-T. 



149 

U.S. Energy Information Administration (EIA) . U.S. Tight Oil 

Production, https://www.eia.gov/energyexplained/index.php?page=oil_where#tab2 

(accessed 10 April 2019). 

U.S. Energy Information Administration (EIA). Updates to the EIA Eagle Ford Play Maps 

December 2014 , https://info.drillinginfo.com/eagleford-basin-report-sample-july-

2018/(accessed 11 July 2019). 

U.S. Energy Information Administration (EIA). Review of Emerging Resources: U.S. Shale Gas 

and Shale Oil Plays July 2011, https://www.eia.gov/analysis/studies/usshalegas/ (accessed 

11 July 2019). 

Vidma, K., Abivin, P., and Fox, D. 2019. Fracture Geometry Control Technology Prevents Well 

Interference in the Bakken. Presented at the SPE Hydraulic Fracturing Technology 

Conference and Exhibition, The Woodlands, Texas, 5—7 February. SPE-194333-MS. 

http://dx.doi.org/10.2118/194333-MS. 

World Stress Map (WSM) 2016. Tectonic Stress Regime Assignment, http://www.world-stress-

map.org/data/(accessed 25 July 2019). 

Zhang, X., Wu, B., Dontsov, E. et al. 2017. A New Pseudo-3D Model for Hydraulic Fracture 

Height Growth in Multilayered Rocks. Presented at the 51st U.S. Rock 

Mechanics/Geomechanics Symposium, San Francisco, California, 25—28 June. ARMA-

2017-0572. 

 

 

 

 

 

  



150 

APPENDIX A   

PRESSURE MATCH RESULTS   

 The obtained pressure match for all stages to create fracture models for both wells, Well B 

and Well C, are included in this Appendix. Figure A.1 to Figure A.15 illustrate the pressure match 

results for stages in Well B while Well C pressure match results are shown in Figure A.16 to Figure 

A.31. 

 

Figure A.1 Well B pressure match results for Stage 1. The engine results shows both actual and 

simulated data. The actual data are represented by dashed lines while the simulated data are 

illustrated by solid lines. 
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Figure A.2 Well B pressure match results for Stage 2. The engine results shows both actual and 

simulated data. The actual data are represented by dashed lines while the simulated data are 

illustrated by solid lines.  
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Figure A.3 Well B pressure match results for Stage 3. The engine results shows both actual and 

simulated data. The actual data are represented by dashed lines while the simulated data are 

illustrated by solid lines. 
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Figure A.4 Well B pressure match results for Stage 4. The engine results shows both actual and 

simulated data. The actual data are represented by dashed lines while the simulated data are 

illustrated by solid lines. 
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Figure A.5 Well B pressure match results for Stage 5. The engine results shows both actual and 

simulated data. The actual data are represented by dashed lines while the simulated data are 

illustrated by solid lines. 
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Figure A.6 Well B pressure match results for Stage 6. The engine results shows both actual and 

simulated data. The actual data are represented by dashed lines while the simulated data are 

illustrated by solid lines. 
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Figure A.7 Well B pressure match results for Stage 7. The engine results shows both actual and 

simulated data. The actual data are represented by dashed lines while the simulated data are 

illustrated by solid lines. 
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Figure A.8 Well B pressure match results for Stage 8. The engine results shows both actual and 

simulated data. The actual data are represented by dashed lines while the simulated data are 

illustrated by solid lines. 
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Figure A.9 Well B pressure match results for Stage 9. The engine results shows both actual and 

simulated data. The actual data are represented by dashed lines while the simulated data are 

illustrated by solid lines. 
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Figure A.10 Well B pressure match results for Stage 10. The engine results shows both actual and 

simulated data. The actual data are represented by dashed lines while the simulated data are 

illustrated by solid lines. 
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Figure A.11 Well B pressure match results for Stage 11. The engine results shows both actual and 

simulated data. The actual data are represented by dashed lines while the simulated data are 

illustrated by solid lines. 
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Figure A.12 Well B pressure match results for Stage 12. The engine results shows both actual and 

simulated data. The actual data are represented by dashed lines while the simulated data are 

illustrated by solid lines. 
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Figure A.13 Well B pressure match results for Stage 13. The engine results shows both actual and 

simulated data. The actual data are represented by dashed lines while the simulated data are 

illustrated by solid lines. 
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Figure A.14 Well B pressure match results for Stage 14. The engine results shows both actual and 

simulated data. The actual data are represented by dashed lines while the simulated data are 

illustrated by solid lines. 
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Figure A.15 Well B pressure match results for Stage 15. The engine results shows both actual and 

simulated data. The actual data are represented by dashed lines while the simulated data are 

illustrated by solid lines. 
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Figure A.16 Stage 1 pressure match simulation results for Well C. The dashed lines show the actual 

data while the engine results are represented by solid lines. 
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Figure A.17 Stage 2 pressure match simulation results for Well C. The dashed lines show the actual 

data while the engine results are represented by solid lines. 
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Figure A.18 Stage 3 pressure match simulation results for Well C. The dashed lines show the actual 

data while the engine results are represented by solid line. 
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Figure A.19 Stage 4 pressure match simulation results for Well C. The dashed lines show the actual 

data while the engine results are represented by solid lines. 
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Figure A.20 Stage 5 pressure match simulation results for Well C. The dashed lines show the actual 

data while the engine results are represented by solid lines. 
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Figure A.21 Stage 6 pressure match simulation results for Well C. The dashed lines show the actual 

data while the engine results are represented by solid lines. 
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Figure A.22 Stage 7 pressure match simulation results for Well C. The dashed lines show the actual 

data while the engine results are represented by solid lines. 
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Figure A.23 Stage 8 pressure match simulation results for Well C. The dashed lines show the actual 

data while the engine results are represented by solid lines. 
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Figure A.24 Stage 9 pressure match simulation results for Well C. The dashed lines show the actual 

data while the engine results are represented by solid lines. 
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Figure A.25 Stage 10 pressure match simulation results for Well C. The dashed lines show the 

actual data while the engine results are represented by solid lines. 
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Figure A.26 Stage 11 pressure match simulation results for Well C. The dashed lines show the 

actual data while the engine results are represented by solid lines. 
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Figure A.27 Stage 12 pressure match simulation results for Well C. The dashed lines show the 

actual data while the engine results are represented by solid lines. 
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Figure A.28 Stage 13 pressure match simulation results for Well C. The dashed lines show the 

actual data while the engine results are represented by solid lines. 
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Figure A.29 Stage 14 pressure match simulation results for Well C. The dashed lines show the 

actual data while the engine results are represented by solid lines. 
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Figure A.30 Stage 15 pressure match simulation results for Well C. The dashed lines show the 

actual data while the engine results are represented by solid lines. 
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Figure A.31 Stage 16 pressure match simulation results for Well C. The dashed lines show the 

actual data while the engine results are represented by solid lines. 

 


