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ABSTRACT 

 

 Economic production from shale plays focuses on hydraulic fracture techniques and well 

spacing optimization and yet the recovery factor ranges from 7 – 10 %. Shale plays produce 

large quantities of ethane and liquid rich hydrocarbon gases. Ethane, like CO2, has a low 

minimum miscibility pressure, has good solubility in oil, is better at mobilizing higher molecular 

weight hydrocarbons, and is a good viscosity reducer.  

 The purpose of this study is to determine the technological and economic factors that 

could affect a rich natural gas injection pilot. The design of the study is fivefold: 1) build a dual-

porosity reservoir model of the Middle Bakken (MB) formation in the West Nesson section of 

the Williston Basin; 2) assess the pre-injection technological factors that may contribute to 

difficulties or success of the pilot; 3) determine surveillance techniques that will add value and 

understanding to post-injection studies; 4) inject rich natural gas at different pressures and 

compositions into the stimulated reservoir volume of one well, to determine the incremental 

production of oil and/or compositional change (modified huff and puff); and 5) compare the 

modeling results to better understand which scenarios (injection pressure, injection 

composition, or both) create the best value for designing a rich natural gas injection project.  

 This study is part of a pilot that is currently underway in the West Nesson section of the 

Williston Basin. The study area is a 1,280 acre drill site unit (DSU), which has 11 horizontal wells 

and initial production dating back to August 2013. The DSU is a low permeability, fractured 

reservoir containing liquid-rich hydrocarbons in the Middle Bakken (MB) and Three Forks (TF) 

formations. 
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 The geologic static model was built using contour maps, multiple core analysis, NMR, 

rock mechanics and standard well logs. I used the static geologic model to create a 3D reservoir 

model using petrophysical, core, PVT, and completions data. I created an equation of state 

(EOS) model using PVT, which was used to develop the 7-lumped component compositional 

model in CMG. History matching was performed in two sets, first the total fluid to obtain a 

reasonable material balance match, followed by matching oil, gas, and water phases.  

 First, the study evaluated how matrix/fracture permeability, fracture porosity, and 

hydraulic fracture permeability impact production. The vertical to horizontal permeability ratio 

indicates how matrix/fracture water saturation impacts phase history matching. Fracture 

porosity is a significant sink for fracture to matrix flow in numerical simulation. Individual grid 

block size and calculated properties impacts oil recovery rate and historical saturations within 

the fracture system.  

 Next, the study evaluated how injection/production cycles applied to a one well SRV 

affected incremental oil and cumulative production. Five cases varying pressure and 

composition were compared to a base case to determine the incremental oil increase or 

decrease. The pressure cases showed how increasing pressure increases the post injection cycle 

incremental oil and cumulative production. Changing the composition verified that injecting 

high quantities of methane decrease the incremental oil, whereas as injecting ethane and liquid 

rich hydrocarbons increased the incremental oil and cumulative production. Minimum 

miscibility pressure, hydrocarbon solubility in oil, and viscosity reduction of injectant are key 

properties needed to release residual oil within the matrix and increase the recovery factor. 
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 Finally, the study evaluated how low capital exposure paired with abundant quantities 

of liquid rich hydrocarbons can be effectively used to increase recovery factor and ultimately 

provide a high return on investment. 
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CHAPTER 1 

INTRODUCTION 

 

The oil and gas industry in the United States can be broken down into two periods – pre and 

post shale. The pre-shale period was marked by heavy reliance on oil imports compelling the 

U.S. to take measures to secure a consistent supply. The latter period, the shale revolution, has 

been instrumental in re-establishing the U.S. oil industry as a top global producer and creating a 

new emerging balance of power in the global oil market. Figure 1.1 illustrates that hydraulic 

fracturing and technological advancements have increased national oil production. From 1970 

to 1973 the United States was near its peak oil production, averaging 943,725 barrels per day 

(EIA 2018). Exacerbated by the oil embargo of 1973 the United States consolidated all major 

energy programs into the Department of Natural Resources to combat the energy crisis (Buck, 

1982). This marked the beginning of research efforts, led by the U.S. Energy Research and 

Development Administration, toward accessing new domestic oil and natural gas resources 

(Buck, 1982). One such project, the Eastern Gas Shale Project (EGSP), concentrated on the 

development of efficient technologies for hydrocarbons extraction, and the transfer of 

technology to the U.S. industry. The 1980’s marked the beginning of horizontal drilling, the U.S. 

Department of Energy drilled a test-well in the Huron Shale to test concepts that would later 

become part of modern drilling technologies (Soeder 2012). In 1987, exploration and 

production (E&P) pioneer Mitchell Energy adapted offshore drilling technologies in the Barnett 

Shale in the Fort Worth Basin. In 1997, Mitchell Energy drilled and hydraulically fractured a 
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Barnett Shale well discovering that “slick-water fracking” was a cost-effective method of 

completions (Shashank and Houser 2013). 

 

 

Figure 1.1: Comparison of oil reserves growth by decade. Oil replenishment per year from 1973 

to 2012 (39 years) was 2.7 BBBL (U.S. Energy Information Administration, 2012). 

 

Knowledge of shale resources and technology was not lacking; however, it wasn’t until 

the early 2000’s that growth for exploration of unconventional resources emerged. The 

combination of technology growth paired with a consistent rise in price created commercial 

viability followed by capital insurgence. Multiple prolific shale oil and gas plays in North 
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America emerged as technical and economically viable targets; the Eagle Ford in south Texas, 

Niobrara in Colorado, Marcellus in Pennsylvania, Woodford in Oklahoma, and the Canadian-

American Bakken (Figure 1.2). The Bakken and other tight oil reservoirs were not the only 

places in the U.S. where crude output grew; conventional plays recognized that technological 

advancement and high oil prices benefited the entire industry. 

As primary and secondary production declined, exploration and production (E&P) 

companies engaged in alternative methods – tertiary recovery techniques that increased the 

amount of oil produced from conventional fields, including carbon dioxide (CO2) injection. The 

miscible enhanced oil recovery (EOR) technique displaces oil and increases production by 

contacting new reserves. CO2 injection provides environmental and energy supply benefits, as 

the CO2 is sequestered rather than released into the atmosphere, ultimately lowering 

greenhouse gas concentrations (Qamar et al. 2000).  

Tertiary recovery techniques such as this, which improve a well’s and reservoir’s 

estimated ultimate recovery (EUR), contributed in oil and gas reserves growth. Miscible EOR 

techniques have recently been attempted to increase production from tight oil shale reservoirs. 

To date improvements in stimulation techniques, better conformance, optimization of 

production via artificial lift, and numerous other production optimization techniques have 

improved oil and gas recovery from unconventional resources. Although technology in the oil 

and gas industry continues to provide improvement in total recovery a significant amount of 

the original oil in place is yet to be recovered. 
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Figure 1.2: North American shale resource plays (U.S. Energy Information Administration, 

2011). 

 
 

The current techniques and approach have proven successful and brought about a 

significant increase in production of rich gas and volatile oils. However, recoveries as a percent 

of original hydrocarbons-in-place (OOIP) are low. Typically, less than 10% of the OOIP is 

recovered, leaving large volumes of hydrocarbons that remain in the shale rock after primary 

recovery (Yu et al. 2014). Rich natural gas injection as an EOR approach can improve oil 

recovery and is less expensive than CO2 EOR. The rich gasses produced from unconventional 

resource plays contain large amounts of methane and ethane (95% or more), as well as traces 

of heavy hydrocarbons. However, ethane because of its superior properties, current 

abundance, and low-cost presents the opportunity to add new tertiary recovery EOR projects to 

U.S. shale reservoirs. Ethane rich natural gas injection can supplement the successful CO2-based 

EOR industry. 
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1.1 Location of Study Area 

Near the center of the Canada – U.S border within the Williston Basin lies the West 

Nesson asset, which is located west of the Williams – Mountrail County line on the northern 

portion of the Nesson Anticline (Figure 1.3). The acreage lies in the depositional thick of the 

Bakken Formation and includes a thick upper, middle and lower interval. The asset contains 

approximately 40,000 net acres, 16,000 contiguous gross acres, 35 drill site units (DSU) and 70 

producing Middle Bakken (MB) and Three Forks (TF) wells. A typical DSU in North Dakota is 

either 640 acres or 1,280 acres. The West Nesson asset is primarily made up of 1,280 acre 

DSU’s with multi-well pads housing Bakken and Three Forks horizontal laterals. The estimated 

proved reserves based on 3 MB / 3 TF wells per 1,280 acres DSU ranges between 22 – 24 million 

barrels of oil (MMBO). 

 

 

Figure 1.3: Map of the Bakken and Three Forks Formations within the Williston Basin of North 

Dakota, Montana, and South Dakota. The red star left of the Nesson Anticline represents the 

approximate location of the West Nesson asset (U.S. Geological Survey, 2011). 
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The Tom and Jerry DSU, rich natural gas injection EOR pilot site, contains two pads, a 

central gathering facility, 11 wells with laterals oriented North/South. The Tom drill site west 

(DSW) pad houses 6 wells (3MB/3TF) of which two wells (1MB/1TF) are legacy hold by 

production (HBP) wells. Four wells (2MB/2TF) are located on a single pad oriented from South 

to North. The two legacy HBP wells, Tom PW1-TFH and Tom PW2-MBH, are oriented North to 

South with individual pad locations at the North, were drilled and completed by a previous 

operator, both wells have been producing since August 2013. To define what a legacy HBP well 

is the operating company's representative land team acquires acreage and legal mineral rights 

upon which the engineering team will plan, permit, and drill wells. However, under North 

Dakota Industrial Commission (NDIC) Administrative Code 43-02-03-16 application for Permit to 

Drill and Recomplete, a drilling permit automatically expires one year after the date of 

inception, unless a well is drilled. To acquire and permit to drill multiple DSU's an operator will 

drill one HBP well to fulfill the regulatory by-law. Often the operators will not infill drill the DSU 

immediately, leaving HBP wells to deplete the stimulated reservoir volume (SRV). The Jerry drill 

site east (DSE) pad houses five wells (3MB/2TF), oriented South to North, with zero legacy HBP 

wells. The Tom and Jerry pads are within the same permitted acreage making the HBP wells on 

the DSW common to both pads. 
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Figure 1.4: Illustration of the Tom and Jerry DSU distinguishing between Middle Bakken and 

Three Forks Wells and their respective pad site. 

 

 

1.2 Research Objectives 

The objective of this study is to design a rich natural gas injection pilot in the 

Bakken/Three Forks formation at the West Nesson asset in Williams County, North Dakota, and 

to determine the effect of operational paramters on the performance of the pilot in terms of oil 

recovery. A substantial dataset and relating information was compiled from multiple sources 

including: participating operator, Energy and Environmental Research Center (EERC) in North 

Dakota, Unconventional Reservoir Engineering Project (UREP) at Colorado School of Mines, the 

North Dakota Industrial Commission (NDIC), Society of Petroleum Engineers, and the American 

Association of Petroleum Geologists. 
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The resulting dataset consists of public and private production data, reservoir 

characterization data, completions information, geology data, and geophysical reports. 

The primary objectives and research decision points are: 

 Identify which geologic and technical factors administer the most significant control 

on the plans, design, and whether those control parameters will influence the 

decision to execute the pilot. 

 Determine what declares the pilot a success or failure – “Economic success is not 

required; however, the pilot should identify the steps to achieve economic success.” 

 Describe the primary barriers to success – Conformance improvements; determine 

the impact of reservoir heterogeneity, induced and/or natural fractures, and well 

stimulation techniques. 

 Evaluate the effectiveness of reservoir modeling and numerical simulation on a pilot 

field implementation. 

1.3 Research Contributions 

The key contributions of this study include: 

 Determined which pad, Tom or Jerry, provided the optimal opportunity to attempt 

rich natural gas injection. The determinations was based on operational design, 

completions, well spacing, and historical production. 

 Designed static geo-model with extensive data provided by participating operator, 

NDIC public records, and contributing partners to create integrated 3D reservoir 

model. 
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 Establishment of the Tom and Jerry DSU Bakken reservoir fluid EOS model for 

reservoir model. 

 Analysis of different injection schemes for Bakken EOR: injection pressure and 

injectant composition. 

 Compare injection pressure and compositional changes to a base scenario; establish 

effects of each to incremental oil and cumulative production. 

 Verified that high quantities of methane in injectant composition reduce the 

incremental oil and cumulative production. 

 Determined how matrix/fracture permeability, fracture porosity, and hydraulic 

fracture permeability impact production.  

o The vertical to horizontal permeability ratio indicates how matrix/fracture 

water saturation impacts phase history matching.  

o Fracture porosity is a significant sink for fracture to matrix flow in numerical 

simulation.  

o Individual grid block size and calculated properties impacts oil recovery rate 

and historical saturations within the fracture system.  
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CHAPTER 2 

BACKGROUND, LITHOLOGY, AND GEOCHEMISTRY 

 

2.1 Basin Evolution 

The Williston Basin is an enormous intracratonic sedimentary basin which spans through 

Saskatchewan, Manitoba, Montana, South Dakota, and North Dakota. The Nesson anticline 

extends from the Canadian border to south of the Missouri River (Figure 2.1) and is the largest 

known anticline structure in the North Dakota portion of the Williston Basin (Gerhard et al. 

1987). The Nesson anticline is surrounded by numerous fault zones and linear elements that 

have influenced its historic structural and stratigraphic development. It lies near the center of 

subsidence for most Williston Basin Paleozoic systems from middle Ordovician through 

Mississippian. The deepest petroleum-bearing formation is the Ordovician Red River Formation; 

however, the major petroleum units are Silurian, Devonian, and Mississippian. The lower and 

middle Paleozoic units are carbonate rock dominant. Oil was first discovered on the Nesson 

anticline in 1951 by Amerada Petroleum Corporation.  Although much of the oil development of 

the Nesson anticline was historically focused along its hinge zone many south plunging 

anticlinal noses of relatively low relief are developed along its flanks. Variations in permeability 

and porosity within the pay-zones influence oil accumulation on the flanks of the crest and 

along the smaller anticline noses. 
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Figure 2.1: Structural history of the Nesson Anticline (Laird and Folsom, 1987). 

 

2.2 Bakken Petroleum System 

The Bakken Petroleum System (BPS) is thought to have created a continuous type of 

accumulation (Nordeng 2009). A continuous accumulation is a hydrocarbon accumulation that 

has some or all of the following characteristics: extensive hydrocarbon charge throughout a 

large area, lacking well-defined OWC and GWC, propagated boundaries; abnormal pressured 

distribution, large in place resource volume with very low recovery factors, geologically 

influenced sweet spots, complex natural fracture networks, reservoirs in close proximity to 

mature source rocks, and very low matrix permeability. Several estimations have been made 

regarding recoverable oil in place ranging, from 4.3 billion barrels (USGS 2008) to a more 

conservative estimate of 2.1 billion barrels reported by the state of North Dakota.  In 2013, the 
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U.S. Geological Survey released a new figure for technologically feasible expected ultimate 

recovery of 7.4 billion barrels of oil, 6.7 trillion cubic feet of associated natural gas, and 0.53 

billion barrels of natural gas in the Bakken and Three Forks Formations (Gaswirth et al. 2013).  

The Bakken Formation was established by the Williston Basin Correlation Committee, 

the formation was formally named after Henry Bakken and defined by J.W. Nordquist (1953). 

Stanolind Oil and Gas Corporation drilled a deep test well in McKenzie County; the Woodrow 

Starr #1 (SWSE Sec. 21, T152N, R94W) was drilled and completed in the Antelope Field 

targeting a Silurian age formation and discovered the Bakken and Pronghorn Formation’s 

Sanish Sands (10,528’ – 10,556’) located at the top of the Three Forks Formation (Nordberg, 

2010). Informal members of the Bakken Formation were identified from the test well – two 

organic-rich black shales separated by sandstone units. It is considered a relatively thin basal 

unit of thick sequence of predominantly carbonate rocks deposited during a major cycle of 

onlap-offlap sedimentation which began in the upper Devonian – lower Mississippian period 

(Meissner, 1978). 

The second discovery occurred in 1961 when Shell Oil Company discovered the Elkhorn 

Ranch Field. The #41X-5-1 Government (NENE Sec. 5, T143N, R101W) was drilled as a Red River 

Formation well; however, it recovered oil from the Bakken Formation. In total, its cumulative 

production was ~58 MMBO and ~9,600 MCF (Nordberg 2010). The 1970’s were a relatively 

inactive period for Bakken development because the formation was not considered a primary 

target due to its ultra-low permeability and poor economics. This directed the interest toward a 

depositional limit of the Bakken Formation found in the Southwestern portion of North Dakota. 

The reservoirs discovered in this area were known for their noticeable overpressure, little to no 
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water production, and gradual decline rates. In 1987, Meridian Oil Incorporated drilled and 

completed the first horizontal well (Meridian #33-11) in the Bakken Formation in the 

southwestern portion of North Dakota (LeFever 2005). During the 1970's and 1980's, the North 

Dakota Bakken production reached 100,000 barrels per day, where it remained until the early 

2000's. With the advent of new horizontal drilling technologies and hydraulic fracturing paired 

with high oil prices, companies took an interest in the North Dakota Bakken shale oil formation. 

In 2011, Bakken Formation oil production exceeded 450,000 barrels per day. Production from 

approximately 3,000 horizontal wells is responsible for 45% of the oil produced from the 

Bakken Formation (Department of Mineral Resources 2017). 

2.3 Lithofacies Description 

The following section describes the lithofacies characteristics and mineralogical 

composition of the units comprised in the Bakken Petroleum System. The formation 

interpretations are specific to core analysis of the Jerry 5TFH (Purrazella and Weatherford 

2014). The unit descriptions are ordered from stratigraphic bottom to stratigraphic top. The 

section includes descriptions for the Birdbear Formation, Three Forks Formation, Lower Bakken 

Shale, Middle Bakken Members, Upper Bakken Shale, and Lodgepole Formation.  

2.3.1 Birdbear Formation 

The Birdbear Formation is informally divided into two sections, the upper and the lower. 

It possesses an array of carbonate and anhydrite textures and bedding types which categorize 

some distinct lithofacies within the formation. The upper portion consists of a series of 

carbonate-evaporite cycles overlaying the lower section. The lower portion consists of nodular -

bedded mudstone and wackestone bearing burrows, brachiopods, and gastropods. Together 
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these are the hallmark of the marine shelf facies. In total, it is primarily made up of limestone, 

some dolostone; light to dark gray, grayish brown, finely crystalline and anhydritic. 

2.3.2 Three Forks Formation 

The Three Forks Formation from top to bottom can be characterized as a red silty shale 

and siltstone, with pyrite nodules followed by a dolomitic shale with rip-up clasts created 

during shallow marine workings. The red can be attributed to oxidation. As one continues down 

a highly deformed silty, sandy dolomite and grey-green shale deposited during shallow tidal 

wave period appears. The lowest portion of the Three Forks is a very fine grained silty dolomite, 

dolomitic siltstone, and grey-green shale deposited during saline tidal flat waves. The 

dissolution of the evaporites occurred because of upward movement of less brine rich 

groundwater or dissolved by less brine rich rain and flood waters. It often has evidence of light 

green to greenish grey shale and light grey to medium grey silty dolomite that may have 

homogenized by an abundance of soft sediment deformation and brecciation. 

2.3.3 Lower Bakken Shale 

The Lower Bakken Shale (LBS) is interpreted to have been deposited in a marine 

environment during periods of sea level rise (LeFever et al. 1991). LBS is hard, siliceous, pyritic, 

fissile, typically noncalcareous, organic-rich and dark black when moisture content is high. The 

shale tends to break with a smooth, conchoidal to flat horizontal fracture. This type of fracture 

is likely due to the high quartz content. Pyrite is typically concentrated in laminations and 

lenses or finely disseminated throughout the shales. The pyrite accented laminae are even and 

planar, displaying only occasional disruptions. The LBS is a source rock for the Middle Bakken 

and Three Forks Formations. 
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2.3.4 Middle Bakken Member 

The middle member varies from its dominant lithology – light to medium grey 

calcareous siltstone to a sandstone, silty limestone, dolostone, and the occasional oolitic 

limestone. All the rock types are well cemented with calcite or dolomite. The middle member 

unit is often laminated and occasionally contains cross-bedding. The siltstones and sandstones 

are predominantly made up of quartz with trace amounts of feldspar. The limestones are also 

rich in quartz sand. The clastic ratio of the middle Bakken Member increases northward, 

indicating that the source of depositional material originated from the north. Three main facies 

are identified within the Middle Bakken, as follows: 

2.3.4.1 Facies A 

Form bottom to top facies A contains a thin organic-rich mudstone upwardly followed 

by a thin-bedded dolomitic mud wackestone that is generally more dolomitic than any other 

upper or lower layer of the Middle Bakken. Above lies a calcitic dolo-to-lime wackestone which 

consists of fossil-rich beds. The uppermost portion of facies A is a pyritic dolomudstone. Facies 

A is the thinnest of the three facies beds and is most prone to natural and induced fractures. 

2.3.4.2 Facies B 

Facies B is the cleanest portion and has the highest energy of the Middle Bakken, 

characterized by the cleanest gamma ray readings and pore types that are rare to common 

intergranular and minor clay intercrystalline. It is a calcareous sandy, silty facies with 

sedimentary micro faults, microfractures, and slumps indicative of soft sediment deformations 

concurrent with structural movement on the Nesson Anticline. This facies is the coarsest 

grained unit of the middle Bakken with alternating layers of cross-bedded bioclastic rich, very 
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fine to fine-grained sandstone and sandy skeletal lime grainstone deposited subtidally in shoals 

and/or channels. 

2.3.4.3 Facies C 

Facies C is a bioturbated, argillaceous, calcareous, very fine-grained sandstone/siltstone 

with burrow-like traces. Furthermore, it is composed of rhythmic, laminated, poorly sorted, 

fine-grained sandstone/siltstone with substantial calcite cementation. Dominantly parallel 

laminae and low angle, cross-stratification grade upward to increased wave ripple lamination 

(Canter et al. 2011). 

2.3.5 Upper Bakken Shale (UBS) 

The upper shale member of the Bakken Formation is broader with a less defined depo-

center and reaches a maximum thickness of 23 feet. The upper shale member is responsible for 

representing the depositional limit of the Bakken. The UBS is a muddy calcareous sandy, silty 

facies with sedimentary microfractures associated to quartz content and laminations. The UBS 

is a source rock for the Middle Bakken and Three Forks Formations. 

2.3.6 Lodgepole Formation 

The Bakken is conformably overlaid by the Mississippian Lodgepole Formation which 

consists of the False Bakken and the Scallion members. The False Bakken is an organic-rich, 

calcareous shale with portions more consistent with fossiliferous traits. The Scallion member is 

lime mudstone, gray to brownish-gray, and dense features with extremely low porosity and 

permeability. The Lodgepole is considered the basal unit of the Madison Group. The lowermost 

portion of the Lodgepole consists of dense dark-grey limey mudstone, which is interbedded 

with dark grey calcareous shales. 
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Figure 2.2: Stratigraphic column for Paleozoic producing units in the Williston Basin.  The BPS 

consists of source beds in the Bakken and reservoirs in the lower Lodgepole, Bakken, and upper 

Three Forks (Sonnenberg, 2017). 
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Figure 2.3: Schematic cross section of the Bakken Petroleum System.  Source beds are the lower 

and upper Bakken shales. Reservoirs are the Middle Bakken and Three Forks (Sonnenberg, 

2017). 

 

2.4 Geochemistry  

The Upper and Lower Bakken shales are the source beds for the Bakken Petroleum System 

(BPS) comprised of world class total organic carbon (TOC) averaging 11 weight percent (wt. %) 

(Webster 1984). Core samples from the Jerry 5TFH underwent multiple geological studies 

including a geochemistry total organic carbon and pyrolysis analysis. The results, as seen in 

Table 2.1, indicate good TOC values from the lower and upper Bakken shale; the average TOC 

for the interval was 13.3 weight percent (wt %). The False Bakken and Pronghorn depths were 

not considered during TOC average calculations. 
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Table 2.1: Geochemistry pyrolysis results for Jerry 5TFH core.  The average source rock 

formation total organic carbon results are 13.3 wt.%, which are above the Williston Basin 

Bakken average.  The production index (PI) is a maturity level of kerogen indicator and values 

ranging 0.08 – 0.12 indicating oil generation.  Tmax values above 435 °C are indicators of 

hydrocarbon generation. 
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CHAPTER 3 

FACTORS INFLUENCING RICH NATURAL GAS INJECTION PILOT PROJECT 

 

3.1 Historical Reservoir Performance 

The Tom and Jerry drill site unit (DSU) was acquired with two hold by production (HBP, 

parent) wells located on the drill site west (DSW) pad. The Tom PW1-TFH and Tom PW2-MBH 

were drilled and completed by the previous operator. The completions method used differs 

from the designs the participating operator employs. The uncemented liner and reduced 

number of perforation stages inhibit uniform perforation distribution and efficiency, thus 

negatively impacting EOR. The Tom 1MBH, Tom 1TFH, Tom 2MBH and Tom 3TFH were put on 

production (POP) approximately 2 ½ years after the two parent well POP date. Production 

performance evaluation revealed that infill spacing, reservoir depletion, and large natural 

fracture network resulted in sub-optimal reservoir performance. Prior to infill drilling, the DSW 

water cut for two parent wells was 48% and 58%, respectively. After the Tom infill wells were 

brought online the lowest water cut range realized in late 3Q 2016 was 58 – 70% and quickly 

rose to range 70 – 84% in 4Q. The highest water cut trend and GOR impact were observed from 

the closest infill well; Tom 2MBH average spacing is 382 feet and is 369 feet from Tom PW1-

TFH. The average well spacing between the DSW wells is 452 feet. The Tom pad (DSW) realized 

a significant and constant rise in GOR shortly after infill; the average two month (1Q 2016) GOR, 

after all DSW wells were put online, was ~1800 scf/bbl and the average for 4Q 2016 was ~4100 

scf/bbl. The Tom pad sub-optimal well performance results from proximity of infill wells to 

parent wells and tight spacing where water cut is a large offender. However, for EOR purposes 
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the well spacing could be beneficial if the gas injection penetrates the matrix and contacts new 

oil. If the injected rich gas migrates through the fracture network without inducing miscibility 

with new oil reserves the injection would be unsuccessful. Figure 3.1 shows the historical 

production for the Tom 3TFH well; it is a strong representation on the production trend for the 

Tom pad wells, not including the parent wells. 

 

 

Figure 3.1: Daily production history of the Tom 3TFH. The uplift in early 2016 is the result of 

artificial lift change and optimization.  The GOR increase is a result of infill wells. 

 

The Jerry Pad (DSW) was drilled and completed by the participating operator with same 

number of stages, cemented liners, and designed for uniform perf distribution and high 

perforation efficiency. The DSW wells were put on production in sequence from west to east 

during 4Q 2014 with the Jerry 4MBH (11/29/14), followed by the Jerry 5TFH, Jerry 5MBH, and 
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the Jerry 6TFH (12/26/17). The Jerry 6MBH was put on production in February of 2015. The well 

spacing averages are higher (5 wells versus 6 wells) in comparison to DSE. The average spacing 

for the DSE wells is 410 feet. The first six months producing GOR averaged ~1100 scf/bbl, the 

first year producing GOR averaged 1270 scf/bbl, and the two-year producing GOR averaged 

2015 scf/bbl. The moderate, steady GOR increase demonstrates that the Jerry (DSE) pad design 

plan was better executed than the Tom (DSW) pad. Water cut in the first six months, after flow 

back was completed, averaged 55%, one-year water cut averaged 59%, two-year averaged 63%, 

and 2017 averaged pad water-cut was 69%; averaged water-cut by formation is 67% MB and 

72% TF. The combination of uniform well spacing, five wells versus DSW's six wells, optimized 

completions design, and operational consistency is observed in the moderate GOR and water-

cut behavior. A reservoir performance improvement between the Tom and Jerry pads is 

observed in the initial production (IP) rates. On average, the Tom Pad produced half the 

amount of oil within the first 180 days of production than did the Jerry pad (Table 3.1). The 

performance differences are attributed to the same design parameters that affected water cut 

and GOR. Except for the two parent wells the Tom pad wells have produced significantly less oil 

and gas through March 31, 2017, however, the POP dates differ between the two pads; 

furthermore, the two parent wells have been producing longer. 
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Figure 3.2: Production history of the Jerry 5MBH. The uplift in early 2016 is the result of 

artificial lift change and optimization. The GOR increase is a result of increased gas production 

from artificial lift and choke modifications. 

 

Table 3.1: Average 90-day and 180-day initial production rates for the Tom and Jerry wells.  

Reservoir performance between the two pads IP’s demonstrates that the Jerry pad design was 

better executed in terms of well spacing, fracture treatment design, and consistency in 

operational management. 
 

 

WELL NAME

PRODUCTION 

START DATE 

(POP)

90 DAY 

AVERAGE 

RATE 

(BOPD)

180 DAY 

AVERAGE 

RATE (BOPD)

CUMULATIVE 

PRODUCTION 

TO DATE 

(3/31/2017)

Tom 1TFH 1/30/2016 369 299 81,542

Tom 1MBH 1/26/2016 401 301 79,248

Tom PW1-TFH 8/3/2013 432 344 145,277

Tom 2MBH 2/4/2016 237 196 51,693

Tom PW2-MBH 8/3/2013 639 514 206,888

Tom 3TFH 2/4/2016 319 283 72,744

Jerry 4MBH 10/29/2014 737 645 211,412

Jerry 5TFH 11/3/2014 554 437 154,839

Jerry 5MBH 12/15/2014 816 676 218,028

Jerry 6TFH 12/26/2014 434 373 115,929

Jerry 6MBH 2/8/2015 761 569 192,627
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3.2 Technological Factors 

Enhanced oil recovery (EOR) processes using CO2 or rich natural gas in tight shale plays 

like the Bakken Formation are significantly different than the processes which control EOR in 

conventional reservoirs. During CO2 EOR in conventional reservoirs, CO2 flows through high 

permeability rock and the minimum miscibility pressure (MMP) is an essential operational 

parameter for achieving a successful miscible flood (Hawthorne et al., 2014). In contrast, in 

tight fractured systems like the Bakken and Three Forks, CO2 flow may be dominated by 

complex fracture network flow, dual porosity, and not by CO2 flushing through the rock matrix. 

Since fracture-dominated CO2 flow could eliminate the sweeping process responsible for 

increased recovery in conventional reservoirs, operation at or above MMP is necessary for the 

success of EOR injection in tight fractured reservoirs. Current estimations of natural and 

industrial CO2 sources are insufficient for unconventional EOR. The U.S. Department of Energy 

(DOE) 2015 Carbon Storage Atlas, fifth edition, reports that the current refined CO2 storage 

estimates are ~2.6 billion metric tonnes, however the DOE report on “Next Generation” CO2–

EOR quantifies that ~25 billion metric tonnes of CO2 is required for economic recovery of 

potential CO2–EOR in the lower 48 states. 

Decades of research and numerous field applications have proven that CO2 EOR works in 

conventional reservoirs. The Prudhoe Bay Miscible Gas Project (PBMGP), the world's largest 

enriched gas flood makes a compelling case study for unconventional EOR applications. The 

PBMGP typical injected composition contains approximately 20-mole percent CO2 and 20-mole 

percent ethane (McGuire and Holt 2001).  The PBMGP MMP experiments demonstrate that CO2 

and ethane create either first contact or multiple contact miscibility. However, economic CO2 
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sources are scarce and developing necessary volumes of CO2 is costly, time dependent, and 

challenging. 

The U.S. shale boom has resulted in a surge in the supply of natural gas liquids (NGL). 

The associated natural gas in oil production from shale reservoirs contains significant amounts 

of NGL products such as methane, ethane, propane, and butane. Ethane, the second most 

abundant component of natural gas, is a common derivative produced from Middle Bakken and 

Three Forks wells (Table 3.2). The current state of domestic transport, storage, and processing 

infrastructure for ethane is insufficient to handle the ever-growing supply. Since 

unconventional reservoirs typically yield a 7 – 10 percent recovery factor during primary 

recovery, and ethane is abundant, research has found an alternative use for ethane that may 

increase the recovery factor. For companies that are vertically integrated and own mid-stream 

processes, alternative applications for ethane such as EOR merely are delayed economics, 

yielding insignificant loss of natural gas and derivatives. 

There are several characteristics of ethane that make it a superior EOR injectant over 

CO2 and methane. The preferable mechanisms of ethane for EOR gas injection include oil and 

gas solubility, higher viscosity reduction, lower density, quicker interfacial tension reduction, 

lower minimum miscibility pressure (MMP), and higher efficiency at mobilizing higher 

molecular weight hydrocarbons. Figure 3.3 illustrates that CO2 is slightly more efficient than 

methane and ethane at mobilizing lower molecular weight (MW) hydrocarbons; while ethane 

being more soluble in oil is more efficient at mobilizing higher MW hydrocarbons.  Ethane’s 

lower MMP and superior ability to reduce viscosity creates mobilization of higher MW 

hydrocarbons.  
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Figure 3.3: Comparison of Ethane, CO2, and Methane efficiency to mobilize low and high 

molecular weight hydrocarbons upon reaching minimum miscibility pressure. ‘After exposure’ is 
defined as the initial carbon number distribution after soaking the core in oil sample. The 

carbon number distribution represented by ‘mobilized’ is after the core has been pressurized 
and ‘produced’, this illustrates the increase in higher molecular weight HCs seen after initial 

conditions. (Participating operator, 2017). 

 

3.2.1 Injectant Composition and Source 

The composition of produced source gas is essential to achieve efficient and 

economically feasible unconventional EOR injection. Depending on where and from what type 

of reservoir the natural gas is produced, its composition can vary. Generally, it contains 

methane primarily with decreasing quantities of ethane, propane, butane, and pentane. Some 

natural gas mixtures also include nonhydrocarbon gases such as carbon dioxide, nitrogen, and 

hydrogen sulfide. The typically Bakken composition is 55-60% methane, 15-20% ethane, and 10-

12% propane (Table 3.2). 
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Table 3.2: Typical Bakken gas composition (McGuire et al., 2017). 

 

 

 

Natural gas for EOR injection will be supplied from producing wells collocated on a 

multi-well pad with the participating pilot well. The compression and gas processing equipment 

are sized to inject approximately 3.0 MMscfd. Samples and compositional analysis have been 

periodically conducted for the Tom and Jerry DSU. This practice has proved beneficial for 

artificial lift and facilities optimization and as a result, will prove helpful for the rich natural gas 

injection pilot preparations. The wellhead gas composition approximation for the Tom and Jerry 

DSU, as illustrated in Table 3.3, demonstrates measurements taken at various operational 

sources. For phase one of the rich natural gas injection pilot, the priority is to use wellhead gas 

composition. The participating operator owns a gas processing plant that could supply 

deethanized gas for phase two of the rich natural gas injection pilot. 
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Table 3.3: Summary of gas composition for rich gas injection at operational sources. 

 

 

 

Figure 3.4: Summary of gas composition of Tom and Jerry DSU.  The dash 0# represents sample 

taken from the same well on different dates. The data was acquired at the well separator. Each 

well is equipped with its own heater-treater. 
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3.2.2 Producing Gas-Oil Ratio 

In tight oil reservoirs with very low permeabilities, less than 0.1 millidarcy (md), the 

depletion-drive producing (DDP) GOR behaves very differently than a conventional reservoir 

GOR. It is typically higher than the solution gas-oil ratio (Rsi), and can be very sensitive to small 

changes in permeability variations within the stimulated reservoir volume (SRV). The 

nanometer pore throats in unconventional reservoirs could impose anomalously high capillary 

pressures affecting DDP GOR as well as other tight oil reservoir PVT properties. In multi-

fractured horizontal wells, DDP GOR behavior can follow several graphical patterns that are 

determined by bottomhole flowing pressure (pwf), duration of its transient flow regime, and the 

degree of the reservoir’s undersaturation (Jones, 2016). Whitson and Sunjerga (2012) 

demonstrated through simulation of multi-fractured horizontal wells (MFHW) that when 

permeability is less than 0.001 md DDP GOR is strongly a function of bottomhole flowing 

pressure and can range from 1.1 to 20 times the solution GOR. A sharp pressure drop around 

the wellbore, is caused by low permeability and results in free gas gathering where the pressure 

is below bubble point. The initial flowing period of MFHW's is subject to solution gas-oil ratio 

and DDP GOR remaining equal so long as the bottomhole flowing pressure remains greater 

than the reservoir's bubble point pressure. This period is free of gas saturation since the well is 

flowing as single-phase oil. The higher initial reservoir pressure and bottomhole flowing 

pressure begin above bubble point pressure the longer this period may last and indicates a 

strong performance well requiring less drawdown to produce acceptable rates. When 

bottomhole flowing pressure falls below the bubble point the DDP GOR starts to rise. The linear 

flow near fracture pressure gradient that occurs as bottomhole flowing pressure drops below 
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bubble point causes gas saturation to develop. The higher the reservoir's known gas saturation, 

the longer the delay between constant DDP GOR and rising DDP GOR. MFHW have long periods 

where the performance is in long durations of transient linear or infinite acting flow. During this 

period if the bottomhole flowing pressure is constant, in turn, the DDP GOR will also remain 

relatively constant. High gas saturation affects this period, shortening its existence due to the 

delay between constant and rising DDP GOR. This period provides valuable analytical 

determinations. The final period is marked by boundary dominated flow (BDF), characterized by 

a gradual flattening of the pressure profile. The rate of GOR rise during this period primarily 

depends on a well's efficiency in draining its SRV. 

Horizontal wells with hydraulic fracture stimulation in unconventional reservoirs 

demonstrate gas-oil ratio (GOR) behavior that is significantly more complex than GOR in 

conventional reservoirs. Conventional reservoir under depletion drive illustrates a quick and 

constant rise in GOR once the reservoir is saturated or below bubble point pressure (PB). GOR 

starts at the solution gas-oil ratio (Rsi), as reservoir pressure (PR) falls below bubble point 

pressure a period of gas saturation forms in the reservoir followed by a slight dip in GOR 

relative to Rsi. The dip marks a period of critical gas saturation (Scg), the minimum gas saturation 

at which the gas molecules form a continuous phase and start moving during reservoir pressure 

drop of an undersaturated liquid in a porous medium (Kamath et al., 1995). Unconventional 

reservoir GOR behavior is less predictable and can follow different patterns, gas saturation 

behavior, and gas saturation geometry differs because of horizontal laterals and induced 

fractures. The relationship between GOR and solution gas-oil ratio has been observed to have 

numerous variations relative to its start point (Jones, 2016). GOR patterns seen in tight oil 
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reservoirs is mostly a function of bottomhole flowing pressure (Pwf) rather than average 

reservoir pressure. The GOR pattern a well follows is a function of operational pressure 

management, near wellbore flow regime, amount of undersaturation, and induced fracture 

network (Jones 2016). The three GOR behavior profiles commonly observed in unconventional 

wells are Transient GOR Plateau, GOR rise without transient plateau, and prolonged period of 

GOR equal to solution gas-oil ratio (Figure 3.5). Four stages typically occur in the GOR history of 

an unconventional well with hydraulic fracture stimulation. The first stage happens while 

bottomhole flowing pressure is above reservoir bubble point pressure. This stage is observed by 

a constant GOR that equals solution gas-oil ratio defined by single phase oil flow. This period 

can be concise or can last several months and is primarily a function of the difference between 

initial operating pressure and bubble point pressure. The second stage occurs when Pwf < PB 

causing GOR to rise. In unconventional reservoirs, gas saturation happens over a large area due 

to multiple fracture stages. Furthermore, higher gas saturation periods can be observed and 

may suppress the transient GOR plateau. If the initial reservoir pressure is close to the bubble 

point pressure, GOR can rise more quickly and reach higher levels. Stage three marks the 

transient GOR plateau period that often occurs when bottomhole flowing pressure has 

bottomed out and remains constant. Larger fracture spacing, reduces bi-linear flow, and 

fracture communication results in a more extended plateau period. GOR above the plateau 

level could indicate that depletion has begun in a well's drainage area. Stage four marks the 

period where GOR rises during boundary dominated flow (BDF). This can be best observed 

when bottomhole flowing pressure bottoms out and flattens to a constant low. BDF is not 

common in unconventional wells as they often remain in transient flow for many years. 



32 

 

Figure 3.5: Simulated examples of possible GOR behavior of a multi-fractured horizontal well in 

an unconventional reservoir (Jones, 2016). 

 

3.2.2.1 GOR without Transient Plateau  

The Tom PW2-MBH parent well estimated solution gas-oil ratio based on GOR steady 

increase is 1965 scf/bbl (Figure 3.6). This point marks the assumption that bottomhole flowing 

pressure has fallen below bubble point pressure; given the immediate rise in GOR, the gas 

saturation period was suppressed and insignificant. A workover was performed from 10/4/14 to 

11/5/14 (period 2) to install a jet pump and prepare the well for an offset fracture treatment. 

The installation of artificial lift reduced the GOR trend creating a false GOR plateau period. 

Bottomhole flowing pressure operations (Pwf vs. time) affect the GOR trend. The Tom PW2-MBH 
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demonstrated two significant periods of GOR rising without transient plateau (period 1 and 3 in 

Figure 3.6), indicating that depletion started before transient plateau could be established. 

Furthermore, the parent well was drilled and completed by a previous operator and was 

completed with 33 stages and 552 perforations compared to 50 stages and ~1100 perforations 

– a participating operator optimized DSU standard. The initial reservoir pressure at this well was 

6,813 psi, and with a bubble point pressure near 2,500 psi (based on PVT of Jerry 5TFH) the Pwf 

vs. PB differential was significant, indicating that the bottomhole flowing pressure for this well 

rapidly declined and caused GOR to increase rapidly. The addition of infill wells, marked by 

period three, may result in a future transient GOR plateau. A log-log plot of daily production 

rate versus time confirms the estimated solution gas-oil ratio because the period before GOR 

increases above solution gas-oil ratio illustrates fracture dominated flow (½-slope). Oil is 

flowing inside the fracture network until the pressure drop reaches the end of the fracture 

network. The reservoir pressure is dropping below bubble point pressure causing gas to release 

from solution; indicating pressure drop has reached the end of the fracture network. To further 

validate this a semi-log plot of daily production rate versus time illustrates oil production 

dropping fast. If matrix support were significant both the oil and gas production rate would 

stabilize. The stabilization of production rates does not occur resulting in the addition of 

artificial lift. 
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Figure 3.6: Tom PW2-MBH GOR behavior indicating GOR rise without transient plateau period.  

Period 2 marks a false GOR plateau based on artificial lift changes and optimization.  GOR 

during this period was suppressed by operations changes. 

 

3.2.2.2 GOR with Transient Plateau 

Tom PW1-TFH parent well estimated solution gas-oil ratio based on consistent GOR 

increase is 1487 scf/bbl. The estimated solution gas-oil ratio is similar to the Jerry 5TFH single-

stage separator PVT result (1471 scf/bbl). The Tom PW1-TFH production data demonstrates 

high gas saturation which suppressed the GOR rise and plateau level. A workover was 

performed in April of 2014 on the Tom PW1-TFH to reconfigure the tubing design and optimize 

the artificial lift mechanism. The well was and continues to be equipped with a rod pump. 

During the artificial lift optimization different stroke-per-minute (SPM), stroke length (SL), and 

rod lengths were tested. The dynamometer optimization instantaneous test resulted in a 
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doubling of the total fluid production, which can be seen as incremental production at the end 

of the period (Figure 3.7). Figure 3.8 illustrates that because support from the matrix is weak 

both oil and gas production continue to decline rapidly. The transient GOR plateau occurs 

because the average values of pressure, saturation, and relative permeabilities are relatively 

constant during transient linear flow. Furthermore, gas saturation is constant at the fracture 

face during the plateau. The plateau is primarily a function of large fracture spacing. The parent 

well was drilled and completed by a previous operator and was completed with 33 stages and 

552 perforations compared to 50 stages and ~1,100 perforations –participating operator 

optimized DSU standard. The GOR plateau is dependent on a slow decrease in bottomhole 

flowing pressure or level of constant bottomhole flowing pressure management. Wells with 

more closely spaced fractures will have a steeper GOR rise with time. The Tom PW1-TFH 

completion lateral length is 9,708 feet (top to bottom perf) with 522 perforations resulting in an 

average perforation spacing of 17.59 feet. By comparison, the Tom infill well's average 

perforation spacing ranges 8.95 to 9.44 feet, and the combined average of the four well's 

perforation spacing is 9.25 feet, indicating that the large fracture spacing of the parent wells 

resulted in lower GOR rise with time. 
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Figure 3.7: Tom PW1-TFH GOR behavior indicating transient GOR plateau with an initially 

suppressed GOR due to high gas saturation. The estimated Rsi is close to the Jerry 5TFH single 

stage separator PVT results Rsi. 

 

  

Figure 3.8: Log-Log plot for Tom PW1-TFH illustrating the ½-slope early matrix dominated flow 

followed by rapid decline in both oil and gas production due to weak or non-existent matrix 

support throughout the well’s life. 
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The Tom pad (DSW) has six wells including the parent wells; the infill wells indicate a similar 

early rise in GOR followed by a transient GOR plateau. The rapid GOR rise is evidence of 

reservoir depletion and closer well and fracture spacing (Figure 3.9). The Tom infill wells were 

put on production 2.5 years after the two parent wells, and the estimated solution gas-oil ratio 

for the Tom pad infill wells ranges 1,155 – 1,325 scf/bbl, three of the wells on the Tom pad 

showed similar GOR and are with-in 20 scf/bbl of one another. The Tom 2MBH solution gas-oil 

ratio of 1,325 scf/bbl is likely due to its proximity to the two parent wells. It lies between the 

two parent wells and is the primary suspect for increased GOR and water-cut for the Tom pad. 

The DSW infill wells average cumulative production is 71,306 bbl, significantly lower than the 

Jerry Pad (DSE) wells (178,567 bbl), further indicating that the two parent wells likely depleted 

the reservoir pressure and reduced the pressure differential – when bottomhole flowing 

pressure begins near bubble point pressure GOR rises quickly and to higher levels. GOR level 

during the transient plateau depends on the level of constant bottomhole flowing pressure and 

is independent of permeability when fracture conductivity is not a restriction, therefore wells in 

the same formation with similar reservoir properties and operating conditions are likely to have 

the same GOR behavior and may serve as a reference point when comparing GOR histories of 

neighboring wells. 

Consistency in GOR behavior. The five wells on the pad were put on production within 

three months (10/29/14- 2/8/15) of one another. All wells consist of 50 fracture stages, the 

average number of perforations is 1,136, and the average perforation spacing is 8.53 feet. 

Completions design and similar operational practices are interpreted from the consistency of 
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GOR behavior. Plotting each well on log-log of production versus time graph highlights the 

transient GOR plateau periods as they coincide with the ½-slope. 

 

  

 Figure 3.9: GOR behavior for the Tom pad (DSW) infill wells. The behavior indicates an initial 

rapid rising GOR due to the Pwf operations, fracture spacing and connectivity. Constant average 

pressure, gas saturation, and permeability result in constant transient linear flow (period 2). 

With the exception of the Jerry 4MBH, the Jerry (DSE) pad demonstrates more  

 

The Jerry 4MBH well located on the DSE illustrates a more complex and challenging to 

interpret GOR behavior because it is closest to the Tom (DSW) pad and shares part of the 

stimulated reservoir volume with the Tom 3TFH. Period 1 represents either an extended GOR 

equal to solution gas-oil ratio or suppressed GOR due to high gas saturation period. When 

comparing all the Jerry pad wells the behavior for the Jerry 4MBH becomes clearer (Figure 

3.10).  



39 

 

Figure 3.10: Jerry 4MBH GOR behavior indicating influence from the neighboring Tom 3TFH. 

Period 1 is marked by high gas saturation, period two was bracketed by two major shut-ins, and 

period three shows the beginning of a transient GOR plateau period. 

 

All the Jerry pad wells have an initial period that looks like GOR equal to solution gas-oil 

ratio, however, the GOR is suppressed and all the wells have a distinct late life transient GOR 

plateau period. The transient GOR plateau for the Jerry 4MBH begins in period 3; its location 

relative to the Tom (DSW) pad and the downtime between period 1 and 2 (offset frac shut-in) 

contribute to the middle GOR behavior. The Jerry 4MBH period 3 behavior is comparable to the 

total GOR behavior of the other Jerry (DSE) wells. The transient GOR plateau for the Jerry 5TFH, 

Jerry 5MBH, Jerry 6TFH, and Jerry 6MBH is seen in both the early life and late life of the wells. 

The late life of these wells (period 3) could be interpreted as boundary dominated flow, 
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however, because for period 2 the oil and gas production is stabilized and GOR is not on a steep 

rise it is likely that this is a second transient GOR plateau supported by fracture network 

production. The late life production trend observed in period 3 (Jerry 4MBH) and period 2 (Jerry 

5TFH, Jerry 5MBH, Jerry 6TFH, and Jerry 6MBH) is characteristic of fracture network production.  

A log-log plot of each well's oil and gas production further indicates the fracture 

dominated flow followed by an oil and gas rapid decline due to weak matrix support. The rapid 

oil and gas decline is indicative of falling below the reservoir bubble point pressure and 

increased gas coming out of solution. Comparing year two average GOR to year three average 

GOR for each well demonstrates an average increase of ~2000 ±200 scf/bbl. Year three to year 

four was lower at 1200 ±200 scf/bbl; the reduced overall GOR average is attributed to artificial 

lift changes, optimization, and operational/production bottomhole flowing pressure 

management. Overall the Jerry pad has a consistent early time ½-slope (transient GOR plateau) 

with late life rapid declining oil and gas caused by weak matrix flow. On the semi-log, the early 

time (1) may be attributed to high gas saturation that suppressed the GOR, the middle (2) 

indicates a gradual GOR increase and the late time (3) illustrates a transient GOR plateau 

(Figure 3.11). Figure 3.12 illustrates the GOR behavior for the Jerry pad (DSW) wells not 

including the Jerry 4MBH. The behavior indicates an initial transient GOR plateau followed by a 

moderately suppressed GOR rise and then another transeint GOR plateau. 



41 

 

Figure 3.11: Log-Log plot for Jerry 5MBH illustrating the ½-slope early matrix dominated flow 

followed by rapid decline in both oil and gas production due to weak or non-existent matrix 

support throughout the well’s life. 

 

 

Figure 3.12: GOR behavior for the Jerry pad (DSW) wells not including the Jerry 4MBH. The 

behavior indicates an initial transient GOR plateau followed by a moderate suppressed GOR rise 

(notice scale) and then another transeint GOR plateau. The insert graph represents the scale 

adjusted GOR between 9/1/15 – 5/31/16 to illustrate the moderate rise. 
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Production characteristics using GOR behavior and production trend analysis may serve 

as a valuable tool to evaluate post rich natural gas injection production and GOR. A Type II 

production trend, production is matrix supported, whereas Type I is primarily from the created 

fracture network and depletion drive. The producing GOR analysis of the Tom and Jerry DSU 

reveals that the wells are producing mainly from the fracture network with low matrix support. 

If the target formation is an oil-wet system, where much oil is associated with the smallest pore 

throats, then zero interfacial tension (IFT) will need to be approached to make the pore throats 

accessible to the injection phase – miscibility will dominate the process of contacting new 

reserves. If new heavy hydrocarbons are contacted and produced the GOR will be reduced and 

the production trend may indicate matrix supported production. If the rich natural gas injectant 

contacts new oil reserves by multiple contact miscibility, primarily heavy end hydrocarbons, the 

gas saturation will be reduced at the fracture face leaving more gas in the pore space to push 

oil. Furthermore, the pressure differential will reduce the GOR from rising. Knowing the 

historical GOR and production trend behavior provides a comparative tool for post rich natural 

gas injection analysis. Figure 3.13 illustrates production trend types based on reservoir 

performance for production trend of weak and strong matrix support. The left image shows a 

fast initial decline then changes to a steady and slow decline. The gap between oil and gas 

indicates weak or non-existent matrix support characterized by high gas saturation at the 

fracture face. The right image shows a production trend indicated by a short rapid initial decline 

and then changes to a steady, slow decline. The suppressed gas production indicates strong 

matrix support, low gas saturation at the fracture face and more gas remaining in the pores 

spaces to push oil (Tran et al., 2011). 
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Figure 3.13: Reservoir performance for production trend of weak and strong matrix support. 

Left: the gap between oil and gas indicates weak or non-existent matrix support characterized 

by high gas saturation at the fracture face. Right: the suppressed gas production indicates 

strong matrix support, low gas saturation at the fracture face and more gas remaining in the 

pores spaces to push oil (Tran et al., 2011). 

 
3.2.3 Completions Design 

Field observations and completions performance results suggest that the Bakken 

Formation is a dual porosity fractured system where matrix stored hydrocarbons supply micro-

fractures, macro-fractures and hydraulically induced fractures from a horizontal wellbore. 

Understanding the complex fracture network, the reservoir matrix, and their contribution to 

production and reservoir fluid variations is critical for identifying the reservoir parameters 

affecting well productivity. Alternatively, improved methods in completions design are utilized 

to increase production from complex SRV. Increasing conductive and productive surface area by 

advanced completions design (ACD) paired with well spacing optimization demonstrates 

increased production and cost reductions (Griffin et al. 2013). The improved 180-day 

cumulative production is beneficial for short-term economics; however, the ultimate recovery 

remains between 7 and 10 % OOIP. Optimal wells spacing and enhanced completions designs 
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may result in improving the understanding of complex fracture network behavior in rich natural 

gas injection EOR. A summary of Tom and Jerry DSU completions information is provided in 

Table 3.4.  

 

Table 3.4: Summary of Tom and Jerry DSU completions information (compiled from NDIC and 

operator Peloton: WellView files data). 

 

 

 

3.2.3.1 Hydraulic Fracture 

Completion design plays a crucial role in unconventional reservoir development by 

influencing the efficacy of hydraulic fracturing. It is a major controlling factor that determines 

dimension and configuration of the fracture/stimulated reservoir volume (SRV), enhanced SRV 

properties, and hydraulic fracture height growth thus influencing the economics of an 

unconventional project. 

Completion performance studies indicate that larger proppant volumes and more frac 

stages yield higher oil and gas recoveries. Typically, for the Bakken, a 9,500 to 10,000 foot 
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lateral is limited to 30 to 50 stages in order to remain cost effective and operationally 

manageable (Table 3.4). ACD for complex fracture network studies in the Bakken demonstrates 

that the number of stimulation stages is a key driver for increased production. As stages and 

fracture initiation points increase, the conductive and productive surface area increases. The 

high density perforation (HDP) strategy was developed to increase the number of fracture 

initiation points. The approach typically includes: cementing the lateral liner, 12-15 perforation 

clusters per stage, two shots per foot (spf), 0-180 degree phasing, and high slickwater pump 

rates (70-80 bpm). HDP strategy requires longer term production results to validate the 

strategy; however, 180-day cumulative production results support further development of the 

strategy (Weddle et al., 2017). ACD may result in improved conformance measures for rich gas 

injection EOR (Figure 3.14). The cemented liner, controlled direction of fractures, and cluster 

efficiency could result in a uniform distribution of injectant and increased matrix contact. 

 

 

Figure 3.14: Comparison of participating operator optimized completions methods to other 

Williston Basin operators. 
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3.3 Well Spacing 

Understanding well spacing optimization is essential to optimizing production as field 

development matures. Operator investigations of oil and water production curves indicate 

evidence of frac communication between neighboring Bakken and/or adjacent Three Forks 

wells. Bakken studies indicate SRV production communications are seen between wells spaced 

1,200 feet apart within the same formation (Roth 2013). Recovery Factor efficiency and 

individual well economics support well spacing of ~600 feet for Bakken and ~300 feet for 

staggered well patterns across adjacent formations.  

A well spacing map illustrating the distances between each well was created by plotting 

each well's direction drilling survey and measuring the distances between the wells and offsets. 

The orange colored wells are in the Three Forks Formation, and the green colored wells are in 

the Bakken Formation. Since the Three Forks is below the Bakken and the distances between 

wells are calculated on a one-dimensional space the intervals between like formation wells 

were calculated as a mid-point. The heel and toe values were excluded when determining the 

average x-direction width of a well's drainage area. Excluding the toe measurements were 

questionable, however since the Tom PW1-TFH and Tom PW2-MBH were drilled from north to 

south their heel is on the north end. The lateral length for each well was obtained from the final 

completions report, measured from the top perforation to the bottom perforation. This 

provided reason to exclude the heel measurement because the perforations start near the 

landing point or horizontal portion of the lateral. The lateral lengths (y-direction) were 

multiplied by their well's respective sum of widths (x-direction) or well spacing to determine 

each well's approximate drainage area in acres. 
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Figure 3.15: Map illustrating the Tom and Jerry DSU and the eleven wells located on three pads.  

The distance between each well is marked in feet.  The red dashed line is a theoretical outline 

of the DSU. 

 
Brown et al. (2011) provided interpretations of the reasons to fracture horizontal wells 

in unconventional reservoirs. They showed that drainage volume of multi-stage fractured 

horizontal wells in a shale reservoir is limited to the inner reservoir between the fractures. 

Optimized well spacing paired with advanced completions design improves primary recovery, 
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recovery efficiency, maximize surface contact area with near wellbore SRV, and reduces the 

need for additional infill wells.  

The combination of high density perforations with cemented lateral liner paired with 

optimized wells spacing may improve rich natural gas injection conformance parameters. The 

maximized surface contact area will allow more injected gas to penetrate the uniform 

perforation clusters because of maximized cluster efficiency. Conformance is a function of 

pressure, gas breakthrough, wellbore design, and completions design. 

 

 

Figure 3.16: Left: Summary of frac model sensitivity to the number of effective clusters.  Right: 

Conductive and productive surface area (MB thickness = 60 ft) for 35 stages with 700 lb/ft and 

475 lb/ft slickwater frac pumped at 80 bpm (Weddle et al., 2017). 

 

3.4 Conformance 

Conformance is the use of operational measures applied to a reservoir to mitigate or 

reduce water production, EOR efficiency, or to manage a broad spectrum of reservoir 

objectives. As a field matures, it typically starts producing more water and/or gas – undesired 

fluids. As water cut increases so do the complexity in separation and managing large volumes of 

unwanted fluids. Often facilities design engineers pre-plan for high water cut or rapidly 
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increasing GOR rather than having to mitigate the situation later in the reservoir's life. Chapter 

four discusses previous Bakken injection tests and the three more common negatively affecting 

results – early breakthrough, frac-hits and conformance issues. Injection operations in the 

Bakken face significant problems related to fluid bypass. One enormous contributing factor to 

this effect is the large fracture networks created by hydraulic fracture treatments placed in the 

wells. When a formation is fractured, some form of response is often seen at the surface and/or 

in offset wells. The noticeable change is usually related to pressure, fluid, or the occasional 

proppant influx. The phenomenon of an offset well demonstrating signs of these effects is 

called a frac-hit. 

The pilot participation wells are no stranger to frac-hits; furthermore, the area of study 

is known to have an anomalous network of natural fractures that may instigate early 

breakthrough during injection cycles. Detecting where the injectant is traveling is an essential 

factor to determine, however with lateral lengths greater than 9,500 feet recognizing where 

the injectant is entering the wellbore requires costly technology such as tracers or fiber optics – 

distributed temperature sensing (DTS) has demonstrated successful identification of areas with 

high, low, and/or no flow (Fitzel et al. 2015). The results obtained from the study determined 

that DTS and DAS alike could identify gas inflow, distinguishing between heal and toe gas 

leakage, entry/exit. Fitzel’s analysis of gas injection EOR for multi-stage fractured horizontal 

wells (MSFHW) was performed on uncemented liner wells. The participating operator wells for 

the rich natural gas injection pilot were completed with cemented liners, uniform cluster 

distribution, and a cluster efficiency range of 80-85%, well above the industry average of 30-

60% (Cadwallader et al. 2015; Ugueto et al. 2016). The combination of the completion methods, 
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well spacing, hydraulic fracture techniques, and operational optimizations indicate that 

conformance related issues could be minimal, however geological and reservoir factors cannot 

be controlled.  
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CHAPTER 4 

PILOT DESIGN PLAN 

 

Bakken reservoirs typically have ultra-low permeability, complex natural fracture 

networks that are not fully understood, and tend to have variable rock wettability. Natural 

fractures of source rocks have been frequently discussed as a mechanism that enhances 

primary migration and increases the permeability within the source rock (Meissner 1978). Long 

lateral horizontal wells with multi-stage hydraulic fracturing paired with optimal well spacing 

have resulted in significant oil and gas production from the Bakken and Three Forks Formation. 

Academia and industry experts continue to investigate unconventional enhanced oil recovery 

(EOR) techniques based on decades of conventional knowledge and successful EOR 

implementation. However, the limited experimental data available for unconventional EOR 

creates a vast amount of uncertainty to cross-link the techniques. Bakken /Three Forks 

reservoir fluid studies, geologic core analysis, and well testing data are limited or scarce and 

operational uncertainties are extensive given few rich natural gas injection EOR pilot attempts. 

Shale resource plays do not contain traditional reservoirs tanks filled with oil, gas, and water 

but instead shale reservoirs are the source rock – the matrix that filled conventional tanks with 

hydrocarbon fluids. The EOR injectant must invade (miscible phenomenon) the rock matrix to 

contact and mobilize residual oil saturation. 

The pilot project objective is to determine the technical and economic feasibility of 

utilizing rich natural gas as an injectant to increase oil recovery from the Bakken/Three Forks 

Formation following primary production, utilizing existing primary recovery designs – well 
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spacing, stimulation technique, lateral length, pressure depletion, and in-situ geologic and 

reservoir characteristics. 

4.1 Historical Bakken Injection Tests 

Over the past ten years, there have been five gas and water injection pilot tests 

executed in North Dakota's Bakken Formation (Figure 4.1). Their success is subject to 

interpretation based on the available data and results reported to NDIC's Oil and Gas Division. 

The primary takeaway from the injection tests performed in the Bakken Formation is injectivity, 

and the results demonstrate that the gas and water both can be injected without issue. 

However, the results illustrate a common downside; in general, they demonstrate that early 

breakthrough and poor sweep efficiency occurred as well as little to no meaningful offset 

incremental production. Of the five tests performed: two injected water, two injected CO2, and 

one attempted both water and rich natural gas injection. The earliest injection tests were 

designed utilizing water, CO2 and a huff and puff (H and P) technique, the primary objective was 

to determine if water and/or CO2 could be introduced into low permeability rock and create 

miscibility between the injected gas and residual reservoir oil.  

The last pilot was permitted as a water injection EOR project then later in 2014, re-

permitted as a natural gas injection test. Since it was initially designed as a waterflood injection 

test, when converted to gas injection, the initial flood design remained in effect. The operator 

injected a rich gas (55% methane, 10% nitrogen, 35% C2+ fraction) for approximately two 

months at a target surface pressure of 3500 psi. Ultimately, the observations drawn from the 

offset wells were too inconsistent to consider the incremental production gains a success. A 

number of operational disruptions – hydraulic fracturing offsets causing frac-hits, response to 
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previous water injection, and operational shut-ins were the culprit for inconsistent data and 

results. 

 

Figure 4.1: Summary of previously attempted Bakken injection tests. 

 

4.2 Injection Plan 

The participating operator Tom and Jerry DSU has produced oil, gas, and water for 

approximately four years. In combination with advanced hydraulic fracture techniques, artificial 

lift, and other production optimization methods the DSU has produced approximately 1.5 

MMBO, 3.5 BCF, and 3.1 MMBW through August 31, 2017, from 11 wells. The average per well 

production for the last three months (5/1/17 – 7/31/17) was 53 bopd, 326 mcfpd, and 177 
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bwpd. The DSU was not yet considered uneconomic, however, in account of being the oldest 

and longest producing DSU on the West Nesson asset it was determined that it provided the 

best opportunity to attempt rich natural gas injection for EOR. The injection pilot plan is to 

convert one drill site unit participating well from a producer to an injector for temporal 

injection of rich natural gas into the Middle Bakken target reservoir. The operational 

parameters that will vary for the integrated reservoir modeling scenarios are injection pressure, 

injection time, injectant composition, and injectant volume. 

Surface injection pressure must be high enough to overcome current bottomhole 

reservoir pressure but low enough not to exceed the formation fracture gradient of the 

intended reservoir. All existing drilling and completions designs are to remain in place. The only 

modification proposed for the injection well is a conversion from producing well to injection 

well. A modified H and P operation will be implemented; inject into one well while neighboring 

pad wells will continue on production cycle monitoring pressure and composition changes.The 

intent is to inject/stimulate one well's SRV for a given Δt, convert to production, and quantify 

any increase in BTU or incremental oil. The purpose of the rich natural gas injectant is to 

achieve miscibility with new oil in the shale rock by either being introduced at pressures greater 

than the minimum miscibility pressure or sufficiently low enough to achieve miscibility at 

reservoir conditions. To further assure that the rich natural gas injection creates effective 

connectivity with the intended reservoir the surface injection pressure must not overcome the 

fracture gradient of the above and below confining zones, namely the Lodgepole, and Birdbear 

Formations. The following are key questions for a rich gas injection design plan (GeoMark 

2016): 
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 When to initiate the Huff and Puff program in the life of a well? 

 What is the Minimum Miscibility Pressure required for gas injection? 

 What gas composition is best for multiple contact miscibility? 

 What is the ideal “soaking” period (Δt) for miscibility to occur? 

 How many cycles are optimal for the life of a specific well and injectant 

composition? 

 Will liquid dropout affect injectant compression optimization? 

 

Figure 4.2: Example illustrating Huff and Puff cycle for one well (Enhanced Oil Recovery via 

Cyclic Gas Injection Huff and Puff Consortium, 2016). 

 

4.2.1 Wellbore Configuration 

The well will be converted from artificial lift to rich natural gas injection for enhanced oil 

recovery. The proposed wellbore configuration is important to a gas injection pilot test because 

it allows for the well to efficiently and safely be returned to production following an injection 
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period. A requirement that an injection string and packer be installed prior to injection would 

subsequently require that the well’s artificial lift system be re-installed during a workover. That 

work may pose operational risk due to a re-pressurized wellbore and initial high gas cut. The 

current artificial lift method is necessary to produce the well via hydraulic jet pump at gas-to-

liquid ratios over 2,000:1. Artificial lift with hydraulic jet pump is not practical without the 

current wellbore configuration. 

4.2.1.1 Modified for Injection 

The proposed injection string, 7 in. 32# P110 casing, is rated to a burst of 12,460 psi and 

is cemented in place. The 7 in. casing string and cement job were inspected using an industry-

leading evaluation suite consisting in part of ultrasonic cement evaluation and electromagnetic 

pipe inspection before the hydraulic fracturing treatment. Top of cement for the 7 in. casing 

string was on average at 1,500 feet inside the 9-5/8 in. surface casing shoe. 

 

 

Figure 4.3: Simplified wellbore configuration for injection cycle. 
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4.2.1.2 Modified for Production 

The production configuration contains a concentric string 4-1/2 in. artificial lift liner and 

2-7/8 in. production tubing. A 4-1/2 in. x 2-7/8 in. packer isolates communication between the 

artificial lift installation and the 7 in. casing. 

 

 

Figure 4.4: Simplified wellbore configuration for production cycle. 

 

4.2.1.3 Surveillance Equipment 

All rich natural gas injection participating wells are equipped with supervisory control 

and data acquisition (SCADA) systems providing continuous measurement and monitoring of all 

produced phases –oil, water, and gas. All wells are equipped with Coriolis meters to measure oil 
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and water; gas is measured by an electronic flow measurement system (EFM) for natural gas. 

The two participating horizontal wells in the Bakken/Three Forks target immediately offsetting 

the injection well will be equipped with additional gas chromatograph unit, allowing for real 

time detection of changes in produced gas composition. The four wells immediately offsetting 

the injector well will be equipped with downhole pressure gauges. All participating wells will be 

monitored in real time for meaningful variance in producing gas-oil ratio, incremental oil 

increase, and significant gas BTU increase. The operator to the north has agreed to participate 

by providing meaningful operational information. 

4.2.2 Surface Facilities 

The evolution of today’s surface production facility dates to early 19th century when a 

flourishing America needed salt for its expanding population. American inventor and 

businessman, Samuel Kier designed a small refinery to separate salt, water, and oil residue and 

although he was not successful in refining and marketing the oil, he is credited with founding 

the American petroleum refining industry (Ginsburg 2009). By the early 1860’s large wooden 

tanks replaced the ground reservoir or sump and soon after in the late 1860’s, bolted iron tanks 

replaced the wood version. The notion of containing the gas and reducing the risk on site was 

mitigated with the invention of the separator. As wells got deeper and pressure increased, 

bolted iron tanks replaced barrels as separators, separators moved to ground level, phase 

controls to keep gas from flowing out of liquid, lines were added. As improvements to 

equipment came rapidly, vertical separators led to horizontal, single-barrel three-phase 

separators with high flow rate and high pressure efficiencies. 
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Today’s surface facility designs are nothing short of intricate and often proprietary, 

consisting of multiple components such as water knockout units, vapor recovery vessels, gas 

scrubbers, compressors, and systems that manage large volumes of produced water. 

The facilities for the pilot DSU were designed for the future. All the pad equipment is 

allocated on skid pads, enhancing their mobility and physical optimization. The pilot DSU is 

equipped with 3- phase heater treaters, power fluid separator for AL, vapor recovery towers, 

gas scrubbers, VRU compressors, oil, water, and gas storage tanks, designated utility power 

corridor, and LACT units. The pilot facilities are well equipped for significant increase in oil, 

water, and gas production. The initial design and build require few modifications to initiate a 

rich natural gas injection scheme. The following sections are a summary of the current and 

modified for EOR injection facilities. 

4.2.2.1 Unmodified 

The unmodified surface facilities were well designed prior to developing the DSU. The 

dedicated heater treaters were designed with skid application to allow easy re-allocation if 

necessary. For the rich natural gas injection only minor changes are required. Section 4.2.2.2, 

Figure 4.6 illustrates the additional equipment required for injection. Production measurement 

for allocation for each well on a multi-well pad is made at the dedicated 3-phase heater treater 

prior to the commingling of any fluids. Produced water and oil are measured using a Coriolis 

meter. Gas is measured using an orifice plate meter and gas chromatograph. All measurement 

is monitored in real time via SCADA. 
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Figure 4.5: Simplified schematic of the existing and unmodified facilities. 

 

4.2.2.2 Modified for Injection 

Installation of a gas meter for injected volumes, injected gas conditioning, and gas 

compression will be made at the multi-well site. The pre-design of the surface facilities created 

a low capital expenditure injection facility scheme. Gas from the producing wells collocated on 

the site with the injector will be used for injection. Produced gas volumes from each well are 

measured at the dedicated treater, and injected gas volumes will be measured at the injection 

meter. Note that injected gas volumes will only be taken from the multi-well pad on which the 

injection well is located. Injection gas will be taken from the Central Facility on an as needed 

basis. 
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Figure 4.6: Simplified schematic of the modified for injection facilities. 

 

4.2.2.3 Modified for Production 

The injection equipment will be designed and built to easily change from injection to 

production scheme. The injection meter, gas conditioning, and compressor will be on skid pads 

to allow for easy and efficient modifications. The injector well will be returned to production 

during the production portion of the pilot by stopping natural gas injection and returning the 

well to hydraulic lift via jet pump. The gas production flowline to the Central Facility will be 

isolated from the gas injection with double valve barrier. The injector wellhead will be opened 

to the power fluid line, and hydraulic lift will be initiated by injecting power fluid down 2-7/8 in. 

tubing to power the jet pump.  
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Figure 4.7: Simplified schematic of the modified for production facilities. 

 

4.2.2.4 Compression 

Compression and compressor equipment play a critical role in controlling surface 

injection pressure, phase separation, and production rates. There are different types of 

compressors that could be used for this application, each of which has its operating ranges, 

strengths, weaknesses, and efficiencies. There are several factors that affect the choice of 

compressor: (1) rate of throughput, (2) pressure and temperature, (3) weight, size, and 

vibration of the equipment, (4) pressure increase required, (5) properties of the stream, (6) 

presence of solids, (7) power requirements, (8) flexibility needed. (Campbell, 1982). 

For the pilot project choosing compression was primarily a function of pressure, 

pressure increase required, and the potential of liquid drop-out and properties of the stream. 

Per unit of power, weight, size, and reduced vibration the centrifugal compressor is superior, 
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however reciprocating compressors are more power efficient and are favorable at increasing 

pressure ratios. The required compressor for rich natural gas injection incurs the most 

significant capital investment cost. With the support of partnerships, the compressor design 

selected was based on a rich natural gas injection pilot performed in another region. The 

partnering company agreed to loan the participating operator the necessary compressor unit at 

minimal cost and in return would be privy to post injection results and data. The collaboration 

is a testament to the value of rich natural gas injection for unconventional EOR. The following 

initial compressor design options provide insight into the complexity of the required 

compression, cost, and build time. The following compressor options provide a general idea of 

the configurations that could be used to inject rich natural gas. 

General Assumptions/Specifications 

 Approx. 800 horsepower (HP) 

 4 Stage compressor 

 Compress 3 MMSCFD from 100 psig to 4000 psig 

Option #1 - Built for Purpose Compressor & Liquids Injection Package: 

 24 Week delivery – 2-4 week installation - including design and fabrication 

 Estimated CAPEX: $1.3 MM 

 Use blow case technology to inject all liquid dropout back into the gas stream following 

compression 

 Standalone unit - no onsite storage required 
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Option #2 - Standard High Pressure Compressor Package 

 18 Week delivery + 2-4 week installation - including design and retrofit of an existing 

unit provided by operator 

 Estimated CAPEX: $1.2 MM 

o   Including liquids drop-out tank 

o   Not including frac HP equipment and interconnection 

 Liquids dropped out of intermediate stages are sent to a storage tank 

o   Liquids may be trucked off to market 

o   Liquids may be sent via frac HP back to wellbore under high pressure 

Option #3 – Up front Gas Conditioning 

 8-12 weeks deployment, Estimated monthly rental: ~$95k - $120k/month, Installation 

cost $150k - $250k 

 Utilize existing CNG Compressor 

o   2.8 MMCFD “dry gas” compressor at 4200 psi 

 Install NGL liquids stripping upstream 

o   Bring gas BTU content down to ~1250 BTU/scf for high pressure compression 
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o   ~3,500 MCFD inlet 

o   10,000 – 15,000 NGL gallons/day 

o   Liquid storage onsite – 36,000 gal 

 Option to use frac HP to re-inject liquid to wellbore 

o   Includes MRU, NGL storage, boost compression to 600 psi, residue 

compression (4200 psi) 

o   Not including power generation 
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CHAPTER 5 

RESERVOIR MODEL 

 

5.1  Reservoir Characterization  

Integrated reservoir modeling requires reservoir characterization procedures that 

involve data from various disciplines, such as: 1) geology, 2) geophysics, 3) petrophysics, 4) 

geochemistry, 5) petroleum engineering, and 6) geostatistics. Table 5.1 summarizes the 

components used to develop an integrated reservoir simulation model. The accuracy of the 

integrated reservoir model is a function of data input files; the model required few assumptions 

and use of correlations. Several of the geostatistical components that are often estimated 

based on Kriging or Gaussian methods were available as data inputs. The quality of the 

reservoir characterization process was the foundation for an accurate integrated reservoir 

model. A significant effort was applied to verify that geological and reservoir properties were 

compared to previous Bakken studies incorporating well logs, seismic, and geostatistical 

analysis. Because of the accuracy obtained from these comparisons few modifications to 

reservoir properties and characterization were required. The following sections describe the 

steps required to build a 3D static and integrated reservoir model using well trajectories, well 

logs, core data, correlating formation tops, horizons, and SRV zonation. The steps taken to 

develop the integrated model are explained in the following sections. 
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Table 5.1: Summary of Reservoir Characterization Data. 

RESERVOIR CHARACTERIZATION DATA 

GEOLOGY CORE  

CONVENTIONAL & CRUSHED CORE ANALYSIS 

 CORE PETROLOGY 

CORE ROCK MECHANICS 

ELECTRICAL PROPERTIES 

SPECIAL CORE ANALYSIS 

FRACTURE CONDUCTIVITY STUDY  

GEOCHEMISTRY 
CORE  

TOTAL ORGANIC CARBON 

ROCK-EVAL PYROLYSIS  

FLUID (OIL) OIL/GAS CHROMATOGRAPHY 

GEOPHYSICS 

  

SEISMIC DATA 

MECHANICAL ROCK PROPERTIES WELL LOGS 

THIN BED ANALYSIS 

PETROPHYSICS 

WELL LOGS  

(3 WELLS) 

TRIPLE LOG COMBINATION 

NUCLEAR MAGNETIC RESONANCE (NMR) 

ELEMENTAL LOG ANALYSIS (ELAN) 

PETROLEUM 

DRILLING 
GEOSTEERING AND DIRECTIONAL SURVEY 

FORMATION MARKERS 

COMPLETIONS 

DETAILED HYDRAULIC FRAC REPORTS 

FLOWBACK REPORTS 

FLOWING BOTTOMHOLE PRESSURE  

DYNAMIC FRACTURE INJECTION TEST (DFIT) 

RESERVOIR 

PVT FLUID STUDY 

DECLINE CURVE ANALYSIS (DCA) 

FORMATION VOLUME FACTOR STUDY 

TEMPORAL GAS COMPOSITION REPORTS 

PRODUCTION 

FACILITIES OPTIMIZATION 

HISTORICAL PRODUCTION DATA 

GAS COMPOSITION ANALYSIS 
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5.1.1 Static Model and Grid Network 

The static reservoir model was created by first importing well trajectories, formation 

tops, well logs, and perforation profiles. A total of 16 well trajectories and formation tops were 

used to increase the accuracy of contour maps. Contour maps were created for seven 

formations (Lodgepole to Three Forks) using a trend estimation method and visual comparison 

to available structural contour maps provided by the participating operator. The trend 

estimation method requires inputs such as: number of trends, x-direction and y-direction 

weighting factors, and 1st and 2nd coefficients for averaging trends. The values used were based 

on visual interpretation of the operator contour maps. The trend estimation method typically 

predicts smooth contours which follow field trends correctly (CMG 2016). Figure 5.1 is a 

comparison between the created Three Forks Formation contour mesh map and the structural 

map of the Tom and Jerry DSU (sections 8 and 17). The major contours on and around the DSU 

are similar to the operator contour map. Table 5.3 highlights the calculations method inputs 

range and Table 5.2 is a summary of data used to develop the model contour maps. The 

weighting factor X direction resulted in the largest and most influential range. This is due to the 

higher number of data points from wells northeast and northwest of the Tom and Jerry DSU 

cluster. The purpose of using the trend estimation method was to eliminate the bull’s eye effect 

often resulting from other estimation methods. 
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Table 5.2: Summary of data used to develop the model contour maps. The asterisk represents 

the wells on the pilot pad. 
 

 

 

 
 

Figure 5.1: Comparison of the created Three Forks Formation contour mesh map (left) and 

structural map (right) of the Tom and Jerry DSU (sections 8 and 17). The red dashed box on the 

left is the 1280, 1 mile by 2 mile DSU. 
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Table 5.3: Contour map trend estimation value range. 

 

 

5.1.2 Geostatistics 

A total of 19 well log LAS files were used to enhance the geostatistical element. The 

analog well logs were consistent with typical well logs containing triple logs, shallow to deep 

resistivity, and standard and high resolution porosities. Two Tom and Jerry DSU wells were 

outfitted with standard well logs, Elemental Log Analysis (ELAN), and rock mechanics suites.  

ELAN well logs combine geology and petrophysics by incorporating a mineral based 

approach to rock classification, an improved inversion technique to convert vertical seismic 

profiles (VSP) data to formation reflectivity resulting in a better way of converting depth-based 

data to two-way seismic time. The log incorporates added benefit of a fluid analysis suite 

indicating irreducible water – water permanently bound to clay minerals, movable water, 

moved hydrocarbons, and hydrocarbons in place. ELAN also encompasses nuclear magnetic 

resonance (NMR) tracks. The primary advantage of NMR logging provides lithology 

independent porosity and permeability. Unlike conventional porosity readings, NMR logging 

does not recognize hydrogen existing in the matrix or clay minerals – the result is a porosity 

measurement that is sensitive only to fluids occupying the pore space (Asquith and Krygowski 

2004). NMR also provides effective porosity and clay-bound porosity, estimated effective 
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permeability (Timur and SDR), hydrocarbon type, pore size distribution, and information about 

the movability of fluids. The average Middle Bakken effective porosity measured by the ELAN 

well logging suite is 4.9%, and the average core analysis porosity is 6.0 % when adjusted for 

overestimation by 20% (industry standard) the core analysis porosity is 4.8 %. The core analysis 

does not account for clay minerals and their associated water, whereas ELAN effective porosity 

does. The two porosity measurements are within 0.1% porosity unit. 

Matrix porosity for the grid was estimated by the Gaussian method from neutron 

porosity (NPHI) and density porosity (DPHI) taken from 7 well logs and 2 ELAN logs by the 

following equation:                                                       𝜙𝑚 = (𝑁𝑃𝐻𝐼+𝐷𝑃𝐻𝐼2 )                                                   (5.1) 

where: 𝜙𝑚 is matrix porosity. 

NPHI is neutron porosity. 

DPHI is density porosity. 

It is crucial to differentiate total porosity from effective porosity because regular density 

(DPHI) and neutron (NPHI) logging tools respond to and measure total porosity; effective 

porosity controls the flow properties of a formation. Wet clay or clay bound water are 

considered ineffective porosity and constitute a significant source of porosity measurement 

error in shale plays. To account for increased matrix porosity values, due to clay influence, 

formations that contributed more than 3 points and were equal to or over 25 % porosity units 

were eliminated from the estimation method – formation layers 1, 2, and 4; Lodgepole, 

Scallion, and Middle Bakken (below target zone), respectively. X-ray diffraction conducted on 
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core intervals from Jerry 5TFH resulted in high amounts of illite and mica with only traces of 

kaolinite and chlorite. Illite, common in shale plays, yields a 30 % neutron porosity 

measurement, justifying the elimination of values for matrix porosity grid estimation. 

Permeability increases with pore size and the amount of effective porosity. The larger 

the pores and more interconnected the pore network is, the more capable a reservoir is of 

transmitting fluids. There are a variety of methods to determine nuclear magnetic resonance 

permeability. Most methods only estimate matrix permeability and underestimate the 

permeability of fractured formations. Asquith and Krygowski (2004) describes how in many 

cases NMR permeability estimates are comparable to core data permeability. The two most 

common methods for estimating permeability are the Coates free-fluid method and the 

Schlumberger-Doll Research (SDR) mean-T2  method. The free-fluid method uses a relative 

proportion of free-fluid to capillary bound fluid, however since it determines permeability 

based of effective pore space it typically underestimates k values. Smaller pore spaces contain 

more capillary bound fluid whereas larger pore spaces contain more free-fluid which results in 

false permeability estimates. Carbonates are made up of isolated vuggy pore spaces with wider 

pore distribution. The free-fluid method, a function of large pore spaces with free-fluid and 

small pore spaces with capillary bound fluid, overestimates permeability in carbonate 

reservoirs. The SDR mean T2 method is not sensitive to lithology and capillary pressure. Its 

ability to differentiate between irreducible and movable fluids in a reservoir leads to more 

accurate permeability estimations. 

Matrix permeability (k) for grid development was estimated by the Gaussian method 

from NMR SDR permeability of 2 ELAN well logs. A series of permeability comparisons were 
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conducted (Figure 5.2). Well log interval SDR permeability averages were compared to routine 

core analysis, crushed core analysis, and electrical properties analysis. The three comparisons 

yielded similar results, demonstrating that SDR permeability estimates are more accurate in 

hydrocarbon bearing zones and are ~20 % underestimated in cores because the tests do not 

account for smaller (micro) pore spaces filled with movable fluid and.  

 

 
 

Figure 5.2: Comparison of NMR and core permeability (Weatherford, 2016; Schlumberger NMR, 

2014). 
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Figure 5.3: Matrix porosity estimation derived from well logging components neutron porosity 

and density porosity. 

 

 
 

Figure 5.4: Matrix permeability estimation derived from NMR SDR log. 
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5.1.3 Equation of State Model  

Modeling reservoir fluids using an equation of state (EOS) began in 1979 by Yarborough 

(1979), who implemented advanced cubic EOS, specifically those by Redlich and Kwong (1949) 

and Peng and Robinson (1976). EOS models produce phase diagrams, which describe the 

distribution of phases at any pressure and temperature for a given fluid. Phase diagrams are 

useful for describing two-phase fluid flow through the reservoir, wellbore, surface equipment, 

and pipelines. Advantages of EOS modeling include low cost (compared to laboratory testing) 

and range of application. The primary disadvantage of EOS is the error associated with 

modeling. Ashour et al. (2011) provide a good overview of EOS modeling applications for the 

O&G industry. 

Reservoir fluid properties need to be mathematically expressed for integrated reservoir 

modeling simulations. In this study, Peng and Robinson EOS was used to model initial reservoir 

fluid properties and phase behaviors. A reservoir fluid study was performed on fluid taken from 

the Jerry 5TFH. The reservoir fluid study performed on the Bakken crude oil sample was 

prepared from the separator oil, separator gas, and bottomhole samples. The fluid pressure-

volume-temperature (PVT) report provides essential properties for optimizing operations, 

surface separation facilities, and for comparison with empirical correlations and/or 

compositional modeling results. 

5.1.3.1 Reservoir Fluid Sampling and PVT Test 

The Bakken reservoir fluid properties vary significantly across the Williston Basin due to 

differences in source rock maturity. Separator samples were obtained and used to perform 
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reservoir fluid studies, however, the use of surface oil and gas samples could lead to significant 

error when attempting to represent in-situ reservoir fluids. Because vapor pressure of methane 

is higher than that of ethane, if the reservoir pressure is between the vapor pressure of 

methane and ethane, methane would exist in the gas phase but ethane would not – this occurs 

in an idealized system. If the producing bottomhole flowing pressure (BHFP) is low enough to 

evolve methane but not propane, then methane content at the surface would be much higher. 

The recombination approach is a method used to correct for amount of gas present in the 

sample to appropriately characterize reservoir fluids. 

From the single stage separator tests, the oil is a light oil, 41° API gravity at stock tank 

conditions. The initial reservoir pressure is 5,280 psia, and the initial reservoir temperature is 

240 °F. Constant compositional expansion test at reservoir temperature (240 °F) indicates that 

the bubble point or saturation pressure of the fluid is 2,505 psia. Other fluid properties – 

compressibility, oil density, oil viscosity, solution gas-oil ratio, and oil formation volume factor – 

were obtained from the constant composition expansion, differential liberation, and single-

stage separator tests (Table 5.4). 

  

Table 5.4: Recombined Sample Reservoir Fluid Study Summary – Main PVT Results 

(Weatherford, 2014). 

 
JERRY 5TFH – RECOMBINED SAMPLE 

RESERVOIR FLUID STUDY SUMMARY 

MAIN PVT RESULTS 

              

  

  

        

  INITIAL RESERVOIR CONDITIONS           

  Reservoir Pressure 5820 psia 40.13 MPa   

  Reservoir Temperature: 240.0 F 388.71 K   
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CONSTANT COMPOSITION EXPANSION @ 240.0 F (388.7 K) 

 
      

  Saturation Pressure 2505 psia 17.27 MPa   

  Compressibility @ Reservoir Pressure 1.5117E-05 psia-1 2.1926E-03 MPa-1   

  Compressibility @ Saturation Pressure 2.8394E-05 psia-1 4.1182E-03 MPa-1   

              

  DIFFERENTIAL LIBERATION @ 240.0 F (388.7 K)         

  At Saturation Pressure           

       Oil Formation Volume Factor  2.0908 res.bbl/STB 2.0908 

     

res.m3/m3   

       Solution Gas-Oil Ratio 1471.84 scf/STB 262.14 m3/m3   

       Oil Density  0.5860 g/cm3 586.0 kg/m3   

       Oil Viscosity 0.1822 cp 0.2 mPa.s   

  At Ambient Pressure           

       Residual Oil Density 0.7693 g/cm3 769.3 kg/m3   

       Residual Oil Viscosity 0.6521 cp 0.7 mPa.s   

  At Tank Conditions           

       Residual Oil Density 0.8347 g/cm3 834.7 kg/m3   

       API Gravity 38.02   38.02     

              

  SINGLE-STAGE SEPARATOR TEST           

  At Saturation Pressure           

       Oil Formation Volume Factor  1.8892 res.bbl/STB 1.8892 

res.m3/m

3   

       Solution Gas-Oil Ratio 1265.50 scf/STB 225.39 m3/m3   

  At Tank Conditions           

       Residual Oil Density 0.8203 g/cm3 820.3 kg/m3   

       API Gravity 41.00   41.00     

 

 

Table 5.4 Continued: 
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5.1.3.2 EOS Modeling and Tuning 

There is a need for accurate sampling of reservoir fluids to achieve best experimental 

PVT results to develop an accurate equation of state (EOS) model. A quality set of experimental 

data provides the opportunity to test the validity of simulation methods for determining the 

vaporizing/condensing MMP of a reservoir fluid composition (Sah et al. 2011). PVT measured 

data was matched by linear regression with simulated data to increase the confidence of the 

EOS model. 

The compositional reservoir model can be costly in terms of CPU run time. To alleviate 

the simulation runtime, the compositions were lumped into pseudo components. A two-phase 

diagram task was used to validate fluid composition and behavior of original compositions 

(C36+, Figure 5.5) and lumped compositions (7 lumped pseudo components, Figure 5.6). The 

lumping scheme was selected based on the injection gas composition. The produced oil and gas 

to date, measured at each well's 3-phase heater-treater, approximately contains 60% methane, 

20% ethane, 10% propane, 0.8% CO2, and 9.2% C4+. Two laboratory experiments and 

regression tasks were used to match the pseudo lumped components to original components. 

Molecular weight and volume shift were used to characterize the Constant Composition 

Expansion (CCE) of the two non-hydrocarbon gases (nitrogen and hydrogen sulfide); critical 

pressure and temperature, molecular weight, volume shift, and acentric factor were used to 

characterize C26 – C36. The EOS tuning process is a trial and error process, and the phase 

diagram comparison in Figure 5.7 demonstrates the accuracy obtained. 
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Figure 5.5: Equation of State original PVT C36+ compositions. 

 

 

 

Figure 5.6: Equation of State model 7-lumped compositions. 
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Figure 5.7: Phase diagram comparison of Equation of State C36+ compositions (red) and 7-

lumped compositions (green). 

 

5.1.3.3 Multiple Contact for Minimum Miscibility Pressure 

In a two-phase fluid system, there are two ways miscibility can be achieved – either by 

first contact or multiple contacts. The first contact occurs almost immediately when two fluids 

combine entirely upon initial mixing. Multiple contact miscibility is a dynamic mixing process in 

which the injectant gas and in-situ oil develop a mass transfer phenomenon between two 

phases over time; this typically happens at lower pressures than does first contact miscibility. 

Minimum miscibility pressure is the minimum pressure at which the interfacial tension between 

a reservoir oil and an injected gas phase disappears (Elsharkawy et al. 1992). Minimum 

Miscibility Pressure (MMP) is considered a critical component for the design of miscible 

displacement in enhanced oil recovery. Currently, there exist three industry accepted methods 
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for obtaining experimental measurements of minimum miscibility pressure. The slim-tube 

experiment method occurs where MMP is the minimum pressure which achieves maximum oil 

recovery using a sand-packed tube flow experiment. The rising bubble apparatus method, 

where MMP is the pressure at which gas phase disappears with increasing pressure, occurs as a 

single bubble moves through the reservoir fluid in a thin glass tube. The vanishing interfacial 

tension (VIT) method, where MMP is determined experimentally by measuring the decrease of 

the gas-oil interfacial tension with increasing pressure (at reservoir temperature), is seen by 

extrapolating the trend to zero; the extrapolation of the oil height versus pressure yields a 

linear plot that intercepts the pressure axis at MMP (Hawthorne et al., 2016). This method was 

experimentally used to determine the MMP pressure for conventional and unconventional 

Bakken crude oil samples. The VIT method gave results with good agreement for a similar test 

conducted with live Bakken oil performed by slim tube method (Hawthorne et al. 2016). A VIT 

experiment was performed with oil samples from the Tom and Jerry DSU, including the Jerry 

5TFH. The resulting EOS model was compared to laboratory VIT experiments. Table 5.5 shows a 

comparison between laboratory VIT MMP and EOS modeling MMP. The laboratory MMP values 

are for 100% of each defined component.  The EOS model MMPs are based on the lumping 

scheme prepared for the integrated reservoir model. The CO2 MMPs were consistent and within 

~250 psi. The CH4-C3H8 are slightly lower than 100% ethane, this is attributed to the propane 

and multiple contact miscibility versus first contact miscibility and multiple mixing cell method. 

This method accounts for vaporizing and condensing phase initiated by forward and backward 

contact. 
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Table 5.5: Comparison between laboratory vanishing interfacial tension and equation of state 

model minimum miscibility pressure. 
 

 

 

5.1.4 Rock–Fluid Properties  

Rock-fluid properties for the oil-water-gas system were calculated using water-wet 

limestone and dolomite correlations (Honarpour et al. 1986). The relative permeability 

correlations requires inputs such as connate and critical water saturation endpoints, residual oil 

for water-oil, residual oil for gas-liquid endpoints, relative permeability for gas at connate 

liquid, apparent porosity, and apparent permeability. The Stone I probabilistic model uses the 

table inputs to calculate the three-phase relative permeabilities (Table 5.6). The model does not 

require knowing residual oil saturation and finds relative oil permeability as a function of water 

and gas saturation values. The model implies that water-relative permeability and water-oil 

capillary pressure in three-phase systems are functions of water saturation alone, irrespective 

of the relative saturation of oil and gas (Stone 1970). Stone I is commonly used in the industry 

as the benchmark for oil simulation. It is a good predictor in low oil saturation regions, is 

appropriate for water-wet systems, and is not suited for intermediate wet systems. 
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Table 5.6: Summary endpoint values for relative permeability correlations (CMG, 2017). 

   

 

The Stone I model estimates three-phase relative permeability from laboratory 

measured data. A Routine Core Analysis (RCA) data set was used to develop the water-oil 

relative permeability table; additionally, gas saturation values from the Crushed Core Analysis 

(CCA) were used to develop the liquid-gas relative permeability tables. The fundamental 

properties of gas shales make them difficult to analyze with conventional core analysis 

methods. The tightness of the rock and the high concentration of clay minerals and kerogen 

create technical challenges. Applying conventional core analysis to kerogen and clay-rich rocks 

fail to separate free from bound waters, and water from light oils, thereby missing critical 

inputs into calculating effective saturations and effective porosities. An alternative and more 

reliably method of assessing tight shale core properties is CCA; crushing the sample and sieving 

the fragments to a size that is representative of the rock microstructure. Crushed core and 

retort fluid extraction methods provide the ability to separate free from bound fluids and 

directly measure the extracted oil, gas, and water volumes (Wood 2015). Table 5.7 illustrates a 

summary comparison of RCA and CCA used for rock-fluids modeling. 
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Table 5.7: Summary of routine core analysis and crushed core analysis data used for developing 

relative permeability tables (Weatherford, 2016). 

 

 

 

5.2 Integrated Reservoir Model 

Given the complex nature of the low permeability matrix, highly complex network of 

naturally fractured rock in shale oil reservoirs, and in combination with hydraulic fracture 

stimulation, integrated reservoir modeling is a common method to predict and evaluate well 

performance for primary and tertiary EOR recovery. For modeling purposes, the grid was 

reduced to a section containing 1 of 11 DSU wells, 120 foot grid block size, 5,849 total grid 

blocks, and includes seven layers/formations (Lodgepole, Scallion-False Bakken, Upper Bakken 

Shale, Middle Bakken, Lower Bakken Shale, Pronghorn, and Three Forks). The purpose of 

reducing the model to one well was to reduce simulation run time and to encompass the SRV of 

one well based on the total number of grid blocks. Based on the static reservoir model 

presented in Section 5.1 a dual porosity and dual permeability model was built using the GEMS 
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compositional and unconventional simulator (from Computer Modeling Group, CMG) to 

perform the reservoir simulations in this study. 

The following section describes the history matching process, the four rich natural gas 

injection modeling scenarios, and discussion and results. 

5.2.1 History Matching 

History matching is defined as the adjustment of a reservoir model until it closely 

reproduces the past behavior of a reservoir related to historical production data; it provides a 

sound basis for establishing forecasts and future predictions of the intended reservoir 

(Rwechungura et al. 2011). If a history match is to be obtained, one or more reservoir 

parameters will need to be selected and changed during the history matching process. Because 

of the non-unique nature of the history matching process almost any reservoir parameter can 

be adjusted to achieve a history match (Ertekin et al. 2001). For the purposes of this study a no-

flow boundary condition was applied to the model. A no-flow boundary condition provided the 

best representation to simulate rich natural gas injection/production cycles for the SRV of one 

well. The history matching and base case model constraints used were current estimated 

reservoir pressure (1,600 psi) and oil production rate (75 bopd). In general, history matching 

parameters can be divided in two categories; those that affect volumetrics and those that affect 

fluid flow. 

The following parameters were considered during the history matching process due to 

their effect on production profile and oil recovery: pore volume, compressibility, bottomhole 

pressure, hydraulic fracture permeabilities, hydraulic fracture length and height, vertical to 

horizontal permeability ratio (kv/kh), matrix and natural fracture permeability, matrix and 
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natural fracture water saturation, fluid relative permeability, and frac spacing (shape factor). 

The priority level was initially determined based on the source and accuracy of the data input. 

Table 5.8 presents the classification of history matching parameters based on priority levels A, 

B, and C. The A – priority parameters were the most influential in phase history match tuning. 

The B – priority parameters were taken from completions design reports and compared to 

sensitivity studies performed by the participating operator. The hydraulic fracture intrinsic 

permeability (kfi) was tuned within the design specification range (10,302 – 13,302 md).  The 

effective permeability (kfe) was a CMG calculated output based on kfi. Fracture height and width 

were not used for tuning. The A – priority parameters influenced history matching significantly. 

The C – priority parameters were taken from NMR logs and as mentioned in their respective 

chapters were compared to other relative data to assess the accuracy. A priority of C was 

designated based on attempting to keep the data pure.  

 

Table 5.8: History matching parameter with priority level for tuning, case they were used to 

tune, and source of data. 
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To obtain a reasonable field-wide or gross (Mattax and Dalton 1990) material balance 

match the first history match was based on total fluid rate and cumulative productions via 

pressure, establishing total bulk reservoir volume (ft3), total pore volume ft3), total hydrocarbon 

pore volume ft3), original oil in place (OOIP; std bbl), and original gas in place (OGIP; std ft3). The 

base case cumulative production and total fluid match resulted in fluid rates half the historical 

data. The natural fracture network is geologically known to be a significant influence in the Tom 

and Jerry DSU; however, the seismic data was not available for reservoir modeling. The shape 

factor, Equation 5.2, defines the distance and density of natural fractures within a reservoir grid 

block system during simulation. Gilman and Kazemi (1983) determined that fluid flow within a 

dual porosity reservoir grid block system happens through the fractures. The reservoir rock or 

matrix blocks have low permeability with high storage volume, whereas the fractures have high 

permeability and low storage volume. The initial shape factor range used to manually tune the 

total fluid rate was σ = {1 – 5}; solving for Lz, where Lx and Ly were determined by a range of Lx,y = 

{50 – 150}. Ultimately, Lx,y = 50 and σ = 2.5 resulted in a good cumulative Op, Gp, and Wp and 

total fluid rate match; the final value for Lz = 1.265. The justification for the majority of the 

fracture fluid flow being in the z-direction is that the Middle Bakken is in between the upper 

and lower Bakken shale, the primary source rock for mature hydrocarbons. Historical Wp and 

salinity increase from initial production (IP) flowback water also prove that the majority of the 

water produced from the DSU comes from the above and below formations, Lodgepole and 

Birdbear, respectively. 

                  𝑠ℎ𝑎𝑝𝑒 𝑓𝑎𝑐𝑡𝑜𝑟 = 𝜎 = 4 (( 1𝐿𝑥2) + ( 1𝐿𝑦2) + ( 1𝐿𝑧2))                                    (5.2) 

where, 
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σ is shape factor 

Lx,y,z is the distance (ft) between natural fractures 

The base case fluid phase match produced high water production (Wp) and low oil 

production (Op); gas production (Gp) was a good match. The relative permeability water-oil 

table was tuned to lower Wp and raise Op. The water saturation endpoint was reduced from 

0.45 to 0.20 to reduce Wp. Tuning run 1 resulted in a good match except for all three 

production curves were slightly lower than field history data. Tuning run two was performed by 

modifying the bottomhole pressure (BHP) of each formation layer. The initial BHP was set to 

the PVT report value of 5280 psi and pressure gradient (PG) of 0.74. The participating operator 

takes periodic BHFP for all wells which provided a range for the 5 DSU wells of 0.63 – 0.75 

psi/ft. The participating operator BHFP sensors software uses the Poettmann and Carpenter 

(1952) to determine apparent reservoir pressure (P*). The P* for the Jerry 5MBH at 9,957 

ft_MD was 5,785 psi. The final PG used to tune the history match was 0.675 psi/ft; the value is 

within +/- 0.05 psi/ft for NDIC public data of participating and nearby operators. The 

bottomhole pressure in both figures (5.12 and 5.13) were calculated via tubing performance 

tables using the Vasquez – Beggs and Beggs – Brill correlations. The Vasquez – Beggs correlation 

solves reservoir PVT properties such as solution gas – oil ratio (Rsi), oil formation volume factor 

(Bo), and oil compressibility (co). The correlation was developed from over 600 laboratory PVT 

analysis (Vasquez and Beggs 1980). The Beggs – Brill (1973) pressure loss correlation deals with 

multiphase flow, friction pressure loss, and hydrostatic pressure difference. The calculation 

required tubing specifications, tubing conditions, fluid and gas SG, production rates, GOR, water 
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cut, and WHP. The current estimated BHP for the Jerry 5MBH is ~1,650 psi, correlated from 

BHFP data; the model calculated BHP average was ~1,725 psi. 

Tuning run three was performed by modifying the vertical to horizontal permeability 

matrix and fracture ratio (kv/kh). The horizontal ratio was established from NMR SDR effective 

permeability logs; the SDR effective permeability explained in Section 5.1.2 Geostatistics, 

provides a better estimate of horizontal permeability accounting for lithology and clay-bound 

water effects on porosity/permeability relationship. Cho et al. (2013) define effective 

permeability by the following equation:                                                                                 𝑘𝑒 = 𝑘𝑚 + 𝜙𝑓 ∗ 𝑘𝑓                                             (5.3) 

where,  

ke is effective permeability  

km is matrix permeability  

φf  is fracture porosity  

kf is fracture permeability 

The kv/kh ratio range (0.01 – 0.06) used for tuning run three was established from Barree 

(2018) and Simpson et al. (2016), respectively. The latter study determined a kv/kh ratio from 

stress shadow effects in the Eagle Ford shale based on hydraulic fracture treatments, historical 

production data, and history matching a set of MFHW with reservoir simulation. The final kv/kh 

ratios applied to the matrix and natural fractures in tuning run 3 was 0.065, represented by 

similarities between the Eagle Ford shale and Middle Bakken formation.  
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The water phase history match results saw a higher water production for the simulation 

than the historical data. Initial water saturation, relative permeability (Figure 5.8), and matrix 

and fracture permeability were manually adjusted to mitigate the high water production. Initial 

saturations were calculated by Gausssian method from the input ELAN log. Specifically the 

SUWI log values; this logging tool and measurement interpretation accounts for lithology and 

clay bound water, resulting in free water values (Asquith and Krygowski 2004). The high water 

production is from the above and below formations, namely the Lodgepole and Birdbear. Based 

on flowback, historical production, and field operation data it is believed that the increasing 

water production from the Tom and Jerry DSU is from upper and lower formation invasion due 

to hydraulic fractures and natural fracture network.  

 

 

Figure 5.8: History matching Case 1 tune. Red line represents initial water saturation (0.45) end 

point. Green line represents final water saturation (0.20) end point. 
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The gas phase production history match results saw a steady decrease with constant 

GOR, mimicking the oil phase throughout the simulation run. The simulation runs did not 

provide producing GOR because the production phases did not enter the phase envelope 

resulting in a reservoir that stayed in an undersaturated state. These results could be the result 

of not producing a sufficient amount of the initial fluid volume within the grid block system. 

A good match was obtained between the predicted and historical oil phase production 

(Figure 5.9). The final constant reservoir and hydraulic fracture properties used to tune the oil 

phase are in Table 5.9. The initial production of the history match was significantly higher than 

the historical data; this is caused by the hydraulic fracture grid size (2 ft) and initial grid block 

pressure. A real hydraulic fracture is measured in fractions of an inch, but the numerical 

simulation represents the fracture by a much larger size. Kazemi and Gilman (1983) define the 

fracture as a continuum and the matrix as a source or sink. Fluid flows primarily through the 

high permeability, low porosity fractures that surround individual matrix blocks. The matrix 

blocks contain the majority of the reservoir pore volume but have low permeability. The oil 

recovery rate is a function of the size and properties of each grid block and the historical 

saturation of the natural fracture system (Thomas et al. 1983). Beyond the history match IP; the 

match was accurate with daily production data. The data was not smoothed; this resulted in an 

increase in simulation cumulative production in year 2015 and a decrease in 2016. Ultimately, 

the history match resulted in reasonably accurate values. The historical cumulative production 

was 218 MBBL and the modeling history match is 222 MBBL (Figure 5.10). The history match 

results were compared to a decline curve analysis study which resulted in 222 MBBL (Figure 

5.11). 
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Figure 5.9: Final oil phase history match with calculated bottomhole pressure. 

 

 

Figure 5.10: Comparison of model history match and historical cumulative production. 
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Figure 5.11: Decline curve analysis historical and forecast cumulative and daily oil production 

(OP) with DCA parameters. 

 

Table 5.9: Reservoir modeling constant parameters. 
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5.2.2 Injection Scenarios 

 The following sections contain scenario definitions, discussions, and results for rich 

natural gas injection modeling for EOR. The planned scenarios were founded on surface 

injection pressure required to compress injectant and minimum pressure needed to increase 

incremental production, shut-in time needed to create multiple contact miscibility, optimize 

injectant composition ratio, and total gas available for injection (Table 5.10). The executed 

scenarios were run on a single well model to determine the incremental production of one 

well's SRV (Table 5.11).  

Table 5.10: Planned rich natural gas injection scenarios. 

 

 

Table 5.11: Executed rich natural gas injection scenarios. 
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5.2.2.1 Injection Pressures 

The first two injection scenarios were performed using surface injection pressures of 

5,000 psi and 6,000 psi, respectively. The purpose of the first two cases was to simulate gas 

injection at a pressure high enough to increase the existing BHP.  Both cases were simulated 

with injection/production cycles set to 30 days. 

The injection scenario, case 1 and case 2, results indicate an increase in production 

beyond the injection cycles (Figure 5.13 and 5.14). The increased pressure rich natural gas 

injection resulted in an increase of gas and oil incremental production. This incremental 

increase may simulate what multiple contact miscibility could create if residual oil is contacted. 

The plateau illustrated in Figure 5.12 between 2018 and 2019 is the result of raising the 

reservoir pressure. The sharp decline at the end of the plateau in early 2019 is the result of the 

reservoir pressure stabilizing down to its current pressure. The Jerry DSU wells are on jet pump 

artificial lift with a choke so a sharp decline such as the model displayed would be less steep.  

 

 

 

Figure 5.12: Comparison of Case 1 to Base Case 0. 
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Figure 5.13: Comparison of Case 2 to Base Case 0. 

 

 

Figure 5.14: Comparison of Case 1 and Case 2 to Base Case 0. 
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The cumulative oil production saw incremental gains from the injection of wellhead gas. 

The base case cumulative oil after a 5-year forecast was 338 MBBL. The DCA base case after 5-

years was 301 MBBL. The comparison could demonstrate that a constraint, STO of 300 max bbl 

for the modeling parameters may have been too high. The historical production final 3 month 

and 6 month daily oil production average was 54 bpd and 85 bpd, respectively. A max STO 

constraint of 100 – 150 bbl may have been a better representation of a 1.3x – 1.7x uplift factor. 

The DCA uplift factor with 200 – 300 bbl initial production (qo) was 2.3x – 3.4x. This would 

indicate that rich natural gas injection would increase the oil production more than 2 to 3 times 

the apparent production rate.  

5.2.2.2 Injection Compositions 

The injectant composition scenarios were performed on Case 3 and Case 4, compared to 

case 1, with 5,000 psi surface injection pressure. The 80/15/5 % mole (C1-C3/C4-C5/C6-C15) of 

case 1 was modified to 100 % mole (C1-C3) in case 3 and 50/50 % mole (C1-C3/C4-C5) in case 4.  

Figure 5.15 illustrates the results of Case 3 (100% C1-C3); the production decline seen 

after the injection cycles is responsible for a lower cumulative oil production. These results 

indicate that more gas may have been produced since C1-C3 are predominantly light 

hydrocarbons (gas at surface). If the results are related to MMP they could indicate that 

because methane has a laboratory MMP of ~5,300 psi, whereas ethane has an MMP of ~1,500, 

the 60/20 % mole methane to ethane ratio (PVT) did not create significant multiple contact 

miscibility within the simulated reservoir to promote an increase in incremental oil production. 
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Figure 5.15: Comparison of Case 1 and Case 3; changing the composition from wellhead gas to 

100% C1-C3 reduced the post injection oil production. 

 

Case 4 was ran at a surface injection pressure of 5,000 psi with a 50/50 % mole C1-

C3/C4-C5. The cumulative oil production of 472 MMBO was higher than the Case 1 (338 

MMBO) scenario; this may be the result of increasing the C4-C5 from 15 % mole to 50 % mole, 

increasing the oil production and decreasing the gas production (Figure 5.16). If the results are 

related to MMP this could be the effect of ethane and butane’s superior properties to reduce 

viscosity, higher solubility to oil, and ethane’s lower MMP. As discussed in Section 3.2, ethane 

and butane are better at mobilizing higher molecular weight hydrocarbons and have a better 

solvent efficiency. Figure 5.17 illustrates the cumulative production increase from Case 4. There 

is a significant increase in the EUR. 
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Figure 5.16 Comparison of production rate for Case 4 to Case 1 

 

 

Figure 5.17:  Comparison of cumulative production for Case 4 to Case 1 
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CHAPTER 6 

ECONOMICS 

 

Economic evaluations have uncertainties related to the probability of producing and 

recovering economically viable reservoirs, high capital investment, costs, technology, and oil 

and gas price volatility. Important decisions regarding the allocation of scarce resources among 

investments are characterized by substantial geologic and financial risk (Newendorp and 

Schuyler 2014). The use of decision analysis techniques has increasingly become more valuable 

to aid the decision-making process. In the preparation of development plans, management 

decisions are complex issues because of the number and types of decisions, the effort required 

to predict production with accuracy, and the dependency of resources recovery strategy on 

uncertainties that impact risk analysis quantification. Decision analysis techniques do not 

eliminate or reduce the risk and do not replace the professional judgment of geoscientists, 

engineers, and managers, it does, however, provide a strategy to minimize the exposure of 

petroleum projects to risk and uncertainty (Newendorp and Schuyler 2014).  Risk analysis has 

limitations and practical difficulties that affect its value as a decision aid. Often those limitations 

are due less to inherent limitations in decision analysis and are related more to deficiencies in 

specific applications of the approach in project development. There is a great need to 

understand how most effectively to model project level risks, whether they are those that 

affect output possibilities or those that influence costs. Despite its limitations, risk analysis has 

strengths such as providing an approach for dealing with value tradeoff, a means for handling 

complex decisions characterized by multiple objectives and degrees of uncertainty in project 
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development, and provides a systematic and comprehensive way for considering all relevant 

factors in a decision-making process.  

One of the most straightforward approaches to improve performance without a 

significant precision loss is to work with the recovery factor (RF). Recovery Factor is an essential 

parameter for economic justification in the petroleum industry. The recovery factor is 

calculated from the ratio between expected ultimate recovery and original oil-in-place. 

However, calculating an accurate recovery factor is not a simple effort because of the 

uncertainties of existing oil in place estimations. The primary issue causing these uncertainties 

comes from inaccurate information about the reservoir drainage area. In shale reservoirs, the 

estimation of original oil in place (OOIP) and drainage area is more complicated due to 

unknown factors such as reservoir pressure, pore volume, complex fracture networks, and in-

situ hydrocarbon and reservoir properties. 

The purpose of evaluating the economics of a rich natural gas injection pilot is to 

demonstrate that at a $40/bbl WTI price paired with the abundance of rich natural gas 

produced from the Bakken and Three Forks formation by an injection/production scheme will 

increase estimated ultimate recovery (EUR). If the pilot site was initially designed with well-

planned facilities, completions, well spacing, and strong production optimization throughout 

primary recovery the tertiary recovery effort is a low risk, high reward operation.  
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6.1 Pilot Valuation 

In early 2017 EOG Resources announced that they had successfully attempted rich 

natural gas injection in the Eagle Ford. Figure 6.1 illustrates that the 32-well injection pilot plan 

projected incremental reserves increase of 30 – 70 % (EOG, 2017) based on $40/bbl WTI oil 

price; no data supporting this claim has been made publicly available. Based on incremental 

reserves increase factor of 1.7x the study performed for the Jerry 5MBH yielded a rate of return 

(ROR) of 150%.  Figure 6.2 illustrates the model parameters, base case, and EOR case for the 

Jerry 5MBH; the economics derived from this study are independent of the integrated reservoir 

model presented in Chapter 5. This preliminary model was built using economics and decline 

curve analysis (DCA) from three data sources. The reserves uplift factor of 1.77x was reversed 

engineered via DCA to recreate results based on EOG’s Eagle Ford pilot. This study 

demonstrated that the economic downside to a rich natural gas injection pilot was minimal or 

insignificant. The only economic impact was the cost of wellbore reconfiguration, cost of the 

compressor, and delayed economics of total gas volume. The cost of compression has since 

been eliminated because the compressor was loaned in exchange for the value gained from 

sharing the results of the rich natural gas injection pilot. The wellbore reconfiguration cost was 

determined to be approximately $117,000 per well, which as seen in Table 6.1 yields a before-

tax cash flow (BTCF) ROR of 150% (includes $1MM cost of the compressor). If the price of the 

compressor is excluded from the economics the ROR is over 1000%. The source gas is 

considered delayed economics because the participating operator owns and operates its 

midstream company. Although this reduces the amount of total gas the midstream company 

can sell to market at any given point in time, once the well is put back on production cycle it is 
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assumed that the quality or BTU of the return gas will have improved and/or the composition 

will have changed, containing more heavy components. 

 

Figure 6.1: EOG Resource 4Q investor report summary (EOG, 2017). 

 

 

Figure 6.2: Economic decline curve analysis study for rich natural gas injection. 
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Table 6.1: Single well before tax cash flow economic model for rich gas natural injection pilot. 
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CHAPTER 7 

CONCLUSIONS, FUTURE WORK AND RECOMMENDATIONS 

 

This chapter presents conclusions, future work and recommendations. The future work 

and recommendations presented are based on the limitations and availability of data prior to 

rich natural gas injection simulations. Gas injection is scheduled for summer 2018. The gas 

injection results will be published by the participating operator and contributing affiliates in a 

subsequent report. 

7.1 Conclusions 

Economic production from shale plays focuses on hydraulic fracture techniques and well 

spacing optimization and yet the recovery factor ranges from 7 – 10 %. Shale plays produce 

large quantities of ethane and liquid rich hydrocarbon gases. Ethane, like CO2, has a low 

minimum miscibility pressure, has good solubility in oil, is better at mobilizing higher molecular 

weight hydrocarbons, and is a good viscosity reducer. The Middle Bakken and Three Forks 

produce a significant amount of ethane. 

 This study determined the technological and economic factors that could affect a rich 

natural gas injection pilot. Uniform completions cluster distribution with cemented liners could 

reduce conformance issues throughout injection/production cycles. Optimized wells spacing 

could minimize hydraulic fracture cross-flow. Ethane and richer hydrocarbons have superior 

properties needed to create multiple contact miscibility. Ethane has a low minimum miscibility 

pressure, has good solubility in oil, is better at mobilizing higher molecular weight 

hydrocarbons, and is a good viscosity reducer. Knowing the historical GOR and production trend 
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behavior provides a comparative tool for post rich natural gas injection analysis. Monitoring 

pressure and compositional changes from adjacent wells could provide valuable information 

about conformance optimization, however this study did not include adjacent wells. Modeling a 

rich natural gas injection pilot with multiple wells is highlighted as future work. 

The geologic static model was built using contour maps, multiple core analysis; NMR, 

rock mechanics and standard well logs. A 3D reservoir simulation model was developed based 

on the static reservoir model using petrophysical data, core, PVT, and completions data. I 

created an equation of state (EOS) model using PVT, which was used to develop the 7-lumped 

component compositional model in CMG. History matching was performed in two sets, first the 

total fluid to obtain a reasonable material balance match, followed by matching oil, gas, and 

water phases. With the exception of water phase history match and use of one of five wells to 

drain the total SRV, the history match required few parameter changes. This was possible 

because of the extensive amount of input data provided by the participating operator to create 

the static geologic model, EOS model, and the integrated compositional 3D model. 

The study determined how matrix/fracture permeability, fracture porosity, and 

hydraulic fracture permeability impact production. The vertical to horizontal permeability ratio 

indicated how matrix/fracture water saturation impacts phase history matching. Fracture 

porosity was a significant sink for fracture to matrix flow in numerical simulation. Individual grid 

block size and calculated properties impacted oil recovery rate and historical saturations within 

the fracture system.  
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The study demonstrated how injection/production cycles applied to a one well SRV 

affected incremental oil and cumulative production to increase EUR. Five cases varying pressure 

and composition were compared to a base case to determine the incremental oil increase or 

decrease. The pressure cases showed how increasing pressure increases the post injection cycle 

incremental oil and cumulative production. All the cases displayed an abrupt production fall-off 

some time after the injection/production cycle; this was a function of the constraints used to 

model both the pressure and compositional change schemes. Changing the composition 

verified that injecting high quantities of methane decreased the incremental oil. Whereas 

injecting heavier hydrocarbon gas increased the incremental oil, cumulative production, and 

ultimately the EUR. Minimum miscibility pressure, hydrocarbon solubility in oil, and viscosity 

reduction of injectant are key properties needed to release residual oil within the matrix and 

increase the recovery factor. 

 Finally, the study evaluated how low capital exposure paired with abundant quantities 

of liquid rich hydrocarbons can be effectively used to increase recovery factor and ultimately 

provide a high return on investment.  

7.2 Future Work and Recommendations 

7.2.1 Future Work 

1. Run model with multiple DSU wells to: 

1) Determine total injection gas volume effects on the entire reservoir. 
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2) Model cyclic injection/production with multiple wells in order to 

understand how incremental production is affected by neighboring 

wells pressure sink. 

3) Determine if gas is flowing through hydraulic fractures without 

contacting residual oil in the matrix and natural fracture system. 

2. Include drawdown pressure to forecast and injection/production cycles to 

control production decline more accurately. 

7.2.2 Recommendations 

1. Conduct a post rich natural gas injection PVT study for EOR EOS modeling. 

1) Compare initial reservoir PVT conditions to EOR PVT conditions. 

a) Swell test could determine which injection composition increases 

the incremental oil. 

b) Verify the multiple contact MMP. 

2. Collect oil/gas composition data periodically during the injection/production 

cycles to establish BTU increase and/or compositional changes. 

3. Collect injectant samples at each compression stage to perform EOS study. 

1) To determine the phase envelope at each compression stage operating 

conditions. 

4. Analyze production characteristics using GOR behavior and production trend 

analysis; may serve as a valuable tool to evaluate post rich natural gas injection 

production and GOR (Jones 2016).  
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