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ABSTRACT 

The objective of this research was to construct a calibrated multi-well 3D fracture model 

to evaluate well-to-well interference, also known as well “bashing”, in the Niobrara and Codell 

formations of the Denver-Julesburg (DJ) Basin. Hydraulic fracturing is a vital component to 

produce in unconventional resource plays economically. In the early stages of development in all 

unconventional resource plays, including the DJ Basin, single well pads were common for either 

exploratory drilling or lease retention. Initially many shale plays across the world were not fully 

developed and in order to capture the resources originally left behind, infill drilling is taking 

place to access additional resources to create a greater effective stimulated rock volume (SRV) 

and achieve better recovery. Unfortunately, many previously drilled, producing “parent” wells 

and newly drilled “child” wells are actually yielding a reduction in recovery rates in short and 

long-term cases due to interference. Research has shown that one of the main contributors to the 

variability in production is the presence of pressure depletion from production around the parent 

wells and the impacts it has on subsequent child well completions.  

As a means of examining well-to-well interference, the focal point of this study was a 

nine well pad consisting of six wells in the Niobrara and three wells in the Codell. This pad 

showed evidence of interference measured using bottom hole gauges installed in the two 

“parent” wells, one in each formation, during the stimulation of the child wells. Oil and water 

flowback tracers utilized during the treatment of the child wells also supported the presence of 

communication.  

A multi-well, multi-stage (total of 500 stages) 3D hydraulic fracture model was 

developed using offset vertical well logs and geologic interpretation of mud logs to define the 

variation in rock properties that best represent the reservoir in which these wells were drilled. 
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Calibration of the model consisted of using diagnostic measurements, diagnostic fracture 

injection tests (DFIT), step-down tests, and pressure matching measured to simulated treatment 

data. Using the calibrated model, the “parent” wells were simulated to generate individual stage 

fracture geometries. Results indicated uncontained hydraulic height growth throughout the 

Niobrara and from the Codell into the Niobrara.     

Using the results from the hydraulic fracture model, including conductivity and effective 

half-length, a pressure depletion profile due to production drawdown was created for the two 

parent wells. History matching the parent wells production (oil, gas, and water), using this 

numerical reservoir model, resulted in a subsequent pressure gradient radiating from the wellbore 

out into the reservoir. The history matched reservoir depletion model was then incorporated in 

the fracture modeling to simulate the treatments of “child” wells more accurately in a depleted 

reservoir.  

The parent wells’ hydraulic fracture and reservoir models culminated in the construction 

of a hydraulic fracture depletion model, which was used as the primary tool to examine well-to-

well interference between “parent” wells and “child” wells for this setting. A successful history 

match of the “parent” well fracture treatments was not fully achieved. However, the reservoir 

model provides a reasonably accurate representation of how the pressure transient moves away 

from the wellbore. 

The fracture geometry generated in the calibrated model was directly utilized in 

generating the pressure depletion profile simulated in the reservoir model – the key component in 

understanding the effects of pressure sinks on production. The imported depletion model allows 

for the simulation of the child well treatments and the impact of pressure sinks on fracture 

generation and the interaction between “child” wells and “parent” wells. The model also serves 
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as a tool to conduct sensitivities on potential methodologies to mitigate the effects of pressure 

depletion.  

A comprehensive workflow of well-to-well interference between “parent” and “child” 

wells, using hydraulic fracture and reservoir modeling, and subsequent analysis of 

methodologies to mitigate the effects of pressure depletion, was successfully developed during 

the course of this study. However, several communication and compatibility issues were 

identified interacting between the two software packages. The most important being the 

integration of fracture geometries hydraulic fracture model into the reservoir model, which is 

challenging given the number of nodes that are generated and correctly characterizing the 

associated inputs. It is important to take into account these considerations when attempting this 

workflow until these issues are addressed to improve accuracy.  

Protection frac simulations indicate that they could be either beneficial or detrimental 

depending on the amount of repressurization that is achieved and the distance that the pressure 

transient travels into the reservoir. In the given situation, repressurizing the reservoir surrounding 

the “parent” wells by 1,000 psi resulted in a reduction of well interference due to the increased 

stress state near the wellbore. However, repressurizing by only 500 psi resulted in increased well 

interference between the parent wells. Several wells communicated with both the parent wells as 

a result of the repressurization not being great enough to offset the depletion. 

Shutting-in the “parent” wells prior to the “child” well completions, as a method to 

mitigate well-to-well interference by allowing the reservoir to increase pressure naturally, 

resulted in an ineffective solution. The modeling showed that shutting-in the well for three 

months resulted in an increase of only ~250 psi, which is an insufficient pressure increase to 

offset the effects of depletion. 
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tp = total pumping time from fracture initiation to shut-in, min 

u = displacement of loaded surface, in. 

uL = leakoff velocity, ft/min 

Vb = block volume, ft3 

Vshale = volume of shale, % 

Vp = pore volume, cm3 

wf = fracture width, ft 

Xcreated = proppant cutoff length, ft 

Xflow = effective flowing fracture length, ft 

y = coordinate in the plane, in. 

Z = distance from the fracture face, in. 

Greek Symbols 

αh = Horizontal Biot’s coefficient, unitless 

αv = Vertical Biot’s coefficient, unitless 

γg = Gas specific gravity 

γob = Overburden pressure gradient, psi/ft 

γp = Pore pressure gradient, psi/ft 

ΔP = net pressure inside the fracture, psi 
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Δt = time-step, min 

ΔtD = dimensionless time, unitless 

ε = Regional tectonic strain, microstrain 

εv = volumetric strain, psi 

μ = viscosity, cp 

ν = Poisson’s Ratio 

ρ = oil density, lb/ft3 

ρb = Bulk density, g/cm3 

ρf = Fluid density (water = 1 g/cm3) 

ρma = matrix density (limestone = 2.71 g/cm3; sandstone = 2.65 g/cm3) 

σ = Normal stress, psi 

σt = Regional tectonic stress, psi 

σv = net overburden load, psi 

ϕi = initial porosity 

ω = concentration of c in Phase p 

 

Subscripts 

f = Fracture 

g = Gas 

i = Initial 

m = Matrix 

o = Oil 

w = Water 
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c = Closure 

v = Vertical 

p = Pressure 

exp = Exposed 

b = Block 

r = Relative 

p = Phases 

pf = Perforations 

f = Fluid 

p = pumping 

D = Dimensionless 

dp = Pressure dependent 

fo = Fissure opening 

w = Well 

i = Initial 

tv = True vertical 

ob = Overburden 

off = Offset 

h = Horizontal 

t = Tectonic  

sh = Shale 

b = Bulk 

eff = Effective 
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v = volumetric 

wi = Irreducible water 

BHFP = Bottom hole flowing pressure 

csg = Casing 

tbg = tubing 

ave = average 
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CHAPTER 1 INTRODUCTION 

 

 The purpose of this research is to gain insight into the effects of hydraulic fracture 

interference between two wells – also known as offset well “bashing”. Furthermore, this study 

looks specifically at the interaction between previously drilled, producing, “parent” wells and 

newly drilled “child” wells. Frequently a parent well is drilled to hold a lease or perform 

exploratory drilling. As more infill drilling occurs in unconventional resource plays, the 

interaction between the existing well and new wells becomes an important topic to consider and 

investigate. Sensitivities of this interaction are modeled using hydraulic fracture and reservoir 

modeling software to gain an understanding of the interaction between “parent” wells and 

“child” wells. The goal was to provide a scoping tool that will determine the controlling 

parameters for productivity of infill-drilled wells.  

1.1 Motivation 

Hydraulic fracturing is a vital component in producing unconventional resource plays 

economically. Following the first application in 1947, the industry has made huge strides in 

hydraulic fracturing and technological advancements as well as understanding how fractures 

grow and behave below the earth’s surface (Montgomery and Smith 2010).  

Due to increasing energy demand, oil and gas resources from unconventional shale plays 

have become a priority for most US operators. In the early stages of development, acquisition 

and retention of leases is a priority to gain control of as much acreage as possible. This strategy 

has been influenced by several factors such as the timing and the execution of technical 

campaigns to delineate the plays capital prioritization, state regulations, etc. (Esquivel and 

Blasingame 2017). Due to this methodology, many shale plays across the world were not initially 

fully developed. In order to capture the resources that were originally left behind, infill drilling is 



2 

 

taking place to access additional resources, to create a greater effective stimulated rock volume 

(SRV), and achieve better recovery.  

Horizontal wells are now being drilled such that lateral and vertical distances between 

adjacent wells are significantly reduced (Siddiqui et al. 2016). In addition to tighter well spacing, 

longer lateral lengths are being drilled with more stages, closer stage spacing, and greater fluid 

and sand volumes to further maximize production potential. The resulting outcome of this 

practice is increased interaction of fracture networks between wells – also known as well 

“bashing” or “well-to-well” interference (King et al. 2017). It is imperative that an understanding 

of the interaction between parent wells and child wells is developed and modeled to gain an 

understanding of the possible effects well “bashing” has on short-term and long-term production. 

 

1.2 Denver-Julesburg Basin and Wattenberg Field Overview 

 The area of focus for this study are wells targeting the Codell Sandstone and the Niobrara 

formation in the Wattenberg field in Denver-Julesburg (DJ) basin. The DJ basin spans 70,000 

square miles across four different states including eastern Colorado, southeastern Wyoming, 

northwestern Kansas, and southwestern Nebraska (Higley and Cox 2007). The DJ basin has a 

prominent history of oil and gas. The first oil well was completed in 1881 in the Florence field, 

the oldest continuously working oil field in the United States (Higley and Cox 2007). 

The Wattenberg Field, a subset of the DJ basin, is located in the western edge of the DJ 

basin just north of the city of Denver (Figure 1.1) and is the primary focus area of this study. The 

Wattenberg Field is commonly referred to as the Greater Wattenberg Area (GWA) and spans 50 

to 70 miles in a general north to south direction (Moritz and Barron 2012).  



3 

 

 

Figure 1.1:  Elevation contour map depicting the Denver-Julesburg Basin with the inner-lying 

Wattenberg Field (From Moritz and Barron 2012). 

 

Since its discovery in 1970, the Wattenberg field has produced over 4.9 trillion cubic feet 

of natural gas. In 2010, the field produced an estimated 216.2 billion cubic feet (BCF) of gas and 

18.6 million barrels of oil (MMBO) from approximately 18,000 active wells ranging in total 

vertical depth (TVD) from 6200 ft to 7800 ft. (Moritz and Barron 2012). Drilling activity within 

the DJ basin has continued to increase since 2010, production has increased from 192,000 

BOEPD in 2010 to over 480,000 barrels of oil equivalent per day (BOEPD) in early 2016 

(Sterling et al. 2016). Figure 1.2 depicts the distribution of oil and gas wells, marked yellow and 

red respectively, in the DJ basin as well as associated fields labeled in white. Since 2017, drilling 

activity has increased significantly and will continue to increase as oil basins thrive in the current 

economic market. 
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Figure 1.2: Major fields (white) and respective oil (yellow) and gas (red) wells in the DJ Basin 

(From Higley and Cox 2007). 
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1.3 Geology of the DJ Basin 

In the DJ Basin the Niobrara formation and the Codell sandstone of the Carlile formation 

are currently the primary drilling targets for oil and gas production. The early vertical well 

drilling patterns were not uniform but were dictated by local controls such as faulting, facies 

changes, and maximum temperature (Nelson and Santus 2011). With the shift to horizontal wells 

the primary factors that are driving production are proximity to thermally mature source beds; 

thickness; geothermal gradients; pressure gradients; fault bounded reservoir compartments; gas-

oil ratios (GOR); and sufficient reservoir quality (Sonnenberg 2015).  

1.3.1 Structure 

 The DJ basin (Figure 1.3) is a large asymmetric Laramide-age foreland-style structural 

basin characterized by relatively shallow dips to the east flank and steep dips and basin-flanking 

faulting to the west (Higley and Cox 2007; Sonnenberg 2015). The deepest part of the basin lies 

close to and parallels the Front and Laramie ranges (Sonnenberg 2016).  

 

Figure 1.3: Denver-Julesburg basin cross section illustrating the asymmetric shape from west to 

east (From Sonnenberg 2015). 
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The basin-flank faulting causes partially trapped hydrocarbons because of the complex 

normal faulting created structural compartments (Sencenbaugh et al. 2001). The normal faults 

can have anywhere from 20 to 100 ft of vertical separation. The random fault trends depicted in 

Figure 1.4 suggests that a polygonal fault pattern is present in the DJ basin. The orientation of 

the polygons are governed by northeast-trending basement fault systems that were interpreted as 

basement wrench faults (Sonnenberg 2015). The primary wrench faults in the Wattenberg field 

were defined by Weimer et al. (1986) and are called the Windsor, Johnstown, Longmont, and 

Lafayette wrench fault zones (WFZ) (Figure 1.5).   

 

Figure 1.4: Normal faulting depicted in the Codell Sandstone. The random orientation suggests a 

polygonal fault pattern (From Sonnenberg 2015)  
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Figure 1.5: Basement wrench faulting that governs the normal faulting in the Wattenberg Field 

(From Higley and Cox 2007). 

 

The Upper Cretaceous Codell and Niobrara formations located in the Wattenberg Field, 

which straddles the synclinal axis of the DJ basin, were deposited in the Western Interior 

Cretaceous Seaway approximately 89 mega-annum (Ma). The Codell occurs between the main 

carbonate producing episodes of the Cretaceous, which are the Niobrara and Greenhorn 

formations that were deposited during a sea level recession in between two of the highest sea 

level rises during the Cretaceous period (Sonnenberg 2015).  
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1.3.2 Stratigraphy  

The Upper Cretaceous Niobrara was deposited in a foreland basin setting at the time of a 

major marine transgression (Sonnenberg 2016). It is an organic-rich and partially self-sourcing 

formation composed of chalks and marls and is broken up into two different members – the Fort 

Hays Limestone and the Smoky Hill Member (Michaels and Budd 2014). The Smoky Hill is then 

broken down further into three chalk sections, labeled A through C interlaid with marl sections. 

The cyclic nature of the chalk and marl sections was controlled by marine transgression and 

regression cycles (Drake et al. 2013). The cyclic nature of the chalk and marl sections were 

further defined by Lockridge and Scholle (1978) and built upon by Sonnenberg (2016) as 

follows: 

“The chalk-marl cycles are interpreted to represent changes from normal to brackish 

water salinities possibly related to regional paleo-climatic factors or sea level fluctuations. The 

chalk lithologies are thought to represent deposition in normal to near normal marine salinities 

having a well-mixed water column and well oxygenated bottom waters. The chalks reflect influx 

of warm Gulfian currents into the Western Interior Cretaceous (WIC) seaway during relatively 

high sea levels. The chalk/limestone facies is composed of coccolith-rich fecal pellets probably 

derived from pelagic copepods, inoceramid and oyster shell fragments, planktonic foraminifer 

tests, micrite, clay, and quartz silt (Lockridge and Scholle, 1978). The interbedded shale/marl 

cycles are interpreted to be caused by an increase in fresh water runoff caused by increased 

rainfall, which may be related to climatic warming. The fresh water runoff creates a brackish 

water cap and salinity stratification.”  

 

 The total thickness of the Niobrara producing zones range from 300 to 400 feet across 

the Wattenberg field as shown in Figure 1.6. The Fort Hays and A, B, and C Chalks range from 



9 

 

20 to 50 feet thick each and the interlain marls range from 20 to 100 feet. Erosional 

unconformities exist at the top and base of the Niobrara with the A bench thinning from west to 

east and turning to the northeast in the middle of the DJ basin (Figure 1.7). The porosity and the 

permeability in the Niobrara in the field are less than 10 percent and less than 0.1 md, 

respectively.  

 

Figure 1.6: Stratigraphic column of producing intervals in the Wattenberg Field (From 

Sonnenberg 2015). 

 

The Codell sandstone, depicted in the stratigraphic column in Figure 1.6, is 

uncomformably overlain by the Niobrara formation and is an impermeable, bioturbated, very 
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fine to fine grained marine shelf sandstone with a clay content from 15 to 25 percent including 

smectite, illite, chorite, and trace amounts of kaolinite (Sterling et al. 2016). The Codell thins 

from a wedge-edge of 20 feet to 5 feet, from west to east, due to erosional truncation 

(Sonnenberg 2015).  

 

Figure 1.7: Niobrara formation isopach illustrating the erosional unconformities trending from 

west to east then to the northeast (From Sonnenberg 2016). 

 

The geothermal gradients in the Codell range from 1.8 to 3.0 °F/100 ft. The highest 

GOR’s in the field correspond to the highest geothermal gradients. Formation pressure gradients 

range from 0.45 to 0.66 psi/ft (Sonnenberg 2015). Sterling et al. (2016) also concluded a similar 

pressure gradient from diagnostic fracture injection tests (DFIT) and drill stem tests (DST) data 

indicating a gradient of 0.51 to 0.58 psi/ft.  The porosity and permeability vary due to scope of 

analysis but all generally have similar conclusions. Sonnenberg (2015) indicated porosity to be 

less than 12 percent and permeability to be less than 0.1 md, after core analysis Sonnenberg 
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found porosity and permeability to be, on average, 14 percent and 0.1 md respectively. Sterling 

et al. (2016) determined a range for porosity to be 8 to 15 percent and permeability of 0.01 to 0.1 

md. Michaels and Budd (2014) claimed porosities to range up to 12 percent using density log 

porosities but found a significantly lower porosity using focused ion beam scanning electron 

microscopes (FIB-SEM) images ranging from 1.4% to 10%. In log readings, abnormally high 

porosity readings occur on density logs as a result of gas saturation (Sonnenberg 2015).  

In general, when the Codell and Niobrara are lumped together, the average porosity and 

permeability is around 14% and 0.05 md in the Wattenberg field (Higley and Cox 2007; 

Sonnenberg 2015). For both the Codell and Niobrara, the main reservoir-drive mechanisms 

include retrograde condensate behavior as well as solution gas (Higley and Cox 2007). 

1.4 Well-to-Well Interference Verification  

In choosing the right candidate for the subject pad, several preliminary analyses were 

conducted to verify that well-to-well interference occurred during the treatment of the child 

wells. This was done using a bottom hole pressure analysis and a production analysis. The next 

two sections discuss the findings of these analyses and the verification that well-to-well 

communication occurred on the pad used in this study, and the area was a valid candidate. The 

subject pad consists of nine wells, six wells in the Niobrara and three wells in the Codell. There 

are two parent wells, one in the Niobrara “B” bench, Well 1N, and one in the Codell, Well 2C. 

Figure 1.8 provides a visual representation of which formation and bench each well was landed 

in. In each well name, the letter following the number denotes the formation it was completed in, 

i.e. “N” for Niobrara and “C” for Codell. 
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Figure 1.8: Well locations and naming nomenclature for six Niobrara Wells and three Codell 

wells.  

 

1.4.1 Bottom Hole Pressure Analysis  

Bottom hole pressure gauges were installed in the parent wells during the completion of 

the child wells to see if there was any pressure interference between the child wells and the 

parent wells. Both the Niobrara and Codell parent wells saw pressure interference as the result of 

the child well completions determined by an increase in bottom hole pressure of 1800 and 2150 

psi, respectively. In order to quantify which child wells interfered with the parent wells the 

treatment pressure of the child wells and the bottom hole pressure data from the parent wells 

were compared in respect to time. In the Niobrara formation, Figure 1.9 illustrates that there was 

pressure communication between Well 2N and the Niobrara parent well, Well 1N, determined by 

the increase of bottom hole pressure during each stage of Well 2N. However, some bottom hole 
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pressure increases are not accounted for as indicated with a red arrow in Figure 1.9. When 

including the treatment pressure data of Well 3N, it was evident that this well also communicated 

with the parent well while being treated, also indicated by a red arrow in Figure 1.10. When 

Wells 2N, 3N, and 1N were compared spatially, based on landing location, a visual 

representation of pressure communication was gained, as seen in Figure 1.11. This comparison 

indicates that pressure communication occurred both horizontally through the “B” bench in 

addition to vertical pressure communication from the “C” bench.   

 

      

Figure 1.9: The treatment pressure of Well 2N (blue) and bottom hole pressure data from the 

Niobrara parent well (green) in respect to time indicating that pressure communication between 

the two. The red arrow indicates that some pressure increases are unaccounted for.   
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Figure 1.10: The treatment pressure of Well 3N (red) with Well 2N (blue) and bottom hole 

pressure data from the Niobrara parent well (green) in respect to time indicating that pressure 

communication also occurred from Well 3N illustrated by the red arrow. 

 

Figure 1.11: Visual representation, looking down the wellbore, illustrating the child wells that 

had pressure interference with the Niobrara parent well. 
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Pressure communication was also observed between the Codell parent well and several 

child wells. This is illustrated in Figure 1.12 when comparing the treatment pressure data of Well 

1C and the Codell parent, Well 2C. Additionally, in the second phase of the child well 

treatments, two additional wells had pressure communication between the Codell parent well, 

these wells being Well 3C and Well 4N, as illustrated in Figure 1.13. When these wells were 

compared spatially based on landing location, as seen in Figure 1.14, it indicates that there is 

pressure communication from both the Codell child wells horizontally in addition to 

communication propagating down from the Niobrara well 4N, located in the “C” bench.          

 

Figure 1.12: The treatment pressure of Well 1C (red) and bottom hole pressure data from the 

Codell parent well (blue) in respect to time indicating that pressure communication between the 

two. 
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Figure 1.13: The treatment pressure of Well 3C (green), Well 4N (purple), and bottom hole 

pressure data from the Codell parent well (blue) in respect to time indicating that an additional 

two wells had pressure communication. 

 

Figure 1.14: Visual representation, looking down the wellbore, illustrating the child wells that 

had pressure interference with the Codell parent well. 
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1.4.2 Production Analysis  

This section provides the production history of the nine wells on the subject pad. 

Additionally, the two parent wells, Well 1N and Well 2C, are presented as dashed lines while the 

child wells are presented in solid lines for all production figures. The results of the production 

analysis verify that the completion of the child wells, and the resulting well-to-well interference, 

had affected the production of both the parent and child wells. This is shown using cumulative 

production by date, normalized cumulative production, and normalized water cut.  

1.4.2.1 Cumulative Production by Date 

Figures 1.15-1.17 are cumulative oil, gas, and water by date, respectively for all nine 

wells on the pad. Each wells is presented from initial production (IP) of the well to the last 

available production date of September 22, 2017. In the cumulative oil production, presented in 

Figure 1.15, a decrease in oil production is seen in the Niobrara parent well, Well 1N, after the 

completion of the child wells, while the Codell parent well, Well 2C, initially saw an increase in 

production but eventually leveled off to a similar production trend seen before the child well 

treatments. Similarly, the Niobrara and Codell parent wells saw a reduction and increase in gas 

production, as seen in Figure 1.16, following the treatment of the child wells, respectively. Both 

the Niobrara and Codell parent wells so an increase in water production, presented in Figure 

1.17. The Niobrara parent well saw an increase of two hundred percent and the Codell parent 

well follows a similar trend in water production indicating that water communication from the 

child well treatment is present.      
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Figure 1.15: Cumulative oil production, in barrels (bbls), of all nine wells on the pad by date. 

Well 1N, the parent well has the largest cumulative production with 160,000 bbls of oil, and 

Well 2N the lowest cumulative oil production by date with 74,000 bbls cumulative oil 

production. 

 

Figure 1.16: Cumulative gas production, in thousand cubic feet (Mcf), of all nine wells on the 

pad by date. The parent well, Well 2C, has the greatest gas production with 700,000 Mcf. Well 

3C has the lowest gas production with 150,000 Mcf. After the child wells were treated there is an 

increase in gas production in the parent well 2C, and a reduction in gas production in the parent 

well 1N. 



19 

 

 

Figure 1.17: Cumulative water production, in bbls, of all nine wells on the pad by date. The 

parent well, Well 2C, has the greatest water production with 93,000 bbls, and Well 6N has the 

least with 31,000 bbls. 

 

1.4.2.2 Normalized Cumulative Production  

The following production figures, Figures 1.18 through 1.20, represent the normalized 

cumulative oil, gas, and water production of all nine wells on the pad. As with the previous 

production figures, the dashed lines indicate the parent wells with the solid lines indicating the 

child wells. The normalized cumulative production for oil, water, and gas also support that the 

child well completion affected the production of both the parent and child wells but also sheds 

some additional light on the effects of well-to-well interference. The cumulative oil production, 

Figure 1.18, illustrates that both Codell child wells, Wells 1C and 3C, were impacted by well-to-

well interference based on the reduction in oil production compared to the Codell parent well. 

The Niobrara child well production indicates that the all the wells are producing on the same 

trend as the parent wells except for Well 2N. This well was the closest to the Niobrara parent 

well and caused the biggest interference in the bottom hole pressure of the parent well indicated 

in Section 1.4.1. Normalized cumulative water production, illustrated in Figure 1.20, indicates 
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that the child wells water production is greater than the parent wells after the first year of 

production with the exception of Well 1C.  

 

Figure 1.18: Cumulative normalized oil production, in bbls, by well. The parent well, Well 2C is 

trending with greater production in relation to the child wells and Well 1N after 378 days. Well 

2N is trending with the least amount of production after 378 days.   

 

Figure 1.19: Cumulative normalized gas production, in Mcf, by well. All wells are trending in a 

similar fashion during the first 350 days. However, Well 2N, has the greatest production while 

Well 3C, has the least.  
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Figure 1.20: Cumulative normalized water production, in bbl’s, by well. The child wells are 

trending with higher water rates compared to the parent wells in early time with the exception of 

Well 1C, which is trending the same as the parent wells.  

 

1.4.2.3 Normalized Water Cut 

Figure 1.21 is normalized water cut, the percentage of water to total fluid of all the wells 

on the pad. Figures 1.22 and Figure 1.23, are broken down by formation, the Niobrara and 

Codell, respectively, to provide better clarity. For all the wells, water cut starts at 100% or near 

100% during fracture cleanup. However, in the parent wells, the water cut falls off to near zero 

until after the child well frac treatments, which occurs at a normalized time of 600 days, 

increasing to much higher water cut values ranging from 90% and 5%. The child wells follow a 

similar trend during fracture clean up but several wells, Well 1C, 2N and 4N have an increased 

water cut ranging from 55% to 10% at a normalized time of 300 days.  
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Figure 1.21: Normalized water cut, the percentage of water in respect to total fluid, for all the 

wells on the pad.  

 

Figure 1.22: Normalized water cut, the percentage of water in respect to total fluid, for the six 

wells in the Niobrara formation. The parent well is presented in dark blue. 
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Figure 1.23: Normalized water cut, the percentage of water in respect to total fluid, for the six 

Wells in the Codell formation. The parent well is illustrated by the brown dots. 

 

1.5 Thesis Objectives 

The purpose of this study is concentrated on developing a workflow to analyze well-to-

well interference between parent and child wells using hydraulic fracturing and reservoir 

modeling software. The study uses nine wells on the same pad including three Codell wells and 

six Niobrara wells in the Denver-Julesburg basin. The study achieves this goal through the 

following objectives: 

1. Generate a calibrated multi-well, multi-stage fracture model using a commercial 

hydraulic fracturing modeling software validated by fracture treatment pressure 

matching. The model focuses on parent-child well-to-well interaction; 
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2. Build a multi-well reservoir model simulation using a commercial modeling software 

and include input parameters from the calibrated fracture model; 

3. Through an iterative process, further calibrate fracture and reservoir input parameters  

using both the hydraulic fracture and reservoir models in combination;   

4. Generate a fracture depletion model using the calibrated fracture model and reservoir 

pressure depletion profile that is validated by the child well fracture treatment 

pressure matching; 

5. Conduct a sensitivity analysis based on fracture geometry as a method for reducing or 

mitigating well-to-well interference. Parameters to evaluate include different fluid 

systems, volumes, and stage completion order; and, 

6. Investigate the benefits or disadvantages of the effects of protection fracturing 

treatments using the calibrated fracture depletion model and reservoir model.   

Figures 1.24 and 1.25 are the work flow charts used to complete the objectives presented 

above. Figure 1.24 is the process used to determine the effects of well bashing in the 

hydraulic fracture and reservoir models. Figure 1.25 is a description of the iterative process 

used within each model to calibrate and characterize each model. 
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Figure 1.24: Workflow used to determine the effects of well bashing in DJ basin. 
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Figure 1.25: Iterative process to calibrate and characterize the hydraulic fracture model and 

reservoir model. 
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CHAPTER 2 LITERATURE REVIEW 

Studying the effect of well-to-well interference during hydraulic fracturing treatments has 

recently become an important topic as additional drilling is taking place with closer and closer 

well spacing. This chapter highlights the previous studies that have been conducted on well 

“bashing” and the outcomes of each.  

2.1 Defining Well-to-Well Interference  

Hydraulic fracturing is a vital component to produce in unconventional resource plays 

economically. Following the first application in 1947, hydraulic fracturing has made huge strides 

in technological advancements as well as understanding how fractures grow and behave below 

the earth’s surface (Montgomery and Smith 2010).  

Due to increasing energy demand, oil and gas resources from unconventional shale plays 

have become a priority for most US operators. In the early stages of development, acquisition 

and retention of leases was a priority to gain control of as much acreage as possible. This 

strategy has been influenced by several factors such as the timing and the execution of technical 

campaigns to delineate the plays capital prioritization, state regulations, etc. (Esquivel and 

Blasingame 2017). Due to this methodology, many shale plays across the world were not initially 

fully developed. In order to capture the resources that were originally left behind, infill drilling is 

taking place to access additional resources by creating a greater effective stimulated rock volume 

(SRV) and achieve better recovery.  

Wells are now being drilled such that lateral and vertical distances between adjacent wells 

are significantly reduced (Siddiqui et al. 2016). In addition to tighter well spacing - longer lateral 

lengths are being drilled with more stages, closer stage spacing, and greater fluid and sand 

volumes to further maximize production potential. The resulting outcome of this practice is 
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increased interaction of fracture networks between wells – also known as well “bashing” or 

“well-to-well interference”. Figure 2.1 depicts the event of well bashing between two wells using 

microseismic and the resultant bottomhole pressures from the stimulation seen in the offset well.  

 

Figure 2.1: Offset well interference, depicted by ovals, between two adjacent Marcellus wells 

using microseismic and bottomhole pressure (From Mayerhofer et al. 2011).  

 

Zhe et al. (2016) describes bashing as a common observation in unconventional reservoir 

operations where the rate transient behavior of a well is dramatically altered when offset wells 

are drilled and stimulated. These are usually characterized as large pressure increases in an offset 

shut-in well during stimulation; as seen in the Figure 2.1 pressure treatment plots at the bottom 

of the figure. Across several cases studies conducted on well bashing in different basins such as 

the Bakken (Bommer et al. 2017), Eagle Ford (Diakhate et al. 2015), Wolfcamp (Courtier et al. 

2016; Paryani et al. 2017), Woodford (Peza et al. 2014), Haynesville (Lawal et al. 2013; 

BH Pressure Gauge data in Well 2H 
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Esquivel and Blasingame 2017), and others have shown well bashing generally reduces the 

productivity of wells. Yu et al. (2016) defined some of the possible mechanisms that cause well 

interference, depicted in Figure 2.2 as: 

1. Well-to-well interference through matrix permeability; 

2. Hydraulic fracture well-to-well interference; 

3. Interference through natural fractures; and 

4. A combination of all of the above. 

 

Figure 2.2: Possible mechanisms of well interactions from (From Esquivel and Blasingame 2017, 

modified, after Yu et al. (2016)).   

 

While the three examples of possible mechanisms that cause well interference, listed 

above, have an important role in well interaction, the primary mechanism is hydraulic fracture 

interference and occurs when fractures grow laterally, vertically, or both to connect with another 

fracture. These mechanisms are important to understand because when new completions (child 

wells) hit older producing wells (parent wells), during stimulation, conductive fractures grow 

into preferential planes of less resistance towards existing offset producers instead of enhancing 

additional matrix permeability near the child well (Courtier et al. 2016).   
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2.2 Pressure Sinks 

The overriding hypotheses, but not limited to, in the cause and preferential growth of 

fractures is attributed to the presence of pressure sinks, which are due to depletion around the 

parent well. As a well produces, it inherently loses reservoir pressure as production drawdown 

occurs. Mukherjee et al. (2000) describes this as when wells with hydraulic fractures produce, 

they create a pressure gradient from the drainage boundary to the fracture surface (Figure 2.3).   

The extent of the depletion is controlled by the cumulative production, pore volume, and 

hydrocarbon saturation. This ultimately effects the effective permeability and the original 

reservoir pressure or pore pressure.  This depletion causes a stress gradient with the higher 

stresses being at the drainage boundary and the lower stresses being around the fracture face. An 

offset fracture will take the path of least resistance and preferentially propagate in the direction 

of the lower closure stresses if it reaches that boundary.  

 

Figure 2.3: Modeled representation of depletion in a Woodford shale well (From Peza et al. 

2014). 
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As mentioned, pressure sinks can result in preferential fracture growth but the presence of 

pressure sinks also affects the geometry, orientation, and shape of the fracture. Without areas of 

depletion near the wells, fractures are believed to grow in a relatively bi-wing fashion. However, 

when there is a presence of a depleted zone the fracture has a tendency to preferentially grow 

towards the depleted region.  

Mukherjee et al. (2000) indicated that the closure pressure equation (Equation 2.1), 

assumes that in-situ horizontal stress is generated through uniaxial vertical strain caused by the 

net overburden load. As pore pressure decreases, the net stress rises, but total closure stress falls. 

 

 

(2.1) 

Where; 

σc = closure stress, psi 

ν = Poisson’s ratio 

σv = net overburden load, psi 

α = Biot’s coefficient 

pp = pore pressure, psi 

 

Differentiating the closure pressure equation with respect to pore pressure shows that the 

change in closure stress with pore pressure is a function of Poisson’s ratio only (Equation 2.2): 

 

 

(2.2) 

Due to the dependence of pore pressure on the effective principal stress, the pore pressure 

changes the effective stress field in all three principal dimensions effecting the closure stress 
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(Mukherjee et al. 2000). This relationship prevents bi-wing fractures from propagating resulting 

in asymmetric fracture geometries. The fracture azimuth may also change towards the direction 

of the maximum pore pressure gradient in a similar fashion. Peza et al. (2014) supported this 

theory through the use of 3D geologic and hydraulic fracture modeling also noting that fractures 

developed asymmetrically biased more towards the producing wells seen in Figure 2.4.  

 

Figure 2.4: Hydraulic fracture model of proppant volume concentration depicting asymmetric 

fracture growth (From Peza et al. 2014). 

 

2.3 Additional Factors Effecting Fracture Growth 

Another factor that has been inferred to affect the productivity of parent and child wells 

negatively is loss of conductivity. Over the course of the life of a well, it is frequently assumed 

that fractured wells have one total producing fracture area once clean-up has occurred (Lawal et 

al. 2013). The parameter for productivity is defined by the combination of Af (the area of the 

fracture) and k (the effective matrix permeability) in the form of Af √k and indicates the 

productivity of linear flow to the fracture face (Lawal et al. 2013). In stimulation treatments, it 
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has been seen that productivity of linear flow has been affected due to hydraulic treatment – 

diverging from the straight-line trend. For this behavior to occur, either the area of the fracture 

changes or the fracture permeability changes. Figure 2.5 depicts the results of a model simulating 

the effects of a reduction in matrix conductivity based on a numerical model. 

 

Figure 2.5: A reduction of fracture conductivity (blue) results in a lower productivity due to fluid 

invasion from an offset well. The change in the y-intercept indicates that the system has been 

permanently damaged from offset well interference caused by a reduction in the productivity 

index (From Lawal et al. 2013).  

 

It is important to note in Figure 2.5 the change in the y-intercept. It can be inferred that 

the system has been permanently damaged from offset well interference due to the reduction in 

the productivity index. This can be supported by many case studies that Vincent and Besler 

(2013) summarized in which wells that have been interfered with, in the most severe cases have 

crosslinked, sand-laden slurry in the wellbore and surface equipment after a stimulation 

treatment. It is apparent that the two wells had created a fracture between them. However, 

subsequent diagnostic tests frequently indicate ineffective retained hydraulic continuity. This is 
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also the case for chemical tracers and solid tracers that have been recovered in the offset 

wellbores. After several weeks or months of production, the tracers can no longer be detected in 

the offset well. It is apparent that as wells produce and cause depletion from drawdown, certain 

sections lose conductivity due to possible collapse of the fracture.  

Another factor to consider is, proposed by Sun et al. (2017), and is the producing pressure 

of the parent well.  Sun et al. research indicates that the producing pressure dramatically affects 

the severity that well interference has on production. Frac hits on parent wells below the bubble 

point indicates there is a long-lasting adverse effect on production. The most likely mechanism 

to cause this is “gas trapping”. Gas trapping occurs when fracturing fluids from the child wells 

invade the parent wells suddenly invade the depleted matrix due to the relatively large gas 

compressibility. The snapped-off gas, isolated from the continuous fluid path in the matrix near 

the fractures can hinder the oil productivity (Sun et al. 2017). If the pressure is above the bubble 

point, the reservoir might be able to eject the invading fluid and possibly receive a boost in 

production due to the transient boost in the reservoir pressure (Sun et al. 2017).  

Offset well bashing has effects on parent and child wells in both the long and short term. In 

terms of asymmetric fracture growth, as stated previously, due to preferential fracture growth, 

the SRV of the child well loses complexity often resulting in lower initial pressures and in turn 

lower recovery compared to wells that did not interact with parent wells (Courtier et al. 2016). In 

a case study conducted in the Haynesville shale, wells that had several pressure sinks 

significantly underperformed compared to wells with fewer pressure sinks (Esquivel and 

Blasingame 2017). This would support that depletion is preventing fracture complexity and 

limiting SRV.  
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Depletion not only effects the fracture geometry of the wells but it also effects the reservoir 

pressure in the child wells. Depletion limits the needed energy, for both the parent well and the 

child well effected during the interference, to effectively cleanup fluid. Depletion prevents fluids 

from unloading effectively from the fracture system; permanently damaging productivity through 

either relative permeability or capillary pressure changes (Peza et al. 2014).   

2.4 Well Interference Case Studies 

 Considering the possible negative impacts or positive benefits that frac hits can have on 

short term and long-term production, several case studies have been conducted in many 

unconventional resource plays in the United States. This section will outlines a brief overview of 

two case studies conducted in the Haynesville (Esquivel and Blasingame 2017; Martinez et al. 

2012) and the DJ Basin (Sahdev et al. 2018). Along with the overview, a brief conclusion of 

findings will be presented. 

2.4.1 Haynesville Shale Case Studies 

The Haynesville shale is a prolific unconventional play located in East Texas and North 

Louisiana. Primarily a gas play, hydraulic fracturing is necessary to effectively produce from this 

basin due to nanodarcy permeability rock (Martinez et al. 2012). In early development, wells 

were generally fractured with hybrid slickwater treatments with simulated half-lengths up to one 

mile, with an east-northeast to west-southwest orientation (Parker 2009; Martinez 2012). In early 

development, 80 acre-offset wells were drilled and performance indicated a significant reduction 

in production. Figure 2.6, depicts the reduction of performance compared to other offsets.   
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Figure 2.6: Normalized cumulative gas production of infill drilled well PSM 1 (Blue) compared 

to cumulative gas production of other offset wells at 80 acre spacing. (From Martinez et al. 2009) 

 

 PSM I was the first iteration of pressure sink mitigation (PSM) in the attempt to prevent 

production loss. Due to the negative production results from PSM I, additional iterations were 

made using modeling and engineering design process resulting in a change of the job design 

from a hybrid slickwater treatment to a conventional crosslink treatment designated PSM II 

(Martinez et al. 2009). Figures 2.7-2.9 show the resultant simulated fracture growth with the 

conventional hybrid slickwater job, PSM I, and PSM II, respectively.  
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Figure 2.7: A visual representation of the simulated fracture growth using FracPro for the 

original conventional hybrid slickwater job in the Haynesville Shale. Additional fracture 

parameters are provided in the top left corner. The scale is proppant concentration in lb/ft2 (From 

Martinez et al. 2012) 

 

 

Figure 2.8: A visual representation of the simulated fracture growth using FracPro for the PSM I 

design in the Haynesville Shale. Additional fracture parameters are provided in the top left 

corner (From Martinez et al. 2012). 
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Figure 2.9: A visual representation of the simulated fracture growth using FracPro for the PSM II 

design in the Haynesville Shale. Additional fracture parameters are provided in the top left 

corner (From Martinez et al. 2012). 

 

 Another case study that was conducted in the Haynesville was by Esquivel and 

Blasingame (2017) with BHP and Texas A&M University, respectively. Their focus was on the 

different mechanisms that effect well-to-well interference in low permeability reservoir systems, 

but more specifically the Haynesville, determined the behavior that the mechanisms exhibit in 

production and pressure. Esquivel and Blasingame reviewed 380 wells operated by BHP and 

chose 65 cases in which well-to-well fracture interference occurred. They quantified well-to-well 

interference based on four primary performance metrics; Figure 2.10 provides a visual 

representation of the metrics used. The following list summarizes these metrics: 

 Tubing pressure uplift after the frac-hit. 

 Gas rate uplift after the frac-hit. 

 12 month cumulative production after the frac-hit due the production gain (or loss). 

 Ratio of the 12 month cumulative production after the frac-hit relative to the 12 month 

cumulative production before the frac-hit. 
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Figure 2.10: A visual representation of production parameters used in the performance metrics to 

quantify well-to-well interference (From Esquivel and Blasingame 2017). 

  

 In addition to the metrics, a grading scheme was created to describe the magnitude of 

well-to-well interference using correlations derived from the primary metrics. The ranking 

scheme goes from one to four – where four is the lowest interference case and one is the highest 

interference case. From these metrics, they were able to determine parameters, which appear to 

be strong proxies for evidence of depletion – days on production before frac-hit, gas rate prior to 

frac-hit (flowing), tubing pressure prior to frac-hit, and calculated (flowing) bottomhole pressure 

prior to frac-hit. This is displayed in Figure 2.11 where each case is binned into its respective 

rank and box plotted based on various parameters.  
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Figure 2.11: Box plots of metrics believe to be evidence of depletion in the Haynesville Shale 

based on the rank, or severity of well-to-well interference. This data suggests there is a strong 

correlation between the severity and production metrics. (From Esquivel and Blasingame 2017) 

  

 Based on these correlations and metrics, Esquivel and Blasingame summarized the 

performance change as positive, neutral, or negative based on short term, long term, and overall 

change in the parent wells. Tables 2.1-2.4 are the conclusions made on the effects of well-to well 

interference on parent wells. 

Table 2.1: Short-Term Performance Change for Parent Wells  

 

 

Performace Change Percent of Wells

Positive 80.3

Neutral 4.5

Negative 15.2
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Table 2.2: Long-Term Performance Change for Parent Wells  

 

 

Table 2.3: Combined Performance Change for Parent Wells 

 

 

 Table 2.4: Overall Performance Change 

 

 

Based on this case study, Esquivel and Blasingame found the majority of cases studied in 

the Haynesville case study resulted in a positive performance change in both the short term and 

the long-term scenarios. 

What is important to note is even though both authors put in a significant amount of work 

into each of the case studies, the resultant outcome was the exact opposite. Martinez et al. 

concluded that frac hits in the Haynesville generally resulted in a negative impact, while 

Esquivel and Blasingame found that frac hits generally improve both short term and long-term 

performance.  

Performace Change Percent of Wells

Positive 50

Neutral 28.8

Negative 21.2

Short-Term Change Long-Term Change Percent of Wells

Positive Positive 50

Positive Neutral 24.3

Positive Negative 6

Neutral Neutral 4.5

Negative Negative 15.2

Performace Change Percent of Wells

Positive 74.3

Neutral/Unknown 4.5

Negative 15.2
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2.4.2 Denver-Julesburg Case Study 

In 2018, Whiting Resources along with Halliburton conducted a case study using 

integrated diagnostics to understand multiwell stimulation effects in a complex multibench 

reservoir. The project looked at a “wine-rack” of wells completed in the Niobrara A, B, and C 

benches. Their primary objective for this project included completion order, height growth, well 

spacing, well lateral landing, effect of varying treatment type and size, and cross-well 

communication – similar objectives to the work conducted in this papers research. The authors, 

Sahdev et al. (2018), incorporated a variety of diagnostics focused on specific objectives. The 

final project included downhole microseismic, downhole fracture height, surface 

microdeformation, and interferometric synthetic aperture radar (inSAR), and near wellbore 

diagnostic (NWB), such as fiber optics and radioactive (RA) tracers.  

Fiber optics with distributed temperature sensing (DTS) and distributed acoustic sensing 

(DAS), downhole pressure gauges, and water, oil and gas tracers were used to measure 

stimulation effectiveness, interstage communication, and cross-well communication. 

Microseismic and tilt tools were also utilized to measure fracture network height and to quantify 

the proportion of fluid placed along the primary and secondary azimuths, fracture dip, and 

vertical vs. horizontal component to measure complexity (Sahdev et al. 2018).  

 Using fiber optics, Sahdev et al. was able to quantify the distribution of fluid per cluster. 

After analyzing the data from the fiber optic, the authors found that 48% of the time that the heel 

cluster of each stage would take most of the fluid. Figure 2.12 shows the quantitative distribution 

of fluid per cluster in the well.  
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Figure 2.12: Distribution of fluid per cluster of the well determined by the use of fiber optic DTS 

and DAS and quantitative analysis (From Sahdev et al. 2018). 

 

 In addition to the contribution each cluster took from stimulation, Whiting also pumped 

diverter stages. Using the fiber optics the effectiveness of the diverter was analyzed. Of 37 stages 

pumped, they deployed diverter in four, Stages 17 through 21. The diverter stages were divided 

into pre-diverter and post-diverter to see how fluid distribution changed. As previously 

mentioned the heel cluster often took the most fluid however, after pumping diverter, a large 

reduction in fluid intake occurred in cluster one and increased in cluster two and three indicating 

effective blockage of the heel perforation, seen in Figure 2.13.  
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Figure 2.13: Flow allocation percentage per cluster before (top) and after (bottom) pumping 

diverter in a stage. It is important to note the reduction in flow allocation from cluster 51 before 

and after diverter (From Sahdev et al. 2018). 

 

 In addition to fiber optics, Sahdev et al. (2018) utilized downhole tiltmeters to measure 

micro-deformation. An array of tiltmeters coupled with geophones were placed in a nearby offset 

vertical well. The purpose of tiltmeters are to measure deviation of the well from the vertical axis 

in microradians. With this measurement, fracture height geometry was evaluated in the treatment 

well (Sahdev et al. 2018; Wright et al. 1998). Four wells were evaluated for fracture height in 

respect to stage, illustrated in Figure 2.14. While not presented in their findings, the average 

height growth was 294 feet across all wells. Wells 1945, 1946, 1947, and 1948 had an average 

height growth of 130, 250, 338, and 334 feet, respectively. Similarly, these wells had a max 

height growth of 150, 370, 490, and 495 feet, respectively.  
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Figure 2.14: Fracture heights from downhole tiltmeters showing the top and bottom of the 

fracture for four wells (From Sahdev et al. 2018). 

 

 Surface array tiltmeters were also utilized to measure the deviation of the earth around 

each fracture stage. The array consisted of 64 surface tiltmeters installed covering an area of 

approximately 7.5 square miles. The use of this array provides a deviation pattern that can 

characterize the induced fracture geometry during a discreet period of time then resolved to the 

primary azimuth of the fracture and the stimulated reservoir area (Sahdev et al. 2018). Figure 

2.15 depicts the fracture azimuth and resultant stimulated reservoir area processed from the 

surface array measurements. The resultant days indicates that the azimuth shifts directions from 

the toe to the heel during the treatment.  
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Figure 2.15: Surface tiltmeter array results of hydraulic deformation showing a shift in azimuth 

from toe to heel. The reservoir area is colored based on rock displacement (From Sahdev et al. 

2018). 

 

 The final tool used to map the fracture geometry was far-field microseimic using two 

downhole arrays. During processing, the tiltmeter arrays were used to improve the interpretation 
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of the microseismic. Any microseismic events interpreted outside of the tiltmeter upper and 

lower limit were calibrated to fit inside. 

 Using the data gathered from the fiber optics, tiltmeters, microseismic, a calibrated 

fracture model was developed, using GOHFERTM, constrained by the results previously found. 

They also incorporated vertical offset well logs to build the reservoir model, DFIT’s, and step-

rate tests (SRT) to determine the stress profile of the Niobrara. The result of the calibrated model 

is provided in Figures 2.16 – 2.18.  

 

Figure 2.16: Simulated fracture geometry in map view calibrated from fiber optics, tiltmeters, 

microseismic and DFIT’s (From Sahdev et al. 2018). 

 

 

Figure 2.17: Side view of the 3D fracture geometry showing the variability in fracture height 

growth (From Sahdev et al. 2018). 
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Figure 2.18: Measured fracture geometry from tiltmeters overlaid with simulated fracture 

geometry (From Sahdev et al. 2018).  

 

 This project led to several key takeaways. The first being, through the use of several 

different tools, it provides a high confidence in the fracture model simulated geometry in length 

and height, fluid distribution, interwell communication, and fracture asymmetry. It also provides 

a good estimation of fracture growth in the Niobrara in other areas of the DJ Basin.  

2.5 Hydraulic Fracture Modeling Methodology 

 A challenge that the oil and gas industry faces in not being able to observe the results of 

changes made in in hydrocarbon formations under the surface of the earth physically. Many 

studies conducted in hydraulic fracturing used cement blocks, outcrops, and mines but these 

studies cannot duplicate the same environment that occur when hydraulic fracture treatments are 

being pumped in. Hydraulic fracture modeling provides an estimation of fracture geometry and 

propagation based on fluid mechanics, rock mechanics, and thermal dynamics.  
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 The basis of all hydraulic fracture models began with the work of Griffith (1921, 1924) 

and his theory of rupture of non-ductile materials such as glass. The concept of the Griffith 

theory is that the bounding surfaces of a solid possess a surface tension, and when the crack 

spreads the reduction in strain energy is balanced by an increase in the potential energy due to 

surface tension (Griffith 1921, 1924; Sneddon 1946).  It is possible to predict the breaking loads 

of elastic solids, when the increase of surface energy, which occurs during the formation of 

cracks, is taken into account (Griffith 1924). Griffith calculated a mathematical crack in an 

infinite elastic solid. The crack is modeled as an ellipse of zero eccentricity under conditions of 

plane strain. The plane strain condition states that the displacements normal to the plane of the 

ellipse are zero (Barree 1984).  

 This theory was expanded upon by Sack (1946) and converted into three dimensions 

when he observed that the length of the internal cracks does not greatly exceed their width 

(Sneddon, 1946). Sack determined that rupture would occur when the tensile stress normal to the 

crack exceeds the critical pressure expressed by: 

 

 

(2.3) 

Where; 

 Pc = closure stress, psi 

c = radius of the ellipse, in. 

T = surface tension of the material of the body, lbf/in 

E = Young’s Modulus, 1/psi 

σ = normal stress, psi 
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Sneddon (1946) built on this work later on by applying plane strain mechanics to derive a 

solution for the stress field behavior near the crack tip. Knowing the stress field behavior 

Sneddon derived a solution for the width of the crack expressed by: 

 

 

(2.4) 

Where; 

w = width of the crack, in. 

σ = normal stress, psi 

P0 = net pressure, psi 

E = Young’s Modulus, psi 

c = radius of the ellipse, in.  

y = coordinate in the plane, in. 

 

In addition to the stress field behavior near the crack tip, he also derived expressions for 

the displacement of crack surfaces under conditions of constant internal pressure, also known as 

net pressure (Barree 1984). This solution was expressed by: 

 

 

(2.5) 

Where; 

u = displacement of loaded surface, in. 

ν = Poisson’s Ratio 

E = Young’s Modulus, psi 

P0 = net pressure, psi 

c = radius of ellipse, in. 

y = coordinate in the plane, in. 
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 The first solutions applied directly for the use in hydraulic fracturing was from 

Kristianovich and Zheltov (1955). Their work resulted in a method of calculating width with a 

given length and net pressure. However, these models did not take into account material balance. 

If injection in the fracture stopped, the fluid in the fracture will continue to grow into the 

unpressurized tip thus increasing the tensile stress at the fracture boundary and extending the 

fracture (Barree 1984). This would continue until the width completely closed. In an 

impermeable medium, this would suggest a fracture length approaching infinity (Kristianovich et 

al. 1957; Barree 1984). Carter (1957) theorized a model based on the above-mentioned works 

that considered the idea of fluid loss and material balance to prevent fracture lengths approaching 

infinity. Carter developed an equation for the area of a hydraulic fracture assuming the width of 

the fracture everywhere is uniform (Pattillo 1975). Given the height and the width of the fracture, 

the following expression derived by Carter could calculate the length of the fracture, or half-

length: 

 

 

(2.6) 

Where; 

q = flowrate, bpm 

t = time pumped, min 

w = width of fracture, ft 

h = height of fracture, ft 

CL = fluid loss coefficient, ft/min1/2 

Sp = Spurt loss coefficient, ft/min1/2 
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With these models the fracture mechanics, fluid mechanics, and continuity equations had 

to be solved simultaneously to determine fracture geometry presented a difficult solution. To 

simplify the fracture geometry calculations, 2D models were developed by modifying the work 

of Khristianovic and Zheltov and Perkins and Kern (1961, 1961) by Geertsma and De Klerk 

(1969) and Nordgren (1972) respectively, to make what are known as the Khristianovic-

Geertsma-de Klerk (KGD) and Perkins-Kern-Nordgren (PKN) models. The most important 

initial fracture models in terms of the progression and acceptance in modeling idealology. Both 

of these models are only applicable to fully confined fractures and differ only in the way that 

they convert a three dimensional solid and fracture mechanics problem in to a two-dimensional, 

plane strain, problem (Economides and Nolte 2000). 

  The KGD model proposed by Geertsma and De Klerk assumes homogeneous and 

isotropic reservoir properties that influence fracture propagation (Geertsma and De Klerk 1969, 

Economides and Nolte 2000). It also assumes a vertical fracture geometry superficially as did 

Khristianovic and Zheltov (Barree 1984). The model predicts a fracture width for the radial 

mode of propagation and estimates that the fracture height is much greater than the length 

(Geertsma and De Klerk 1969; Economides and Nolte 2000). Figure 2.19 is a visual 

representation of the KGD model depicting the estimated shape of the fracture. Since horizontal 

fractures are not very common, this model is not very applicable (Barree 1984). The other 2D 

model, PKN, also had an important part in progressing simulation and modeling of hydraulic 

fractures. 
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Figure 2.19: Visual representation of the KGD fracture geometry (From Economides and Nolte 

2000). 

 

The PKN model, presented by Nordgren (1972), allows the estimation of fracture length. 

Perkins and Kern assumed that each vertical cross section which is equivalent to assuming that 

the pressure is dominated by the height of the section not the length (Economides and Nolte 

2000). Nordgren used the equation for width, Equation 2.7, presented by Perkins and Kern, but 

states that a plane strain in the vertical planes was used as an assumption (Barree 1984).  

 

 

(2.7) 

Where; 

w = fracture width at the wellbore, ft 

ν = Poisson’s Ratio 

E = Young’s Modulus, MMpsi 

h = height of the fracture, ft 

ΔP = net pressure inside the fracture, psi 
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 Based on the assumption that the pressures are dominated by the height not the length, it 

would result in a greater length than height. Unlike the KGD model where the tip region plays a 

much more important role, the PKN model focuses on the effect of fluid flow in the fracture and 

the corresponding pressure gradients (Economides and Nolte 2000). In the PKN model, the 

fracture planes are perpendicular to the vertical plane strain depicted in Figure 2.20.  The fracture 

cross section is an elliptical shape and is assumed that the fracture geometry is independent of 

the fracture toughness (Yew and Weng 2015).    

 

Figure 2.20: Visual representation of the PKN fracture geometry (From Economides and Nolte 

2000). 

 

  

Nordgren combines the Sneddon’s width equation with the pressure drop equation 

assuming Newtonian, laminar flow through an elliptic cross section. Perkins and Kern addressed 

that the fracture would continue to extend after pumping had stopped until either leakoff limited 

further extension or the minimum pressure for the fracture was reached (Economides and Nolte, 
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2000). To account for this, Carter (1957) incorporated the fluid loss equation mentioned 

previously, as a fluid leakoff velocity, seen in Equation 2.8. 

 

 

(2.8) 

Where; 

uL = leakoff velocity, ft/min 

CL = leakoff coefficient, ft/min1/2 

t = current time, min 

texp = time at which point uL was exposed, min 

  

Both the KGD and PKN models share many similar schools of thought and both have a 

number of assumptions that are used to model fractures. The only real difference between the 

two models are the orientation of the assumed ellipse and inherently both assume planar fractures 

(Economides and Nolte 2000; Barree 2017). This being that the fracture propagates in a 

particular direction, perpendicular to the minimum stress. They also both assume that fluid flow, 

with Newtonian fluids, is one-dimensional and travels along the length of the fracture 

(Economides and Nolte 2000). In terms of rock mechanics, both models assume that the rock is 

homogeneous, isotropic linear elastic solid. What makes these models two-dimensional is that 

the fracture is considered to be a fixed height or confined in a given layers and must be given as 

an input or assume a radial fracture. Since these models were developed, the equations have been 

sufficiently simplified that relax the assumptions; the most important of which are the solutions 

for the power law fluids (Economides and Nolte 2000; Barree 1984; Yew and Weng 2015).  

 The next progression of hydraulic fracture models was the introduction of the three-

dimensional models. 3D models are the extensions of the PKN and KGD models and use a 
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variation of the same plane-strain width solution but allow for variable fracture height (Barree 

2017). There are three major types of hydraulic fracture models that allow for variable fracture 

heights including Pseduo-3D models, lumped parameter models, and planar 3D models. Due to 

the nature of being extensions of the previous 2D models, they are still limited by the 

fundamental assumptions of linear elastic deformation, elliptical fracture shape, stress intensity 

factor and singularity at the fracture tips and the assumptions of complete elastic coupling 

(Barree 2017).  

Pseudo-3D (P3D) is still commonly used in industry for fracture propagation.  Fluid flow 

is assumed horizontal along the length of the fracture, and the solid mechanics are assumed by 

plain strain at any cross section (Economides and Nolte 2000). Similar to planar 3D models, each 

element has a different net pressure derived from one-dimensional linear flow which is used to 

estimate the height of the fracture (Barree 2017). Using linear flow is only valid if vertical 

fracture extension is slow enough that the pressure gradient from vertical flow can be neglected – 

this is called the equilibrium-height assumption (Economides and Nolte 2000). Another 

difference between the planar 3D model and P3D model is the calculation of fluid flow. Since 

vertical flow and horizontal velocity as a function of vertical position are neglected, most P3D 

models are unable to represent aspects of several behaviors. Smith and Klein (1995) describe 

these limitations and are summarized by Economides and Nolte (2000) as the effect of variations 

in width in the vertical direction on fluid velocity, local dehydration, fluid loss after tip 

screenouts, and proppant settling resulting from convection or gravity currents. While these 

models have their limitations, several are still being used in industry today. 

  Another type of model being used in industry are lumped parameter models. In 

comparison to P3D models, lumped parameter models are considerably simpler. Like all current 
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models, lumped sum models are based on the basic equations defining mass conservation 

(Economides and Nolte 2000). Functions are internally defined that relate established pressure 

gradients and rock properties to rate of fracture growth in three directions (Barree 2017). Unlike 

P3D models, three points define the fracture: the upper height, the lower height, and the fracture 

tip, Figure 2.21. The shape assumes two half-ellipses of equal lateral extent but with different 

vertical extent (Economides and Nolte 2000). 

 

Figure 2.21: Visual representation of a lumped parameter model showing the upper height, lower 

height, and fracture tip (From Barree 2017). 

 

Planar 3D models are directly analogous to the pseudo-3D models, except that two 

directions are discrete instead of one and assume that the fracture is planar and oriented 

perpendicular to minimum in-situ stress. The fracture geometry is defined by the width and the 

height at any distance from the well and length (Economides and Nolte 2000). The planar 3D 

models are simplified versions of a 3D model where they do not account for any complexities 

that result in deviation from a planar behavior (Economides and Nolte 2000). The geometry is 

dependent on the pressure distribution, which fundamentally is dependent on the pressure 

gradients caused by fluid flow in the fracture. Due to this, the pressure gradient and flow rate is 

highly sensitive to the fracture width, where geometry and fluid flow are tightly coupled 

(Economides and Nolte 2000).  
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Clifton and Abou-Sayed (1979) defined the first numerical model of a planar 3D design 

where their goal was to define a small fracture, initiated at the perforations, and divided it into a 

number of equal elements. The three-dimensional problem is made two-dimensional by 

assuming that the velocity profile through the thickness of the crack opening is the same as the 

flow between parallel plates (Clifton and Abou-Sayed 1979). Through their studies, they found 

that if the crack advances much beyond the fluid front then the crack advance is slowed where as 

if the fluid front gets near the crack front the stress increases and the crack advancement is 

accelerated (Clifton and Abou-Sayed 1979). This indicates that fluid flow and elastic behavior of 

the rock primarily control fracture geometry (Barree 1984). The problem with this solution was 

that the element would distort as the boundary extends to fit the new shape of the fracture, as 

seen in Figure 2.22. 

 

 

Figure 2.22: Elements defined by Clifton and Abou-Sayed with element distortion at the 

boundaries (From Economides and Nolte 2000). 
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All of these models mentioned above relied on using Mode I tensile failure as the main 

mechanism in fracture growth. The three modes that are conventionally defined as modes of 

fracture are seen in Figure 2.23. Mode I, which is only tensile opening, defined by when the 

internal pressure exceeds the tensile strength of the rock while a fracture propagate. Mode II 

fracture describes shear failure through sliding in the direction of the applied load. Mode III is a 

tearing or lateral, out-of-plane shear mechanism (Barree 2017).     

 

Figure 2.23: The three modes of fracture conventionally defined (From Barree 2017). 

  

The limitations of using Mode I failure seen in 2-D, pseudo-3D and some 3D models is 

that deformation is based on linear elastic fracture mechanics and stress intensity fracture tip 

conditions (Barree et al. 2013). As seen in Figure 2.24, linear elastic coupled models assume a 

single load applied at any point will cause a linear deformation that will phase out slowly with 

distance. However, it is known that shear failure occurs at points or planes of weakness based on 

laboratory testing and field measurements. As seen in Clifton and Abou-Sayed’s (1979) solution, 

this would cause distortion in the grid system.   
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Figure 2.24: Linear elastic coupled displacement representation (From Barree et al. 2013). 

 

To avoid the complexity of the expanding elements, Barree (1984) divided the layered 

reservoir into a grid of equal-sized rectangular elements covering the area of interest to capture 

any additional fracture growth, as seen in Figure 2.25 (Economides and Nolte 2000). A 

simplified method of representing modulus contrasts and a tensile strength criterion was used for 

fracture extension, instead of fracture mechanics effect. The failure criterion is used to compare 

the stress at the center of the boundary elements with the material tensile strength, if the strength 

is exceeded, then the element is assumed to open (Economides and Nolte 2000). This solution 

was applied to the simulator developed by Barree (1984) called GOHFERTM, or Grid Oriented 

Hydraulic Fracture Extension Replicator. By using this approach, linear elastic coupling is 

avoided and uses a method known as shear decoupled modeling, seen in Figure 2.26, that 

accounts for changes in rock mechanics allowing for shearing along beds as well as additional 

weakness in the rock.  

Barree (1984) shows that the distribution of stress in the fracture tip zone does not affect 

the fracture width profile. It is important to note that he concluded that it is difficult or even 

impossible to determine the reasons for the fracture tip effects so this is characterized as an 

apparent tensile stress representing an average condition of the tip zone (Barree et al. 2013). At 
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this point, GOHFERTM is the most widely used fracture modeling software in the industry and is 

the primary software used in this study. 

 

Figure 2.25: Fixed-grid solution of a planar 3D fracture model (From Barree 2000). 

 

 

Figure 2.26: Shear decoupled displacement model (From Barree et al. 2013). 
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2.6 Reservoir Modeling Methodology 

Reservoir modeling platforms, more specifically numerical reservoir modeling are used 

widely, primarily because they can solve problems that cannot be solved in other ways. It 

combines several different methods of analysis including material balance, fluid flow mechanics, 

geological modeling, and vertical flow performance. The partial differential equations that 

describe fluid flow in reservoirs cannot be solved analytically. They can be solved numerically, 

however, by replacing the differential equations with difference equations (Mattax and Dalton 

1990).  

The primary purpose of reservoir modeling is to provide an estimation of reservoir 

performance by solving flow equations in a discrete grid (Aziz 1993). There has been a clear 

industry trend from 2D grids/maps and decline curves to 3D reservoir models and 3D dynamic 

simulations. The primary driver for the change is that simple reservoirs get more complex when 

maturing and difficult to model using 2D grids. Additionally, current developments, especially 

unconventional developments, are more complex than those developed 10 years ago (Thom and 

Hӧcker 2009). As the petroleum industry moves forward, the need for 3D reservoir models 

becomes ever more important.  

Reservoir models work by doing independent calculations of the methods of analysis in 

each block and the interaction between blocks. The generalized flow equations that are used to 

describe flow for each block and between each block are written for each component or pseudo-

component in the system to define how fluid flows in the reservoir. Equations 2.9 and 2.10 are 

the conservation of mass combined with Darcy’s law that yields the flow within the block and 

the transmissibility between Nodes i an j. 
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(2.9) 

Where the transmissibility between Nodes i and j is: 

 

 

(2.10) 

Where; 

c = each component or pseudo-component in the system (oil, gas, and water at standard 

conditions) 

Vb = block volume, ft3 

A = area of each block face, ft2 

L = the distance between I and j for each connection, ft 

fc = transmissibility correction factor 

k = absolute permeability, md 

kr = relative permeability, md  

ω = concentration of c in Phase p 

μ = viscosity, cp 

Mc = mass of c in block, lb 

Nj = number of connected blocks 

Np = number of phases 

Qc = flow rate from well, bpm 

Δt = time-step, min 

  

The conceptual reservoir volume elements are most frequently referred to as gridblocks 

and the time intervals are called timesteps. This method of writing flow equations is known as 

the control-volume finite-difference (CVFD) method and reduces to the standard finite-
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difference method for Cartesian grids (Aziz 1993). It is important to note that the flow across the 

gridblock face between i and j depends on the component of the potential gradient in the i-j 

direction, and the flow between blocks is calculated by multiplying the interblock 

transmissibility with the difference in potential between blocks as seen in Figure 2.27. 

 

Figure 2.27: Gridblock i and the connections to j number of the surrounding blocks (From Aziz 

1993). 

  

Reservoir simulators compute changes in a reservoir such as pressure and flow over finite 

time increments. There are several different types of models and in ascending order, the models 

get more complex and time intensive. These types are: 

1. Tank models (zero dimension), 

2. 1D models, 

3. 2D areal models (x,y; r,θ; curvilinear) models, 

4. 2D cross-sectional (x,z) or radial (r,z) models, 

5. Multilayer (stacks of 2D areal) models, and  

6. 3D models. 
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While all these models have a valid purpose, the most commonly used models are 2D 

models, multilayer models, and 3D models. These are covered in a little more detail discussing 

the advantages and disadvantages of each. 

 There are two types of 2D models in use, i.e. being 2D areal models and 2D cross-

sectional and radial models. Both have their benefits and drawbacks depending on the 

application. 2D areal models are commonly used when areal flow patterns dominate reservoir 

performance. An example of this is when optimizing a waterflood pattern or the influence of 

areal heterogeneity on reservoir behavior is being evaluated (Mattax and Dalton 1990). Areal 

models normally use Cartesian (x,y) coordinate systems, as seen in Figure 2.28, but there are 

some applications for which a radial (r,θ) coordinate system is better, as seen in Figure 2.29.  

 

Figure 2.28: 2D areal model with Cartesian (x,y) coordinate system (From Mattax and Dalton 

1990). 
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Figure 2.29: 2D areal model with Cartesian (x,y) coordinate system (From Mattax and Dalton 

1990). 

  

Most 2D areal models use pseudo-functions to account for vertical flow of fluids. The 

pseudo-functions are primarily used for relative permeability and capillary pressure. These must 

be defined to represent multiphase flow of fluids in reservoir rock properly (Mattax and Dalton 

1990). While pseudo-functions have their limitations, they allow the third dimension, the vertical 

dimension to be represented adequately in 2D areal models. The pseudo-relative-permeability 

and capillary-pressure relationships provide a good engineering solution in many situations 

(Mattax and Dalton 1990).  

Another type of 2D model often used is a 2D Cross-Sectional Model. These are normally 

used to develop well functions or pseudo-functions for use in 2D areal or 3D models or to 

evaluate well behavior when vertical effects dominate performance, such as gas or water coning 
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(Mattax and Dalton 1990). These models are used to evaluate vertical sweep and displacement 

efficiencies resulting from the interaction of gravity, capillary, and viscous forces (Mattax and 

Dalton 1990). The results are often brought back into a 2D areal model to improve confidence 

lost in the vertical direction in 2D models.  

Multilayer models are used if a single field contains several independent reservoirs. Each 

layer can be modeled separately to improve processing time. One limitation of this type of model 

is if one reservoir influences that from another then both reservoirs need to be represented in a 

single reservoir model (Mattax and Dalton 1990). This arises when production or injection is 

commingled in wells or reservoirs are in contact with the same aquifer. When using a multilayer 

model, each region must have a no flow boundary between layers to honor material balance of 

the system. 

The final type of models to be discussed are 3D models, the most complex and process 

intensive type of model. 3D models are used when reservoir geometry is too complex to reduce 

to a combination of cross-sectional and areal models or when reservoir fluid mechanics may be 

too complex, such as when reservoirs are in an advanced stage of depletion (Mattax and Dalton 

1990). An example of a 3D model software package is IMEXTM or GEMTM developed by 

Computer Modelling Group Ltd. (CMG). IMEX is a three-phase black-oil simulator with gravity 

and capillary terms and GEMTM is a multidimensional, equation-of-state (EOS) compositional 

simulator. Grid systems can be Cartesian (Figure 2.30), cylindrical, or variable depth/variable 

thickness for both IMEXTM and GEMTM. A 3D reservoir model consists of several elements each 

of which has its own way of being quantitatively described and are highly dependent on one 

another. These elements are a structural model, a porosity model, a permeability and relative 

permeability model, a net-to-gross (NTG) model, a water saturation model, a Pressure-Volume-
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Temperature (PVT) model, and reservoir simulation model (Gringarten 2009). While complex 

and requiring several inputs, a 3D model is often the best solution to defining reservoir 

parameters. For the purpose of this study, a 3D model was developed using GEMTM developed 

by CMG to provide the best solution – in this case pressure depletion due to drawdown.  

     

 

Figure 2.30: 3D reservoir model using a Cartesian coordinate system generated in GEMTM.  
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CHAPTER 3 HYDRAULIC FRACTURE MODELING  

 

One of the main components of this research was to develop a calibrated model of the full 

pad (nine wells) to use in both the generation of fracture geometries from the parent wells and 

the depletion model and resulting fracture geometries of the child wells. The software that was 

used to do this was GOHFERTM, or Grid Oriented Hydraulic Fracture Extension Replicator, that 

was described in Section 2.5. It is currently regarded in industry as one of the most accurate and 

comprehensive hydraulic fracture models available. By using the 3D grid model, the interaction 

between the parent wells and child wells can be captured, whereas other software packages are 

unable to deal with the same complexity.  

This chapter serves as a summary of the first phase of hydraulic fracture modeling. This 

being the calibration of the model and the generation of the fracture geometries of the parent 

wells to be applied in the reservoir model to generate the depletion model. It also provides a 

workflow for the development of a calibrated GOHFERTM model and the steps taken to verify 

that the parameters used and that the resultant fracture geometries are accurate. Each individual 

section steps through the model development from start to finish while also discussing the 

verification and defense of input parameters and results.   

3.1 DFIT Analysis 

A diagnostic fracture injection test (DFIT) is a valuable test conducted prior to 

hydraulically fracturing a well that provides useful information regarding the reservoir and 

hydraulic fracture parameters. DFIT’s are small treatments similar to mini-fracture treatments 

but gather additional information that mini-frac treatments cannot capture. DFIT’s have the 

ability to capture information such as reservoir pore pressure, closure and facture gradients, 
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process-zone stresses, transmissibility values (which can be converted to reservoir permeability 

values) and leakoff mechanisms. Mini-frac’s can only give treatment-design parameters such as 

leakoff values and fluid efficiencies (Barree et al. 2014). An additional test known as a step-rate 

test can be included with a DFIT to give additional information such as pipe and near-wellbore 

friction, number of perforations open, and fracture extension pressure. 

For the DFIT to be valid and useful, a stable fracture geometry must be established. This 

includes a representative height, width, and net extension pressure (Barree 2017). Additionally 

pump rates of at least five to six barrels per minute (BPM) are recommended. Pumping at rates 

less than this create unpredictable facture geometries, small values for height and width, and 

unreliable values for net extension pressure, or process zone stress (PZS) (Barree 2017). In 

unconventional reservoirs, due to low permeabilities, pressure transient’s move much slower 

compared to conventional reservoirs. Due to this, it takes a much longer time to reach pseudo-

radial flow from linear flow where important information regarding reservoir permeability and 

pore pressure is captured. Equations 3.1 and 3.2 provide the necessary time to reach important 

reservoir events such as time to closure and time to establish analyzable reservoir transient 

(Barree et al. 2015). 

 

 

(3.1) 

 

  (3.2) 

 

Knowing time to closure is important because the pressure at which closure is reached 

gives the minimum principal stress. It also gives additional information on leakoff rate and 
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formation flow capacity, which are proportional to leakoff rate and formation flow capacity 

(Miskimins 2018).  

3.1.1 DFIT Conditions and Process 

For a DFIT to provide useful information, several conditions need to be considered to 

help prevent unreliable or incorrect values. The first consideration is the type of fluid to use. It is 

important to use a Newtonian, non-wall building non-damaging, clean, and compatible fluid, 

such as water or oil, since to get a valid measure of reservoir flow capacity the leakoff cannot be 

hindered by filtercake. The filtercake can create high flow resistance, which hinders or masks the 

flow capacity. The least-conductive region, often being the filtercake, dominates the system. 

(Barree 2017) This alters the pressure gradient in the reservoir and makes the after closure 

transient analysis invalid. It also delays closure so that a relation between closure time and flow 

capacity is also invalid (Barree et al. 2015).  

Data resolution is also a critical component when conducting a diagnostic fracture test. 

The actual rate versus time is critical to match the simulator results with the observed pressures 

(Barree, 2017). It is important to capture the subtle variations in the derivative of pressure versus 

time. Low-resolution gauges can miss these variations and cause the test to be unusable (Barree 

et al. 2015). Common resolutions for pumping gauges are 5 to 10 psi, which is not adequate. It is 

recommended to use gauges that have a resolution of at least 0.01 to 0.1 psi and sampling rates 

of one measurement per second.  

While many DFIT procedures differ slightly, DFIT rates in unconventional plays usually 

range from one to eight BPM. A linear relationship between rate and permeability’s (Figure 3.1) 

can give a good estimation of the necessary rates to exceed fracture pressure and cause fracture 

extension. A standard procedure for a DFIT, as seen in Figure 3.2, is conducted as follows: 
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1. Pump at a low rate to fill the wellbore and break down the formation; 

2. Hold a constant maximum rate for 3-5 minutes (approximately 600 to 1800 gallons of 

fluid injected); 

3. Step down rate to 75% then 50% of maximum rate and hold each rate for 10 to 15 

seconds; 

4. Shut in wellhead, isolate the pressure gauge, and capture the instantaneous shut-in 

pressure (ISIP); and,    

5. Record the pressure falloff as long as practical. 

 

 

Figure 3.1: Rates necessary to initiate and extend a fracture for different permeabilities. A linear 

relationship when assuming a reservoir depth of 7,000 ft, fracture gradient of 0.8 psi/ft, 

hydrostatic gradient of 0.44 psi/ft, formation thickness of 20 ft, and 40 acre drainage area (From 

Barree et al. 2015). 
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Figure 3.2: A standard procedure for a diagnostic fracture injection test. Rate is shown using the 

black curve while pressure is shown using the red curve (From Barree et al 2015).   

 

Prior to pumping a DFIT, there are a couple other considerations to take into account that 

could affect the quality of data captured. The first being isolation of the wellhead after pumping 

ends. Additionally, any interaction with the well or offset wells should be avoided to prevent any 

inadvertent pressure transients that might be caused by mechanical or logistical issues. Since 

DFIT analysis uses derivatives, any large changes in pressure could alter the test and render the 

test inconclusive (Barree et al. 2015). Figure 3.3 depicts the results of inadvertent pressure 

transients seen in the wellbore. The important piece to note is the erratic changes in the pressure 

derivative, depicted by the red line, while Figure 3.4 depicts where there is little additional 

interference.  
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Figure 3.3: Example of inadvertent pressure transients causing large changes in the pressure 

derivative, depicted by the red line after a G-time of ≈70.  

 

 

Figure 3.4: Example of little interference in the pressure transient seen in the pressure derivative, 

depicted by the red line (From Barree 2017). 
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The second component to consider is the result of pressure transients resulting from 

perforating and rupturing burst discs. Both of these actions cause an additional pressure transient 

into the reservoir that can affect the outcome of the DFIT analysis. Especially for burst discs, 

when the pressures-actuated sliding sleeve are used, wellbore-fluid decompression that occurs 

when the sleeves open can induce a large injection volume, pressure transient, and possible 

fracture extension before the beginning of the DFIT (Barree et al. 2015). In addition to possible 

pressure transients from opening the sleeve, the ports in the sleeve might not fully open or be 

plugged off from the drilling process. This will prevent getting any useful data on near-wellbore 

pressure drops or perforation contribution if using plug and perf. In the case of the pad studied in 

this project, the toe sleeve was opened and guns were pumped down to 150 feet above the sleeve 

to minimize any residual complications from opening the sleeve and access close to virgin 

reservoir to provide the best data possible.  

For the DFIT on the Niobrara on this pad, 3020 gallons of fresh water was pumped at a 

rate of 10 bbls per minute. Breakdown occurred at 2250 psi surface pressure. Figure 3.5 shows 

the pumping treatment conducted on the Niobrara parent well. For the Codell DFIT, 2991 

gallons of fresh water were pumped at a rate of 10.5 bbls per minute. Breakdown occurred at 

2400 psi surface pressure. Figure 3.6 illustrates the pumping treatment conducted on the Codell 

parent well.   
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Figure 3.5: DFIT pumping schedule from the Niobrara parent well. 

  

 

Figure 3.6: DFIT pumping schedule from the Codell parent well.  
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3.1.2 DFIT Analysis 

As mentioned previously, DFIT’s, with the addition of step-rates, have the ability to 

capture information such as reservoir pore pressure, closure and facture gradients, process-zone 

stresses, transmissibility values (which can be converted to reservoir permeability values), 

leakoff mechanisms, near-wellbore friction, and number of perforations open. There are several 

methods in which these parameters are calculated, and they are discussed in Section 3.1.2.  

The introduction of the G-function derivative analysis allowed DFIT analyses to be a 

valuable tool to determine reservoir properties. Other diagnostic techniques such as square-root 

of time, log(Δpwf)-log(Δt) plots, and their diagnostic derivatives provide double checks and a 

consistent method of determining closure pressure and the resultant reservoir parameters.  

3.1.2.1 Before Closure Analysis 

The instantaneous shut-in pressure (ISIP) is the first parameter that needs to be captured. 

The ISIP represents the minimum fracture extension pressure and occurs at the moment at which 

the pumping rate of the treatment reaches zero. The reason that ISIP is taken when the rate 

equals zero is that ISIP can be affected by near wellbore pressure drops and which does not 

happen if there is no fluid flow. Many times the ISIP can be calculated incorrectly by choosing 

the pressure seen directly at shutdown. However, a significant amount of wellbore 

decompression can occur causing this pressure to be incorrect. To correct for these effects, a 

linear regression is used to extrapolate the pressure data from the first straight line event in the 

pressure decline after shut-in, back the time of shut-in. Figure 3.7 illustrates a correct pick for 

ISIP and an incorrect pick for ISIP. The pressure, indicated by the red arrow, for an incorrect 

pressure was 6450 psi. The correct ISIP accounting for wellbore decompression and extrapolated 

back to shutdown is indicated by the blue line and results in an ISIP of 3108 psi. 
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Figure 3.7: A comparison of the correct pick for ISIP to the incorrect pick for ISIP when 

accounting for wellbore decompression (Modified from Barree 2018). 

  

In the case of the Niobrara parent well and the Codell parent well, the ISIP was 

extrapolated back to the time of shut-in and was determined to be 2704 psi and 2912 psi as seen 

in Figure 3.8 and Figure 3.9, respectively. Both wells, the Niobrara and Codell parent wells, saw 

very little wellbore decompression unlike the example shown in Figure 3.7.  Also seen in Figure 

3.8 is the addition of a step-rate test to determine near-wellbore friction. While step-rate tests 

were conducted in the Niobrara well, none were conducted in the Codell wells. However, step-

rate tests were conducted during the treatment of the Codell child wells that can still give a good 

representation of near wellbore tortuosity present. 
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Figure 3.8: Determination of ISIP in the Niobrara parent well using linear extrapolation. 

 

 

Figure 3.9: Determination of ISIP in the Codell parent well using linear extrapolation. 

 

 A step-down test is used to determine the number of perforations that are open, and near-

wellbore friction that is a summation of pipe friction, perforation pressure drop, and tortuosity. It 
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is important to understand the extent of near-wellbore friction because it can reduce the fracture 

width close to the wellbore and increase the likelihood of premature screenouts (Economides and 

Nolte 2000). Step-rate tests are just as the name implies, after pumping at maximum rate, the rate 

is then dropped and held for a several seconds and the resulting pressure is measured at each 

step, seen in Figure 3.10. The step rate test is the preferred method for determining near-wellbore 

friction. As the pump rate is increased, fracture geometry, both height and width, will probably 

change. It is also likely that additional perforations will open with increasing rate. By using a 

step-down test the fracture is created and fully inflated and all the perforations that can open will 

be open (Barree 2017; 2018). By stepping the rate down, the dynamic pressure response to rate 

changes should be related almost completely to frictional components (Barree 2018).  

 

Figure 3.10: An example of a step-down test indicating the changes in rate (green) and the 

resulting changes in pressure (From Barree 2017). 
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 Pressure drop through the perforations can contribute a large portion to the total pressure 

drop in the system. Perforation friction is the dissipation of the kinetic energy imparted on the 

fluid as it flows through a small orifice at high velocity (Wright et al. 1998). Perforation friction 

is proportional to the injection rate qi squared times a proportionality constant, kpf, resulting in 

Equations 3.3 and 3.4 below. 

 
 

(3.3) 

 

 

 

(3.4) 

 

Where; 

ppf = pressure drop at the perforations, psi 

kpf = proportionality constant, lb/(gal*in4) 

q = total pump rate, bpm 

ρf = slurry density, g/cc 

CD = perforation coefficient 

Np = number of open perforations 

dp = perforation diameter, in 

 

 From these equations, pressure and rate are known at each step and the number of 

perforations can be calculated. As seen in Figure 3.8, three separate steps were taken at 10.14, 

6.05, and 2.64 BPM with resulting pressures of 3471, 3085, and 2812 psi, respectively. A 
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regression on the number of open perforations is calculated dependent on the input of perforation 

diameter, coefficient of discharge, measured depth, and pipe size along with fluid properties such 

as density and viscosity for friction calculations (Barree 2017). The resultant outcome for 

number perforations open in Niobrara parent well, calculated from regression (Figure 3.11), was 

seven holes out of a total 30 holes shot indicating that 23 holes did not open during the step-

down portion of the treatment.  

 

Figure 3.11: Number of perforations open and tortuosity calculated from the Niobrara step-down 

test.  

 

 Fracture tortuosity is the existence of a convoluted pathway from the perforations to the 

main fracture body, which causes the fracture to open against a normal stress that is higher than 

the formation closure pressure as seen in Figure 3.12 (Economides and Nolte 2000). Several 

mechanisms cause higher injection pressure and an apparent restriction to fluid entry from the 

wellbore to the propagating fracture. These include: stress halo’s around the perforation, flow 



83 

 

around the cement in the micro-annulus, perforation interference, narrow fracture width, fracture 

turning and branching, off-vertical fractures- pulverized cement debris, charge debris, and 

leakoff into drilling and perforation induced fractures (Barree 2017). Since the fracture width is 

the smallest at the beginning of the treatment, the fracture reorientation pressure loss is largest 

during the early stages of the treatment (Economides and Nolte 2000). Using the same regression 

method to calculate the number of perforations open, the tortuosity can also be determined 

(Figure 3.11). In the case of the Niobrara parent well, the tortuosity was determined to be 58 

psi/sqrt(bpm).  

 

Figure 3.12: Visual representation of near-wellbore tortuosity. The red lines depict the 

reorientation of the fracture near-wellbore before propagating perpendicular to the direction of 

minimum in-situ stress (From Barree 2017). 
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The next parameter that needs to be determined is closure pressure, Pc, and the time to 

closure. To correctly preform the after-closure analysis the transient flow regime, or time to 

closure, must be correctly identified (Barree et al. 2009). Fracture behavior during shut-in and 

prior to closure is governed by the fluid-loss characteristics and the material balance relation 

(Economides and Nolte 2000). There are several different methods of analysis that can be used to 

identify closure. The three main pressure decline analyses are G-Function, Square-root of shut-in 

time, log-log of ΔP-Δt.  

The G-function and its derivatives is the primary tool for analyzing the pressure decay 

after shut-in. However, using a combination of the other two analysis as well gives a unique 

result of closure. The G-function is a dimensionless time function, is a representation of the 

elapsed time after shut-in normalized to the duration of fracture extension, and corrects for the 

superposition of leakoff transient of various durations generated during fracture growth (Barree 

2009; 2017). Barree (2009) outlines the formulation of the G-function in the following Equations 

3.5-3.7 assuming high fluid efficiency in low-permeability formations.  

 
 

(3.5) 

 
 

(3.6) 

 
 

(3.7) 

Where; 

t = elapsed time from the start of fracture initiation, min 

tp = total pumping time from fracture initiation to shut-in, min 

ΔtD = dimensionless time, unitless 

g0 = dimensionless loss-volume function at shut-in, unitless 
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 In addition to determining closure, the G-Function plot can also provide information 

regarding to the leak-off mechanism present in the reservoir. The four types of leakoff behaviors 

are normal leak-off, pressure dependent leak-off (PDL), transverse storage or height recession, 

and fracture tip extension. For additional information in determining these leak-off behaviors, 

reference Barree (2009). 

 The other two types of methods used to analyze closure, as mentioned before, are the 

square root of time and log-log plots. In the square root of time plot the primary pw versus sqrt(t) 

should form a straight line during fracture closure. The first derivative of pressure and square 

root of time should have an inflection point at the time of closure. In the log-log plot, closure is 

characterized by the pressure difference and the derivative curves being parallel immediately 

before closure and the separation of the two curves indicate closure. The slope of the parallel 

lines is a diagnostic of the flow regime established prior to closure (Barree 2009). A slope of ½ 

indicates linear flow from the fracture while a slope of ¼ indicates bilinear flow before closure.  

 In addition to determining closure and leak-off mechanisms, the G-function plot can also 

provide information on the amount of pressure required to open natural fractures. This is known 

as the critical fissure opening pressure (CFOP). When natural fractures open, the leak-off rate 

and coefficient is no longer a function of the matrix but can be dominated by the natural fracture 

system. This could affect the fluid efficiency, pad volume requirements, or screenout behavior 

for the job design (Barree 2018). In PDL leakoff situations, when the secondary fissures open, 

the flow capacity increases which can lead to high-localized leakoff if connected to the 

conductive fracture system. The high-localized leakoff pulls proppant out of the flow stream to 

the fracture wall causing an increase of proppant concentration near-wellbore. In transverse 

storage situations, fissure dilation results in increased storage volume in the secondary fissures. 
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This takes fluid out of the main fracture decreasing the length of the primary fracture (Barree 

2018). The magnitude of the pressure about the fissure opening pressure is used in the pressure 

dependent leak-off coefficients and stiffness factors to calculate the leakoff and modulus 

stiffening caused by the opening of natural fractures (Barree 2018). Fissure opening is 

characterized by the return to straight-line trend from the origin for either PDL or transverse 

storage leak-off mechanisms on a log-log plot.  

The results of the Niobrara and Codell G-function, square root, and log-log analyses are 

presented depicting the correct selection for closure and fissure opening pressure, as well as, the 

determination of the leak-off mechanisms in the parent wells while referencing the previous 

work conducted on these diagnostic techniques.  

Figure 3.13 is the G-function analysis of the data gathered from the Niobrara parent well 

DFIT. Closure is depicted by the vertical line labeled with the letter “C” for closure and fissure 

opening is depicted by the other vertical line labeled with the letters “FO” for fissure opening. 

Fissure opening occurred at a G time of 22.79 and a bottom hole pressure of 5,553 psi. This is 

consistent with the semi-log derivative of pressure returning to the straight-line trend from the 

original. Closure occurred at a G time of 61.43 and a bottom hole pressure of 5197 psi. This pick 

is also consistent with the proper method of choosing closure where the semi-log derivative of 

pressure departs from the straight-line trend from the origin. The “hump” prior to closure 

indicates that a PDL leak-off mechanism is present in the Niobrara parent well. 
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Figure 3.13: The G-function plot depicting the fissure opening and closure events from the 

Niobrara parent well DFIT. The fissure opening event is characterized by the return to the 

straight-line trend from the origin, while closure is characterized by the departure from the 

straight-line trend. 

 

Figure 3.14, the square root of time plot also supports the correct pick for closure. While 

the data is noisy, the inflection point of the derivative at closure picked from the G-function 

analysis is depicted with a vertical line labeled “C”. The log-log plot, seen in Figure 3.15, also 

supports the pick for closure. Prior to closure, the pressure curve and pressure derivative curves 

are near parallel and separate at closure. A slope of ½, depicted by the black line on the 

derivative curve, prior to closure also indicates that the flow regime is linear in the fracture prior 

to closure. The log-log plot can also be used to verify that the correct ISIP was used. Since the 

pressure curve is the change in pressure from the ISIP, the curves will only be parallel when the 

correct ISIP was used.  
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Figure 3.14: The square root of time plot from the Niobrara parent well DFIT. An inflection in 

the derivative, depicted by the green line, supports the pick of closure from the G-function 

analysis. 

 

Figure 3.15: The log-log plot from the Niobrara parent well DFIT. Parallel pressure (blue) and 

derivative (red) curves prior to closure and a separation of the two at closure supports the pick of 

closure from the G-function analysis. A slope of ½ prior to closure also indicates linear flow in 

the fracture. 
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 Figure 3.16 is the G-function analysis of the data gathered from the Codell parent well 

DFIT. Closure is depicted by the vertical line labeled with the letter “C” for closure and fissure 

opening is depicted by the other vertical line labeled with the letters “FO” for fissure opening. 

Fissure opening occurred at a G time of 21.56 and a bottom hole pressure of 5,671 psi. This is 

consistent with the semi-log derivative of pressure returning to the straight-line trend from the 

original. Closure occurred at a G time of 42.42 and a bottom hole pressure of 5428 psi. This pick 

is also consistent with the proper method of choosing closure, where the semi-log derivative of 

pressure departs from the straight-line trend from the origin. The signature of leak-off for the 

Codell parent well is characterized by the “belly”, or the semi-log derivative of pressure being 

below the straight-line trend from the origin, indicating transverse storage is the dominant 

mechanism.   

 

Figure 3.16: The G-function plot depicting the fissure opening and closure events from the 

Codell parent well DFIT. The fissure opening event is characterized by the return to the straight-

line trend from the origin, while closure is characterized by the departure from the straight-line 

trend. 
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The square root of time plot, depicted in Figure 3.17, supports the pick of closure from 

the G-function plot. Again, the data is noisy, but there is a clear inflection point where closure is. 

In addition, the log-log plot, seen in Figure 3.18, also supports the pick for closure due to the 

same justification from the Niobrara parent – where the pressure derivative and the pressure 

difference curve are parallel prior to closure and deviate from each other after closure.  The log-

log plot also indicates that linear flow is present in the fracture determined by a slope of ½ on the 

second derivative curve prior to closure.  

 

 

Figure 3.17: The square root of time plot from the Codell parent well DFIT. An inflection in the 

derivative, depicted by the green line, supports the pick of closure from the G-function analysis. 
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Figure 3.18: The log-log plot from the Codell parent well DFIT. Parallel pressure (blue) and 

derivative (red) curves prior to closure and a separation of the two at closure supports the pick of 

closure from the G-function analysis. A slope of ½ prior to closure also indicates linear flow in 

the fracture. 

 

 As mentioned, the magnitude of the pressure above the fissure opening pressure is used 

with the pressure dependent leak-off coefficient and pressure dependent stiffness factor to predict 

the amount of leak-off and modulus stiffening is caused by the opening of the natural fractures. 

The two leak-off mechanisms that are accounted for in the hydraulic fracture modeling software, 

GOHFERTM, are PDL and transverse storage. A DIFT analysis can also determine the leak-off 

coefficients using the fissure leak-off analysis. The value is used in an exponential equation such 

that as the pressure exceeds the fissure opening pressure (CFOP), the leakoff will change 

exponentially (Barree 2018). It is important to capture the correct values for leak-off coefficients 

because the effects of natural and induced fractures along with shear planes have a strong impact 

on job design. These effects were summarized by Barree (2018) as follows: 
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 The apparent flow capacity of the reservoir (matrix plus fractures) changes with net 

stress and fluid pressure; 

 Fissures open when the internal fluid pressure exceeds the stress holding them closed; 

 Total leak-off increases when fissure open, leading to shorter fractures; 

 Localized high leak-off affects proppant transport and leads to screenouts; and, 

 Pressurizing of a natural fracture system causes high treating pressures and apparent 

matrix “stiffening”. 

The most common leak-off mechanism is PDL. Conceptually, when a hydraulic fracture 

is initiated at the wellbore the fracture may cut across a series of pre-existing natural fractures or 

propagate along an existing fracture formed during formation and tectonic movement (Figure 

3.19). Pressurized fluid that leaks-off from the propagating fracture preferentially flows along the 

high conductivity channels formed by the existing natural fractures (Barree 2018). Fracture flow 

rate is related to the cube of aperture. Flow rate or apparent leak-off rate will increase 

dramatically when pressure exceeds the critical fissure opening pressure and the fractures dilate 

(Barree et al. 1996; Barree 2018). Above critical fissure opening pressure, the overall leak-off 

coefficient increases to exponential function of fluid pressure minus the fissure opening pressure, 

ΔP (Equation 3.8).  

 
 

(3.8) 

Where; 

Cp = Leakoff coefficient at fracture fluid pressure above maximum closure stress, 

ft/min0.5 

Co = Constant matrix leakoff coefficient, ft/min0.5 
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Cdp = Pressure dependent leakoff coefficient computed from fissure leak-off analysis, 

ft/min0.5 

ΔP = Fluid pressure minus the fissure opening pressure, psi 

 

 

Figure 3.19: Conceptual model of PDL leak-off in a hard fissured rock (From Barree 1998). 

 

The relation of G-time to the pressure derivative is an indication of the relationship 

between the PDL coefficients or the transverse storage coefficient and pressure and can be 

estimated from the ratio ∂P/∂G before and after fissure closure. The variable CdpΔP, in the total 

leak-off (Equation 3.8) is an input property that controls the rate of change of leak-off above the 

fissure opening pressure and is the slope determined from the fissure leakoff analysis. This 

relationship can be seen in Equation 3.9 and 3.10 (Barree 2018): 
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(3.9) 

 
 

(3.10) 

Where; 

Cp = Effective leakoff coefficient at any pressure, 1/psi 

Co = Stabilized constant leak-off after fissure closure, 1/psi 

Pfo = Fissure opening pressure, psi 

Cdp = Pressure dependent leak-off coefficient, 1/psi 

ΔP = Fluid pressure minus the fissure opening pressure, psi 

 

The variable CdpΔP, in Equation 3.8, is an input property that controls the rate of change 

of leak-off above the fissure opening pressure and is the slope determined from the fissure 

leakoff analysis by the relationship seen in Equation 3.10. Leak-off and pressure data from the 

Niobrara parent well has been plotted using the relationship in Equation 3.10 and bottom hole 

pressure in Figure 3.20. From this analysis, a positive slope is an indication of a PDL leak-off 

mechanism. Which is consistent with the PDL characteristic seen in the G-function plot (Figure 

3.13).  

The coefficient, Cdp, was determined to be 0.0042 1/psi based on the slope found in the 

fissure leak-off analysis. Figure 3.21 is the fissure analysis for the Codell parent well. The 

analysis for the Codell is not as clear as the Niobrara fissure leak-off analysis. It is important to 

note that two separate trends, depicted with black lines, are present in this data. A negative slope 

is an indication of transverse storage while the positive is PDL. This is indicative of a presence 

of a complex fracture system that opened at different fissure opening pressures. However, the 
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overall slope of both curves, the blue line, indicates that the dominate mechanism is that of 

pressure-dependent leak-off resulting in a coefficient of 0.005 1/psi.   

 

Figure 3.20: Niobrara fissure leak-off analysis indicating a PDL mechanism resulting in a 

coefficient of 0.0042 1/psi determined from the slope of the line indicated with the black line.  

 

Figure 3.21: Codell fissure leak-off analysis indicating two separate leak-off mechanisms – 

transverse storage and PDL. The average of the slopes indicate the dominate mechanism is PDL 

with a coefficient of 0.005 1/psi.  
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3.1.2.2 After Closure Analysis 

After closure occurs, additional evaluation of pressure response can provide additional 

information in regards to the reservoir and its flow capacity. The pressure during this period 

reflects the transient reservoir response to fracturing and is independent of the mechanisms 

governing fracture propagation (Economides and Nolte 2000). During this period, any changes in 

the reservoir is a response to disturbance caused by the fluid leak-off process. After-closure 

analysis (ACA) has several benefits. It can identify transient flow regimes, determine reservoir 

pressure through extrapolation, determine the reservoir transmissibility (kh/μ), and estimate 

permeability (Barree 2017). However, it requires that the reservoir transient flow conforms to the 

assumption of the diffusivity equation. During this period, the reservoir can experience a linear 

flow followed by a pseudoradial, or simply radial, flow period. Linear flow represents a period 

when the predominant flow paths in the formation are normal to the fracture plane, pseudo-radial 

flow is the period when the effects of the fracture are not felt, and the transient performance is a 

radial flow geometry, as seen in Figure 3.22 (Barree 2018).  

 

Figure 3.22: Visual representation of the flow paths seen in linear and pseudo-radial flow 

regimes (From Barree 2018). 
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These flow regimes can be identified by characteristic slopes on a log-log plot of falloff 

pressure minus reservoir pressure (pw(t)-pi) versus the square of the linear-flow time function 

(FL
2) and the semi-log derivative, (X*dY/dX), of the pressure difference curve (Tally et al. 1999; 

Barree 2009). The linear-flow time function is defined in Equation 3.11 by: 

 

 

(3.11) 

Where; 

t = time, hr 

tc = time required after shut-in to reach fracture closure, hr 

 

Linear flow is determined using the log-log plot of the linear-flow time function and 

pressure. The derivative curve should be ½ slope, and in order to get an accurate estimate for 

pore pressure the pressure difference curve should also have a slope of ½ (Barree et al. 2009). 

Additionally, when using the log-log plot after closure, the x-axis is inverted with time of the test 

starting to the right and moving forward to the left. In the results of the DFIT in both the 

Niobrara and Codell wells, a linear flow period was established with a resulting slope of ½ in the 

pressure derivative and pressure difference, on the log-log plot, as seen if Figure 3.23 and Figure 

3.24, respectively. Figure 3.25 and Figure 3.26 are zoomed in on the period when linear flow is 

reached and supports that the pressure difference curve is also has a slope of 1/2 . However, it is 

important to note that the linear flow period was established right at the end of the test and could 

have still been in a transition period.  
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Figure 3.23: After closure analysis on the Niobrara DFIT, indicating that a linear flow regime 

was reached determined by the presence of a ½ slope. The beginning and end of linear flow is 

represented by “BL” and “EL”, respectively. 

 

Figure 3.24: After closure analysis on the Codell DFIT, indicating that a linear flow regime was 

reached determined by the presence of a ½ slope. The beginning and end of linear flow is 

represented by “BL” and “EL” respectively. 
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Figure 3.25: After closure analysis on the Niobrara DFIT zoomed in on the linear flow period. 

Both the derivative curve (green) and pressure difference curve (blue) both share a slope of ½ 

validating that linear flow was reached. 

 

Figure 3.26: After closure analysis on the Codell DFIT zoomed in on the linear flow period. Both 

the derivative curve (green) and pressure difference curve (blue) both share a slope of ½ 

validating that linear flow was reached. 
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 Knowing that a stable pseudo-linear flow period has been established, an estimate of 

reservoir pressure can be extrapolated from a Cartesian plot of observed pressure during falloff 

and the linear time function, pw(t) vs. FL (Barree et al. 2009). This relationship should yield a 

straight line with the intercept being equal to the reservoir pore pressure, pi, with the a slope of 

mL. The relationship is defined in Equation 3.12 as follows: 

 
 

(3.12) 

Using the relationship defined in Equation 3.12, the extrapolated reservoir pressure was 

determined to be 4501 psi and 4503 psi for both the Niobrara and Codell, and depicted in Figures 

3.27 and 3.28, respectively. This is consistent with literature of reservoir pressure found in the 

DJ Basin where pressure gradients range from 0.45 psi/ft to 0.66 psi/ft in the Niobrara and 

Codell depending on depths (Sonnenberg 2016; Sterling et al. 2016).  

 

Figure 3.27: Reservoir pore pressure estimation for the Niobrara extrapolated from the Cartesian 

plot of pw(t) vs. FL based on a linear flow regime.  
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  Figure 3.28: Reservoir pore pressure estimation for the Niobrara extrapolated from the 

Cartesian plot of pw(t) vs. FL based on a linear flow regime.  

3.2 Well Log Calibration 

When building a hydraulic fracture model, it is of utmost importance to have a model that 

represents appropriate processes based on accurate input data to characterize the reservoir and its 

mechanical properties. In a reservoir, there are a series of planar, parallel layers beds. Each layer 

has different properties that need to be accurately described to generate the most realistic results. 

While this is simplified description, it is also known that reservoirs are heterogeneous and can 

have changing rock mechanical properties within the same bed. For more comprehensive 

hydraulic fracture models, properties can be defined spatially to account the heterogeneities. 

However, for the purpose of this study, a spatial geo-mechanical model was not applied.  

These properties are in two broad classes: properties relevant to the diffusion of fluid in the 

formation and properties relevant to the deformation of the formation (Economides and Nolte 

2000). To accurately capture and determine the properties, several different tools are utilized to 

identify the necessary parameters to accurately describe the reservoir. These tools include, but 

not limited to, wireline logging tools, microseismic, tiltmeters, chemical tracers, and core 
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samples. While the tools are a valuable source of information, it is important that the data 

collected be correctly applied. As the name states, they are only tools. If the data received from 

them were not properly understood, then pertinent results would be unlikely.  A phrase often 

used that applies to all modeling projects is “garbage in, is garbage out”. It cannot be stressed 

enough – the importance of assuring that the data going into the model is correct. In order to do 

this the data must be calibrated using known correlations from other sources, tools and logs. 

For the purpose of this project, the data available was limited in terms of calibrating the 

geologic model but the discovery of correlations between properties still allow for an accurate 

description of the reservoir. There are hundreds of different log types that can capture data on 

different parameters; some are more pertinent than others are. However, what was available for 

use in this project is commonly known as a “triple combo” log suite consisting of a gamma ray, 

resistivity, density porosity, and neutron porosity logs. The log was taken from a reference well 

located in the center of the pad towards the heel of the treatment wells (Figure 3.29). 

 

Figure 3.29: Location of the reference well, indicated by the blue arrow, located in the center of 

the pad towards the heel, in respect to the treatment wells. 
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One of the most important parameters used in fracture design and evaluation is closure 

pressure, Pc. The closure pressure is assumed to represent the minimum of the three principal 

stresses acting on the rock affected by the fracture and is typically assumed to be in the 

horizontal plane and follow some form of the uniaxial strain model (Barree et al. 2009).  The 

fracture magnitude of the minimum horizontal stress (σh) is controlled by the vertical uniaxial 

strain with externally applied horizontal tectonic stress and strain. The expanded form of closure 

pressure defined in the uniaxial strain model can be seen in Equation 3.13: 

 

 
 

(3.13) 

 

Where; 

Pc = Closure pressure, psi 

ν = Poisson’s Ratio, fraction 

Dtv = True vertical depth, ft 

γob = Overburden pressure gradient, psi/ft 

αv = Vertical Biot’s coefficient, unitless 

γp = Pore pressure gradient, psi/ft 

Poff = Pore pressure offset, psi 

αh = Horizontal Biot’s coefficient, unitless 

ε = Regional tectonic strain, microstrain 

E = Young’s Modulus, MMpsi 

σt = Regional tectonic stress, psi 
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 In addition to the properties found in the closure pressure equation, additional parameters 

also need to be defined that are relevant to the deformation of the formation, as well as, 

parameters related to the diffusion of fluid in the formation. These include porosity, 

permeability, PZS, and CFOP. Using a combination of these parameters can also define the 

lithology’s present in the reservoir. The goal of constructing a calibrated geomechanical earth 

model is to allow accurate prediction of hydraulic fracture geometry, placement, and treating 

pressure (Barree 2017). 

Prior to discussing the parameters mentioned above, it is important to guarantee that the 

input data is valid and accurate. Gamma ray and porosity are first discussed including the 

additional steps that were taken to improve the accuracy of the geologic model due to a lack of 

data available. The gamma ray log is often times the primary log for generating correlations, or 

generating parameters that are used as correlations, to determine other parameters to calculate the 

closure pressure when data is limited.   

3.2.1 Gamma Ray Calibration and Synthetic Gamma Ray Generation 

The gamma ray (GR) log is used to determine lithology, clay content of the formation, 

and the total organic carbon (TOC). The clay or shale fraction of the rock can also be used in the 

estimation of the effective porosity, permeability, and other properties (Barree et al. 2009). In 

addition to the parameters mentioned above, a GR log can also be used through correlations to 

determine additional parameters such as compressional travel time (DTC), Poisson’s Ratio (PR), 

and Young’s Modulus (YME) as discussed in Sections 3.2.3 and 3.2.5.  

GR log’s estimate clay or shale content based on the relationship that shales contain 

spontaneously radioactive minerals not found in “clean” sands and limes. If all natural 

radioactivity in a sand or shale sequence is assume to come from clay minerals, high gamma ray 
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values (>90 API units) indicate a shale and low gamma ray values (<20 API units) indicate a 

clean sandstone or lime (Economides and Nolte 2000). In conventional reservoirs, this 

assumption is generally applicable and a normalized total gamma ray log can be used, however, 

not all radioactive minerals come from clay mineral constituents. GR responses can also be 

affected by the presence of uranium and potassium which over calculates the shale or clay 

present. Incorrect shale volume estimates can imply that a zone that is hydrocarbon rich and high 

TOC are non-reservoir when in actuality it is the target zone. In addition, implied plasticity of the 

rock and the estimated values of mechanical properties could be incorrect if lithology-based 

correlations are applied which in turn could affect the estimated in-situ stress (Barree et al. 

2009). Especially in unconventional shale plays, a spectral gamma ray log is needed to assess the 

lithology properly.  

A spectral gamma ray log can differentiate the contributions of uranium, potassium, and 

thorium. In almost all cases in unconventional reservoirs, uranium is removed to determine the 

shale content. However, sometimes potassium is also removed depending on if potassium 

feldspars are a major component of the formation. In organic and feldspathic shale, the thorium 

correlates better to clay content. However, this is not the case in the DJ basin. When generating a 

spectral gamma ray in DJ Basin it is recommended that both potassium and thorium are used to 

generate the spectral gamma ray due to the minimal amount of feldspar that is present. Figure 

3.30 illustrates the impact uranium has on the GR response in the total GR data as compared to 

the spectral GR.   
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Figure 3.30: Effect of organic material, uranium, has a GR log response (From Barree et al. 

2014)  

 

In the case of this study, a spectral gamma ray was not available in the log suite. In order 

to account for organic material present in the Niobrara and Codell, a synthetic spectral gamma 

ray was developed. Figure 3.31 illustrates the contribution of the uranium seen in the total GR 

curve compared to the synthetic spectral GR for the subject formations.  
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Figure 3.31: Total GR (purple) compared to the generated synthetic spectral GR (blue) through 

the Niobrara (7280-7720 ft) and the Codell (7720-7745 ft). 

 

 The synthetic spectral gamma ray was developed based on a correlation between density 

porosity and neutron porosity that has been successful in several other unconventional reservoirs. 

The following steps were taken in generating the synthetic spectral GR in GOHFERTM: 

1. Generate a new curve and import the density porosity curve from the log LAS file. Invert 

the density curve by applying a -1.00 scale in the curve properties; 
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2. Generate another new curve by importing the neutron porosity, the curve created in step 

one, and the inverted density porosity curve and sum these properties. Figure 3.32 

illustrates the imported curves, on the right, and the summation of the two to get the 

resulting synthetic curve, on the left; 

 

Figure 3.32: Generated synthetic spectral gamma ray from neutron porosity and density porosity. 

 

3. Calibrate the synthetic curve using the cross plot function built into GOHFERTM with the 

synthetic gamma ray on the x-axis and the total gamma ray on the y-axis (Figure 3.33); 

and, 
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Figure 3.33: Cross-plot of the synthetic spectral gamma ray on the x-axis and total Gamma Ray 

on the y-axis 

4. Find the linear trend through the data set. Using the determined slope value, apply it as 

the X scale, and apply the intercept value as the X-shift in the synthetic spectral GR 

properties.  

While this is the basic process of developing the synthetic spectral GR curve, the 

technique is not perfect and still has some flaws. In the synthetic spectral GR and total GR cross-

plot (Figure 3.32), there is no apparent linear relation between the two making a calibration on 

the synthetic GR less accurate. In order to improve the accuracy of the calibration, logs were 

taken from offset wells that had synthetic GR log’s run and put into GOHFERTM.  

After applying depth offsets to account for the dipping nature of the Niobrara and Codell, 

a good relation between the total GR curves from the offset wells to the reference well is total 

GR curves was achieved. In Figure 3.34, the curves on the right hand side, log track two, are the 
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total GR curves, the reference well (blue) and two offset wells (green and orange). The curves on 

the left, log track one, are the synthetic GR (purple) and two actual spectral GR logs (light green 

and green). After overlaying the three total GR curves there is a clear relationship between all 

three wells. The two synthetic GR curves also show a strong relationship between one another. 

This implies that all three wells have similar lithologies allowing further calibration of the 

model. After adjusting the x-shift and x-scale, a good correlation between all three spectral GR 

curves was established indicating that the synthetic curve was sufficient.       

 

Figure 3.34: The synthetic and actual spectral gamma ray logs (right), the total gamma ray logs 

(left) from the reference well and two offset wells indicating a strong correlation in GR 

signatures.   
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Once the synthetic spectral gamma ray was validated, the calibration of the GR curve 

could be conducted and used to determine the volume of shale present throughout the target 

intervals. The shale volume (Vshale) is determined from the GRmin (clean sand line) and the GRmax 

(the shale base line). GRmin and GRmax can be found either manually by taking the lowest GR in 

the target interval and the known shale line (Figure 3.35), based on knowledge of basin lithology, 

or by using the built-in assistant in GOHFERTM. The module build into GOHFERTM is known as 

the log assistant and is referenced several times throughout the remainder of this section. The log 

assistant will auto-fit the data based on a built-in criteria depending on which parameter is 

applicable. For GR, the fifth percentile is used as GRmin and the 85th percentile is used as GRmax 

(Figure 3.36). 

 

Figure 3.35: Manual determination of GRmin (left vertical red line) and GRmax (right vertical red 

line). 
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Figure 3.36: Log assistant determination of GRmin and GRmax. 

 

Best practice, in unconventional reservoirs, recommends using the total GR to determine the 

GRmin and GRmax and then appling the spectral gamma ray as the model GR. However, due to the 

small distribution of GR values (Figure 3.37) compared to the total GR distribution (Figure 3.36) 

and knowledge regarding the lithology in the DJ basin, the synthetic spectral GR was used for 

both to calculate the lithologies above, in, and below the target intervals properly. The GRmin and 

GRmax were determined to be 18.12 and 71.14 API, respectively. 
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Figure 3.37: Gamma ray value in respect to percent distribution. 

 

 Once the GRmin and GRmax have been determined, then the volume of shale can be 

calculated using Equation 3.14 for the shale index and Equation 3.15 for the volume of shale. 

There are several correlations for Vshale including Larionov (1969), Stieber (1970), and Clavier et 

al. (1971) but the one used by Stieber (1970) is shown in Equations 3.14 and 3.15: 

 

 

(3.14) 

 

 

(3.15) 
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Where; 

Ish = Shale index 

GR = Gamma ray, API 

GRsand = GRmin = Gamma ray clean sand line, API 

GRshale = GRmax = Gamma ray shale baseline, API   

3.2.2 Porosity  

Several different porosities are used in calculating different components the total stress 

profile. These include density porosity, neutron porosity, average porosity, and effective 

porosity. Each have a specific role in calculating additional values or used as correlations to 

generate synthetic logs. Porosity is the pore volume fraction of the total bulk volume represented 

by Equation 3.16.  

 

 

(3.16) 

Average porosity is calculated by taking the average of neutron porosity (PHIN) and density 

porosity (PHID) and gives a good indication of total pore volume fraction in the rock (Barree 

2018). If a density porosity log is unavailable, density porosity can be calculated using a density 

log (RHOB) using Equation 3.17: 

 

 

(3.17) 

Where; 

ρma = matrix density (limestone = 2.71 g/cm3; sandstone = 2.65 g/cm3) 

ρb = Bulk density, g/cm3 

ρf = Fluid density (water = 1 g/cm3) 
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There are three different methods of calculating average porosity if an average porosity 

log or core data is not available. These are the numerical average of neutron and density porosity 

(PHIAAVG), the square root of the average of the squares of the porosities (PHIARMS) and the 

estimated PHIA computed from effective porosity (PHIE) if available. The calculations for these 

can be seen in Equations 3.18 through 3.20 below: 

 

 

 

(3.18) 

 

 

(3.19) 

 

 

(3.20) 

 

 The following log tracks are the results from the different averages from Equations 3.18 

through 3.20 using data provided from the reference logs (Figure 3.38). An effective porosity log 

was not available so only numerical average and square root average was calculated. There is a 

slight separation in the two curves due to the different calculation methods. An average of the 

averages were used to generate the final average porosity used to calculate effective porosity. 

Effective porosity is one of the many input parameters that help correlate other critical 

parameters such as Biot’s coefficient, PZS, CFOP, and permeability. 
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Figure 3.38: Average porosity (PHIA) resulting from the numerical average and square root 

average of density porosity (PHID) and neutron porosity (PHIN). 

 

 Effective porosity is interconnected pores and drainable pore space volume and is 

calculated using average porosity and volume of shale (Equation 3.21). Effective porosity can 

also be determined in the laboratory during a core analysis. The resulting effective porosity can 

be seen in Figure 3.39. 

 
 

(3.21) 
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Figure 3.39: Effective porosity (left) in the Niobrara (7333-7770 ft) and the Codell (7770-7802). 

 

The effective porosities determined in the in the Niobrara A,B, and C benches were 12%, 

10%, and 10% percent, respectively, which is in agreement with other publications on Niobrara 

porosities in the DJ Basin (Higley and Cox 2007; Sonnenberg 2015). The effective porosity 

calculated in the Codell was originally calculated to be 16.7%, seen in log track one (blue) of 

Figure 3.38 at 7,800 ft, however, this is artificially high due to the neutron porosity log reading a 

high value caused by the gas effect (Nelson et al. 1999). This was reduced manually to 12%, 

seen in log track one of Figure 3.40; a porosity consistent with porosities published in literature 

(Higley and Cox 2007; Sonnenberg 2015; Sterling et al. 2016). 
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Figure 3.40: Effective porosity tracks for the Niobrara and Codell depicting the reduction of 

porosity in the Codell due to gas effect. 

 

3.2.3 Compressional Travel Time 

Compressional travel time (DTC) is an important component and used to determine the 

elastic properties under dynamic conditions (Economides and Nolte, 2000). DTC does not 

measure rock properties directly but can be correlated to other log parameters to generate rock 

mechanical properties – these being Young’s Modulus and Poisson’s Ratio.  
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In some cases, sonic logs are run to capture both compressional and shear travel time 

(DTS), but this was not done in this reference well. To work around the lack of data, synthetic 

DTC curves can be generated and calibrated using the log assistant to get a good representation 

of DTC. The DTC synthetic curves can also be good indication of higher gas saturation when 

compared to the actual DTC, as seen in Figure 3.41, where there is separation between the 

different synthetic curves and the actual curve.  

 

Figure 3.41: Synthetic DTC logs compared to measured DTC indicating the presence of higher 

gas saturation (From Barree et al. 2014).  
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Four synthetic curves can be developed from gamma ray (DTC_GR), neutron porosity 

(DTC_PHIN), average porosity (DTC_PHIA), and resistivity (DTC_RESIST). With these four, a 

good representation of DTC can be generated and used to quality check DTC measurements if 

available. Figure 3.42 depicts the four synthetic curves prior to calibration. In order to calibrate 

the curves, four correlations are used, listed in Equations 3.22-3.25. The curves are calibrated 

using the correlations as well as a cross-plot that provides a linear scaling in which the slope and 

intercepts are used (Figure 3.43). Once the curves are calibrated, then the curves should match 

very well in no-hydrocarbon bearing intervals and separate in pay zones due to hydrocarbon 

affect (Barree et al. 2014).  

 

Figure 3.42: DTC curves prior to calibration of the Niobrara and Codell intervals. 
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(3.22) 

 
 

(3.23) 

 
 

(3.24) 

 
 

(3.25) 

 

Where; 

DTCGRScale = Slope from DTCGR and GR crossplot 

DTCGROffset = Y-intercept from DTCGR and GR crossplot 

PHINScale = Slope from DTCPHIN and PHIN crossplot 

PHINOffset = Y-intercept from DTCPHIN and PHIN crossplot 

DTFL = Y-intercept from DTCPHIA and PHIA crossplot 

DTMA = Slope from DTCPHIA and PHIA crossplot 

RESISTOffset = Y-intercept from the DTCRESIST and Ln(RESIST) crossplot 

RESISTScale = Slope from the DTCRESIST and Ln(RESIST) crossplot 

 

Once the curves have been calibrated, a match in non-hydrocarbon zones (above 7350 

feet) is obtained as seen log track two of Figure 3.44. The synthetic curves are then averaged to 

make the final DTC curve seen in log track one of Figure 3.44.
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Figure 3.43: DTC_GR crossplot depicting the linear relationship between DTC_GR and GR and the use of linear scaling to calibrate 

the synthetic DTC curves. 
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\ 

Figure 3.44: Calibrated synthetic DTC curves (right log track) and the final DTC curve (left log 

track) averaged from the four synthetic curves. 
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3.2.4 Biot’s Coefficient  

Biot’s coefficient is another parameter that is needed to complete the total stress equation. 

Biot (1941) revised the Terzagi (1936) principle of effective stress to account for poroelasticity 

of soils and rock by including the parameter, Biot’s coefficient, α (Equation 3.26).  

 

  

(3.26) 

Where; 

σeff  = Net effective stress, psi 

Pc = Total closure stress, psi 

Pp = Pore pressure, psi 

 

Due to the irregularity of pore and grain shapes, and because grains can be partially 

cemented, internal fluid pressure is not transmitted perfectly to the rock matrix (Barree 2018). 

Biot’s is useful in describing the effect of pore fluid pressure on the mechanical response of 

rocks and understanding the poroelastic effects in unconventional reservoirs and quantifies the 

contribution of the pore pressure to the effect stress (Zhou et al. 2017). For the rock to be static, 

the internal and external applied pressures must be in equilibrium. As Biot’s decreases, the 

internal pressure acts over a smaller fraction of the total rock area. This can be caused by 

cementation at grain contacts, clay filling, and other depositional and diagenetic factors (Barree 

2018). Typical values for Biot’s coefficient range from 0.75 to 0.95 for most rock types and can 

be calculated using Equations 3.27 through 3.29, outline by Zhou et al. (2015): 
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(3.27) 

 

 

(3.28) 

 

 

(3.29) 

Where; 

K = bulk modulus of rock, psi 

Ks = grain bulk modulus of rock, psi 

Pc = total closure stress, psi 

εv = volumetric strain, psi 

Vp = pore volume, cm3 

Vb = bulk volume, cm3 

  

Biot’s coefficient is not calculated using log data but by using Equation 3.27 – the 

relation of bulk modulus and grain modulus. Detournay and Cheng (1993) suggested that a 

correlation between effective porosity and Biot’s coefficient also exists. This correlation was 

used to calculate Biot’s, seen in Figure 3.45. Biot’s coefficient exists in both the vertical 

direction, αv, and horizontal direction, αh, seen in Equation 3.13 for the total stress equation. 

However, the horizontal Biot’s coefficient is not dependent on net stress, strain, compaction, or 

any rock framework properties and is assumed to be acting equally in all directions (Barree 

2018). This would imply that horizontal Biot’s coefficient is equal to one.  
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Figure 3.45: Biot’s coefficient for the Niobrara and Codell intervals calculated from effective 
porosity.  

 

3.2.5 Young’s Modulus and Poisson’s Ratio  

Young’s Modulus (E) and Poisson’s Ratio (ν) are commonly used rock mechanical 

properties in estimating in-situ stresses. Young’s Modulus is a measure of the amount of stress 

needed to generate a specific deformation. The slope of the stress-strain curve (Figure 3.46) is 

known as the modulus of elasticity or the static Young’s Modulus. A higher slope is an 

indication of a stiffer material. Young’s modulus is not a constant and deformation is non-linear, 

as seen in Figure 3.47, but to simplify the model input in hydraulic fracture models linear 

elasticity is assumed. 



127 

 

 

Figure 3.46: Stress-strain curve assuming linear elasticity. The slope of the line determines the 

Young’s Modulus of the rock (From Miskimins 2018). 

 

Figure 3.47: Stress-strain curve depicting a non-constant value for Young’s Modulus and that 

deformation is non-linear (From Miskimins 2018). 
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Poisson’s ratio is the ratio of lateral expansion to longitudinal contraction under axial 

loading conditions (Economides and Nolte 2000). Applying a load along a given axis results in a 

strain that is proportional to the Young’s Modulus. Poisson’s ratio is defined by the following 

Equations 3.30-3.32 and is shown graphically in Figure 3.48. 

 

 

(3.30)

 

 

(3.31-3.32)

 

Figure 3.48: Visual representation of Poisson’s ratio (From Miskimins 2018). 

 

 Poisson’s ratio can also be determined from log data as is the case in this study. Poisson’s 

Ratio is computed from the ratio of shear and compressional travel times, seen in Equation 3.34, 

using the shear to compressional velocity ratio (Equation 3.33). If sonic logs are unavailable, the 

synthetic DTC curve can be used along with correlations from gamma ray, resistivity, and 

average porosity. Figure 3.49 is the averaged Poisson’s ratio, log track one, of the correlations 

and synthetic DTC curves, log track three.  
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(3.33)

 

 

(3.34)

Where; 

DTS = shear travel time, μsec/ft 

DTC= compressional travel time, μsec/ft 

R = shear to compressional velocity ratio 

 

Figure 3.49: Calculated Poisson’s Ratio, log track 1, from correlations based on GR, average 
porosity, and DTC in the Niobrara and Codell.   
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3.2.6 Pore Pressure 

Pore pressure, Pp, influences both rock behavior and state of stress. Fluid inside the pore 

space of the rock supports part of the total externally applied load. As the pore pressure is 

reduced the rock compacts because of the net intergranular stress increases (Barree 2017). That 

is why only a portion of the total stress, the effective stress component, is carried by the rock 

matrix (Equation 3.26).  

The induced strain generates a higher net horizontal stress, and the net horizontal stress 

increases at a slower rate than the pore pressure drops due to the effect of Poisson’s Ratio 

(Barree 2017). As depletion occurs, more of the total overburden stress is transferred to the rock 

framework causing the rock to compact. This causes the net horizontal stress to increase, but 

pore pressure continues to drop. Due to the contribution that pore pressure has on the total stress 

equation (Equation 3.13), it is important to properly characterize the pore pressure through the 

target intervals to properly define the total stress. 

A typical hydrostatic pressure gradient is 0.44 psi/ft, however, in the Niobrara and 

Codell, due to rapid deposition or high total organic carbon (TOC) and the generation of 

hydrocarbons pressure gradients are seen anywhere from 0.41 to 0.67 psi/ft (Luneau et al. 2011). 

In order to account for the increased pore pressure, a pressure offset was placed in the pore 

pressure gradient to get the pressure correct for their respective depths (Figure 3.50). While the 

pressures from the DFIT’s are still higher than the assumed pressure, pore pressure extrapolation 

from linear flow DFIT analysis tends to overestimate pore pressure.  
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Figure 3.50: Pore pressure offset accounting for the over-pressured pore pressure compared to 

the typical 0.44 psi/ft hydrostatic pressure gradient. 

 

3.2.7 Process Zone Stress 

Process zone stress (PZS) describes the additional stress seen in the region near the tip of 

the propagating fracture, or crack, where the external stress is higher than the internal fluid 

pressure (Barree 2017). This region is also called the “fluid lag” region. Economides and Nolte 

(2000) attributes the increased pressure due to a cloud of micro-cracks created ahead of the crack 

tip, non-linear rock deformation near the fracture tip, as seen in Figure 3.51.  
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Figure 3.51: Visual representation of the process zone or “fluid-lag” region showing micro-

cracks created ahead of the crack tip (From Ramurthy et al. 2013).  

 

The length of the fluid-lag region is proportional to the square of the ratio of the plane 

strain fracture toughness and the material tensile strength. In addition to the micro-crack created 

ahead of the crack tip, the process zone has a negative stress with positive fracture width that 

allows the fracture to close smoothly without the existence of stress singularity (Ramurthy et al 

2013). The negative stress or fluid-lag zone is caused by the balance between leakoff rate and the 

rate at which fluid can be delivered to the tip through a restricted fracture (Medlin and Masse 

1984; Ramurthy et al. 2013).  

PZS can be determined using a DFIT. PZS is the difference between fracture extension 

pressure or bottomhole ISIP and closure stress (Equation 3.35). The most common calibration 

method to calculate PZS is using effective porosity as an indication (Equation 3.36). Using 

effective porosity includes the bulk density, as a stand-in for cementation and rock strength, clay 

content, and porosity (Barree 2017).  
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(3.35)

 

 

(3.36)

 While this correlation is the most common, due to the increased effective porosity 

discussed in Section 3.2.2 from apparent gas effect, the estimation of PZS from the correlation in 

the Codell was incorrect. There are two additional correlations, Equation 3.37 and 3.38, used 

when the default correlation is incorrect and are based on volume of shale (PZS_Vshale) and 

bulk density (PZS_RHOB). Using Vshale as a correlation provides a link to effective porosity 

because it is the crossplot porosity multiplied by (1-Vshale), accounting for gas effect (Barree, 

2018).  

 
 

(3.37)

 

 

(3.38)

Where; 

a1 = a value locally calibrated based on tracers and other diagnostics of height growth 

a2 = difference between ISIP and closure pressure 

Vshale = volume of shale, % 

YME = Young’s Modulus, MMpsi 

RHOB = bulk density, g/cm3 

PR = Poisson’s Ratio 

r1 and r2 = Constants that give a value for PZS in the tested interval and approximately 

3000-1000 psi contrast between the “weakest” and “strongest” zones.  
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Figure 3.52, is the resulting outcomes of the different correlation methods. When looking 

at PZSPHIE, the calculated PZS in the Codell (7778-7800 ft) has a calculated value of 500 psi 

while the other two correlations have the same calculation of 920 psi – much closer to the 

calculated PZS value from the DFIT. The PZSPHIE assumed an effective porosity of 16.9%, 

however, when the effective porosity was changed to a more reasonable value based on 

published results, the resulting calculated value was in line with the other correlations in the 

Codell validating the use of the changed effective porosity (Figure 3.53).   

 

Figure 3.52: Three separate PZS correlations depicting the variablity of PZSPHIE from the 

PZSVshale and PZSRHOB in the Codell.  
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Figure 3.53: PZSVshale (blue), in log track three, shows a good match in both the Niobrara and 

Codell based on DFIT results depicted by the dark green dots in log track three. 

 

3.2.8 Total Stress and Log Calibration Conclusion 

Sections 3.2.1 through 3.2.7 covered the calculation and calibration of the parameters 

pertinent to the total stress equation (Equation 3.13). Figure 3.54 shows that the calibrated 

parameters and resultant closure stress are congruent with the closure stress determined from the 

DFIT (represented by blue dots in the Niobrara and Codell).  
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Figure 3.54: Calculated total stress across the Niobrara and Codell compared to the results of the 

DFIT’s (depicted in blue). 

 



137 

 

3.3 Grid Setup 

The results of the calibrated logs were brought into a three-dimensional grid to be able to 

handle fracture propagation spatially. Since a geological model was not available, the properties 

were distributed equally over the entire layer. The total stress calculated in the log calibration is 

presented in Figure 3.55 for Well 1N, the Niobrara parent well.  

 

Figure 3.55: A longitudinal representation of total stress for the Niobrara parent well, depicted by 

the gray line in the Niobrara “B” bench, Well 1N. Each color in the grid corresponds to the color 

legend on the right for total stress. The black lines indicate the formation tops and bottoms. The 

far left indicates the lithology in respect to TVD.  

 

In order to capture the correct stress associated with each individual stage, dependent on 

if it was in zone or not, the grid was adjusted in depth based on mud log interpretations. The mud 
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log interpretations for well 1N are presented Figure 3.56. In the Niobrara “B” bench, notice the 

similarity between Figure 3.61 and 3.62 in terms of formation deviation and where the wellbore 

leaves the target formation. For each well, the grid was manually altered using the geosteer 

module build into GOHFERTM to give the best representation of the geologic change in the target 

formations. This process was repeated for both the two parent wells and the seven child wells to 

give the most accurate representation of spatial rock properties for the Niobrara and Codell in the 

3D grid. 

 

 

Figure 3.56: Mud log interpretations of Well 1N used to “geosteer” the wellbore through the 
formation. The geosteering resulted in the grid adjustment seen in Figure 3.61. 
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3.4 Pad Treatment Design  

The wells on the pad were completed in three separate phases. The first two, the parent 

wells, were completed a year prior to the second two phases – when the child wells were 

completed. This section outlines the details of the entire pad completion design, as well as, 

additional details in regards to parent well design done during the first phase. The details of the 

child wells in phases two and three are covered in Chapter 5.  

Table 3.1 provides the number of stages by formation, the average treating pressures and 

rates, as well as fluid and proppant totals. Tables 3.2 - 3.3 are broken down provide types of fluid 

usage and proppant type usage for the parents. The parent wells had a different treatment design 

than the child well completions. The child completion design is presented in Chapter 5 along 

with the depletion model presentation. The reason for this was that that child wells were 

completed when depletion had occurred. Additionally, stage, cluster, and perforation information 

can be found in Table 3.4 for both the Niobrara and Codell parent wells.  

Table 3.1: Well and Pad Totals based on Formation 

 

Table 3.2: Parent Well Fluid Breakdown 

 

Wells by Formation Number of Stages Average Treating Pressure, P (psi) Average Rate, Q (BPM)  Total Proppant (lbs) Total Volume of Fluid (bbl)

Codell 138 5386 55 27,316,625                 467,663                                  

Well 1C 46 5358 54 9,201,970                    155,394                                   

Well 2C 45 5502 59 8,683,146                    154,517                                   

Well 3C 47 5297 50 9,431,509                    157,752                                   

Niobrara 363 5711 45 67,569,266                 1,377,794                               

Well 1N 61 5597 49 7,863,502                    234,595                                   

Well 2N 60 5755 54 11,275,416                  208,842                                   

Well 3N 61 5820 45 11,340,578                  212,056                                   

Well 4N 62 5803 39 13,838,112                  265,357                                   

Well 5N 62 5631 44 11,357,272                  210,484                                   

Well 6N 57 5659 39 11,894,386                  246,460                                   

Total Pad 501 5602 48 94,885,891                 1,845,457                               

 Wellname 
 28# pHaserFrac 

Volume (bbl) 

 28# Linear 

Volume (bbl) 

 Slickwater 

Volume (bbl) 

 Treated Water 

Volume (bbl) 

 Total 

Volume 

(bbl) 

Well 1N 131,878                            3,871                    79,121                  19,725                   234,595    

Well 2C 84,095                              2,290                    57,205                  10,927                   154,517    

Total Pad 215,973                           6,161                    136,326               30,652                   389,112   
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Table 3.3: Parent Wells Proppant Breakdown 

 

Table 3.4: Parent Wells Stage, Cluster, and Perforation Information. 

 

 

The wells were zipper fractured, going back and forth between the wells, using the plug 

and perf method. Not included in the total volume of fluid pumped is the acid spearheaded in on 

the Niobrara wells. The design called for 25 bbls and 50 bbls of 15% HCL per stage on the 

parent wells and child wells, respectively.  

The following designs depicted in Table 3.4 and Table 3.5 were the designed treatment 

schedules for the parent wells, respectively. However, there were changes to the schedule as the 

job went on. In the Niobrara well, 1N, 40/70 sand intervals were switched to 100 mesh intervals 

and would not pump higher than 2 pounds per gallon (ppg) concentration after Stage 8. 

Additionally, 20/40 sand intervals were switched to 30/50 intervals on all concentrations greater 

than one ppg after stage 26. In the Codell well, 2C, 100 mesh was added for the first five stages 

but then reverted to the planned design with 40/70 intervals for the rest of the job.  

 

 

 

 Wellname 
  Premium White 

40/70 (lbs) 

 Premium White 

20/40 (lbs) 

 Premium 

White 30/50 

 CRC 20/40 

(lbs) 

  100 mesh 

(lbs) 

 Total Proppant 

(lbs) 

Well 1N 63,085                           3,549,047                3,332,205          393,057           526,108         7,863,502            

Well 2C 436,988                         7,763,155                -                     477,652           5,351              8,683,146            

Total Pad 500,073                        11,312,202            3,332,205         870,709          531,459         16,546,648         

Wellname Well 1N Well 2C

Stage Spacing, ft 150 150

Clusters Per Stage 4 4

Cluster Spacing, ft 33 33

Cluster Length, ft 2 2

Total Shots Per Stage 30 30

Perforation Diameter, in 0.38 0.38



141 

 

Table 3.5: Planned Treatment Design for the Niobrara Parent Well, 1N 

 

 

Table 3.6: Planned Treatment Design for the Codell Parent Well, 2C 

 

 

3.5 Parent Well Treatment Matches 

Using the results of the DFIT, calibration of the reference log, offset well references, and 

geosteering resulted in a good treatment match in both the Niobrara parent well and Codell 

parent well. Closure pressure is the primary driver of fracture geometry generation and treatment 

pressure, however, pore pressure, Young’s Modulus, Poisson’s Ratio, Biot’s Coefficient, PZS, 

CFOP, and permeability contribute the resulting fracture geometry and treatment pressure. In 

addition to the parameters mentioned above, an accurate description of the fluid rheology, 

leakoff mechanisms, and proppant transport is necessary to describe the final fracture shape, size, 
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and ultimately, conductivity accurately. Simulating a good pressure match to actual data during a 

treatment validates the input parameters used. A pressure match insures that the correct stress 

profile, PZS, leakoff, and friction parameters were correctly defined providing representative 

fracture geometries. Figures 3.57 and 3.58 are the resulting pressure matches for Stage 5 in the 

Niobrara and Codell, respectively. Stage 5 was chosen in both cases as a representative fracture 

due to the effects that stress shadow has on fracture geometry and conductivity.   

 

 

Figure 3.57: Niobrara parent well treatment pressure match depicted with the purple solid line in 

relation to the actual treatment pressure (dashed purple). 
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Figure 3.58: Codell parent well treatment pressure match depicted with the purple solid line in 

relation to the actual treatment pressure (dashed purple). 

 

3.5.1 Parent Well Fracture Geometry 

The fracture geometries resulting from the simulation runs in Figures 3.57 and 3.58 

generated in Stage 5 of both the Niobrara and Codell are tabulated in Tables 3.7 and 3.8. Gross 

fracture length, proppant cutoff length, estimated flowing fracture length, and estimated infinite 

conductivity length all define the length of the fracture with different constraints for each. Figure 

3.59 gives a graphical representation of these lengths.  
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Table 3.7: Fracture Geometry and Conductivity Simulated from Stage 5 of the Niobrara Parent 

Well 

 

Table 3.8: Fracture Geometry and Conductivity Simulated from Stage 5 of the Codell Parent 

Well 

 

 

 

Figure 3.59: Graphical representation of the different fracture lengths. (A) Gross fracture length, 

the total hydraulically created fracture length. (B) Propped fracture length, fracture propped with 

proppant length. (C) Proppant cutoff length, the maximum fracture length available for flow. (D) 

The effective fracture length, determined by the damaged dynamic conductivity and reservoir 

flow capacity based on reservoir deliverability and available potential gradient in the fracture. 

(From Barree 2017) 

 

Cluster #

Gross 

Fracture 

Length, ft

Proppant 

Cutoff 

Length, ft

Estimated 

Flowing 

Fracture 

Length, ft

Estimated 

Infinite 

Conductivity 

Length, ft

Fracture 

Height, ft

Average 

Proppant 

Concentration, 

lb/ft²

Average 

Fracture 

Width.in

Transverse 4 1350 720 29.74 27.53 135 0.27 0.14

Transverse 3 855 135 29.32 28.21 105 0.44 0.06

Transverse 2 585 135 28.35 27.22 100 0.41 0.05

Transverse 1 1275 615 30.56 29.07 135 0.32 0.11

Cluster #

Gross 

Fracture 

Length, ft

Proppant 

Cutoff 

Length, ft

Estimated 

Flowing 

Fracture 

Length, ft

Estimated 

Infinite 

Conductivity 

Length, ft

Fracture 

Height, ft

Average 

Proppant 

Concentration, 

lb/ft²

Average 

Fracture 

Width.in

Transverse 4 705 660 31.23 30.58 190 0.43 0.17

Transverse 3 330 180 27.17 26.70 105 0.61 0.08

Transverse 2 390 255 28.02 27.44 110 0.58 0.08

Transverse 1 750 735 31.97 31.33 195 0.49 0.17
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The gross length (A) is defined as the total hydraulically created fracture top length. The 

propped length (B) is length of the fracture propped with proppant, while the proppant cutoff 

length (C) represents the maximum length of the fracture available for flow.  The effective 

flowing fracture length (D) is determined using the proppant cutoff length, seen in Equation 

3.39, and represents the flowing fracture length determined from the damaged dynamic 

conductivity and reservoir flow capacity which is based on reservoir deliverability and available 

potential gradient in the fracture (Barree 2018; modified from Barree et al. 2003a;2003b).  

 

 

(3.39)

Where; 

Xflow = effective flowing fracture length, ft 

rw = wellbore radius, ft 

Xcreated = proppant cutoff length, ft 

kf = fracture permeability, md 

wf = fracture width, ft 

kres = reservoir permeability, md 

  

Figure 3.60 is the visual representations of depicting gross fracture lengths of each cluster 

from Table 3.7 of the Niobrara parent represented by net stress, and Figure 3.61 depicts the 

effective conductivity of the fractures created in each cluster. Figure 3.62 and 3.63 are the same 

corresponding parameters as in Figure 3.59 and Figure 3.60, but the Codell fracture geometries 

are shown in Table 3.8. It is important to note the difference in length and shape of the fracture 
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when looking at Clusters 1 and 4 compared to 2 and 3. This the result of stress shadowing 

pinching off the inner fractures preventing them from propagating like the outer fractures.  

 

Figure 3.60: Fracture geometry of each cluster of Niobrara parent well represented by net 

pressure.  

 

Figure 3.61: Fracture geometry of each cluster of Niobrara parent well represented by effective 

conductivity.  
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Figure 3.62: Fracture geometry of each cluster of Codell parent well represented by net pressure.  

 

Figure 3.63: Fracture geometry of each cluster of Codell parent well represented by effective 

conductivity.  
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 The resulting outcome of simulating all 61 stages in the Niobrara parent well, 1N, and 45 

stages in the Codell parent well, 2C are summarized in Table 3.9 where the gross frac length, 

estimated flowing frac length, fracture height, proppant concentration was averaged across all the 

stages, respectively. The resultant lengths and heights are supported by the tiltmeter and 

microseismic study in the DJ Basin by Sahdev et al. (2018), referenced in Section 2.4.2. Figure 

3.64 is a visual representation of all simulated stages for both parent wells, 1N and 2C. 

Table 3.9: Average Fracture Geometries across all stages for both Niobrara and Codell Parent 

Wells. 

 

 

 

Figure 3.64: Visual representation of all simulated stages in the Niobrara and Codell parent 

wells. The left image shows proppant concentration looking down the wellbore and the right 

image shows proppant concentration looking from a longitudinal perspective.  

  

Formation
Well 

Name

Average 

Gross Frac 

Length

Average Est. 

Flowing Frac 

Length

Average 

Fracture Height

Max Fracture 

Height

Average Prop 

Concentration

Niobrara Well 1N 989 26 155 290 0.331

Codell Well 2C 815 26 122 205 0.700
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CHAPTER 4 RESERVOIR MODEL  

 

The purpose of the reservoir model was to provide an understanding of the pressure 

depletion in the parent wells, due to production drawdown, and apply the pressure profile around 

the parent wells into the hydraulic fracture model to describe the effects pressure depletion has 

on the child wells completions accurately. To generate an accurate representation of pressure 

depletion, the compositional and unconventional simulator GEMTM, developed by Computer 

Modelling Group (CMG), was used. Throughout this thesis, the software GEMTM will be 

referred to as CMG to prevent confusion.  

To keep the scenario consistent, the calibrated geologic model created in GOHFERTM 

was imported into the 3D CMG model to provide the most detailed description of the target 

intervals. To verify that the depletion model and parameters used were accurate, the actual 

production (oil, gas, and water) and wellhead pressure were history matched. The methodology 

and steps taken to achieve this are discussed in this chapter. 

4.1 Structural Model and Grid Setup 

The structural model was first build out as a Cartesian skeleton grid with orientations of i, 

j, and k which define the direction orientation of x, y, and z, respectively. Since a geomechanical 

model was not available, the calibrated properties from the geologic grid in GOHFERTM was 

used for properties of porosity, permeability and water saturation. To bring in these properties, 

the grid in CMG had to be the same size as the GOHFERTM model. The model has a height of 

700 feet and spatial area of 8,800 feet in the i direction by 12,000 feet in the j direction. This 

resulted in a grid that was 74 by 174 by 140 in the i, j, and k, respectively. The resulting grid can 

be seen in Figure 4.1 illustrating permeability in the i, k plane.  
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Figure 4.1: CMG grid with data imported into from GOHFERTM depicting permeability in i and 

k plane. Permeability in md in the i direction is shown in the color scale to the right.   

 

Importing reservoir properties from GOHFERTM is a new process that has not been 

previously accomplished. Only recently has there been a push to integrate hydraulic fracture 

simulators and reservoir simulators and because of this, the ability for the software has to go 

back and forth seamlessly is still being refined. Several issues were encountered when importing 

the reservoir properties from GOHFERTM into CMG. Due to this, adjustments had to be made to 

the GOHFERTM export file and the CMG grid to assure that the wellbore trajectories were landed 

in the correct locations and had the correct reservoir properties.  

Several issues had to be addressed from the GOHFERTM export. This first issue addressed 

was the file format that is exported from GOHFERTM is incompatible with CMG, this being a 
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Geostatistical Software Library, or .GSLIB, file format. The standard method of getting reservoir 

properties into CMG is through the use of a rescue file. This is commonly used to bring in a 

geomechanical model. The benefit of using a rescue file is that well trajectories and reservoir 

properties are spatially oriented however; this was not the case with the GSLIB file. In order to 

work around this issue, the file had to be converted to a text file to work with it in CMG. Since 

the GOHFERTM export was not spatially oriented, the reservoir properties had to be hard entered 

for each block within the model. An understanding of how CMG imports properties into the grid 

needed to be gained. A simple grid of three by three was used to understand what order 

properties populate blocks in the i, j, and k. Figure 4.2 depicts this simple test. From this test, it 

was determined that properties are populated in the i direction first then going to the next j row. 

For every layer then continuing to the next k layer working down. This description is depicted in 

Table 4.1.         

 

Figure 4.2: CMG grid cell population order test. The color legend shows the order from one to 

ten.  
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Table 4.1: Grid cell population order in the i, j, and k direction. 

     

  

 The order exported from GOHFERTM did not match the order needed for the CMG 

import so putting the file in the correct order was necessary. However, the size of the file 

consisted of 2.1 million rows, and a larger dataset processor is needed to do this since the file 

size is too large for Excel. SpotfireTM was used for this but other software’s are also available.  

 Once the file was reorganized, reservoir properties for permeability and porosity could be 

imported. Upon importing, an additional issue became apparent. Figure 4.3 shows the results of 

importing the GSLIB file.  
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Figure 4.3: CMG import of reservoir properties illustrating the properties are forced into half the 

grid while the other half remains nulled.  

 

While the properties were properly imported, the grid was forced into half the grid 

instead of populating the entire grid while the other half was nulled out. When importing the 

trajectories this caused the landing locations of the parent wells to be incorrect due to being half 

the size compared to the actual landing locations. In order to resolve the issue, the corner point 

coordinates were determined from the fracture model grid and compared to the corner points 

from the data pull seen in Figure 4.4. The original grid block size was 60.2 by 60.2 by 5 in the i, 

j, k directions, respectively – the same grid dimensions as the frac model. However, these were 

adjusted to account for the compact grid. The final grid block size was determined to be 119.25 

by 60.2 by 5 in the i, j, and k, respectively. The resulting grid consisted of two million grid 

blocks properly populated with both permeability and porosity and properly aligned with the 

wellbore trajectories.     
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Figure 4.4: The comparison of the x and y coordinates for the actual pull (red) and the necessary 

coordinates (blue) needed to populate the reservoir properties properly.  

 

Another issue that was encountered was the runtime of the model. In order to reduce run 

times and run more iterations, the grid was reduced down to one million blocks to the final grid 

seen in figure (Figure 4.5). This helped reduce run times from twenty plus hours to six hours. 
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Figure 4.5: Final structural grid depicting permeability consisting of one million grid blocks. 

 

4.2 Compositional Flow Model Parameters 

To accurately describe and characterize the reservoir using a compositional flow model, 

several inputs are required for both rock properties and fluid properties to be able to simulate and 

match production and pressure drawdown. This section provides the parameters used in 

generating the model as well as outline the parameters that have the largest impact on generating 

a successful history match of production and pressure. This includes the reservoir pressure, 

volume, and temperature (PVT), relative permeability curves, and reservoir parameters such as 

permeability, porosity, net-to-gross (NTG), rock compressibility, water saturation, and initial 

reservoir conditions.  

While the reservoir properties imported from the calibrated GOHFERTM model are a good 

start, it is necessary to fine-tune these parameters to get a successful history match. The original 
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parameters from the GOHFERTM model are values based on a single log interpretation and are 

distributed uniformly over each depth interval for the reservoir. Rocks are not homogenous and 

need to be adjusted to account for the heterogeneous nature of the formations. Additionally, rock 

and fluid properties do not account for changes that occur over time and production drawdown. 

To account for this, changes need to be made to effectively simulate and validate the flow 

models assumptions. Additionally, the parameters mentioned above are different for the Codell 

and Niobrara wells, and this requires both to be adjusted separately to match production. The 

initial reservoir properties prior to calibration and history matching in the Niobrara and Codell 

can be found in Tables 4.2 and 4.3, respectively.  

Table 4.2: Initial Rock Properties Imported from the Hydraulic Fracture Model for the Niobrara 

Chalk’s and Marl’s 

 

Table 4.3: Initial Rock Properties imported from the Hydraulic Fracture Model for the Codell 

Sandstone 
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4.2.1 Pressure-Volume-Temperature Analysis 

The compositional model needs PVT data to properly characterize the multi-component 

gas and fluid and describe the phase behavior based on changes in reservoir pressure. The model 

used to describe thermodynamic and volumetric properties is the Peng-Robinson equation of 

state defined in 1976 (Lopez-Echeverry et al. 2017).  The PVT data used was not from either of 

the parent wells but taken from a well to the north in the DJ Basin. This data, presented by Ning 

(2017) provides the best representation of fluid characteristics for this study given the lack of 

PVT data available for use.  Pressure and temperature data was altered based on known 

temperatures and pressures determined from DFIT analysis and known reservoir temperature. 

The temperature was estimated to be 250 degrees and reservoir pressure of 3,495 psi. The API 

gravity was 39.7° at reservoir pressure and temperature. The PVT data provided contained 35 

components from N2 through C29 with anything greater that C29 lumped into C30+. Using so many 

components slows down the simulator considerably. To improve the runtimes, the components 

were lumped into seven components listed if Table 4.3 using the software WinProp developed by 

CMG. The distribution of the mole percent of each lumped component can be seen in Figure 4.6. 

Table 4.4: Lumped Components used in the PVT Analysis  

Lumped Components Mole % 

N2 toH2S 0.018 

CH4toNC4 0.718 

IC5toC9 0.147 

C10toC15 0.070 

C16toC21 0.026 

C22toC26 0.010 

C27toC30 0.012 
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Figure 4.6: The 35 original components lumped in to seven combined components and the molar 

percentage. 

  

By lumping components, the critical properties change and need to be re-processed to 

match the measured parameters of the individual components of both the differential liberation 

(DL) and constant composition expansion (CCE). The constant composition expansion defines 

relative volume, oil and gas viscosity, liquid volume, z-factor, oil compressibility, and gas and 

oil density relative to pressure. These parameters define the bubble point of the test sample. The 

differential liberation defines gas-oil ratio, relative oil volume, gas compressibility, gas 

formation volume factor, oil and gas specific gravity, and oil and gas viscosity relative to 

pressure.  

The main difference between the CCE and DL is that no gas is removed from the CCE 

and the gas remains in equilibrium with the oil. As a result, the overall hydrocarbon composition 

in the cell remains unchanged (Al-Marhoun 2002). The resultant outcome of these two tests is 
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the phase envelope on a pressure temperature graph defining the phase at any given pressure and 

temperature. Figure 4.7 illustrates a standard phase envelope for a multi-component gas and oil 

sample. The resulting phase envelope prior and post lumping for this project can be seen in 

Figure 4.8. 

 

 

Figure 4.7: Phase diagram of a multicompound hydrocarbon mixture characterizing the pressure 

and temperature liquids and gasses are present (From Freyss et al. 1989). 
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Figure 4.8: Initial pre-lumped (gray) and final post-lumped (yellow) phase envelopes and their 

respective critical points.  

 

 Figures 4.9 through 4.13 show the comparison of the PVT lab measured data and the 

lumped parameters used in the CMG reservoir model from the DL and the CCE. Figure 4.14 

shows the present difference in the lumped parameters and reported PVT lab measurements. The 

before regression saturation pressure (PSAT) was initially high, being 10.9 percent different than 

measured, intentionally to allow WinProp to interpolate to the other variables.    
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Figure 4.9: Gas-oil ratio (green) and relative oil volume (red) of the lumped parameters from 

constant composition expansion in relation to the experimental data depicted by points and color, 

respectively. 

 

Figure 4.10: Gas compressibility factor (green) and gas formation volume factor (red) of the 

lumped parameters from constant composition expansion in relation to the experimental data 

depicted by points and color, respectively. 
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Figure 4.11: Oil specific gravity (green) and gas specific gravity (red) of the lumped parameters 

from constant composition expansion in relation to the experimental data depicted by points and 

color, respectively. 

 

 

Figure 4.12: Oil viscosity (green) and gas viscosity (red) of the lumped parameters from constant 

composition expansion in relation to the experimental data depicted by points and color, 

respectively. 
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Figure 4.13: Relative volume (green) of the lumped parameters from differential liberation in 

relation to the experimental data depicted by the red points. The saturation pressure is also 

depicted by the blue dot.  

 

 

Figure 4.14: The before (red) and after (green) percent error from PVT measured data compared 

to calculated parameters.  
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4.2.2 Relative Permeability 

Relative permeability is the ratio of the effective permeability of a fluid at a given 

saturation to some base permeability. Relative permeability curves allow comparison of the 

abilities of different fluids to flow in the presence of each other, since the presence of more than 

one fluid generally inhibits flow (Crain 2018). Crain indicates the key parameters that affect 

relative permeability include: 

 The viscosity of fluids; 

 Wettability of the mineral surface; 

 The pore-space geometry (distribution of large and small conduits and their sizes; 

and, 

 The surface tension between the fluid phases and between each fluid phase and 

the minerals. 

It is important to define these properly to generate a good representation of production 

and pressure drawdown, both of which are greatly affected by the fluids ability to flow. Relative 

permeability is defined by several key parameters starting with water saturation of oil, water, and 

gas (So, Sw, Sg) from which effective water saturation can be determined by Equations 4.1-4.3. 

The curvature of the relative permeability curve is largely connected to water saturation domain 

and the pore structure (Yang et al. 2007). 

 

 

(4.1)

 

 

(4.2)
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(4.3)

Where; 

 So
*= Effective oil saturation , % 

Swi= Irreducible water saturation , % 

 Sw
*= Effective water saturation , % 

 Sg
*= Effective gas saturation , % 

 

The relative permeability to oil is determined by two different factors, the irreducible 

water saturation (Sirw) and the critical oil saturation (Kro). The irreducible water saturation is the 

maximum water saturation where water does not move. The critical oil saturation is the 

minimum oil saturation where oil will start to flow (Yang et al. 2007).  

 Similar to the PVT data, relative permeability data was used from Ning (2017) as a 

starting point and adjusted to be more representative of the study area production (Figures 4.15 

and 4.16). Ning (2017) used a dual permeability and porosity system that accounts for 

permeability in both the matrix and fracture, however, the model built for this study was only a 

single porosity permeability. The curves were adjusted to be an average of the two to 

characterize both matrix and nature fracture system. Both relative permeability curves used 

quadratic smoothing and the Stone-2 correlation for the relative gas-liquid permeability. The 

relative permeability curves used can be seen in Figure 4.17 and 4.18 compared to those used by 

Ning for matrix permeability. 
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Figure 4.15: Matrix relative permeability in a water-oil system used as a starting point for the 

single permeability model. (From Ning 2017).  

 

 

Figure 4.16: Matrix relative permeability in a gas-liquid system used as a starting point for the 

single permeability model. (From Ning 2017). 
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Figure 4.17: Matrix relative permeability for the water-oil system after adjusting for a single 

porosity model depicted with solid lines compared to those used by Ning (2017) illustrated with 

dashed lines. 

 

Figure 4.18: Matrix relative permeability for the gas-liquid system after adjusting for a single 

porosity model depicted with solid lines compared to those used by Ning (2017) illustrated with 

dashed lines. 
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4.3 Hydraulic Fracture Integration 

Integration of the hydraulic fracture geometries and conductivities is essential to simulate 

and history match the reservoir model accurately. CMG enables the importing of fractures 

determined in GOHFERTM though the use of an import module. The file type that is generated by 

GOHFERTM is a file format comma delimited database file but is stored as a “.csv.cmg” 

indicating which file is needed. When imported, each cluster is defined separately providing the 

most realistic representation of the fracture network. Figure 4.19 illustrates all stages imported 

from GOHFERTM in a three dimensional view. Figure 4.20 depicts how CMG brings the 

fractures into the grid. The fracture width is defined as a two foot wide grid then increases 

logarithmically away from the fracture face and down the fracture until an entire grid block is 

filled.    

 

Figure 4.19: Imported fracture geometries from GOHFERTM into CMG for both the Niobrara and 

Codell parent wells. 
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  Conceptually this is a great way to integrate hydraulic fracture models and reservoir 

model; however, this is still a new process and needs refinement. While this import was still 

used, it is important to note the limitations that come with it. The first limitation to address is 

how fracture geometries are defined in the grid in CMG. Fracture geometries are brought into 

CMG based on MD, TVD, horizontal offset (HOffset), and conductivity. The fracture length and 

height are based on the HOffset and TVD that should give an accurate representation of the 

fracture but the issue lies in the coarseness of the reservoir grid compared to the hydraulic 

fracture model grid. The fracture model grid block dimensions are 15 by 10 by 5 feet compared 

to the reservoir model that is 119.25 by 60.2 by 5 in the i, j, and k respectively. Fractures in 

CMG cannot be defined in fractions of grid blocks but only full blocks, seen in Figure 4.20. Due 

to this difference grid sizes, the fracture length and conductivity is undoubtedly overestimated 

due to the additional 114.25 feet in length.  

 

Figure 4.20: CMG fracture import into the grid depicts grid cells logarithmically away from the 

fracture face and down the fracture until an entire grid block is filled.  
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In addition to the increased half length from grid coarseness, fractures in CMG by a 

fracture cut-off length based on conductivity. Before discussing fracture cut-off length, 

discussing how fracture permeability is defined needs to be considered. CMG takes the fracture 

conductivity from the fracture simulator and backs into fracture permeability as seen in Equation 

4.4. 

 

 

(4.4)

Where; 

 kf = fracture permeability, md 

kfwf  = fracture conductivity, md*ft 

wf = fracture width, ft 

  

While this is an effective way of applying fracture conductivity to the reservoir model, it 

is currently has some flaws when importing fractures and needs to be adjusted. CMG takes 

the .cmg.csv file and builds the clusters based on MD location. It then indexes the fracture 

conductivity at the depth to assign a representative conductivity for the entire fracture. Fracture 

width is assumed to be 0.01 feet for each cluster. Figure 4.21 is graphical representation of the 

conductivity in respect to measured depth. Each stage is colored differently with stage one being 

blue and stage four being yellow. While the best representation of the fracture would be fifty 

percent of all of the conductivities, CMG does not use this value. However, CMG takes the 

maximum conductivity for each cluster to back into permeability. Note the outliers in the fourth 

cluster of Stage 1 and the first cluster of Stage 1. These are single cells near the wellbore that 

represent a screenout behavior and are not an accurate representation of the overall fracture 

conductivity.  
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Figure 4.21: Graphical representation of the conductivity in respect to measured depth. Stage 1 

(Blue) through stage 4 (Yellow) for the Niobrara parent well. 

 

Since CMG uses the maximum conductivity, this is the value used for that cluster. Using 

Stage 1, Cluster 4 as an example, the conductivity was 1036 md*ft and the resulting intrinsic 

permeability equated to 103,600 md or 103.6 Darcy, an effective permeability of 518 md and a 

tip permeability of 1036 md as shown in Equations 4.5 through 4.7. Effective permeability is the 

permeability assigned to the fracture for simulation. In addition to the use of the maximum 

conductivity for the cluster, effective conductivity is assumed to be 1/200th of the intrinsic 

permeability. This is determined by assuming a fracture width of 0.01 feet and a grid block size 

defaulted to two feet. As well as tip permeability, or fracture cut-off length, being 1/100th of 

intrinsic permeability. A good representation of effective permeability for this cluster is two 

orders of magnitude less at 5.69 md as determined by Barree (2017) in Section 3.5.1. 
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(4.5) 

 

 

(4.6) 

 

 

(4.7) 

 

Returning to how CMG calculates fracture cut-off length, the value of this is the point at 

which the fracture permeability reaches the tip permeability based on the intrinsic permeability. 

Starting from the intrinsic permeability, moving down the fracture logarithmically, the 

permeability decreases until the tip permeability is reached. When comparing the estimated 

fracture length from the fracture simulator of 60 feet, the reservoir model calculates the half-

length to be 298 feet. Considering all of this, the reservoir model defines a fracture that is too 

large and too conductive which needs to be altered to be a better representation of the fracture.  

4.4 History Matching and Model Sensitivities 

Having the grid defined and hydraulic fractures imported, the next step was to begin 

defining the reservoir parameters that act as calibration sensitivities to get a good history match 

and in turn a good representative pressure depletion profile. The values that were used to tune the 

model were permeability, porosity, net to gross, rock compressibility, relative permeability, and 

cluster contribution. It is also important to note that this must be done on both the Niobrara and 

Codell separately due to the different rock properties in each.  

The biggest issue encountered was bottom hole pressure drop. While all input parameters 

have an impact on this, the biggest are net to gross (NTG), permeability, and porosity. These 

were the main parameters that were tuned throughout the iterations simulated. Net to gross is the 
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total volume of the pore space in relation to available pore space. Essentially, effective porosity, 

or the total available volume open to flow. These ranged from 0.2 to 1.0 throughout the iterations 

with the lower NTG values causing a greater pressure drop and the higher to cause a lower 

pressure drop.  For permeability and porosity, since they were hard entered into the data file, a 

work around had to be used. This was done using compaction tables that acted as multipliers for 

porosity and permeability. Five different defining zones were used within the grid with different 

multipliers for each zone. These zones were the matrix for the Niobrara and Codell, the 

“simulated rock volume” (SRV) for each, and the fractures themselves (Figure 4.22).  

Originally, the compressibility used was based on the results of the PVT analysis. 

Compressibility was assumed as the compressibility at the initial reservoir pressure – 4501 psi 

and 4503 psi in the Niobrara and Codell, respectively. Compressibility was assumed to be 1.11E-

5 1/psi, however, this was adjusted to 1E-6 to increase gas production. 

 

Figure 4.22: The five compaction zones used to modify porosity and permeability. The Niobrara 

(blue) and Codell (yellow) matrix zones, the Niobrara (light blue) and Codell (green) SRV zones, 

and the fractures (red). 
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Initially, compaction of the Niobrara and the Codell was not accounted for due to 

relatively low compaction in the Niobrara and Codell. The compaction tables were used as a 

method of changing the permeability and porosity globally as seen in Table 4.5. However, as 

pressure decreases during drawdown, porosity and permeability also decreased. Compaction 

reduces the ability of fluids to flow through the matrix due the reduction in pore throat size 

caused by a decrease of interstitial fluid pressure and an unchanged overburden load (Kohlhass 

and Miller 1969).  

Table 4.5: A Sample Compaction Table used to Adjust Porosity and Permeability using 

Multipliers  

 

Compaction is initially seen as an increasing skin but moves out into the reservoir as 

pressure drawdown continues. Compaction was added in later iterations, which would cause 

added pressure drop in later time production. The equation used to calculate porosity and 

permeability are a function of rock compressibility and pressure seen in Equations 4.8 and 4.9, 

respectively, determined by Espinoza (1983). The global porosity and permeability method could 

still be utilized by altering the initial permeability and porosity multipliers and still account for 

compaction. The resulting multipliers are seen in Table 4.6 using the same parameters above in 
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Table 4.5 and a compressibility of 1.11E-6 1/psi and initial porosity of 0.12. The resulting 

compaction table and multipliers can be seen in Table 4.6. 

 

 

 

(4.8) 

 

 

 

(4.9) 

 

Where; 

Pi = initial pressure, psi 

cϕ = rock compressibility, 1/psi 

m = adjustable parameter that depends on rock type  

  m = 3.5 for unconsolidated sands  

  m= 4.5 for well cemented sands 

ϕi = initial porosity 
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Table 4.6: Compaction Tables Accounting for Compaction and Used to Modify Permeability and 

Porosity in the Niobrara and Codell.  

 

 Compressibility has a large impact on the permeability and porosity based on Equations 

4.8 and 4.9. As rock compressibility increases, the effects of compaction on porosity and 

permeability also increase. Figure 4.23 shows the effect different compressibilities have on 

permeability as a function of pressure. As pressure decreases permeability decreases linearly 

until pressure is equal to zero.  

 

Figure 4.23: The effects of rock compressibility on permeability in respect to pressure. 

Increasing compressibility increases the effects compaction has on permeability (From Ning 

2017). 
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 The factors mentioned above were all adjusted to get the best pressure match on the both 

the Niobrara and Codell wells. The results and best match are presented in Section 4.5 along with 

the final parameters used. 

4.5 Final History Match and Pressure Depletion Profile 

After multiple iterations, the best case is presented that provides the pressure depletion 

profile utilized in the pressure depletion hydraulic fracture model. The final values to achieve the 

pressure match are presented in Tables 4.7 and 4.8 and the resulting pressure matches can be 

seen in Figures 4.24 and 4.25 for the Niobrara and Codell wells, respectively. The model was 

constrained to oil to respect the material balance of the system. Additionally, in order to 

constrain to pressures, both surface and bottom hole pressure, either a tubing model or bottom 

hole pressure needs to be captured. Bottom hole flowing pressure was not available, only surface 

pressure. The only way to simulate using surface pressures accurately is including an accurate 

tubing model or converting surface pressure to bottom hole pressure. Neither were possible due 

to lack of information needed to represent the tubing model correctly. This includes oil, water, 

and gas fractions, but the production of the parent wells were commingled so an accurate 

representation of the tubing model would have been incorrect. Converting to bottom hole 

pressure was also not possible because of the complexity resulting from multi-phase flow and 

composition of the gas and fluid column in the wellbore.    
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Table 4.7: The Final Parameters Used to Achieve the Best Pressure Match in the Niobrara Parent 

Well.  

 

 

Table 4.8: The Final Parameters Used to Achieve the Best Pressure Match in the Codell Parent 

Well. 
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Figure 4.24: Niobrara reservoir pressure match of bottom hole pressure (black), oil (green), gas (red), and water (blue). The solid lines 

are the simulated production while the dots are the actual production illustrated by dots. 
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Figure 4.25: Codell reservoir pressure match of bottom hole pressure (black), oil (green), gas (red), and water (blue). The solid lines 

are the simulated production while the dots are the actual production illustrated by dots. 
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 The pressure matches seen in Figures 4.24 and 4.25 are comparing simulated bottom hole 

pressure and actual surface pressure. The pressures should not match up, but follow the general 

trend with the only difference being the hydrostatic head in the wellbore. The achieved simulated 

pressure and oil, gas, and water need adjusting and further calibration. While this was not done 

in the scope of the project, it still provides an accurate representation of the pressure depletion 

profile expected, the pressure depletion profile is presented in Figures 4.26 and 4.27 of both the 

Niobrara and Codell parent wells. Additional comments regarding this issue are covered in 

Section 6.2 in proposed future work.    

 

Figure 4.26: Pressure depletion profile after a year of production from both the parent wells in 

the Niobrara and Codell parent wells, Well 1N and 2C, looking down the wellbore.  
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Figure 4.27: A top view of the pressure depletion profile after a year of production from both the 

parent wells in the Niobrara and Codell parent wells, Well 1N and 2C. 
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4.6 Production Pressure Drawdown Verification 

 Once the pressure depletion profile was established, a valid pressure drawdown for the 

parent wells over the first year of production needed to be determined. This was done through 

two different methods, calculation of bottom hole pressure based on surface pressure and 

literature review of pressure drawdown published by other authors in the DJ basin.  

Prior to the completion of the “child” well completions bottom hole pressure gauges were 

installed in the “parent” wells as a method to analyze pressure interference been between the the 

two. This also provides an accurate representation of reservoir pressure at the wellbore at the 

time the “child” well completions. The bottom hole pressure gauges were installed at 7,555 and 

7,517 feet in the Niobrara and Codell “parent” wells, respectively. At the start of the treatment of 

the child wells the bottom hole pressure was measured to be to be 1,154 and 2,178 psi in the 

Niobrara and Codell, respectively. 

 The calculation of bottom hole pressure in a multiphase system is difficult without the 

knowledge of the fraction of gas, oil, and water in the fluid column in the tubing and in the 

annulus. However, by calculating bottom hole pressure assuming a gas column and an oil 

column, a good estimation of bottom hole pressure can be established. Calculating bottom hole 

pressure assuming a gas column was done using Equation 4.10. 

 

 

(4.10) 

Where; 

PBHFP = Bottom hole flowing pressure, psi 

Pcsg = Surface casing pressure, psi 

γg = Gas specific gravity 
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R = gas constant, ft*lb/lb 

htbg = tubing length, ft 

Tave = Average temperature, °R 

 

The gas specific gravity, as a function of pressure, was determined from the PVT data 

presented in Section 4.2.1. The resulting trend, seen in Figure 4.28, provides the gas specific 

gravity at any given pressure determined by the quadratic equation. To calculate the bottom hole 

pressure assuming an oil column was done using Equation 4.11. The resulting oil specific gravity 

as a function of pressure can be seen in Figure 2.29.  

 

 

Figure 4.28: Gas specific gravity, determined by the quadratic equation, as a function of pressure 

from the PVT analysis.  
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(4.11) 

Where; 

 ρ = oil density, lb/ft3 

 g = acceleration due to gravity, psi 

 htbg = tubing length, ft 

 

 

Figure 4.29: Oil specific gravity, determined by the quadratic equation, as a function of pressure 

from the PVT analysis. 

 

 Using Equations 4.10 and 4.11, the resulting bottom hole pressures assuming a gas 

column and oil column, respectively, can be seen in Figures 4.30 and 4.31 for the Codell and 

Niobrara parent wells, respectively. The resulting pressure drop was roughly 1500 and 2000 psi 
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in the Codell and Niobrara, respectively. The resulting pressure drawdown is supported by the 

work done by Ning (2017) where 1500 psi of pressure depletion was seen over a year seen 

Figure 4.32.  

 

Figure 4.30: Calculated bottom hole pressure of the Codell parent well assuming an oil column 

(orange) and gas column (blue) based on casing pressure. 

 

Figure 4.31: Calculated bottom hole pressure of the Niobrara parent well assuming an oil column 

(orange) and gas column (blue) based on casing pressure. 
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Figure 4.31: Pressure drawdown of 1500 psi over a year determined by Ning from a Niobrara 

well (Modified from Ning 2017). 
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CHAPTER 5 HYDRAULIC FRACTURE DEPLETION MODEL 

 

The previous work done in the hydraulic fracture model, detailed in Chapter 3, and the 

reservoir model, described in Chapter 4, culminates with the construction of the hydraulic 

fracture depletion model as the primary tool to examine well-to-well interference between 

“parent” wells and “child” wells. The fracture geometry generated in the calibrated model was 

utilized in generating the pressure depletion profile simulated in the reservoir model – the key 

component in understanding the effects of pressure sinks on production. The pressure depletion 

profile was imported into the hydraulic fracture depletion model to begin understanding these 

effects.  

This chapter serves as a summary of the second phase of hydraulic fracture modeling. It 

provides the workflow for the development and steps taken to verify that the parameters used 

and the resultant fracture geometries are accurate. While presenting the model development, the 

verification and defense of input parameters are also addressed. In addition to the construction of 

the model, sensitivities were conducted to begin optimization of completing child wells in 

pressure depleted reservoirs.   

5.1 Pressure Depletion Model Import 

Following the production history match and subsequent pressure profile generation, the 

initial effort of importing the pressure profile from CMG was another instance of the current 

challenges with communication between softwares. Two different methods were attempted to 

import the pressure depletion profile into GOHFERTM and both have benefits and disadvantages. 

Additional work needs to be done to take advantage of this workflow to integrate hydraulic 

fracturing and reservoir models, and this is discussed in Sections 5.2.1 and 5.2.2.  
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5.1.1 Pressure Depletion Model Imported As A Geologic Model 

Similar to importing the calibrated grid from GOHFERTM to CMG, bringing in the 

depletion profile was also a challenge. The file type necessary to import into GOHFERTM was 

a .dat or .GSLIB. However, the only way to get the .GSLIB into GOHFERTM was to first import 

into PETRELTM and export out. The resulting pressure profile can be seen in Figure 5.1.  

    

Figure 5.1: Depletion pressure profile imported from CMG for the Niobrara and Codell parent 

wells.   

 

The profile imported from CMG did have some bugs though. Due to the adjustments that 

were made to the reservoir model import and the reservoir model not being spatially oriented, the 

grid had to be shifted in order to match the same corner point locations in the hydraulic fracture 

model. The resulting import was able to match up to that of the hydraulic fracture model seen in 



190 

 

Figure 5.2. Upon closer inspection, another issue arose due to the differences in the grid size 

when comparing the CMG model and the GOHFERTM model. As mentioned before, the grid 

block size in the GOHFERTM model was 15 by 10 by 5 feet where the CMG model was 119.25 

by 60.2 by 5 in the i, j, and k, respectively. This resulted in gaps in the data when imported back 

into GOHFERTM as seen in Figure 5.3. The purple crosses, seen in Figure 5.3, represent the 

imported pressure data from the CMG simulation.  

 

        

Figure 5.2: A map view of the CMG pressure depletion grid import into GOHFERTM. 
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Figure 5.3: The imported pressure data, illustrated by the purple x’s, from CMG illustrating gaps 

in the geologic model.   

 

 Since the grids were different sizes, the pressure data was assigned to only the location at 

which the data file had in the i, j, and k directions. This left nulled data points, seven in the i 

direction and five in the j direction, in between each data point in the GOHFERTM project. This 

can also be seen in the k direction as well, as illustrated in Figure 5.4, depicted by the gaps in the 

pressure data. Due to this, a different approach was taken to apply the pressure depletion profile, 

which is discussed in Section 5.2.2.  
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Figure 5.4: Gaps in the pressure profile seen in the vertical direction illustrated by the nulled data 

(gray) and the imported pressure data (blue and green).  

 

5.1.2 Pressure Depletion Profile Using The Drawing Module  

The second method, and ultimately the method that was used to develop the hydraulic 

fracture depletion model, was using the drawing tools in the grid setup module in GOHFERTM. 

While a satisfactory history match was not achieved in the reservoir model, a general profile of 

depletion can be extracted from the reservoir simulation as seen in Figure 5.5.  
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Figure 5.5: Pressure depletion profile to be applied to the hydraulic fracture depletion model. 

  

 From Figure 5.5, the horizontal offset from wellbore, looking down the wellbore, was 

used to determine the gradient away from the wellbore in 200 psi pressure increments from 

negative 1,700 and 2,000 psi pressure offset, in the Niobrara and Codell, respectively, back to 

virgin reservoir pressure on the far edges of the grid boundaries illustrated in Figure 5.6. The 

profile was applied to heel, preformation, and toe transverse planes. The profile was not applied 

to the heel edge and toe edge planes but a gradient from the heel and toe planes were applied to 

simulate the pressure gradient from production drawdown away from the wellbore as seen in 

Figure 5.7.    
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The pressure depletion profile was not applied to the Pierre formation, above the 

Niobrara, or the Carlile formation, below the Codell. Due to the tight permeability in both the 

Pierre and Carlile, a very small pressure transient will propagate into these formations leaving 

them near initial reservoir pressure.  The resulting stress profile is depicted in Figures 5.8 and 5.9 

looking down the wellbore and longitudinally, respectively.  

 

 

Figure 5.6: The pressure depletion profile, looking down the wellbore, applied to the hydraulic 

fracture model transposed from the CMG simulation. 
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Figure 5.7: Longitudinal view of the pressure depletion profile for the Niobrara parent well, well 

1N. Note the pressure gradient away from the heel and toe away from the wellbore. 

 

Figure 5.8: Resulting stress profile, looking down the wellbore, after the pressure offset from the 

reservoir model was applied. 
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Figure 5.9: Resulting longitudinal stress profile after the pressure offset from the reservoir model 

was applied. 

 

5.2 Child Well Treatment Design 

The child wells were completed in two different phases, one phase after another. This 

section outlines the details of the child well completions including the pumping schedule, 

perforation design, and completion order. There are seven child wells, five in the Niobrara and 

two in the Codell. The fluid system changed from 28# pHaserFrac fluid system used on the 

parent wells to a 25# Hybor G fluid system used on the child wells.  Tables 3.1 and 3.2 provides 

the total fluid volume and proppant usage for the child wells. 
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Table 5.1: Child Well Fluid Breakdown and Total Volumes 

 

Table 5.2: Child Wells Proppant Breakdown and Total Volumes 

 

Table 5.3: Child Wells Stage, Cluster, and Perforation Information 

 

 

   Wells 1C, well 2N, and 3N were completed first, in that order, in a zipper completion 

style during the first phase. Immediately after the completion of the first three wells, the next 

four wells, Wells 6N, 5N, 3C, and 4N were completed next, in that order. To honor the effects of 

stage stress shadowing, the wells were simulated in the same order as they were completed. 

 Wellname 

 25# Hybor G 

Volume 

(bbl) 

 Slickwater 

Volume 

(bbl) 

 Treated Water 

Volume (bbl) 

 Total 

Volume 

(bbl) 

Well 1C 80,926          59,561          14,907               155,394      

Well 2N 108,516        82,049          18,277               208,842      

Well 3C 84,435          57,695          15,622               157,752      

Well 3N 110,285        83,291          18,480               212,056      

Well 4N 189,903        53,097          22,357               265,357      

Well 5N 110,527        80,474          19,483               210,484      

Well 6N 190,435        36,522          19,503               246,460      

Total Pad 875,027       452,689       128,629            1,456,345  

 Wellname 

 Premium 

White 20/40 

(lbs) 

  100 mesh 

(lbs) 

 Total Proppant 

(lbs) 

Well 1C 8,728,406     473,564        9,201,970          

Well 2N 10,667,128  608,288        11,275,416       

Well 3C 8,944,980     486,529        9,431,509          

Well 3N 10,701,690  638,888        11,340,578       

Well 4N 13,043,763  794,349        13,838,112       

Well 5N 10,747,189  610,083        11,357,272       

Well 6N 10,994,871  899,515        11,894,386       

Total Pad 73,828,027 4,511,216    78,339,243      

Wellname Well 2N Well 3N Well 4N Well 5N Well 6N Well 1C Well 3C

Stage Spacing, ft 150 150 150 150 150 200 200

Clusters Per Stage 3 3 3 3 3 4 4

Cluster Spacing, ft 50 50 50 50 50 50 50

Cluster Length, ft 2 2 2 2 2 2 2

Total Shots Per Stage 24 24 24 24 24 30 30

Perforation Diameter, in 0.36 0.36 0.36 0.36 0.36 0.38 0.38
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Stress shadowing is the interaction between the stress and strain fields around each fracture as 

fractures are propagating effecting growth, geometry, and treating pressure of all interacting 

fractures. Rock can only be displaced on either side of the plane of symmetry, with no movement 

at the stagnation point. This reduces the amount of rock volume that can absorb the induced 

strain, and the interior fractures must sense the added stress from the outer fractures (Barree 

2015). Stress shadowing, defined in Equation 5.1, has a direct relationship between the net 

pressure, width, and modulus defined by the deformation solution (Barree 2015).  

 

 

(5.1) 

Where; 

w = width, in. 

E = Young’s Modulus, 1/psi 

Z = distance from the fracture face, in. 

t = variable transverse exponent 

 

Stages also feel the effects of shadowing and need to be considered to simulate stage 

fracture growth and geometry accurately. These were quantified by comparing treating pressure 

to time to guarantee the correct order, as illustrated in Figures 4.10 – 4.13. Figures 4.10 and 4.11 

are from the first phase of the child treatments showing the entire phase and the first five stages, 

respectively. Figures 4.12 and 4.13 are from the second phase of the child treatments showing 

the entire phase and the first four stages, respectively. 
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Figure 5.10: All of the stages from the first phase of the child well treatments. Well 1C (blue), 

Well 2N (green), and Well 3N (red).  

       

Figure 5.11: The first five stages from the first phase of the child well treatments. Well 1C 

(blue), Well 2N (green), and Well 3N (red).  
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Figure 5.12: All of the stages from the second phase of the child well treatments. Well 6N 

(yellow), Well 5N (green), Well 3C (red), and Well 4N (blue). 

 

 

Figure 5.13: The first four stages from the second phase of the child well treatments. Well 6N 

(yellow), Well 5N (green), Well 3C (red), and Well 4N (blue). 
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5.3 Child Well Treatment Matches 

Based on the validation of the calibrated hydraulic fracture model for the parent wells and 

resulting parent well fracture geometry, and confidence in the pressure depletion profile and 

drawdown, an accurate representation of the geomechanical and reservoir properties in the 

Niobrara and Codell at the time of the child well frac’s was established. While most of the 

properties remain unchanged from depletion, the effects of compaction needed to be addressed. 

Compaction effects porosity and permeability as a function of pressure but this also has an effect 

on pressure dependent leakoff.  

Based on the results of the compaction tables shown in Section 4.4, a reduction of two 

percent for permeability and porosity would also result in a reduction in pressure dependent 

leakoff. There is no correlation between a reduction in permeability and porosity due to 

compaction, so the only way to determine the reduction in PDL is through a DFIT. No DFIT’s 

were conducted on the child wells so there was no way to quantify the reduction in PDL. 

However, through the history matching process a reduction in PDL of 0.0005 was determined in 

the Niobrara and Codell.   

Simulating a good pressure match for the child wells to actual treatment data validates the 

input parameters for the geomechanical properties, pressure depletion, and leakoff mechanisms. 

Figures 4.14 and 4.15 illustrate that a good history match was established in the Niobrara and 

Codell respectively, validating that the parameters applied in the depletion model were correct. 

The pressure matches were from Well 3N and Well 1C. This ensures that the resulting fracture 

geometry in the child wells is an accurate representation of what is occurring downhole. Stage 5 

was chosen in both cases as the most representative fractures due to the effects that stress shadow 

has on fracture geometry and conductivity. 
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Figure 5.14: Simulated treatment match in the Niobrara child wells validating the depletion 

model input parameters. 

   

Figure 5.15: Simulated treatment match in the Codell child wells validating the depletion model 

input parameters. 



203 

 

5.3.1 Child Well Fracture Geometry 

The fracture geometries resulting from the simulation runs in Figures 5.14 and 5.15 have 

been tabulated in Tables 5.4 - 5.10 showing gross fracture length, proppant cutoff length, 

estimated flowing fracture length, and estimated infinite conductivity, average proppant 

concentration, and average fracture width for all of the child wells for the Niobrara and Codell.  

Table 5.4: Simulated, Stage Five, Fracture Geometry for Well 2N 

 

Table 5.5: Simulated, Stage Five, Fracture Geometry for Well 3N 

 

Table 5.6: Simulated, Stage Five, Fracture Geometry for Well 4N 

 

Table 5.7: Simulated, Stage Five, Fracture Geometry for Well 5N 

 

Cluster #

Gross 

Fracture 

Length, ft

Proppant 

Cutoff 

Length, ft

Estimated 

Flowing 

Fracture 

Length, ft

Estimated 

Infinite 

Conductivity 

Length, ft

Fracture 

Height, ft

Average 

Proppant 

Concentration, 

lb/ft²

Average 

Fracture 

Width, 

in

Transverse 3 1665 555 35.36 33.68 135 0.35 0.24

Transverse 2 1290 330 31.88 29.95 155 0.30 0.15

Transverse 1 1320 510 36.38 34.75 110 0.49 0.24

Cluster #

Gross 

Fracture 

Length, ft

Proppant 

Cutoff 

Length, ft

Estimated 

Flowing 

Fracture 

Length, ft

Estimated 

Infinite 

Conductivity 

Length, ft

Fracture 

Height, ft

Average 

Proppant 

Concentration, 

lb/ft²

Average 

Fracture 

Width, 

in

Transverse 3 1290 1125 34.58 33.42 210 0.43 0.27

Transverse 2 990 510 33.86 32.46 200 0.41 0.17

Transverse 1 1290 315 33.47 32.25 180 0.49 0.28

Cluster #

Gross 

Fracture 

Length, ft

Proppant 

Cutoff 

Length, ft

Estimated 

Flowing 

Fracture 

Length, ft

Estimated 

Infinite 

Conductivity 

Length, ft

Fracture 

Height, ft

Average 

Proppant 

Concentration, 

lb/ft²

Average 

Fracture 

Width, 

in

Transverse 3 1785 1770 37.02 35.48 85 0.41 0.25

Transverse 2 1065 435 34.88 33.58 135 0.42 0.18

Transverse 1 1440 1425 35.71 34.22 45 0.39 0.21

Cluster #

Gross 

Fracture 

Length, ft

Proppant 

Cutoff 

Length, ft

Estimated 

Flowing 

Fracture 

Length, ft

Estimated 

Infinite 

Conductivity 

Length, ft

Fracture 

Height, ft

Average 

Proppant 

Concentration, 

lb/ft²

Average 

Fracture 

Width, 

in

Transverse 3 1785 600 43.08 41.56 85 0.56 0.16

Transverse 2 1020 825 34.87 33.26 145 0.39 0.11

Transverse 1 1785 375 39.80 38.01 125 0.53 0.13
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Table 5.8: Simulated, Stage Five, Fracture Geometry for Well 6N 

 

Table 5.9: Simulated, Stage Five, Fracture Geometry for Well 1C 

 

Table 5.10: Simulated, Stage Five, Fracture Geometry for Well 3C 

 

  

 Figures 5.16-5.27 are the visual representations of effective conductivity and proppant 

concentration for the child wells. The results of these simulations support the results of the 

bottom hole pressure data from the parent wells during the child well treatments presented in 

Section 5.4.  

 

Cluster #

Gross 

Fracture 

Length, ft

Proppant 

Cutoff 

Length, ft

Estimated 

Flowing 

Fracture 

Length, ft

Estimated 

Infinite 

Conductivity 

Length, ft

Fracture 

Height, ft

Average 

Proppant 

Concentration, 

lb/ft²

Average 

Fracture 

Width, 

in

Transverse 3 1785 675 37.33 35.43 35 0.24 0.17

Transverse 2 1185 555 32.89 31.01 70 0.31 0.12

Transverse 1 1785 1770 38.67 36.86 20 0.42 0.15

Cluster #

Gross 

Fracture 

Length, ft

Proppant 

Cutoff 

Length, ft

Estimated 

Flowing 

Fracture 

Length, ft

Estimated 

Infinite 

Conductivity 

Length, ft

Fracture 

Height, ft

Average 

Proppant 

Concentration, 

lb/ft²

Average 

Fracture 

Width, 

in

Transverse 4 1275 555 26.23 25.69 105 0.36 0.27

Transverse 3 1050 240 23.97 23.26 180 0.32 0.15

Transverse 2 1065 915 23.69 22.97 190 0.25 0.14

Transverse 1 1335 570 27.12 26.49 135 0.36 0.26

Cluster #

Gross 

Fracture 

Length, ft

Proppant 

Cutoff 

Length, ft

Estimated 

Flowing 

Fracture 

Length, ft

Estimated 

Infinite 

Conductivity 

Length, ft

Fracture 

Height, ft

Average 

Proppant 

Concentration, 

lb/ft²

Average 

Fracture 

Width, 

in

Transverse 4 885 630 37.64 37.26 35 1.12 0.23

Transverse 3 540 375 36.63 36.30 90 1.07 0.16

Transverse 2 645 570 38.59 38.24 40 1.12 0.16

Transverse 1 945 360 34.49 31.03 35 0.61 0.21
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Figure 5.16: Simulated effective conductivity for Well 1C, depicted by the black cross, in respect 

to the Niobrara (red) and Codell (blue) parent wells. 

 

Figure 5.17: Simulated proppant concentration for Well 1C, depicted by the black cross, in 

respect to the Niobrara (red) and Codell (blue) parent wells. 
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Figure 5.18: Simulated effective conductivity for Well 2N, depicted by the black cross, in respect 

to the Niobrara (red) and Codell (blue) parent wells. 

 

Figure 5.19: Simulated proppant concentration for Well 2N, depicted by the black cross, in 

respect to the Niobrara (red) and Codell (blue) parent wells. 
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Figure 5.20: Simulated effective conductivity for Well 3N, depicted by the black cross, in respect 

to the Niobrara (red) and Codell (blue) parent wells. 

 

Figure 5.21: Simulated proppant concentration for Well 3N, depicted by the black cross, in 

respect to the Niobrara (red) and Codell (blue) parent wells. 
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Figure 5.22: Simulated effective conductivity for Well 4N, depicted by the black cross, in respect 

to the Niobrara (red) and Codell (blue) parent wells. 

 

Figure 5.23: Simulated proppant concentration for Well 4N, depicted by the black cross, in 

respect to the Niobrara (red) and Codell (blue) parent wells. 
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Figure 5.24: Simulated effective conductivity for Well 5N, depicted by the black cross, in respect 

to the Niobrara (red) and Codell (blue) parent wells. 

 

Figure 5.25: Simulated proppant concentration for Well 5N, depicted by the black cross, in 

respect to the Niobrara (red) and Codell (blue) parent wells. 
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Figure 5.26: Simulated effective conductivity for Well 3C, depicted by the black cross, in respect 

to the Niobrara (red) and Codell (blue) parent wells. 

 

Figure 5.27: Simulated proppant concentration for Well 3C, depicted by the black cross, in 

respect to the Niobrara (red) and Codell (blue) parent wells. 
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Figure 5.28: Simulated effective conductivity for Well 6N, depicted by the black cross, in respect 

to the Niobrara (red) and Codell (blue) parent wells. 

 

Figure 5.29: Simulated proppant concentration for Well 6N, depicted by the black cross, in 

respect to the Niobrara (red) and Codell (blue) parent wells. 
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5.4 Simulated Child Well Fracture Geometry Validation 

By referencing the bottom hole analysis, outlined in Section 1.4.1, the simulated fracture 

geometries determined in the depletion model can be supported and provide additional validation 

of the input parameters used in the parent well model, reservoir model, and child depletion 

model. For ease of comparison, Figures 1.11 and 1.14, the visual representation of wells that 

were determined to have pressure communication with the child wells, are provided again as 

Figures 5.30 and 5.31 for reference. 

 

  

Figure 5.30: Wells in pressure communication with the Niobrara parent well determined from the 

bottom hole pressure analysis. 
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Figure 5.31: Wells in pressure communication with the Codell parent well determined from the 

bottom hole pressure analysis. 

  

From the bottom hole pressure analysis, Wells 2N and 3N were both determined to be in 

communication with the Niobrara parent well. The fracture geometries simulated in the depletion 

model also indicate interference, shown in Figures 5.18- 5.19 and Figures 5.20- 5.21, 

respectively. The Codell bottom hole pressure analysis concluded that Wells, 1C, 3C, and 4N 

communicated with the Codell parent well based on the measured bottom hole pressure increase 

seen from stage treatments. The results of the child well simulations also indicate interference 

with the parent wells seen in Figures 5.16 and 5.17 for Well 1C, Figures 5.26 and 5.27 for Well 

3C, and Figures 5.22 and Figure 5.23 for Well 4N. In addition to pressure communication, the 

model indicates proppant communication. This could indicate the presence of conductive 

pathways between the wells and support the increase of water production in the parent wells 

outlined in Section 1.4.2.  
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5.5 Depletion Model Sensitivity Analysis 

Having verified that the depletion model provided a good representation of the stress 

profile present in the study area, an understanding of fracture growth using different 

methodologies, such as alternative fluid systems, completion order, and the application of 

protection fracs can be addressed. By conducting these sensitivities and analyzing the resulting 

fracture geometries and properties, an optimal child well completion in depleted reservoirs, such 

as the DJ basin, can be determined. The following sections will address the sensitivities 

conducted in the study area and resulting outcomes of each. 

5.5.1 Fluid System Sensitivities  

Two separate sensitivities were conducted on different fluid system to see the effects that 

different fluid rheology has on fracture geometry in a depleted reservoir. The two different fluid 

systems that were investigated were a slickwater system and a high viscosity slickwater system. 

A comparison of the fracture geometries and properties from these simulations will be compared 

to that of the gel system originally pumped in the child wells. The child wells with the most 

interference with the parent wells were chosen to compare the results of the sensitivities. The 

wells. These being well 2N, 3N, 4N and 3C. Stage five of each well was used for comparison as 

the most representative fracture geometry.  

The first to be investigated is the slickwater system; two different designs were used for 

this sensitivity one in the Niobrara and one in the Codell. These are tabulated in Tables 5.11 and 

5.12. The total proppant was 125,500 and 151,750 pounds, and clean volumes of 269,000 and 

335,000 gallons, per stage in the Niobrara and Codell, respectively.   
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Table 5.11: Niobrara Slickwater Pumping Schedule 

 

Table 5.12: Codell Slickwater Pumping Schedule 

 

  

The resulting fracture geometries for this well indicate that the slickwater treatments for 

each of the sample wells are generally isolated the target bench or formation in the case of the 

Codell.  Figures 5.32-5.35 illustrate proppant concentration of the slickwater sensitivities 

compared to the original completion.     

Stage Stage Description Fluid type
Volume 

(gal)
Proppant Type

Proppant Concentration 

(ppg)

Proppant Total 

(lbs)

Pump Rate 

(bpm)

1 Breakdown FR-76 Water 13,000 0 85

2 Acid 15% HCl 1,000 0 10

3 Acid Spacer FR-76 Water 5,000 0 85

4 Acid 15% HCl 1,000 0 10

5 Acid Spacer FR-76 Water 5,000 0 85

6 Acid 15% HCl 1,000 0 10

7 Pad FR-76 Water 20,000 0 85

8 Prop Laden Fluid FR-76 Water 50,000 100 0.25 12500 85

10 Prop Laden Fluid FR-76 Water 15,000 40/70 0.25 3750 85

11 Prop Laden Fluid FR-76 Water 16,000 40/70 1 16,000 85

12 Sweep FR-76 Water 15,000 40/70 0.25 3750 85

13 Prop Laden Fluid FR-76 Water 16,000 40/70 1 16000 85

14 Sweep FR-76 Water 15,000 40/70 0.25 3750 85

15 Prop Laden Fluid FR-76 Water 33,000 40/70 1 33,000 85

16 Sweep FR-76 Water 15,000 40/70 0.25 3,750 85

17 Prop Laden Fluid FR-76 Water 33,000 40/70 1 33,000 85

18 Flush FR-76 Water 15,000 0 85

Totals 269,000 125,500

Stage Stage Description Fluid type
Volume 

(gal)
Proppant Type

Proppant Concentration 

(ppg)

Proppant Total 

(lbs)

Pump Rate 

(bpm)

1 Breakdown FR-76 Water 13,000 0 85

3 Pad FR-76 Water 25,000 0 85

4 Prop Laden Fluid FR-76 Water 60,000 100 0.25 15,000 86

6 Prop Laden Fluid FR-76 Water 27,000 40/70 0.25 6,750 88

7 Prop Laden Fluid FR-76 Water 40,000 40/70 0.5 20,000 89

8 Sweep FR-76 Water 15,000 0 0 90

9 Prop Laden Fluid FR-76 Water 40,000 40/70 1 40,000 91

10 Sweep FR-76 Water 15,000 0 0 92

11 Prop Laden Fluid FR-76 Water 35,000 40/70 1 35,000 93

12 Sweep FR-76 Water 15,000 0 0 94

13 Prop Laden Fluid FR-76 Water 35,000 40/70 1 35,000 95

14 Flush FR-76 Water 15,000 0 96

Totals 335,000 151,750
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Figure 5.32: Well 2N fracture geometry comparison, illustrated using proppant concentration, 

between the original treatment design and the slickwater treatment design. The Niobrara (red) 

and Codell (blue) parent wells are indicated by dots and the subject well by a black cross. 

 

 

Figure 5.33: Well 3N fracture geometry comparison, illustrated using proppant concentration, 

between the original treatment design and the slickwater treatment design. The Niobrara (red) 

and Codell (blue) parent wells are indicated by dots and the subject well by a black cross. 
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Figure 5.34: Well 4N fracture geometry comparison, illustrated using proppant concentration, 

between the original treatment design and the slickwater treatment design. The Niobrara (red) 

and Codell (blue) parent wells are indicated by dots and the subject well by a black cross. 

 

 

Figure 5.35: Well 3C fracture geometry comparison, illustrated using proppant concentration, 

between the original treatment design and the slickwater treatment design. The Niobrara (red) 

and Codell (blue) parent wells are indicated by dots and the subject well by a black cross. 

 

 With the exception of Well 2N in the “C” bench, all simulations had similar asymmetric 

fracture geometries propagating towards the pressure sinks. Due to the lower viscosity of the 

slickwater, the proppant had dropped out resulting in the greatest concentrations being in the 

bottom of the fracture while the gel treatment was more distributed. When considering well 
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communication, the slickwater design uses 70 percent more water than the gel design; this results 

in 173,000 and 260,000 bbls of additional water in the Niobrara and Codell respectively to treat 

the entire well. The increased water use and the same well communication would result in 

additional water that would need to be unloaded by the parent wells.  

 The high viscosity fluid system, seen in Tables 5.13 and 5.14, was designed with total 

proppant of 127,500 and 153,750 pounds, and clean volumes of 107,600 and 113,000 gallons, 

per stage in the Niobrara and Codell, respectively. The resultant fracture geometries can be seen 

in Figures 5.36 through 5.39. 

Table 5.13: Niobrara High Viscosity Slickwater Pumping Schedule 

 

Table 5.14: Codell High Viscosity Slickwater Pumping Schedule 

 

Stage
Stage 

Description
Fluid type

Volume 

(gal)

Proppant 

Type

Proppant 

Concentration 

(ppg)

Proppant 

Total (lbs)

Pump 

Rate 

(bpm)

1 Breakdown Slik-Vis (6 gpt) 13,000 90

3 Pad Slik-Vis (6 gpt) 25,000 90

4 Prop Laden Fluid Slik-Vis (6 gpt) 25,000 100 Mesh 0.5 12,500 90

6 Prop Laden Fluid Slik-Vis (6 gpt) 2,500 40/70 1 2,500 90

7 Prop Laden Fluid Slik-Vis (6 gpt) 7,500 40/70 2.5 18,750 90

8 Prop Laden Fluid Slik-Vis (6 gpt) 7,500 40/70 4.5 33,750 90

9 Prop Laden Fluid Slik-Vis (6 gpt) 10,000 40/70 6 60,000 90

10 Flush Slik-Vis (6 gpt) 17,100 90

Totals 107,600 127,500

Stage
Stage 

Description
Fluid type

Volume 

(gal)

Proppant 

Type

Proppant 

Concentration 

(ppg)

Proppant 

Total (lbs)

Pump 

Rate 

(bpm)

1 Breakdown Slik-Vis (6 gpt) 13,000 90

3 Pad Slik-Vis (6 gpt) 25,000 90

4 Prop Laden Fluid Slik-Vis (6 gpt) 25,000 100 Mesh 0.5 12,500 90

6 Prop Laden Fluid Slik-Vis (6 gpt) 2,500 40/70 1 2,500 90

7 Prop Laden Fluid Slik-Vis (6 gpt) 7,500 40/70 2.5 18,750 90

8 Prop Laden Fluid Slik-Vis (6 gpt) 10,000 40/70 4.5 45,000 90

9 Prop Laden Fluid Slik-Vis (6 gpt) 12,500 40/70 6 75,000 90

10 Flush Slik-Vis (6 gpt) 17,500 90

Totals 113,000 153,750
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Figure 5.36: Well 2N fracture geometry comparison, illustrated using proppant concentration, 

between the original treatment design and the high viscosity slickwater treatment design. The 

Niobrara (red) and Codell (blue) parent wells are indicated by dots and the subject well by a 

black cross. 

 

 

Figure 5.37: Well 3N fracture geometry comparison, illustrated using proppant concentration, 

between the original treatment design and the high viscosity slickwater treatment design. The 

Niobrara (red) and Codell (blue) parent wells are indicated by dots and the subject well by a 

black cross. 
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Figure 5.38: Well 4N fracture geometry comparison, illustrated using proppant concentration, 

between the original treatment design and the high viscosity slickwater treatment design. The 

Niobrara (red) and Codell (blue) parent wells are indicated by dots and the subject well by a 

black cross. 

 

 

Figure 5.39: Well 3C fracture geometry comparison, illustrated using proppant concentration, 

between the original treatment design and the high viscosity, slickwater treatment design. The 

Niobrara (red) and Codell (blue) parent wells are indicated by dots and the subject well by a 

black cross. 
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 The result of the high viscosity slickwater treatment was similar to that of the standard 

slickwater treatment but a better distribution of proppant throughout the different formations and 

benches. The child wells are still interfering with the parent wells but not to the same extent as 

the gel treatments or the slickwater treatments. The added benefit of pumping a high viscosity 

slickwater is the ability to pump proppant at higher concentrations. Getting to six pounds per 

gallon (ppg) compared to four ppg using the gel system and one ppg for the slickwater system 

reduces water volumes by 35% in the Niobrara and 25% in the Codell compared to the gel 

system, and 63% in the Niobrara and 72% in the Codell compared to the slickwater system. This 

ultimately results in less water that the parent wells have to unload. Additionally, when 

compared to the gel system, the residual fluid left behind, damaging conductivity, is 80% less 

increasing the productivity potential.     

5.5.2 Stage Completion Order Sensitivities 

Stage completion order was also addressed as a part of the sensitivity to understand the 

effects of fracture growth with respect to stage shadowing. When sequential hydraulic fracture 

stages are initiated in lateral wells that are close to one another, the stress perturbation caused by 

one may affect subsequent hydraulic fractures. Significant perturbations to the stress field result 

from any processes that change the reservoir pressure and/or initiates and dilates fractures in the 

rock (Zangeheh et al. 2015). Rock can only be displaced on either side of the plane of symmetry, 

with no movement at the stagnation point. In the case of clusters, with tighter spacing, a reduced 

amount of rock volume can absorb the induced strain, and the interior fractures must sense the 

added stress from the outer fractures. The lower net pressure causes a smaller aperture, which 

generates a lower transmissibility, causing less fluid to enter, and retarding the rate of growth of 

the interior fractures (Barree 2015).  
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The same exists between different stages in different wells. Due to the increased external 

stress from the prior fractures, subsequent fractures will grow preferentially away from the 

higher stress regime. In the case of completing wells in a downwards or upwards fashion 

between the different Niobrara benches and the Codell could alter the effect of fracture 

propagation depending on the vertical distance between landing targets. 

The two different scenarios that were investigated were the difference between 

completing wells in a downward fashion (i.e. completing the “A” bench, then “B” bench, “C” 

bench, and ending with the Codell well) compared to an upward completion style (the reverse 

order). The first scenario discussed is completing the wells working down from the “B” bench 

Niobrara well to the Codell child wells. The first phase being the Wells 3N, 2N, and 1C. These 

are compared to the original completion style, which was in the upward completion style. Stage 

5, as with the previous comparisons, is used as a reference.        

When looking at the simulated Stage 5 fracture geometry from well 3N, seen in Figure 

5.40, compared to the original stage completion order, seen in Figure 5.41, there is an indication 

of additional downward growth occurred in this completions style sensitivity compared to the 

original completion style. This supports the theory that the absence of stress shadowing from the 

“C” bench well, well 2N, allowed the fractures to propagate down unlike the original stage 

completion where the fracture was contained from propagating downward due to the increased 

in-situ stress.   
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Figure 5.40: Simulated fracture geometries for Well 3N, illustrated by proppant concentration, 

using a downward stage completion methodology indicating the absence of stage shadowing 

from the “C” bench well, Well 2N, allowed the fractures to propagate down. 

    

Figure 5.41: Simulated fracture geometries for Well 3N, illustrated by proppant concentration,  

from the original stage completion methodology indicating that stage shadowing from Well 2N 

is preventing fracture propagation down to the “C” bench well. 
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 Well 2N saw similar results from the absence of stress shadowing in the lower well, 1C, 

enabling the fracture to propagate down into the lower marl, as seen in Figure 5.42, compared to 

the original stage completions, as seen in Figure 5.43. However, due to the increased induced 

stress from Well 3N, the fracture propagates toward the depleted Niobrara parent well, Well 1N. 

The original methodology enables longer, more symmetric, fracture growth staying within the 

“C” bench. Simulations using the downward completions methodology also indicate a greater 

max stress shadow of 1003 psi in the downward stage completion compared to 866 psi in the 

original completion style. This would result in a lower net stress limiting fracture propagation.          

 

Figure 5.42: Simulated fracture geometries for Well 2N, illustrated by proppant concentration, 

using a downward stage completion methodology indicating the absence of stage shadowing 

from the Codell well, Well 1C, allowed the fractures to propagate down. However, the presence 

of stage shadowing resulting from Well 3N caused the fracture to propagate towards the 

Niobrara parent well, Well 1N, depicted by a red dot. 
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Figure 5.43: Simulated fracture geometries for Well 2N, illustrated by proppant concentration,  

from the original stage completion methodology indicating that stage shadowing from well 1C is 

preventing fracture propagation down to the “C” bench well. 

  

Simulations for both the downward and original stage completion methodologies for 

Codell well, 1C, resulted in similar fracture geometries, as seen in Figures 5.44 and 5.45, 

respectively. This would indicate that the vertical distance is great enough between the Niobrara 

“C” bench and the Codell to mitigate the effects of stress shadowing from well 2N. The 

simulations indicate stress shadowing profiles for cluster one are very similar, as seen in Figure 

5.45. This would support that the main source of stress shadowing in the Codell well was a result 

of the previous stage, Stage 4, in the Codell well.       
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Figure 5.44: Simulated fracture geometries for Well 1C, illustrated by proppant concentration, 

using a downward stage completion methodology. Both methodologies result in similar fracture 

geometries indicating the separation between the “C” bench and Codell have enough vertical 
distance between on another to avoid the effects of stress shadowing. 

 

Figure 5.45: Simulated fracture geometries for well 1C, illustrated by proppant concentration, 

using the original stage completion methodology. The resultant fracture geometries show a 

similar fracture propagation as the downward stage completion methodology.  
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5.5.3 Protection Frac Sensitivities 

Protection fracs or pressure sink mitigation (PSM) is a recent methodology being 

integrated in the attempt to mitigate the effects of pressure depletion due to parent well 

production drawdown. Several operators have experimented with protective refracturing or 

repressurization of the parent wellbore. PSM is a technique whereby significant volumes of 

water is pumped, and in some cases precede a conventional refracturing operation (Walser and 

Siddiqui 2016).  

By pumping large volumes of water, the goal is to replace a portion of fluid volume 

produced from the parent wells to increase pore pressure near wellbore. By repressurizing the 

region around the parent wells, new fractures from the child well may be less likely to grow 

preferentially toward the parent wells and stimulate additional rock volume. An added benefit of 

refracturing the parent wells is increasing the current production in these wells by increasing the 

current fracture network and removing near wellbore damage that occurred during the production 

of the parent wells.  

For operators that are hesitant of refracturing previously producing wells, due to risk of 

additional detrimental effects or added cost, attempts have been made to increase near wellbore 

pressure by shutting in the parent wells for an extended period allowing the reservoir to 

reenergize itself. In order to gain an understanding of the effects of increasing near wellbore 

pressure, the depletion model was altered to simulate the results of shutting in the parent wells 

for an extended period or refracturing the well. Two different sensitivities were conducted to 

simulate this, one with a pressure increase of 1000 psi and 500 psi at the wellbore with a pressure 

gradient reduction of 300 psi away from the wellbore 360 feet and 270 feet in the Niobrara and 

Codell, respectively. This was done in the same fashion as the depletion model was created – 
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using the pore pressure offset in the GOHFERTM grid. This can be seen in Figure 5.46 for the 

1000 psi case and Figure 5.47 for the 500 psi case.  

 

    

Figure 5.46: Repressurization of 1000 psi near wellbore with a pressure gradient reduction offset 

of 300 psi 360 and 270 feet in the Niobrara and Codell, respectively. 
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Figure 5.47: Repressurization of 500 psi near wellbore with a pressure gradient reduction offset 

of 300 psi 360 and 270 feet in the Niobrara and Codell, respectively. 

 

The results of the repressurizing near wellbore of 1000 psi are presented in Figures 5.48 – 

5.51 depicting proppant concentration, respectively. As with the other sensitivities, Stage 5 of the 

child wells with the most interference with the parent wells, Wells 2N, 3N, 4N and 3C where 

used as a comparison.  
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Figure 5.48: Well 2N fracture geometry comparison, illustrated using proppant concentration, 

between the original depletion and the 1000 psi repressurization pressure profile. The Niobrara 

(red) and Codell (blue) parent wells are indicated by dots and the subject well by a black cross. 

 

 

Figure 5.49: Well 3N fracture geometry comparison, illustrated using proppant concentration, 

between the original depletion and the 1000 psi repressurization pressure profile. The Niobrara 

(red) and Codell (blue) parent wells are indicated by dots and the subject well by a black cross. 

 



231 

 

 

Figure 5.50: Well 4N fracture geometry comparison, illustrated using proppant concentration, 

between the original depletion and the 1000 psi repressurization pressure profile. The Niobrara 

(red) and Codell (blue) parent wells are indicated by dots and the subject well by a black cross. 

 

Figure 5.51: Well 3C fracture geometry comparison, illustrated using proppant concentration, 

between the original depletion and the 1000 psi repressurization pressure profile. The Niobrara 

(red) and Codell (blue) parent wells are indicated by dots and the subject well by a black cross. 

 

In all four wells, there was a reduction in well interference towards the parent wells, for 

the 1000 psi repressurization scenario. Due to the increased stress profile near wellbore, the 

simulated fractures propagated around the repressurized zones contacting additional rock 

volume. The simulated effective conductivity also supports the reduction in well interference. As 
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an example, well 3C, was used to illustrate the impact that repressurization had on the child 

wells, as seen in Figure 5.52. The increased pressure near wellbore prevented a portion of the 

proppant from transporting toward the parent well but instead propagated vertically.  

     

Figure 5.52: Simulated effective conductivity for Well 3C indicating a reduction of well 

interference with the Codell parent, Well 2C. 

  

The results of the repressurizing near wellbore of 500 psi are presented in Figures 5.53 – 

5.56 depicting proppant concentration, using Wells 2N, 3N, 4N and 3C, as done with the 1000 

psi repressurization simulations, as comparison. In the case of Well 2N, the simulated fracture 

geometry with 500 psi of repressurization increased well interference between the parent wells. 

In the original case, well interference only occurred with the Niobrara parent well, Well 2N. 

Whereas in the 500 psi scenario, both the Niobrara well and Codell parent wells, Well 1N and 

2C, respectively, had proppant transported to the depleted regions reducing overall stimulated 

rock volume. The remaining wells had similar results compared to the original depletion 

scenario.   
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Figure 5.53: Well 2N fracture geometry comparison, illustrated using proppant concentration, 

between the original depletion and the 500 psi repressurization pressure profile. The Niobrara 

(red) and Codell (blue) parent wells are indicated by dots and the subject well by a black cross. 

 

 

Figure 5.54: Well 3N fracture geometry comparison, illustrated using proppant concentration, 

between the original depletion and the 500 psi repressurization pressure profile. The Niobrara 

(red) and Codell (blue) parent wells are indicated by dots and the subject well by a black cross. 

 



234 

 

 

Figure 5.55: Well 4N fracture geometry comparison, illustrated using proppant concentration, 

between the original depletion and the 500 psi repressurization pressure profile. The Niobrara 

(red) and Codell (blue) parent wells are indicated by dots and the subject well by a black cross. 

 

 

Figure 5.56: Well 3C fracture geometry comparison, illustrated using proppant concentration, 

between the original depletion and the 500 psi repressurization pressure profile. The Niobrara 

(red) and Codell (blue) parent wells are indicated by dots and the subject well by a black cross. 
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CHAPTER 6 CONCLUSIONS AND FUTURE WORK 

 

As the oil and gas industry continues to maximize production from unconventional plays, 

infill drilled wells with tighter well spacing, longer lateral lengths, and larger job sizes will 

continue to occur in order to capture the resources that were originally left behind. As a result, 

well-to-well interference between “parent” and “child” wells will continue to take place. Due to 

this, it is imperative that an understanding of the interaction between the two is developed and 

modeled to gain an understanding of the effects well-to-well interference has on fracture 

generation. In addition to fracture generation, determining the best methods of mitigating the 

effects of pressure depletion needs to be understood. 

The work presented in this thesis begins to address the effects of pressure depletion 

between “parent” and “child” wells in depleted reservoirs, specifically in the DJ basin. In this 

work, (1) construction of a calibrated hydraulic fracture model provides an accurate 

representation of the fracture geometries (i.e. fracture conductivity, length, and height) generated 

during the treatment of the parent wells; (2) a numerical reservoir model, using the simulated 

fracture geometries and reservoir properties determined from the hydraulic fracture model, 

quantified the pressure depletion profile; (3) history matching the production of the parent wells 

provided a verification of the simulated pressure depletion profile as a result of the parent wells 

production; (4) a hydraulic fracture depletion model was then created to simulate the “child” well 

treatments. The pressure match achieved for the child well treatments provides justification for 

the input parameters used in the hydraulic fracture and reservoir models confirming that the best 

characterization of the reservoir, rock properties, and stress state had been achieved; and, (5) this 
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model facilitated the investigation of what different completion methodologies have on fracture 

propagation in areas of depletion, specifically in the DJ basin.  

While the focus of this project was in the DJ basin, the workflow outlined in this work can 

be adapted to other unconventional resource plays to mitigate the negative effects of well-to-well 

interference to optimize production and recovery. Hydraulic fracturing and reservoir production 

is complex and challenging. Even with the available technologies and the great strides that have 

been made in understanding these processes, much still needs to be understood. The same is true 

for fracture and reservoir modeling – they have their limitations. The results of hydraulic fracture 

and reservoir modeling should not be perceived as the end solution but a valuable tool. Modeling 

and other technologies and measurements all have their limitations. However, conclusions can be 

made from each tool and be drawn together to make the best engineering decision with the 

current knowledge of oil and gas production.   

6.1 Conclusions     

A comprehensive workflow of well-to-well interference between “parent” and “child” 

wells, using hydraulic fracture and reservoir modeling, and subsequent analysis of 

methodologies to mitigate the effects of pressure depletion, was successfully developed during 

the course of this study. The following conclusions were drawn from the parent well hydraulic 

fracture model, integrated fracture reservoir model, and hydraulic fracture depletion model as a 

result of pressure depletion:  

 Simulated “child” well treatments resulted in a clear indication of well-to-well 

communication with the “parent” wells, attributable to pressure depletion. Well 

“bashing” occurred in all the “child” wells, with varying magnitudes, causing 

asymmetric fracture growth and reducing contacted rock volume. 
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 Simulated proppant concentration of the “child” well fractures indicated that the 

majority of the proppant was transported towards the parent wells. Very little 

effective conductivity existed in the opposing direction of the depleted regions. 

 The simulated “parent” well fracture geometries indicated large uncontained height 

growth throughout the Niobrara and from the Codell into the Niobrara. This is due to 

height growth commonly associated with gel fluids and little variability in the stress 

profile throughout the Codell and Niobrara.  

 The process of parameterizing the reservoir model and the subsequent hydraulic 

fracture depletion model correctly was a vital component in this study. The reservoir 

parameters and stress profile were computed using vertical well log measurements, 

associated correlations, and offset well log comparison, then calibrated using 

diagnostic fracture injection tests and an extensive literature review of the DJ basin. 

Geologic unconformities in the Niobrara were accounted for by means of mud log 

interpretations to ensure the correct stress profile along the wellbore. The calibrated 

model inputs were substantiated by the simulated parent well treatment pressure 

matches that were achieved. 

 A history match of the child well completions was achieved in the Niobrara and 

Codell “child” wells by the utilizing the simulated pressure depletion and modifying 

permeability, porosity, and PDL. This validated that the input parameters used in the 

initial hydraulic fracture model, the reservoir model, and hydraulic fracture depletion 

model were correct. This in turn, assures confidence in the generated stress profile 

and the subsequent simulated “child” well fracture geometries and sensitivities. 

Pressure matching the child wells was considerably easier compared to the parent 
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well pressure match and reservoir model pressure match. This was due to the 

calibration of the two previous models parameters being correct. 

 Pore pressure is not the only parameter affected by depletion. As pressure decreases 

compaction occurs resulting in a reduction in porosity, permeability, and ultimately 

leakoff characteristics. There is no correlation between a reduction in permeability 

and porosity due to compaction, so the most accurate way to quantify the reduction in 

leakoff is by conducting a DFIT in the child wells. However, through the “child” well 

history matching process, a qualitative result was determined. 

An analysis of several methodologies currently being considered by the industry to 

mitigate well-to-well interference was conducted by looking at different fluid systems, 

completion order of the “child” wells, and the potential of protection fracs in the parent wells. 

The following conclusions were drawn from these simulated methodologies and should be taken 

into consideration when looking into pressure sink mitigation: 

 Slickwater treatment simulations indicate similar asymmetric fractures but stay 

isolated to their respective target bench or formation. In the cases where the 

“child” wells are in the same bench as the “parent” wells, fractures propagate 

directly toward the parent wells with little to no fracture growth in the opposite 

direction. It is important to keep in mind the additional water needed and the 

same well communication would result in additional water that would need to be 

unloaded by the parent wells. 

 High viscosity slickwater treatments had similar fracture geometries to that of the 

standard slickwater treatments but a better distribution of proppant throughout 

the different formations and benches. Interference still occurs with parent wells 
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but not to the same magnitude as the gel treatments or the slickwater treatments. 

The ability for high viscosity slick water treatments to transport higher proppant 

concentrations resulted in a reduced amount of water that would needs to be 

unloaded by the parent wells. Additionally, residual left behind by the slickwater 

system is significantly less than the gel system. 

 Stage completion order was investigated to determine the effects that stage 

shadowing had on fracture geometry. Simulations indicate additional downward 

growth occurred in the bottom to top scenario due the absence of stress 

shadowing below the fracture. The results of both indicate that, depending on the 

order that the wells are completed, which depleted zone the fracture propagated 

to changed. If parent wells are sufficiently spread out, it could be possible to limit 

the amount of well inference by adjusting the completion order accordingly. 

 Protection frac simulations indicate that they could be either beneficial or 

detrimental depending on the amount of repressurization that is achieved and the 

distance that the pressure transient travels into the reservoir. Repressurizing the 

reservoir surrounding the “parent” wells by 1,000 psi resulted in a reduction of 

well interference due to the increased stress state near the wellbore. Since the 

pressure transient had not reached across the entire depleted zone, the fractures 

propagated around the repressurized zones and contacted more rock. The 500 psi 

scenario resulted in increased well interference between the parent wells. Several 

wells communicated with both the parent wells as a result of the repressurization 

not being great enough to offset the depletion. No simulated well treatments 

resulted in interference between both parent wells in the original simulation. 
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However, this repressurization did seem affective in reducing the interference in 

the Codell “child” wells.  

 It is important to note there are several other factors when considering protection 

fracs including the injection of water and the resulting system responses. By 

pumping water in a previously generated fracture above closure pressure, dilation 

and the reopening of the fractures will occur. When this occurs, there is an 

increase in fracture surface, which would increase leak-off. In turn, the pressure 

transient would move away from the wellbore much quicker than expected. 

Additionally, natural fractures would also reopen, only increasing the leak-off 

more making it unlikely that water injection could provide a great enough 

pressure increase to mitigate well-to-well interference. 

 Another methodology that has been considered to mitigate well-to-well 

interference is through shutting-in the “parent” wells prior to the “child” well 

completions to decrease the effects of pressure depletion by allowing the 

reservoir to increase pressure naturally. While the reservoir model was not fully 

calibrated, it still gives a good frame of reference of natural reservoir 

repressurization. Leaving the well shut-in for three months resulted in a pore 

pressure increase of 280 psi. Based on the results of the repressurization 

sensitivity of 500 psi, this is not a great enough repressurization to mitigate well-

to-well interference successfully.     

The study pad was determined to be a good candidate for this study based on the well-to-

well interference seen in bottom hole pressure measurements and pad associated production of 

both the “parent” and “child” wells. The pressure increase measured by the bottom hole pressure 
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gauges installed in the Niobrara and Codell parent wells indicated the presence of pressure 

communication with several “child” wells during the time of their treatments. The Niobrara 

“parent” well gauge indicated that pressure communication was observed horizontally through 

the “B” bench in addition to vertical pressure communication from the “C” bench. The Codell 

“parent” well experienced horizontal communication from the two Codell “child” wells in 

addition to pressure interference propagating down from the Niobrara “C” bench.  

The magnitude of pressure communication differed from well to well and stage to stage. 

The magnitude of each event indicated the level of connectivity between the wells. Greater 

communication was observed vertically compared to horizontally in the Niobrara. The Codell 

saw greater communication horizontally rather than vertical propagation down from the 

Niobrara.     

Production was also effected by the completion of the “child” wells. Cumulative oil 

production of the Niobrara “child” wells and one of the Codell “child” wells saw a reduction in 

production compared to the “parent” wells, inferring that these completions were not as 

effective. Increased water production was seen in all the wells as the result of the “child” well 

treatments. Greater water production in the “parent” wells indicate fluid communicated between 

the “parent” and “child” wells. Increased normalized initial water production of the “child” wells 

compared to the “parent” wells infers that there was also communication between the child 

wells.  

 The calibrated geologic model created in the hydraulic fracture model was imported into 

the 3D reservoir model to provide the most detailed description of the reservoir. The model was 

history matched to well production to observe the pressure drawdown and profile. A satisfactory 

history match was not achieved during this portion of the study but the resultant pressure profile 
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from the best-case simulation does give a good representation of pressure drawdown in the study 

area. The factors that attributed to the unsuccessful history match are as follows and should be 

taken into account when considering constructing a reservoir model with integrated fracture 

geometries: 

 The imported fracture geometries and conductivities had the largest impact on the 

history match. The assumptions made in regards to hydraulic fracture intrinsic 

permeability, effective permeability, and tip permeability did not honor the generated 

fractures in the hydraulic fracture model. This resulted in fractures that were too large 

and conductive ultimately affecting the transmissibility down the fracture and from 

the matrix to the fracture. The over calculation of fracture volume only further 

aggravated this issue.     

 The PVT data used was not an accurate representation of the parent wells fluid 

characteristics and phase behavior. Most notably the measured GOR’s as a function 

of pressure were too low. Not enough gas was in the system to match production. The 

model had to add additional gas to the system or increase pressure to maintain the 

simulated oil and gas production and mass balance. Since additional fluid or gas 

could not be added, pressure increased. 

 A dual porosity and permeability model was not used. Fracture porosity has a large 

impact on simulated GOR’s. The natural fracture system would act as the interface 

between the matrix and hydraulic fractures and provide greater transmissivity in the 

system from the matrix to hydraulic fractures.  

 The lack of a dual porosity and permeability model also affects the relative 

permeability in the system. Literature indicates that the relative permeability of 
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fractures and matrix are different. Natural fractures have relative permeabilities that 

are nearly equal to water saturation, whereas matrix relative permeabilities have 

greater irreducible fluid and lower relative permeability characteristics. Using a single 

porosity and permeability system does not account for this, resulting in curves that are 

not representative of the system.    

 The complexity of the model hindered the ability to make changes to input 

parameters in the model and increased runtimes significantly. Using a compositional 

reservoir model limited the ability to change fluid parameters and phase behavior. 

Additionally, the sheer size of the geologic model imported from the hydraulic 

fracture model also greatly increased the runtimes of the model. Time steps are 

dependent on flow through a single cell – the more cells there are, the slower the 

model runs. 

Integration of the hydraulic fracture and reservoir simulators was not available to the 

industry until the introduction of 3D fracture models. Several communication and compatibility 

issues were identified during this project. The following considerations should be taken into 

account when attempting this workflow: 

 The limitations of integrating these models, and the models themselves, are 

important to note. The work being conducted in this study is pushing the limits of 

the current technology used by the industry and their capabilities. The hydraulic 

fracture model world and the reservoir simulation world have too different 

ideologies on how to handle different aspects of simulations. The integration of 

the two becomes difficult when the two approaches are different. The reservoir 

model itself has many different parameters that can be adjusted and still get a 



244 

 

successful history match. Without all the input parameters, simulations result in 

non-unique solutions reducing the accuracy of the simulations. Access to all this 

data is difficult and in many cases unfeasible in terms of economic return.    

 The model import did not properly export and the cell dimensions needed to be 

modified to be spatially oriented properly. Wellbore trajectories had to be flipped 

to be oriented in the geologic framework correctly due to the method in which the 

reservoir model processes data. This has since been rectified by the developers at 

the time of this thesis publication.  

 The reservoir properties that were brought in had to be hardwired to individual 

cellblocks resulting in the inability to modify properties globally. This was 

addressed using compaction tables to modify permeability and porosity of the 

system as well as the hydraulic fractures, SRV regions, and formations. 

 Initial attempts of importing the pressure depletion profile into the hydraulic 

fracture model resulted in additional software compatibility issues. Due to the 

issues encountered during import of the geologic model to the reservoir model, 

the depletion profile was not geographically oriented. This required a 

modification of the corner points of the grid to match that of the fracture model.  

 Additionally, the method in which the properties were assigned to the depletion 

model grid left cellblocks empty in between cells due to mismatched cellblock 

sizes.  Pressure depletion was drawn into the depletion model grid, as a negative 

pore pressure offset using the simulated pressure profile as a reference, to combat 

the software communication issues.  
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6.2 Future Work 

The recommendations made for the future work includes: (1) incorporation of a spatially 

aware geologic model, (2) improving the production history match of the reservoir model, (3) 

generation of repressurization profiles in the reservoir model for protection frac, and (4) 

quantifying the effects of depletion on fracture properties.  

 When starting a workflow as the one outlined in the thesis, incorporating a spatially 

aware geologic model will be extremely beneficial by improving uncertainty and allowing easier 

integration of the hydraulic fracture models and reservoir models. Building a geologic model in a 

software such as PETRELTM, reservoir heterogeneities, such as structural changes and reservoir 

properties, can be incorporated improving the stress profile across the grid. Since the geologic 

model is spatially aware, transferring from one software to another will be significantly easier for 

several reasons. First, the file types that are most commonly associated with geologic models are 

compatible in both the hydraulic fracture and reservoir models, eliminating the need to convert 

file types or determine alternative methods for importing as done with this study. Secondly, since 

the same geologic model would be used for both the hydraulic fracture model and the reservoir 

model grid size mismatches are not a concern. This would allow for importation of the pressure 

depletion profile generated in the reservoir model rather than needing to draw the profile. 

 By improving the reservoir model history match, a better representation of pressure 

depletion in the “parent” well can be gained. With the incorporation of the geologic model, and 

more accurate representation of the hydraulic fracture model that takes into account fracture 

geometry discrepancies due to heterogeneity of the reservoir, a better base model can be 

generated. As with the reservoir model in this study, the parameters from the geologic model will 

be a good start, but will still need to be calibrated. One of the most important recommendations 
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that could be made is starting with a less complex reservoir model to begin determining reservoir 

parameters. The simpler the model the faster the run time. As the parameters are dialed in, 

additional components can be added to improve the certainty and resulting pressure profile. 

Additionally, by converting the model to dual porosity and permeability model the natural 

fracture system can be honored improving the ability to history match.  It is also recommended 

that PVT data and relative permeability curves from the study area are determined. This will 

provide a much more accurate description of fluid characteristics and phase behavior. Finally, 

while this might not be currently possible given the limitations of processing power, it is still 

important to mention. Fine-gridded reservoir models are processing intensive and runtimes 

increase exponentially as cellblock size decreases. In the current technological era, these models 

are unrealistic. However, as technology advances, cellblocks can reduce giving additional detail 

that was not previously possible.  

 The repressurization profile as a result of water injection for protection fracs was not in 

the scope of this project but it would be beneficial for one to investigate this behavior. Using the 

calibrated reservoir model for depletion the result of conducting a protection frac could be 

quantified. The results of the “parent” well reservoir model can be reintegrated to take into 

account the changing reservoir pressure, compaction, and water saturations into an injection 

model. The scenarios utilized in this study served as bookends when considering the effects of 

protection fracs. Volumes needed and associated pressure gradients were qualitative based on 

water injection studies conducted in unconventional reservoirs. By building an injection model, 

the needed volumes can be determined to achieve the pressures, and associated pressure profiles.    

 There is currently no published literature on the effects of compaction on leakoff 

characteristics; it would be beneficial to have a better understanding of this process to reduce the 
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uncertainty in fracture properties further. Very few operators conduct DFIT’s in child wells 

believing that the properties are unchanged from those of the parent wells. However, a relation of 

leakoff as a function of time or pressure will not only benefit the modeling world but could also 

decrease screenout tendencies operationally. 
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