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ABSTRACT 

 

 Relative permeability is an extremely useful measure of complex multiphase fluid flow in 

a porous media, and much effort has been devoted by researchers to determine the factors that 

control relative permeability. Nevertheless, detailed experimental data especially for 

unconventional cores is scant in literature, which motivated this research. Specifically, this 

dissertation addresses and presents the relative permeability end points measured in two Middle 

Bakken formation cores for three different processes: oil-displacing-water, water-displacing-oil, 

and gas-displacing-oil using a steady-state method. The Middle Bakken petrophysical properties 

measured by Weatherford Labs and by the author are also presented. Finally, two conceptual 

models were proposed to explain the measured end-point relative permeability, and a 2-D lattice 

Boltzmann simulator was developed to obtain relative permeability curves of a two-dimensional 

pore geometry generated using Voronoi grid. The contributions of this work include measurements 

of relative permeability in a tight shale, interpretation of experimental results using pore-scale 

features of the cores, and lattice Boltzmann simulation. 
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CHAPTER 1  

INTRODUCTION 

 

This chapter describes the motivation, objectives, and experimental and theoretical 

methods used in this dissertation. The research study revolves around characterization of several 

Middle Bakken cores, multiphase flow experiments in the cores, and pore-scale numerical 

simulation pertaining to the cores. The contents of the other chapters are also briefly described. 

 

1.1 Motivation 

Multiphase flow in porous media receives considerable attention in petroleum engineering 

(Owens and Archer 1971), ground water hydrology (Faust et al. 1989), and fuel cells (Pasaogullari 

and Wang 2005; Vielstich et al. 2009; Wang et al. 2011b). In petroleum engineering, multiphase 

flow occurs in almost all producing oil and gas wells. Multiphase flow in porous media is generally 

described on the macroscopic level as continuum using relative permeability (RP), which is 

smaller than one and is an empirical multiplier of the single-phase Darcy’s law in porous media. 

It was proposed nearly a century ago to address the reduction in flow capability due to the presence 

of multiple immiscible fluids (Dimri et al. 2012; Benson et al. 2013). It is one of the most important 

factors that control the production of a reservoir, from primary to tertiary stages. Understanding 

relative permeability is a key to successful prediction of production and economics. Relative 

permeability is a function of pore geometry, wettability, fluid distribution, and saturation history 

(Anderson 1987). It is traditionally measured by experiments through special core analysis (SCAL). 

However, core experiments that involve multiphase flows are cost- and time-consuming and 

difficult to interpret reliably especially for ultralow-permeability samples. A recent trend is to 

calculate relative permeability through numerical simulations of pore-scale multiphase flow over 

images of rocks.  

A number of different numerical methods for pore-scale simulation of multiphase flows 

have been proposed and widely used to investigate multiphase flow dynamics and relative 

permeability. Computational fluid dynamics (CFD) methods such as lattice Boltzmann method 

(LBM) directly solve the Navier-Stokes equation in the pore space. In contrast, pore network 
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models (PNM) as proposed by Reeves and Celia (1996) idealizes the complex pore geometry into 

spherical pore bodies connected by cylindrical pore throats. PNM has been further advanced to 

consider more features of multiphase flows that allows better predictions of relative permeability 

(Blunt 2001; Valvatne and Blunt 2004). Pore geometry constructed from micro-CT image was 

used in dual pore network model to investigate two-phase flow in porous media (Bultreys et al. 

2015). In dual pore network model (Ioannidis and Chatzis 2000; Moctezuma et al. 2003; Youssef 

et al. 2008), the influence of microporosity was considered in the macropore network that multiple 

pore scales were coupled. PNM predicts macroscopic variables (e.g., saturation, relative 

permeabilities, and capillary pressure) with much less computational cost than direct CFD methods 

(Xiong et al. 2016). However, direct CFD methods are more fundamental than PNM despite its 

much higher demands on computation (Van Marcke et al. 2010). That said, many CFD methods 

for multiphase flow face difficult numerical problems such as implementation of complex 

boundaries, miscibility and interfaces. Achieving quantitative prediction is still a challenge. 

Flow of multiple fluids through porous media is a complex transport process that 

conventional CFD methods (e.g. finite difference methods) face difficulties especially in the 

handling of interfaces. The lattice Boltzmann method (LBM) is a relatively new direct method, in 

which the fluids are slightly miscible and interfaces can be generated and merged without 

numerical difficulties. As with other direct methods, LBM is capable of predicting pore-scale 

velocity and pressure fields and phase distributions, from which the relative permeability can be 

directly computed. Though the scale of lattice Boltzmann simulations is limited compared to core 

experiments, rock and fluid properties in simulations can be adjusted continuously and more easily. 

With lattice Boltzmann, fundamental studies on what controls relative permeability are possible. 

A combination of laboratory experiment and direct numerical simulation should allow one to 

establish qualitative and quantitative connections between upscaled (averaged) macroscopic flow 

properties and microscopic features and mechanisms.  

 

1.2 Objective 

Much research has been conducted on relative permeability concept and measurement 

techniques; however, virtually no detailed data have been reported for unconventional reservoir 

cores. In this work, a core flooding system was built to conduct multiphase flow experiments on 
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tight cores. The system measures upstream and downstream pressures, injection and production 

flow rates, and produced fluid volumes with time. Two- and three-phase flows in tight porous 

media from Middle Bakken formation were experimentally measured. Both oil-water RP and gas-

liquid RP were characterized. An analytical model was introduced to explain the obtained low end-

point relative permeability. Conventional core analysis data collected from a commercial 

laboratory, Weatherford, on the Middle Bakken formation are also included, as well as imaging 

analysis of thin sections performed at Colorado School of Mines.  

A two-dimensional parallelized lattice Boltzmann simulator was developed to simulate 

multiphase flows through various geometry models. The effect of pore geometry, viscosity ratio, 

and wettability on relative permeability were investigated. This two-dimensional, nine-velocity 

(D2Q9) two-phase lattice Boltzmann model was programmed in Fortran90 and was verified by 

comparing numerical results to analytical solutions. Experimental data were also used to evaluate 

the model qualitatively. Synthetic pore geometry generated based on pore-scale characteristics 

obtained from image analysis was used in the simulations. Dimensionless numbers are presented 

to facilitate comparison of flows at different scales. The novelty of this work lies in core 

measurements of relative permeability in a tight formation and interpretation and explanation of 

experimental data using pore-scale features of the cores, assisted by direct lattice Boltzmann 

simulations. 

 

1.3 Content of Dissertation 

This dissertation is organized as follows: Chapter 1 introduces motivations and objectives 

of this study. Chapter 2 describes the characterization of Bakken formation. Chapter 3 describes 

multiphase flow experiments in core plugs from Middle Bakken formation. In Chapter 4, 

multiphase lattice Boltzmann simulations are discussed. Conclusions are presented in Chapter 5. 
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CHAPTER 2  

CHARACTERIZATION 

 

 This chapter presents characterization of the Middle Bakken formation samples. We begin 

with a brief overview of the formation. Several different types of measurements were conducted 

by Weatherford Labs and by the author on campus to determine petrophysical properties of 

samples extracted from the formation. The results are presented in this chapter, together with 

discussions on correlations among the properties and their implications.  

 

2.1 Middle Bakken Formation Background 

 The Bakken formation is the third largest regional oil producing formation in the United 

States. As of January 2017, more than 4,500 wells have been drilled in the past three years, 

targeting Bakken and Three Forks formations in Williston basin by combining hydraulic fracturing 

and horizontal drilling technologies. Bakken formation in Williston basin together with Three 

Forks formation have produced 1.60 billion barrels of oil and 1.83 trillion cubic feet of gas as of 

December 2015 (EIA 2017).  

The Bakken formation in the Williston Basin consists of organic-rich upper and lower 

members and primary oil-producing middle member with low matrix porosity and permeability 

(Sonnenberg and Pramudito 2009). The Lodgepole and Three Forks formations deposited above 

and beneath the Bakken formation, respectively. The Middle Bakken (MB) formation is composed 

of silty dolomitized carbonate with ranges of thickness from 10 to 40 ft. The deposition is an 

offshore marine carbonate-shoal complex (Sonnenberg and Pramudito 2009). The formation is 

slightly overpressured with a pressure gradient ranging from 0.60 to 0.73 psi/ft which helps in 

achieving high production rates from tight reservoir (Theloy and Sonnenberg 2013). The 

undersaturated Bakken reservoirs has an initial reservoir pressure of approximately 8,000 psi and 

a reservoir temperature of 240 °F (Eker et al. 2014). Fractures enhance reservoir quality by 

improving permeability and production. In this work, the focus is in the Middle Bakken formation 

because it is the primary reservoir.  
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2.2 Core Analysis 

 Reservoir characterization starts from laboratory measurements of petrophysical properties. 

Estimating properties of a core plug is an essential part of the workflow to understand fluid flow 

and saturation distribution in porous media and then to forecast oil and gas production from 

reservoirs. In this section, petrophysical properties presented include porosity, permeability, 

mercury injection capillary pressure (MICP), and mineralogy. 

Porosity and permeability of several samples were measured using helium under the net 

confining stress (NCS) of approximately 2,800 psi by Frank Jones permeameter (Jones 1975) at 

Weatherford Labs. The gas permeameter is designed to apply uniform triaxial compressive loading 

to cylindrical samples. The flow rates and pressure differentials of air flowed through the cores 

were measured to calculate air permeability. For low-permeability rocks, at low pressures, gas 

molecules may collide with pore walls more frequently than with each other. This leads to the gas 

slippage effect (Klinkenberg 1941). The air permeability from the permeameter was corrected 

according to the Klinkenberg correlation. In this correction, the absolute (liquid) permeability is 

obtained by extrapolating the correlation between 1/p and air permeability to 1/p = 0 (infinity). 

Figure 2.1 shows the correlation between the directly measured air permeability and the NCS 

porosity of tested core plugs and that between the absolute permeability to the NCS porosity.  

 

 

Figure 2.1: Relationship between porosity at the net confining stress and (a) air permeability and 
(b) Klinkenberg-corrected gas permeability of Middle Bakken core plugs. Data courtesy of 

Weatherford Labs. 
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The results show that most data fall in the porosity range of 1-10%, with a permeability of less 

than 2 mD. The harmonic averages of air and absolute permeability are 0.0030 mD and 0.0006 

mD, respectively. Note that absolute permeability less than 0.0001 mD could not be estimated 

because of the limitations in the permeameter.    

MICP was performed on seventeen samples by Weatherford Labs, shown in different 

colors in Figure 2.2. Eight Middle Bakken samples have a bimodal pore size distribution, while 

the rest of the samples were found to have a unimodal distribution. The mercury intrusion pressure 

varied significantly according to the pore size distribution. Cores with bimodal pore structures had 

lower entry pressures that averaged about 567 psia. The presence of microfractures in Middle 

Bakken, as reported in the literature (Sonnenberg et al. 2011; Pitman et al. 2001; Carlisle et al. 

1992; Webster 1984), may be the reason for the bimodal distribution and the low entry pressures. 

Cores with unimodal distributions had intrusion pressures above 1,420 psia. The capillary 

pressures are directly correlated to pore throat sizes. The representative pore size was determined 

based on the incremental mercury saturation. The pore size of fractures based on the bimodal 

distribution was estimated to be 0.077 μm, whereas that of the matrix is 0.043 μm. The contact 

angle and mercury surface tension used for pore-size calculations were 140º and 485 dynes/cm, 

respectively. 

X-ray diffraction (XRD) is mainly used for identification of compounds by their diffraction 

patterns (Jenkins et al. 1996). It is the most common technique used to study the crystalline 

structure and to determine the mineralogy of finer grained sediments, especially clays (Poppe et 

al. 2001). Interaction with X-rays causes electrons to emit wavelets. When these wavelets interfere 

with one another, a diffraction pattern is produced (Chung et al. 1994). A detector rotates to collect 

diffracted X-rays and the collection is converted to a count rate. The results obtained from bulk 

powder samples using standard procedures suggest that our cores can be divided into three groups 

(Figure 2.3). Group 1 identifies more quartz and clays contents. The concentration of clays is up 

to 40%. Group 2 is dominated by carbonates content. Group 3 represents a mixture between quartz 

and carbonate. Illite is the most abundant clay mineral. Quartz and calcite are the major 

sedimentary minerals. The mineralogy from XRD was correlated to porosity. Figure 2.4a suggests 

that with increasing amount of quartz and illite, the porosity increased logarithmically. 
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Cementation by calcite and dolomite seems to have resulted in low porosity and in turn low 

permeability in Middle Bakken formation samples (Figure 2.4b).  

 

 

Figure 2.2: MICP of Middle Bakken core plugs: (a) Capillary pressures of plugs with unimodal 
pore size distributions (b) Unimodal pore size distributions (c) Capillary pressure of plugs with 

bimodal pore size distributions (d) Bimodal pore size distributions. Data courtesy of Weatherford 
Labs. 

 

Oil saturation measured by Dean-Stark extraction was correlated to the mineralogy to 

identify the effect of wetting characteristics. As shown in Figure 2.5, oil saturation starts to 

decrease at about 10% illite content, perhaps because illite is hydrophilic.   

(b)(a)

(d)(c)
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Figure 2.3: Ternary plot of mineralogy of Middle Bakken samples from XRD. Data courtesy of 
Weatherford Labs. 

 

 

Figure 2.4: Correlation between porosity at ambient conditions and (a) amount of illite and 
quartz minerals and (b) amount of carbonate minerals. Data courtesy of Weatherford Labs. 
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Figure 2.5: Oil saturation as a function of illite content. Data courtesy of Weatherford Labs. 

 

2.3 Image Analysis 

 Two different imaging approaches were used to visualize pore and matrix characteristics: 

QEMSCAN 2D elemental mapping and focused ion beam scanning electron microscopes (FIB 

SEM). In general, QEMSCAN images provide a more robust quantification of mineralogy and 

large pores and their 2D distributions than the FIB SEM, along with results representing a larger 

sample volume. However, the FIB SEM has the advantage of 3D imaging capabilities and higher 

resolution, which provides better quantification of spatial characteristics of finer scale features, 

such as the shape and connectivity of pores not detected by QEMSCAN.  

FIB SEM was used to digitize a volume of 60 µm × 50 µm × 14 µm (2048 × 1768 × 199 

pixels). These FIB SEM measurements were part of the learning process; thus, the results may not 

be representative of the entire Bakken. However, they provide a glimpse of some shapes of pores 

at FIB SEM resolution and pore connectivity (Figure 2.6). The grey scale in the FIB SEM image 

generally reflects the density of different sample constituents: dark represents low density, and 

light represents high density. The darkest constituents are pores and the whitest constituents are 

likely pyrite (i.e., 5.01 g/cm3). Because the FIB SEM system was not calibrated for mineralogy, it 

is not possible to relate the gray scales precisely to the mineralogy, and therefore the images were 

not further processed. Still, pores being the darkest parts of the images were separated to estimate 
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pore shapes, connectivity, and aspect ratios. In this process, artifacts in the images present 

challenges in the image analysis process. These artifacts are generally due to the influence of the 

ion beam on the sample. The image in Figure 2.6 demonstrates (1) the feature resolution, which is 

on the order of 29 nm in our scans, and (2) the variability of the grey scale across the images due 

to non-uniform illumination. The grey scale images were processed using Matlab and a 3D image 

was constructed (Figure 2.7).   

 

 

(a)                                                                             (b) 

Figure 2.6: (a) An example of FIB SEM images. The ‘curtaining’ artifact in the image makes it 
difficult to identify the pores. Because of difference in the degree of illumination across the 

image (b) Pores in the blue square are separated and shown in red color separately. 
 

 

Figure 2.7: 3D image constructed from 2D gray scale images. Red color represents the pores. 

1

2

5 µm

0.3 µm
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The pore space is a complex network of varying sizes and conformations. Based on FIB 

SEM data, both large and small pores are predominantly elongated. The smallest size of pores 

detected is identical to the limit of image resolution 29 nm. The total porosity of the measured 

domain is 0.3794 %, and a histogram of porosity measured from each image is shown in Figure 

2.8. The calculated porosity from image analysis is much smaller than the measured porosity of 6% 

from core analysis presented in Section 2.2 because the porosity from FIB SEM image analysis is 

based on a limited volume which is not adequate. Additionally, pores smaller than 29 nm cannot 

be imaged, which leads to the underestimation of the total porosity. However, it is still a useful 

and necessary technique to visualize the shape, connectivity, and distribution of pores finer than 

those detected by QEMSCAN. Note that the pore sizes related to the MICP entry pressure are in 

the detectable range of FIB SEM. Although the FIB SEM data measured are insufficient to fully 

verify the MICP entry pressures, the observation that the “clouds” of porosity in Figure 2.8 are 

nearly touching supports the MICP results that mercury needs high pressure to enter Middle 

Bakken samples. Perhaps, with more FIB SEM data one could verify that the “clouds” are 

connected by 1-3 pixel-wide pathways that would correlate well to the 500-1400 psi entry 

pressures. 

 

 

Figure 2.8: Surface porosity distribution from FIB SEM images. 
 

The images also show that larger pores (≥ 0.0772 μm) are surrounded by smaller pores (≈ 0.0428 

μm). These features, in general, would facilitate capillary trapping of the wetting phase and 
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fingering of the non-wetting phase in multiphase flows. No organic pores were found in the sample 

used in the FIB SEM scan.  

QEMSCAN was run on a single slice of a Middle Bakken sample using three different 

scanning modes: mineral, organic matter, and porosity. The mineral map in Figure 2.9 shows the 

most abundant of the interpreted minerals, presented in the legend. The following classes are 

presented: clays, metallics, carbonates, and quartz. A primary reason for showing and examining 

the areal distributions is to determine the minerals making up the pore walls, since the minerals 

that are in contact with pore fluid determine the wettability of the rock that governs multiphase 

flows. The pore walls are mostly quartz, illite clay, and then calcite and dolomite based a careful 

analysis of Figure 2.10. This composition leads to a mixed wetting characteristics of Middle 

Bakken (Figure 2.11). The observation that quartz and illite are the two main minerals making up 

the pore walls is consistent with Figure 2.4a, where a positive correlation between quartz and illite 

and porosity was identified. Most organic matter, as shown in Figure 2.12, distributes around and 

within the pores. Due to the motion artifact (misalignment artifact), some organic matters were 

misaligned but they can still be correlated to porosity after applying manual corrections.  

The QEMSCAN porosity map (Figure 2.10) shows the distribution of pores around grains 

and also demonstrates the uncertainty of the porosity with the inclusion of a “porosity + mineral” 

classification. This classification represents pixels where the interpretation is ambiguous: their 

values are closer to those representing a pore than a mineral, but they are not entirely a pore. This 

observation along with the mineral maps of carbonates and clays, suggest that there might be sub-

micron pore space around the clays and calcite. The porosity from QEMSCAN is 1.76%. In this 

result, the ambiguous pixels were not included. The pores are consistently elongated as has been 

observed from FIB SEM images. Based on Figure 2.9 and Figure 2.13, several inter-particle pores 

were identified along grain boundaries, whereas some intra-particle pores were also identified 

within mineral grains.  
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Figure 2.9: QEMSCAN mineral map of a MB slice. We selected to show the most abundant of 
the interpreted minerals in the color map. The resolution is 1 μm. “Others” represents 

unidentified pixels – pixels that do not fit any of the other listed mineral definitions. White 
represents the pores. 
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Figure 2.10: QEMSCAN porosity map of the MB mini plug.  In these images, the color legend 
differs from the previous QEMSCAN image because it is actually a different type of scan than 
the mineralogy scan in that it is specifically tuned to target pores and organic content. Note that 
“Porosity + Mineral” represents a region where the scan is interpreted to be at an interface 

between a pore and mineral. 
 

 

Figure 2.11: Associated minerals around pores in percentages. 
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Figure 2.12: QEMSCAN organics map overlaid on QEMSCAN porosity map to collocate 
organic matter with porosity. Because of motion artifact, locations of some organic matters 

presented in green need to be corrected by the black arrows. Most organic matters are located 
around or within pores.  

 

 

Figure 2.13: QEMSCAN porosity map overlaid on QEMSCAN mineral map to visualize the 
mineral-pore alignment. White = pore. Dark green = illite. Green = chlorite. Black = other 

minerals. 
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2.4 Summary 

 Petrophysical properties of samples taken from the Middle Bakken formation were 

measured and presented in this chapter. First, basic porosity and permeability measurements 

indicate that the porosity ranges from 1 % to 10 % and the absolute permeability averages 0.0006 

mD. The MICP measurements give the pore sizes that correspond to the entry pressures. The 

average pore sizes of “fractures” in samples that feature bi-modal pore-size distributions and 

“matrix” in samples with bi-modal and unimodal pore distributions are 0.077 μm and 0.043 μm, 

respectively. Pore size distributions determined by Li et al. (2015) agree with our data on the same 

order of magnitude. FIB SEM images show that identified large pores are irregular but 

predominantly elongated and slit shaped. QEMSCAN images show that pores are typically 

associated with illite. QEMSCAN also shows that some pore space is occupied by organic matter. 

Minerals making up the pore walls are predominantly quartz, illite, carbonate and dolomite. There 

is a trend that the porosity of samples increases with increasing amount of quartz and illite. It was 

observed that lower porosity by calcite and dolomite cementation in Middle Bakken also leads to 

lower permeability. Previous studies on Bakken samples concluded similar results based on 

imaging analyses (Sarg 2012; Kurtoglu et al. 2014; Li et al. 2015). Because water tends to bind to 

clay minerals, the amount of oil in the pores decreases with increasing illite content, starting from 

an illite fraction of 10 %.  
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CHAPTER 3  

MULTIPHASE FLOW 

 

 This chapter presents multiphase flow experiments in cores (i.e., MB1 and MB2) from 

Goliath North Field and Poe Field of the Middle Bakken. A core flooding system was built to 

determine the end-point two- and three-phase relative permeabilities under steady-state flow 

conditions. The implications of obtained results are discussed based on conceptual models. 

Tortuosity for multiphase flows, a parameter that appears in the conceptual models, is compared 

to tortuosity obtained from resistivity measurements.  

 

3.1 Multiphase Flow  

Multiphase flow in porous media has been explored over the past several decades because 

of its important applications in multiple disciplines. The diverse phenomena related to multiphase 

flow in porous media including but not limited to interactions between fluid phases and between 

fluids and the solid have been investigated extensively from macroscale to microscale (Wooding 

and Morel-Seytoux 1976; Adler and Brenner 1988; Avraam and Payatakes 1995). Early studies of 

simultaneous flow of multiple fluids was pioneered by Hassler et al. (1936) and Wyckoff and 

Botset (1936). Hassler et al. (1936) initiated an experimental study of two-phase flow in sandstone 

that determined air relative permeabilities by displacing oil. Wyckoff and Botset (1936) conducted 

experiments on unconsolidated sand packs of different permeabilities with water and carbon 

dioxide simultaneously flowing through the pack. These early work are followed by many studies 

on multiphase flows that have since then been published.  

Multiphase flow is a topic not unique to the petroleum industry. The petroleum industry, 

however, is particularly interested in multiphase flows in porous media due to the nature of 

petroleum reservoirs. In a petroleum system, a displacement process can be considered as an 

immiscible two-phase flow. It is applicable to both primary and secondary oil production and 

enhanced oil recovery. Complex fluid transport in porous media cannot be described by analytical 

theories alone. As a result, the relative permeability of a phase was introduced into Darcy’s law to 

represent the conductive capacity when two or more fluids are present simultaneously in a porous 

medium (Honarpour and Mahmood 1988). Laboratory measurement of the relative permeability 
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is classified into steady-state and unsteady-state methods. In the unsteady-state (USS) method, one 

phase is displaced by another phase, while both phases are injected simultaneously in the steady-

state (SS) method. Honarpour and Mahmood (1988) stated that the SS method has the widest 

application and the greatest reliability because the uncertainties in capillary end effects, saturation, 

and calculation scheme are minimized. However, this method requires much longer time than the 

USS method. The USS method is the quickest method to determine relative permeability but 

capillary end effect, viscous fingering, and channeling in heterogeneous cores cannot be avoided 

in the USS method. Interpretation methods derived based on oversimplified flow conditions may 

also misconstrue the data.  

Relative permeability is dependent upon samples, fluids, and temperature and pressure 

conditions (Krevor et al. 2012), and a large number of studies have been carried out to identify the 

effects of various parameters. Craig (1971), Lake (1989), and Dullien (1992) attempted to 

characterize the relative permeability through wettability and the capillary number. Craig (1971) 

presented typical relative permeability curves as a function of wettability. The curve hence serves 

as an indicator of wettability. But, there are exceptions (Raza et al. 1968). Anderson (1987) stated 

that relative permeability is a function of wettability, pore geometry, fluid distribution, fluid 

saturation, and saturation history. For intermediate-wet (contact angle ≈ 90°) systems, the relative 

permeability of the wetting phase tends to increase with decreasing the fraction of the wetting 

surface, while the non-wetting phase relative permeability tends to decrease. The interfacial 

tension (IFT) has an impact on the shape of the relative permeability curves (Amaefule and Handy 

1982; Bachu and Bennion 2008). Bachu and Bennion (2008) pointed out that the relative 

permeability depends on pore size characteristics and water salinity as well. In addition, Bennion 

and Bachu (2006) performed experiments of CO2 displacing brine (drainage) to identify a 

relationship between IFT and end-point relative permeability. The end-point relative permeability 

of the nonwetting (CO2) phase decreased as the interfacial tension increased. Higher fractions of 

microporosity (< 1 micron diameter pore) in their pore system led to higher end-point relative 

permeability of the nonwetting phase because of more uniform displacement character. Odeh 

(1959) investigated the effects of viscosity ratio on the relative permeability of the wetting and 

nonwetting phases by flowing simultaneously at various ratios of oil and brine in the direction of 

increasing brine saturation until the residual oil saturation was reached. It was found that the 
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relative permeability of the nonwetting phase increases with increasing viscosity ratio. The relative 

permeability of the wetting phase is not affected by the viscosity ratio.  

In this work, we focus on the end-point relative permeability of the Middle Bakken samples. 

A core flooding system was built to perform the multiphase flow experiments. Despite the 

significant time needed, the steady-state method was used for its superior reliability. Then, the 

obtained data were interpreted using the method proposed by Ramakrishnan and Cappiello (1991). 

A conceptual model was then proposed to explain the measured end-point relative permeability. 

The tortuosity from the model was compared to those measured from the complex resistivity.  

 

3.2 Experimental Setup and Procedure 

 Multiphase flow experiments were conducted in a 1.5 in. cleaned core plug (MB1) and a 

preserved (MB2) core plug of the same size to determine two- and three-phase relative 

permeabilities. Both core plugs were cut perpendicular to bedding, so the flow was in the direction 

of maximum permeability. The preserved sample was kept frozen, before the measurements were 

made, to minimize fluid loss and changes in fluid-fluid and fluid-solid properties. The cleaned 

sample was cleaned again by toluene and then methanol in a Soxhlet extractor. Prior to receiving 

the cleaned sample, the sample was cleaned by toluene first, then chloroform and then methanol 

by Weatherford Labs. The petrophysical properties of the core plugs are provided in Table 3.1.  

 

Table 3.1: Dimensions and petrophysical properties of the MB core plugs  
used in this study. Properties were measured by Weatherford Labs. 

Sample 
Diameter, 

cm 

Length, 

cm 

Porosity,  

% 

Permeability, 

µD 
Mineralogy (in order of abundance) 

MB1 3.799 3.692 6.65 0.3204 

Quartz, potassium-feldspar, illite/mica, 

calcite, dolomite, dolomite (Fe/Ca), 

plagioclase, chlorite, halite 

MB2 3.823 3.411 3.131 0.3001 

1Calcite, quartz, dolomite, plagioclase, 

illite/mica, potassium-feldspar, pyrite 

1Mineralogy of a sister core plug, less than 1 ft away from MB2 and composed of similar characteristics, is presented. 
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2% KCl and decane were selected as substitutes for the produced brine and oil, based on the 

experience of pore clogging by precipitation from the filtered produced brine during oil flooding. 

This alteration is necessary, as otherwise multiphase flow cannot happen in MB core plugs. The 

end-point relative permeability measurements of both drainage and imbibition cycles were 

measured.  

A core flooding system (Figure 3.1) was built to conduct the multiphase flow experiment. 

The system measures upstream and downstream pressures, injection flow rate, and produced fluid 

volumes with time. It is from these data that absolute and relative permeabilities were obtained. 

To begin the experiment, a 1.5 in. diameter core plug was placed inside a viton sleeve and then the 

sleeve, end plugs, and the coreholder were assembled.  

 

 

Figure 3.1: Schematic of core flood system. 
 

Spacer was attached to the end plug to adjust for different core lengths. The space between the 

coreholder and the sleeve containing the core sample was filled with de-ionized water, and 

pressurized to the desired confining pressure. For this work, the confining pressure was typically 

3,000-3,500 psig. The confining pressure applied over the plug prevents the bypassing of the 

injected fluids around the plug. The coreholder was equipped with confining, inlet, and outlet 

pressure transducers and a back-pressure regulator (BPR). The transfer vessel that contains 2% 

KCl or decane was connected to the coreholder to inject the fluid into the core plug. A high 
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precision syringe pump (260D, Teledyne ISCO) was operated under the constant-pressure mode 

to push the fluid in the transfer vessel into the core plug. The BPR was set at approximately 50 psi. 

For three-phase experiments, a gas charged syringe pump (260D, Teledyne Isco) was connected 

directly to the coreholder to introduce gas into the sample. The effluent was collected in pipettes 

and the volume of the effluent was measured over time by a camera (Nikon, D5100) shooting at a 

frequency of once every five minutes. The accuracy of the volume measurements is ± 0.05 cm3.  

The first step in the experiment was to measure permeability of the plug to 2% KCl by the 

Darcy’s law. The 2% KCl (synthetic brine) was prepared with de-ionized water and KCl (≥ 99 %, 

Fisher Scientific). Once the flow rate stabilized under a constant pressure control, the permeability 

was calculated to be 0.320 µD and 0.300 µD for MB1 and MB2, respectively. Then, decane (≥ 

99 %, Sigma-Aldrich) was injected into the saturated sample, followed by 2% KCl flooding. The 

cycle of decane-2% KCl flooding measured the end-point relative permeability of oil at the residual 

water saturation and the end-point relative permeability of water at the residual oil saturation. Each 

cycle took a very long time (2-3 months) to reach steady flow rate under constant pressure injection. 

The end-point relative permeability was calculated using the technique developed by 

Ramakrishnan and Cappiello (1991). In their work, a constant pressure condition was imposed at 

inlet and outlet boundaries. The key assumptions are that the injected phase is connected to the 

end of the core plug at the residual saturation of the defending phase, and that the capillary pressure 

at the outlet is zero. These assumptions are equivalent to the situation that the defending phase 

becomes immobile at its residual saturation. The capillary pressure at the inlet is identical to the 

measured pressure drop across the core. The end-point relative permeability at the residual 

saturation was calculated using the following equation.  

0r x
c x o

L q
k

Ak p










   (3.1) 

where   is the viscosity of the injected fluid, L  is the length of the core plug, A  is the cross-

sectional area of the core plug, k  is the absolute permeability to 2% KCl, q  is the injection 

volumetric flow rate, and 
0c x

p


 is the capillary pressure at the inlet, which, according to the model 

used, is equivalent to the pressure drop across the core. 
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 In the decane injection step, it was observed that the residual water saturation was high, 

above 0.5, for both samples even though the Middle Bakken is generally known as an oil-wet or 

intermediate-wet formation (Wang et al. 2012). This could be a result of clay-bound water 

especially that retained by illite that occurred in pores. Craig (1971) stated that the residual water 

saturation is generally less than 0.15 in oil-wet system and greater than 0.20 to 0.25 in a water-wet 

one. With the limited set of tests performed in this study, this rule does not appear to be applicable 

to Middle Bakken samples. Note that exceptions have also been found elsewhere, as those reported 

by Raza et al. (1968). According to Dean-Stark extractions performed by Weatherford Labs, fluid 

saturations in MB1 the cleaned sample were 51.8 % and 22.6 % for water and oil, respectively. 

The rest of the pore space was occupied by air due to fluid loss. Weatherford Labs’ data on MB1 

therefore also indicate that Middle Bakken samples tend to have high irreducible water saturations. 

At the end of decane injection, at least 5 pore volumes (PV) of decane were circulated through the 

samples to reach the steady-state flow condition. Then, the relative permeability and the residual 

saturation were calculated. The relative permeabilities to oil are 0.15 and 0.40 and the residual 

water saturations are 0.60 and 0.50 for MB1 and MB2, respectively.  

The decane injections were followed by water displacements in the oil saturated cores with 

residual water saturations. At the end of displacements, the end-point relative permeabilities to 

water at residual oil saturations were determined. The end-point relative permeabilities are low, 

indicating that multiphase effects such as trapping and hindering are significant in the two tested 

plugs. These multiphase effects become more pronounced in micro- and nano-scale pore systems 

because of elevated capillary pressure. The brine (2% KCl) injected to MB2 for the permeability 

measurement prior to the oil displacement may have altered the wettability. The saturation range 

where both fluids are mobile (mobile saturation) is averaging approximately 10% with an average 

residual oil saturation of 0.32.  

After water displacement, MB2 was cleaned in the extractor by solvents in the order of 

toluene, chloroform, and methanol. MB2 was saturated with 2% KCl solution in a desiccator using 

a vacuum pump, and placed in the core flooding system to displace any air trapped in pore until 

no more air was produced. Residual water saturation 
wrS  = 0.535 was reached after injection of 3 

PV of decane. Then, nitrogen gas was injected into oil saturated MB2 at residual water saturation. 

A small amount of water (~0.2 cm3) was produced even though the core plug was at the residual 
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water saturation. Residual liquid saturation 
lrS  = 0. 72 was achieved after gas displacement which 

consists of 
wrS  = 0.37 and 

orS  = 0.35. With the presence of three phases, the multiphase effect 

became more noticeable, resulting in the lower value of gas relative permeability. 

The results of the measurements in Figure 3.2 are plotted along with the results from 

Kurtoglu et al. (2014) to facilitate a comparison. Our results are in general consistent with the 

unsteady-state relative permeability measurements presented in Kurtoglu et al. (2014). 

 

 

Figure 3.2: End-point relative permeability at residual saturations. The graph on the left presents 
oil relative permeability, the graph in the middle presents water relative permeability, and the 

graph on the right presents gas relative permeability. Dash lines with the arrows represent 
directions of saturation change in the experiments.  

 

 Equation 3.2 describes error propagation (Ku 1966). It was used to calculate the 

contributions of system components to the uncertainty in the measured relative permeability. The 

uncertainty in permeability k  in the Darcy equation is denoted as 
k :  

2 22 22

3 22

q pdL
k

L q Lq L q Lq

pA pA pA p d A p

     


       
                      

   (3.2) 

where, flow rate q  = 0.008 ± 0.00004 cm3/min, pressure drop p  = 2034 ± 2.5 psi, viscosity   

= 1.02 ± 0.002 cP, length L = 1.454 ± 0.001 in., and diameter d  = 1.496 ± 0.001 in. The  .  

represents the uncertainty of subscripted variable.   
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The relative error /k k  was 0.57 % which was dominated by the flow rate read from the pump. 

After the uncertainty in k  was calculated, the uncertainty 
k  related to 

rk  was determined using 

Eq. 3.3. 

2 2 2

22 2

3 2 22

r

c x o

qL

c c cx o x o x o

k

pd k

c c cx o x o x o

L q q L

kA p kA p kA p

LL Lq q q

k d p k A p kA p

   


    






  



  

      
                  


                        

   (3.3) 

where, flow rate q  = 0.008 ± 0.00004 cm3/min, pressure drop p  = 2034 ± 2.5 psi, viscosity   

= 1.02 ± 0.002 cP, length L = 1.454 ± 0.001 in., and diameter d  = 1.496 ± 0.001 in., and 

permeability k  = 0.3204 ± 0.0000018 μD. Note that capillary pressure at inlet 
c x o

p


  is equal to 

p  based on Ramakrishnan and Cappiello (1991) method. 

The relative error of relative permeability /
rk rk  was 2.62%. The most significant contribution was 

about 91% from 
c x o

p


 . The next most significant contribution was about 5% from 
k  and 

followed by 4% from q .  

 

3.3 Conceptual Models for End-point Relative Permeabilities 

To better understand the implications of measured end-point relative permeabilities, a 

simple conceptual model was developed. The model applies Darcy’s law to the mobile phase 

because the defending phase at its residual saturation is essentially immobile. Figure 3.3 illustrates 

the main idea of the model: At the end of the displacement, the multiple flow paths of oil through 

a porous medium can be collectively conceptualized as a tortuous zone with a variable cross-

section  a x . At the residual water saturation, multiphase flow illustrated in Figure 3.3 should 

satisfy the multiphase Darcy’s equation, Eq. 3.4, with *

rok  representing the end-point relative 

permeability of oil.  
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Figure 3.3: The graph on the left (a) presents final state of the porous medium, highlighting flow 
paths (white arrows) that have been developed for the oil (brown) to flow through. The graph on 
the right (b) presents the collectively conceptualized zone (Region 1) in which the oil has totally 

displaced water. Residual water is in Region 2.    

 

* *

o ro

o

k p
Q k A

L


    (3.4) 

On the other hand, since water phase is immobile, p  subject to *

oQ  can be calculated using 

single-phase Darcy’s equation, assuming that oil flow only takes place in the Region 1. Here, for 

simplicity, both the porosity and the permeability are assumed to be uniform and identical between 

Region 1 and Region 2. Owning to the variable cross-section  a x  of Region 1, p  is given by 

*

0
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o
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      (3.5) 

Since the porosity in Region 1 is the same as that in Region 2, oil saturation at position x,  oS x , 

can be calculated as  a x A . The  a x  in Eq. 3.5 is therefore replaced by  oS x A .  

*

0

1

( )

L

o
o

o

p Q dx
kA S x


      (3.6) 

The saturation function,  oS x , must satisfy the constraint that integration of  oS x  along x 

should give the overall oil saturation which is one minus the irreducible water saturation 
wrS . The 
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overall saturation 
oS  is the saturation used to correlate the end-point relative permeability of oil, 

i.e.,  *

ro ok S .   

 
0

1
1

L

o o wrS S x S
L

      (3.7) 

In addition to the above constraint, we imposed additionally the following boundary conditions for 

 oS x   

  1

2
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o

o

S x
S x
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   (3.8) 

1oS  is the oil saturation at the inlet and 2oS  is the oil saturation at the outlet.  

Based on the above conditions, a simple transition function for  oS x  was defined by subtracting 

2oS  from  oS x  and then dividing the remain with  1 2o oS S . This transition function equals unity 

at x L =0, and zero at x L =1.  
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   (3.9) 

This transition function is then formulated using an exponential function  

  2

1 2

1o o

o o

S x S x

S S L

      
   (3.10) 

Here   is a positive number. A linear variation in  oS x  is achieved when   = 1. By varying the 

values of  , some nonlinear variations in  oS x  can be achieved, as shown in Figure 3.4. Note 

that the three saturation profiles shown in Figure 3.4 all satisfy the constraint Eq. 3.7. Eq. 3.10 can 

be re-written as  

   2 1 21o o o o

x
S x S S S

L


     
 

   (3.11) 

From Eq. 3.4 and Eq. 3.6, an expression for the relative permeability *

rok  is obtained. By adjusting 

the boundary conditions 1oS , 2oS , and the shape of the saturation profile   while meeting the 
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constraint Eq. 3.7, it is possible to adjust the end-point relative permeability, as shown in Figure 

3.4. 

 

*

0

ro L

o

L
k

dx

S x




 

  (3.12) 

The relative permeabilities *

rok  in Figure 3.4 were computed using Eq. 3.12. It is observed that, 

however, that the calculated relative permeabilities for given 1oS  were not sensitive to   and higher 

than experimental data.  

 

 

Figure 3.4: Oil saturation distribution of (a) MB1 and (b) MB2 at different  . 

 

In order to explain this difference, an additional consideration is that in a porous medium 

flow path may deviate from straight lines due to even slight heterogeneity within the porous 

medium (Figure 3.5).  

 

 

Figure 3.5: Tortuous flow paths (blue with black arrows) of the invading fluid in a porous media. 
Areas that are not invaded are in brown.  
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One way to incorporate the effect of a tortuous path into the model is to insert tortuosity   in Eq. 

3.12; however, there different tortuosity definitions (e.g., geometric, hydraulic, electrical, and 

diffusive) in the literature. ‘Geometric tortuosity’ is defined as:  

e
G

L

L
     (3.13) 

where, 
eL  is average distance traveled and L  is the straight-line distance.  

‘Hydrodynamic tortuosity’ 
H  is a measure of the ratio of the absolute value of the velocity in a 

curved streamline to the component of the velocity in the direction of the velocity gradient, i.e., 

H

x

u

u
     (3.14) 

According to the bundle-of-capillary-tubes model, 
H G  . Typical hydraulic tortuosity varies 

from 1 to 1.7 depending on porosity (Matyka et al. 2008). Matyka et al. (2008) also found good 

agreement between hydraulic and diffusive tortuosity, but it is not clear whether the agreement 

was a coincidence or can be generalized.   

‘Diffusive and advective tortuosity’ in porous media, 
D  is defined as the ratio of diffusion 

through the confined space of porous media to that in the bulk fluid, i.e.,   

D

e

D

D
     (3.15) 

where D  is bulk diffusion coefficient in fluid and 
eD  is effective diffusion in porous media.  

According to the bundle-of-capillary-tubes model, 2

D G  . In Yong et al. (2014), diffusive 

tortuosity in 2D porous media geometries made by Voronoi tessellation is in range of 1 to 2. It was 

also observed from the authors that heterogeneity increases the diffusive tortuosity while the larger 

porosity leads to lower tortuosity.  

Finally, the electrical tortuosity is related to the formation resistivity factor as shown:  

E F     (3.16) 

where F  is the ratio of the resistivity of the rock saturated with brine divided by the resistivity of 

the brine and   is porosity. Tortuosity measured using flow of DC current in the absence of 
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influence of surface charges is the same as the diffusive tortuosity because current flow occurs by 

the diffusive motion of ions. 2

E D G    .   

The model for relative permeability taking into consideration of the geometric tortuosity of the 

flow paths is 

 

*

0

ro L

o

L
k

dx

S x





 

  (3.17) 

Here, as in the Kozeny-Carman equation,   is the square of the geometric tortuosity 
G .    

We find that using the following parameters can give the experimentally measured end-

point relative permeability of oil. For MB1, 1oS  = 0.45,   = 1, and   = 2.6527 give *

rok  = 0.15 at 

oS  = 0.4; for MB2, 1oS  = 0.55,   = 1, and   = 1.2458 give *

rok  = 0.40 at oS  = 0.5. Note that 

these profiles are not unique. Therefore, it should be of interest in the future to design experiments 

to measure saturation distributions in porous media.  

 

3.4 Resistivity Measurement 

At this time, there is no means in the laboratory that can be used to measure saturation 

distribution in a core that may be used to verify the model. However, we note that in conventional 

porous media where surface charges do not interfere with DC resistivity measurements, it is a 

common practice to use 
E  in the Kozeny-Carman equation. This motivated us to measure 

electrical tortuosity from electrical resistivity measurements. Although in our tight rocks 

interference of surface charges is very likely, electrical resistivity is the only measurement at hand 

that can be used to generate information on the tortuosity of transport pathways.  

Resistivity measurements were performed at the ambient condition using a multimeter 

(HHM290 TrueRMS Supermeter, Newport) and a spectral induced polarization (IP) unit for direct 

current (DC) and alternating current (AC) voltages, respectively, after the sample was fully 

saturated with 2% KCl. AC measurements were taken at frequency f = 10 Hz because conductivity 

stabilizes after reaching a plateau, shown in Figure 3.6. The measurements at 100 Hz make no 

apparent difference in tortuosity calculation.  
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Figure 3.6: Conductivity measurements on Middle Bakken samples using a spectral induced 
polarization (IP) unit. 

 

For AC measurements, the four-electrode approach was adopted. Two electrodes act as 

current source and sink, while the other two electrodes are used for potential difference (voltage) 

measurement. Two copper electrodes were used in the DC measurements. From both methods, 

resistance R  was measured. Then, Eq. 3.18 was used to calculate resistivity  .  

A
R

L
     (3.18) 

where A is the cross-sectional area of the measured plug and L  is the length of the measured plug. 

Based on Archie's equation, the electrical tortuosity 
E  is given by the following equation.  

E F   ,  DC IP      (3.19) 

where F  is the formation factor defined as F =
w  , 

w  is the resistivity of 2% KCl 

solution. For this work, 
w  is 0.303 ohm·m. The electrical tortuosity of the two samples are listed 

in Table 3.2.  

Tortuosity   from the saturation-based relative permeability model at   = 1 was compared to the 

electrical tortuosity. 1oS  = 0.45 for MB1 and 0.55 for MB2. Note that the relative permeability 

measurements were performed under native state in the MB2, but the IP measurements were 

conducted after the sample was cleaned. Data presented by Kurtoglu et al. (2014) were used as 

additional set to validate the model.  
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Table 3.2: Tortuosity of MB1 and MB2. 

  MB1 MB2 

L, cm 3.692 3.411 

* @ro wrk S  0.15 0.40 

wrS  0.60 0.50 

  2.65 1.25 

DC

E  118.03 62.18 

AC

E  2.49 7.47 

 

Complex resistivity experiments on Middle Bakken samples performed by Niu et al. (2016) were 

plotted together in Figure 3.7 for purposes of comparison. The resistivity measurements were taken 

at frequency f = 100 Hz when contribution from the electrical double layer polarization was 

maximized. Harmonic average tortuosity that they obtained is 8.11 ± 3.09. The electric tortuosities 

measured do not agree with the tortuosities emerged from the model. From these measurements, 

we learned that measurement and interpretation of resistivity themselves are complicated topics 

that may not be immediately used to generate data that can be used to support the relative 

permeability model. 

 

 

Figure 3.7: Comparison of tortuosity. 
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Direct measurement or visualization of saturation distribution should be the most relevant 

experiment in the future to verify the saturation-based end-point relative model presented in this 

chapter.   

Differences in AC and DC measurements can be explained by different mechanisms of 

current conduction. It has been pointed out that DC measurements are mainly controlled by 

conduction within the pore fluid and IP measurements are strongly affected by processes at the 

fluid-grain interface (Binley and Kemna 2005; Revil 2012). In another word, DC measurements 

neglect surface conductivity. The two-probe method used for the DC measurements is 

recommended for higher resistive samples. The four-probe method is preferable for lower resistive 

samples (Singh 2013). According to Shahroodi (2010), DC method measures a higher resistivity 

than AC method. In IP measurements, membrane polarization dominates the overall polarization 

response (Revil 2012).  

 

3.5 Summary 

The end-point relative permeabilities of MB1 and MB2 samples during oil saturation, water 

flooding, and gas injection were measured using the steady state method. A conceptual model 

based on tortuosity and a variable saturation profile was derived to explain the low end-point 

relative permeabilities. The model was able to explain the measured end-point relative 

permeability with reasonable tortuosity values. The variable-saturation model with tortuosity 

therefore enables a new point of view to understand end-point permeability. The tortuosity 

estimated from the model, however, was not in agreement with electrical tortuosity obtained from 

resistivity measurements.  Data on saturation distribution will be very useful for verification of 

this model.   
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CHAPTER 4  

LATTICE BOLTZMANN METHOD 

 

 Direct numerical simulation of multiphase flows in porous media is a promising approach 

to obtain detailed saturation distribution and velocity fields for in-depth analysis of the dynamics. 

In this chapter, the development of a two-phase lattice Boltzmann (LB) method based on the color 

gradient model is presented. The programmed LB model with pressure boundary condition was 

validated using the existing results from literature. This method was then utilized to characterize 

relative permeability and hydraulic tortuosity of flows in porous media. The geometry of porous 

media was constructed using two-dimensional Voronoi diagrams with channels. Factors 

influencing the relative permeability were investigated using the LB model.  

 

4.1 Multiphase Lattice Boltzmann Method 

Lattice Boltzmann method (LBM) is a relatively new approach to simulate multiphase 

flows in complex geometries. It is a promising tool complementary to traditional macroscopic 

models in that it can investigate complex dynamics of multiphase flows on pore scale. Multiphase 

macroscopic models such as the homogeneous flow model, the separated flow model, the drift-

flux model, and the statistical average model (Sun 2016) all require relative permeability as an 

input prior to numerical simulations can be carried out. The relative permeability, nonetheless, can 

only be determined by pore-scale methods such as pore network model and LBM. Pore-scale 

simulations are attractive alternatives to experimental measurements because experimental 

measurements are often time consuming and difficult to control. Relative permeability curves 

directly obtained from phase distributions revealed by pore-scale simulations provide deeper 

insight into multiphase transport processes in porous media. Moreover, pore-scale numerical 

models allow one to perform sensitivity analysis easily over pore structure properties (e.g., shape, 

size, connectivity, surface area and wettability) and fluid properties (e.g., viscosity ratio, density 

ratio, and IFT). It is usually difficult to vary these parameters in a controllable fashion in 

experiments. The LBM as a pore-scale simulation method has advantages over other pore-scale 

numerical models in that it allows easy parallelization, implementation of complex boundaries, 

and simulation of complex interfacial dynamics (Chen and Doolen 1998; Liu and Zhang 2011; 
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Wang et al. 2011a). The pore network model is not considered in this work because it does not 

directly solve the equation of fluid flow. Hence, dynamic effects such as mobilization and flow of 

discontinuous phases are not accurately captured. Besides, compared to LBM that can directly use 

images of porous media, constructing equivalent pore networks from images is not as 

straightforward (Ramstad and Hansen 2006; Idowu and Blunt 2010).  

The LBM is applicable to a wide range of applications and disciplines. In this work, the 

application of the LBM on characterization of the relative permeability is the focus and is reviewed. 

Martys and Chen (1996) used a 3D microtomography sandstone image to compute RP using a 

multicomponent Shan-Chen model and compared with experimental data. There was a reasonably 

good agreement between simulation results and experimental data. Buckles et al. (1994) and 

Ferréol and Rothman (1995) also used a 3D image of a sandstone and compared simulation results 

with experimental data. Li et al. (2005) investigated viscous coupling effects in a 3D porous 

medium. The effects of capillary number, wettability, and viscosity ratio on the relative 

permeability curves were studied in detail. It was found that the curves strongly depend on fluid-

fluid interfacial area. Ghassemi and Pak (2011) also analyzed the factors influencing the curves 

using multicomponent Shan–Chen model LBM. The authors found that the pore geometry has no 

influence on the wetting phase RP. The effect of the viscosity ratio however is significant on the 

RP of the nonwetting fluid while the effect on the RP of the wetting fluid is negligible. Hao and 

Cheng (2010) presented a similar study using a 3D image of a packed-sphere bed. Huang et al. 

(2009) also investigated the viscous coupling effects at higher density ratios for immiscible two-

phase flow in a 2D porous medium using a single component multiphase pseudopotential model. 

The effects of both concurrent and countercurrent flows on saturation distributions and the curves 

were explored. Ramstad et al. (2010; 2012) used lattice Boltzmann modeling to mimic steady and 

unsteady state measurements of RP curves. It was reported that the viscosity ratio may affect the 

end-point RP at low capillary numbers, and the residual saturation depends strongly on the 

capillary number. Dou and Zhou (2013) studied the effects of homogeneous and heterogenous 

porous structures on relative permeability. They found that the pore size distributions in porous 

media have significant effects on both wetting and non-wetting phase curves and saturation 

distribution.  
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Multiphase LB schemes available in the literature include the pseudopotential model (Shan 

and Chen 1993), the free energy model (Swift et al. 1996), and the color gradient model (Rothman 

and Keller 1988; Gunstensen et al. 1991). The pseudopotential model uses microscopic 

interactions to describe the intermolecular potential, and potential function separates the two 

phases (Chen and Doolen 1998; Liu et al. 2012). Even though the model is widely applied, it 

suffers from the spurious velocities at interfaces, and numerical instability is reported at low 

capillary numbers and high viscosity ratios (Liu and Zhang 2011). In the free energy model, the 

phases effect is directly accounted for in the collision process (Reis and Phillips 2007). The 

equilibrium distribution is defined consistently based on thermodynamics that satisfies the local 

conservation of mass and momentum (Chen and Doolen 1998; Liu and Zhang 2011). However, 

the free energy model suffers from lack of Galilean invariance except for the density ratio of one 

in a binary system (Liu et al. 2012). Later, the deficiency from Galilean invariance was corrected. 

The color gradient model computes particle distribution separately for two different fluids. The 

original color gradient model presented by Rothman and Keller (1988) was improved by 

introducing binary collision and recoloring steps that reduces the lattice pinning effect and 

decreases the spurious currents (Gunstensen et al. 1991; Latva-Kokko and Rothman 2005a). Later, 

Reis and Phillips (2007) presented a two-dimensional nine-velocity (D2Q9) lattice Boltzmann 

model for immiscible binary fluids with modified collision operator to satisfy the conservation 

laws and recover the extra volume source term in the multiphase Navier-Stokes equations. In the 

color gradient model, the wettability is applied by assigning densities in the solid node. Due to the 

simplicity, the color gradient model is preferable for two-phase flows in porous media (Huang et 

al. 2014). In addition, the advantage of the model is independent selection of surface tension, 

density ratio, and viscosity ratio (Reis and Phillips 2007).  

In this work, a two-dimensional nine-velocity two-phase color gradient lattice Boltzmann 

model was used to compute relative permeability curves of geometries constructed based on two-

dimensional Voronoi diagrams. The focus was to evaluate the shape and end-points of the curves 

at different conditions and attempt to relate the end points to the tortuosity. Here, a brief description 

of the LB method used in this work is provided along with the implementation of the pressure 

boundary condition. Several tests were run to verify the developed LB code.  
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In the color gradient model, the particle distribution function k

if  for fluid k , where k  = 

r  or b  denotes the color (red or blue), is calculated by collision and streaming steps.  

      ,  , ,k k k

i i i if x c t t t f x t x t        (4.1) 

In Eq. 4.1, x  is location, 
ic  is the lattice velocity and t  is the time step. For D2Q9 model, the 

lattice velocity is defined as following.  

 
0 1 1 0 0 1 1 1 1

1, ,9
0 0 0 1 1 1 1 1 1

ic i
   

     
 

The collision operator  ,k

i x t  is comprised of three parts (Tölke et al. 2002). 

   , 3 1 2k k k k

i i i ix t       (4.2) 

where 1k

i  is a multiple-relaxation-time (MRT) collision operator, 2k

i  is a two-phase collision 

operator that applies to the interfacial region and generates the interfacial tension, and 3k

i  is the 

recoloring operator that enforces phase segregation and keeps the interface sharp. 

For 1k

i , although Bhatnagar-Gross-Krook (BGK) collision operator is widely used in 

color gradient LB models due to its simplicity, the MRT collision operator was used in this work 

to enhance the numerical stability (D'Humières 2002). The MRT operator is an extension of the 

single relaxation time BGK operator that has a generalized collision matrix with multiple 

relaxation times corresponding to the macroscopic variables such as densities, momentum and 

stress tensors given as kinetic moments of the distribution function (Premnath and Abraham 2007; 

Pattison et al. 2007). In recent studies (Huang et al. 2013; Ba et al. 2016; Huang et al. 2017), it 

was pointed out that, for flows with density contrast, different forms of equilibrium functions or 

collision operators are needed to eliminate an error term. Nevertheless, new schemes are needed 

for all flows with density contrast. In this work, only fluids with equal density were simulated. 1k

i  

is defined as  

   11 , ,k eq

i M S m x t m x t          (4.3) 

where 1M   is the inverse transformation matrix, S  is the relaxation matrix, and m  is the moment 

vector ( m  = Mf ).  
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The equilibrium distribution function is defined as  

   2, 29 3
, 3

2 2

k eq k

i k i i i if u W c u c u u             
   (4.4) 

The weight 
iW  and k

i  for D2Q9 are  

4 / 9 1

1/ 9 2, ,5

1/ 36 6, ,9

i

i

W i

i


 
 

   (4.5) 
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1 / 5 2, ,5

1 / 20 6, ,9

k

k

i k

k

i

i

i


 




  
  

   (4.6) 

where 
k  is a free parameter. 

B  must be less than 1 to avoid negative pressures. The following 

constraints must be satisfied to obtain a stable interface.  

1

1
R B

B R

 
 





 

0 ≤ 
B  ≤ 

R   ≤ 1 when 
R  ≥ 

B  and 0 ≤ 
B   ≤ 1  

  (4.7) 

The macroscopic variables are calculated as 

9

1

          ,k

k i

i

f k R B


     (4.8) 

     
9

1

R B

R B i i i i

i

u f c f c 


       (4.9) 

 2 1 6           ,k k

LBv k R B      (4.10) 

The pressure is related to the density by p  = 2

k sc  where 
sc  = 1 3  is the speed of sound. 

After    , ,eqS m x t m x t    relaxes all moments, it is multiplied by the inverse of M  so 

that the relaxed moments are casted back to the population space spanned by f  (Krüger et al. 

2017). In this work, the transformation matrix M  and the relaxation matrix S  are defined as  
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1 1 1 1 1 1 1 1 1

4 1 1 1 1 2 2 2 2

4 2 2 2 2 1 1 1 1

0 1 1 0 0 1 1 1 1

0 2 2 0 0 1 1 1 1

0 0 0 1 1 1 1 1 1

0 0 0 2 2 1 1 1 1

0 1 1 1 1 0 0 0 0

0 0 0 0 0 1 1 1 1

M

 
      
    
    
    
 

   
   
 

  
   

 
  (4.11) 

 1 2 3 4 5 6 7 8 9, , , , , , , ,S s s s s s s s s s    (4.12) 

The relaxation parameters in S  are 1s = 4s = 6s = 0, 2s = 3s = 8s = 9s = 1
LB

 , and 5s = 7s =

   8 2 1 8 1   . 
LB  is related to the viscosity of the fluid by Eq. 4.10.  

As to the two-phase collision operator 2k

i , in the literature there are several different 

forms. In this work, the operator proposed by Reis and Phillips (2007) is used.  

 2

2
2

2

i gk k
i g i i

g

c FA
F W B

F

 
   
 
 

   (4.13) 

where 
kA  is a free parameter controlling the surface tension,    

9

2
g i R i B i

i

F c x c x c 


       

and 

4 27, 1

2 27, 2, ,5

5 108, 6, ,9

i

i

B i

i

 
 
 

 

Even though the two-phase collision operator provides the interfacial tension, it does not 

guarantee the immiscibility of red and blue fluids. The recoloring operator 3k

i  is needed to 

separate the red and blue fluids and maintain a sharp interface. The operator proposed by Latva-

Kokko and Rothman (2005b) was utilized in this work. The benefit of their operator is that it 

eliminates lattice pinning and reduces spurious velocities (Liu et al. 2012). The recoloring operator 

for the red and blue fluids are defined by 

     2
3 cos ,0R R eqR R B

i i i i if f f
    
 

      (4.14) 
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     2
3 cos ,0B B eqB R B

i i i i if f f
    
 

      (4.15) 

where   is a segregation parameter between 0 and 1 that relates to interface thickness and ensure 

positive particle distribution function, 
i  is the angle between the color gradient 

gF  and the 

direction 
ic ,  cos

i g

i

i g

c F

c F



 , and 

9

1

R B

i i i

i

f f f


  . Unless otherwise stated,   is one.  

 

4.2 Boundary Conditions for Multiphase LBM 

 In this work, constant pressure boundary conditions were set at both the inlet and the outlet. 

The method to implement the pressure boundary condition is identical to that in Huang et al. (2017) 

except that here it is implemented in the D2Q9 model. Huang et al. (2017) extended the pressure 

(density) boundary condition developed by Zou and He (1996) to D3Q19 multiphase LBM.  

The non-equilibrium distributions bounced back from the inlet and outlet boundary nodes 

were modeled according to the imposed pressure (density). At the inlet, distributions 2f , 6f , and 

7f  are unknown after the streaming step, while  1,3,4,5,8,9R

if i   and  1,3,4,5,8,9B

if i   are 

the known distributions. The density at the inlet 
in  is specified and the inlet velocity 

xinu  is 

determined by 

 1 4 5 3 8 92

1

k k k k k k

k
xin

in

f f f f f f

u


      
 


   (4.16) 

The unknowns can then be obtained by 
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   (4.17) 

Then, the distribution functions were divided according to the densities of red and blue fluids at 

the inlet (
Rin  and 

Bin ) of the previous time step.   
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   (4.18) 

The ghost nodes at boundary ( 1x I   and 1x O  ) as illustrated in Figure 4.1 are needed for 

two-phase collision and recoloring collision operators. We let distributions on the ghost nodes at 

1x I   be the same as those on the inlet boundary nodes:    1           1, ,9k k

i if I f I i    

 

 

Figure 4.1: Inlet and outlet boundaries of a channel geometry described by Huang et al. (2017). 

 

The pressure boundary at the outlet was implemented similarly. The outlet velocity 
xoutu  is 

calculated   

 1 4 5 2 6 72

1

k k k k k k

k
xout

out

f f f f f f

u


      
  


   (4.19) 

The unknown distributions are 
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The above distributions were divided according to the densities of red and blue fluids at the outlet 

(
Rout  and 

Bout ) of the previous time step. 

          3,8,9

          3,8,9

R Rout
i i

Rout Bout

B Bout
i i

Rout Bout

f f i

f f i


 


 

 


 


   (4.21) 

In this work, ten layers of the fluid nodes were added to the inlet and the outlet to distribute the 

pressure uniformly and to eliminate the numerically destabilizing effect of solid nodes at the 

boundaries. The pressure boundary can be modified for rate boundary condition by specifying the 

velocity instead in calculating the unknown density distributions.   

 

4.3 Validations 

4.3.1 Equilibrium shape, contact angle, and flow 

Several tests were performed to verify the two-phase color gradient LB model. In the first 

validation, the behavior of a square drop was monitored after the drop was immersed in another 

fluid. The surface tension causes the drop to change shape and eventually turn into the equilibrium 

shape of a circle. A 50 × 50 square drop was placed at the center of a 100 × 100 domain (Figure 

4.2). The parameters were 
R  = 

B  = 1, R

LB  = B

LB  = 1, IFT = 4.44 × 10-3, and contact angle   = 

90°.  

 

 

Figure 4.2: Relaxation of a square drop to its equilibrium circular shape. 
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After releasing the drop, it began to change shape immediately and eventually relaxed to the 

equilibrium shape. The viscosity of the system was sufficiently high relative to the interfacial 

tension and there was no shape oscillation. The diameter of the drop was approximately 55. 

In the color gradient LB method, the wettability is controlled by assigning densities of red 

and blue fluids to solid nodes. By placing a droplet on solid plates with different wettabilities, a 

range of contact angles was observed. Other parameters for Figure 4.3 were 
R  = 

B  = 1, R

LB  = 

B

LB  = 1, and IFT = 4.44 × 10-3.  

 

 

Figure 4.3: Evolution of droplet shapes at different contact angles. 

 

After the above static tests, the programmed model was used to simulate the steady motion 

of a long air bubble in a microchannel. This test case, known as a Taylor bubble (Taylor 1961; 

Bretherton 1961), has been studied extensively in the literature theoretically, experimentally, and 

numerically and therefore is a good case for validating the programmed LB model. Here, the 

bubble shapes for different Ca  and Re  presented by Kamali and Van den Akker (2013) were used 

as the benchmark. Kamali and Van den Akker (2013) used a 2-D pseudopotential LB method and 

simulated the Taylor bubble in a channel with the periodic boundary condition in the flow direction 

that mimics the motion of a train of bubbles. The focus of this validation was to reproduce the 

thickness of the film between the surface of the Taylor bubble and the solid walls of the channel. 

30° 60° 90°

120° 150° 180°



43 
 

This thickness is known to vary as a function of capillary number ( Ca ) and Reynold number ( Re ). 

These two dimensionless numbers are defined as 

bubCa U IFT    (4.22) 

bubRe wU v    (4.23) 

where 
bubU  is the superficial velocity of the bubble along the flow direction,   = v  is the 

dynamic viscosity of the bubble, IFT is the interfacial tension, w  is the width of the bubble, and 

v  is the kinematic viscosity. The superficial velocity is the average velocity of the blue phase in 

the direction of flow.  

In my Taylor bubble simulations, an elongated bubble (655 × 230) was placed at the center of the 

domain (2020 × 252) with periodic boundary imposed along the flow direction and solid walls to 

another direction. The parameters were 
R  = 

B  = 1, R

LB  = B

LB  = 1, IFT = 1 × 10-3, and contact 

angle   = 90°. Note that 
R  and 

B  are equilibrium densities. The capillary number and the 

Reynold number were controlled by varying a body force that was applied to both fluids.  

The bubble shapes illustrated in Figure 4.4 show an excellent agreement with Kamali and 

Van den Akker (2013) in a wide range of capillary numbers. The front of the bubble always 

exhibits the shape of a spherical cap while the rear interface gradually changes from a convex to a 

concave shape with increasing capillary number. The effect of Re  on bubble shape is minor and 

the thickness primarily depends on Ca  (Kamali and Van den Akker 2013). Although the Reynold 

number does not have a significant effect on the shape, the values of Reynolds numbers are still 

included in Figure 4.4.  

 

 

Figure 4.4: Comparison of bubble shapes at different Ca . Data presented by Kamili and Van den 
Akker (2013) are shown in black lines while colored lines are obtained from our LBM 

simulations.   

Ca = 2.52  10-3, Re = 0.02 

Ca = 1.34  10-2, Re = 0.11
Ca = 6.68  10-2, Re = 0.55
Ca = 3.56  10-1, Re = 2.09

Kamali and Van den Akker (2013) 
1.Ca = 2.30  10-3, Re = 0.27

2.Ca = 1.72  10-2, Re = 1.99
3.Ca = 7.69  10-2, Re = 8.87
4.Ca = 3.17  10-1, Re = 36.59

LBM simulation
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4.3.2 Pressure boundary condition 

In this section, the pressure boundary was validated by comparing my results against those 

in the literature. Huang et al. (2017) tested the effect of pressure boundary condition on two-phase 

flows in a rectangular three-dimensional computational domain (60 × 30 × 30). In the domain, a 

red drop was surrounded by the blue phase, and the pressure boundaries were applied in the x-

direction by specifying 
in  = 1.001 and 

out  = 0.999. The pressure difference was established 

between the inlet and the outlet, and a two-phase flow was generated. In this work, as my model 

is two-dimensional, a quantitative comparison is not possible. The simulation results were 

therefore evaluated qualitatively. A red two-dimensional drop was placed at the center of the 

domain (100 × 56); the inlet and the outlet had densities 
in  = 1.001 and 

out  = 0.999. The 

parameters were 
R  = 

B  = 1, R

LB  = B

LB  = 1, IFT = 1 × 10-3, and contact angle   = 90°. The time 

evolution of the two-phase flow and the corresponding pressure fields are illustrated in Figure 4.5.  

 

 

Figure 4.5: Time evolution of (a) phase distributions and (b) pressure fields. 

(a)

(b)
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As observed from Huang et al. (2017), the interface became perpendicular to the outlet boundary 

when the drop approached the outlet. The pressure inside the drop was maintained higher than the 

outside because of the interfacial tension. The imposed pressure boundary at the inlet and outlet 

remained even after the drop moves out from the domain. The behavior of the droplet was 

consistent with the simulation results from Huang et al. (2017).  

 

4.3.3 Relative permeability of a two-dimensional channel 

The relative permeability is often presented as a function of phase saturation. For complete, 

piston-like displacement in a two-dimensional channel, the relative permeability of a phase equals 

its saturation. Romm (1972) observed this relationship between relative permeability and 

saturation from two-phase flow experiments conducted between parallel plates using water and 

kerosene.  

rk S   ,  ow     (4.24) 

Here, the two-phase LB model was used to examine whether Eq. 4.24 can be reproduced as the 

blue phase is displaced by the red phase in a two-dimensional channel. The absolute permeability 

and relative permeability of the channel illustrated in in Figure 4.6 was determined using Darcy’s 

law. 

 

 

Figure 4.6: Displacement of the blue phase by the red phase at constant pressure boundary 
conditions at the inlet and outlet in the two parallel plates. The red arrows indicate the flow of 

direction.  

 

The generalized Darcy’s equation for creeping flow is    

50

200
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 r

n

kk S
v p

 


      (4.25) 

where v  is the Darcy velocity (superficial velocity), k  is the permeability,  rk S   is the relative 

permeability of fluid phase  ,   is the dynamic viscosity of fluid phase  , and 
n p  is the 

pressure gradient in the direction of n.  

The pressure boundary condition was implemented to the inlet and the outlet. In order to eliminate 

solid nodes at the pressure boundaries, ten layers of the fluid nodes were added to the inlet and the 

outlet. Prior to the two-phase flow simulation, a single-phase fluid flow was conducted to obtain 

the absolute permeability. The absolute permeability was verified to agree with the analytical 

solution (Eq. 4.26) to a precision of 0.32%:  

2

12

w
k     (4.26) 

where w  is the width of the channel and   is the porosity, which is 25%. 

The parameters for both single- and two-phase simulations were 
R  = 

B  = 1, R

LB  = B

LB  = 1, and 

IFT = 1 × 10-4, contact angle   = 90°. The initial velocity was set to zero. The fluid flow was 

driven by a pressure / density differential 
in  = 1.0001 and 

out  = 0.9999.  

As Figure 4.7 shows, the simulated RP curves are identical to the saturations, which is 

consistent with Romm (1972). This validation shows that LB model developed in this work can 

provide good predictions on the relative permeability.  

 

 

Figure 4.7: Relative permeability of red and blue phases in a 2-D fracture. 
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4.4 Relative Permeability of Two-Dimensional Geometry Models from LBM 

4.4.1 Geometry models and mixed wettability  

 The relative permeability of geometries constructed using two-dimensional Voronoi 

diagrams was determined using the two-phase color gradient LB model. The effects of pore size, 

wettability, and viscosity ratio on the relative permeability were investigated in this section. In 

addition, the tortuosity of medium was estimated directly from LB simulations and then, compared 

to that estimated from the end-point RP.  

Two model porous media were generated using the Voronoi diagram method presented 

first in Newman and Yin (2013). This method allows one to systematically build the geometry of 

a fully percolated porous medium with controlled porosity and pore size (Yong et al. 2014). The 

computational domains are shown in Figure 4.8, and they were resolved by 1020 × 502 and 2020 

× 1002 lattice Boltzmann grids, respectively. The geometry with a random channel size 

distribution is a closer representation of a real porous medium, and a comparison to the geometry 

with uniform channel size captures the effect of heterogeneous pore size. It is noted that both 

geometries have an enlarged pore body. The wettability is applied by assigning the density of 

phases on the grains. Non-wetting and mixed-wetting conditions were tested under different 

viscosity ratio scenarios. The parameters of different cases are listed in Table 4.1. All cases were 

run until a steady saturation was reached. The densities of both phases were set at 1 in all cases. 

 

 

Figure 4.8: The geometry of porous media composed of (A on left) uniform channels (1020 × 
200) and (B on right) irregular channel (2020 × 1002). 

(A) (B)

Channel Pore Channel Pore                   
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Mixed wettability was created by assigning the densities on the grains randomly from 0 to 

−1 on solid node as shown in Figure 4.9. Wettability became favorable to the blue phase when it 

gets closer to -1. Neutral wetting was accomplished by assigning 0 on solid nodes. A random 

distribution of wettability was assigned to the solid boundary nodes, as shown by the color bar in 

Figure 4.9.  

 

 

Figure 4.9: Mixed wettability applied on grain boundaries. A black box in the image is zoomed 
in to show a random distribution of wettings on the boundaries. The color bar represents different 

wettability assigned to the surface of the grain from 0 (neutral) to -1 (blue-wet).  

 

In all cases, the pore network was fully saturated with the blue phase. Cases 1 through 5 represent 

drainage, as the non-wetting fluid (red) was injected continuously to replace the wetting fluid 

(blue).  

 

4.4.2 Relative permeability curves 

Seven cases listed in Table 4.1 were compared to investigate the effects of varying each 

parameter on relative permeability. A comparison of case 1 and 2 reveals the effect of a mixed 

channel size although geometries A and B do not have the same porosity and fraction of large pore. 

Case 2 and 3 show the effect of capillary number while case 2 and 5 confirm the effect of viscosity 

ratio. The effect of mixed wettability is shown by comparing cases of 4, 5, 6, and 7.  



49 
 

Table 4.1: Parameters of different cases of immiscible displacement in the porous media.  

Case 
Pressure 

drop p  
Interfacial 

tension  

Viscosity 

ratio M 

Contact 

angle cos  
Geometry 

Capillary 

number Ca  

1 0.0333 0.005 1.0 -1 A 0.00583 

2 0.0333 0.005 1.0 -1 B 0.00453 

3 0.0067 0.00001 1.0 -1 B 0.45285 

4 0.0667 0.005 0.5 -1 B 0.00906 

5 0.0333 0.005 0.3 -1 B 0.00453 

6 0.0333 0.005 0.3 mixed B 0.00453 

7 0.0667 0.005 0.5 mixed B 0.00906 

 

Cases 1 and 2: Geometries A and B were simulated under the same conditions. Geometry A 

consists of uniformly sized pore throats and a large pore, whereas Geometry B contains a 

distribution of pore throat sizes and a large pore. Relative permeability was calculated along the 

process of displacement (Figure 4.10).  

 

 

Figure 4.10: Comparison of relative permeability for case 1 and 2.  

 

In Case 1, uniform displacement was observed. Once displacement fluid reached the pore located 

at the center, the RP curves deviated from straight line, as a result of pore filling. Although both 
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geometries have a pore located at the center, the Geometry B has a relatively smaller pore 

compared to the Geometry A and the effect of pore filling on the relative permeability curves of B 

was not significant. In addition, the pore throat size distribution in Geometry B caused more 

trapping and a higher residual saturation. The end-point relative permeabilities were similar 

between these two cases. From Case 2, it was observed that the invading fluid (red) broke up into 

droplets when it moved from a smaller pore throat into a larger pore. Shortly afterwards, the 

droplets coalesce and form a continuous phase. On the other hand, phase continuity was always 

maintained when the invading fluid moved from a larger pore into a smaller pore throat.  

 

Cases 2 and 3: These two cases were compared to show the effect of the capillary number. In 

general, we did not see a significant effect of the capillary number on relative permeability (Figure 

4.11).  

 

 

Figure 4.11: Comparison of relative permeability for case 2 and 3. 

 

In Case 3, the viscous force was much stronger than that in Case 2. For both cases, a significant 

fraction of the porous medium was swept, and only a small amount of defending fluid was left 

behind. Similar characteristics have also been observed in other numerical study (Liu et al. 2015; 

Maaref et al. 2016).  
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Cases 2 and 5: The effect of viscosity ratios was investigated by Cases 2 and 5. The viscosity ratio 

is defined as M  = 
nw w   = 

R B  . It was found that the viscosity contrast affects the end-point 

relative permeability. At the lower viscosity ratio, it was observed that viscous fingering led to an 

earlier breakthrough. As Figure 4.12 shows, the end-point permeability of the non-wetting phase 

was reduced. In other words, an injected fluid would have better access to the pores and higher 

sweep efficiency and recovery at a higher viscosity ratio. Previous study presented by Ramstad et 

al. (2012) also indicated that viscosity contrasts may affect the end-point RP at low capillary 

numbers.  

 

 

Figure 4.12: Relative permeability of different viscosity ratios. 

 

Cases 4 through 7: The effect of wettability was evaluated by comparing drainage processes, 

Cases 4 and 5, to situations with mixed wettability. Figure 4.13 shows the relative permeability 

curves of Cases 4 through 7. Between Cases 4 and 7, it is clear that the end-point of the relative 

permeability curve was improved by the mixed-wetting condition. Between Cases 5 and 6, the 

trend was the same, though the improvement was not as significant as in the previous pair of 

simulations, possibly due to the effect of viscosity ratio. In summary, these simulations indicate 

that mixed-wet condition compared to drainage allows the injected fluid (red) to invade more pores 
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and improve displacement efficiency, because resistance to displacement from the capillary force 

is in average lower than that under the non-wetting condition ( cos  = -1).  

 

 

Figure 4.13: Changes in relative permeability due to wettability change from non-wetting to 
mixed-wetting. 

 

Finally, the locations of the end-point relative permeability of the invading phase (red) as a 

function of the saturation of the defending phase (blue) for all seven cases are plotted in Figure 

4.14. It is observed that the end-point relative permeability varied significantly depending on pore 

throat size, capillary number, viscosity ratio, and wettability.   

 

 

Figure 4.14: End-point relative permeability of Red as a function of Red saturation for all cases.  
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4.4.3 Characterization of tortuosity of multiphase flows 

In an attempt to extract more information from these simulations and connect them to the 

conceptual models presented in the last chapter, we examined whether there exists a correlation 

between the end-point permeability of the invading phase and the end-distribution of phases and 

their velocities. The conceptual model Eq. 3.17 was examined. The relative permeability obtained 

from the simulation was used as a base for the tortuosity calculation.  

Many tortuosity models are available in literature: (1) geometric model, (2) hydraulic 

model, (3) electric model, and (4) diffusive model. All models are functions of porosity despite 

differences in basic forms (Saomoto and Katagiri 2015). Geometric tortuosity is the squared ratio 

of traveling distance to the straight-line length in a domain. The concept of hydraulic tortuosity is 

established by Koponen et al. (1996, 1997). Later, Duda et al. (2011) validated this approach based 

on examination of fluid velocities in the pore space. For the electric model, tortuosity is an 

evaluation of the square of the average path length traveled by the charges to the straight-line 

length between electrodes. Diffusive tortuosity is an evaluation of the square of the diffusive path 

length to the straight-line length. Although all three tortuosities are related to pore geometry, they 

are in general different. Only when electrical conductivity is dominated by diffusion of ions, is 

electric tortuosity identical to diffusive tortuosity. In this section, we focus on the square of the 

hydrodynamic tortuosity,  2 2

H xu u  , with u  the average magnitude of invading phase’s 

velocity, 
xu  the average of invading phase’s velocity in the x-direction, the mean flow direction.  

H  was directly characterized from the LB simulations using its definition. It should be noted that 

backflow occurred in certain parts of the porous media, which resulted in negative x-velocity. In 

order to accurately determine the tortuosity, non-moving (trapped) blue phase were excluded.   

from the conceptual model Eq. 3.17 using numerically obtained end-point relative permeability 

were compared with 
H  from LB simulations. 1oS  = 0.8 and   = 1 were used for all cases. The 

tortuosity calculated from the conceptual model was less than one, which suggests that the end-

point relative permeability of the invading phase is higher than its end-point saturation. In general, 

the hydraulic tortuosities characterized from LB simulations do not agree with those based on end-

point relative permeability of the invading phase. However, it is interesting to note that the trends 

in the two types of tortuosities were similar. Simulations with high hydraulic tortuosities also had 
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high saturation tortuosities from their low end-point relative permeabilities, and vice versa. This 

observation shows that there was indeed some correlation between the conceptual model and 

hydraulic tortuosity, as shown in Figure 4.15. Saturation distribution with local velocities are 

shown in Figure 4.16. 

 

 

Figure 4.15: Hydraulic and conceptual tortuosity comparison. Circle is hydraulic tortuosity. 
Square is saturation-based relative permeability model, Eq. 3.17.  

 

 

Figure 4.16: Saturation distribution of red and blue phases for all cases when the end-point 
steady states were reached. The cyan color highlights channels with high local velocities (in 

magnitude) to give a sense on the differential preferential flow paths at the end-points.  
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4.5 Summary 

 In this Chapter, the effects of pore size, wettability, and viscosity ratio on the relative 

permeability were investigated in 2D porous media generated based on Voronoi diagrams.  

Simulations show that 1) Effect of pore size caused trapping, resulting in higher residual saturation 

2) The viscosity contrasts (< 1) affected the end-point relative permeability of the non-wettability 

phase; 3) Mixed wettability improved displacement efficiency by lowering capillary force 

comparing to non-wetting condition. In addition, the hydraulic tortuosity of the simulations was 

characterized using the developed color gradient LB model. The hydraulic tortuosity did not agree 

with the tortuosity generated by the conceptual model presented in Chapter 3 using the end-point 

relative permeability characterized from LB simulations, but some correlation was observed. 

Nevertheless, this chapter shows that pore-scale simulations can be used to extract detailed 

information about multiphase flows that can be used to verify or disqualify relative permeability 

models, and more studies are certainly warranted. 
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CHAPTER 5  

CONCLUSION 

 

In this chapter, I summarize the results and findings of my research efforts. I also provide 

a set of recommendations for future workers at the university. As for the results, the foremost 

contribution of this dissertation is describing the experiments and difficulty to obtain relative 

permeability curves for two cores from the Middle Bakken formation. Unfortunately, the 

experiments were tedious and time-consuming; thus, only the end-point saturations and the relative 

permeability values are presented for three different displacement processes: oil-displacing-water 

(oil flooding), water-displacing-oil (water flooding), and gas-displacing-oil (gas flooding) using a 

steady-state method. The second contribution of the dissertation is characterization of the Middle 

Bakken cores which includes data obtained from Weatherford Labs and from several on-campus 

(CSM) facilities. The third contribution is obtaining tortuosity for the Bakken cores using a simple 

DC resistivity device. The results were extremely useful because they provide a foundation to 

explain the length of the flow path and the curvature of relative permeability curves. Fourth, an 

attempt was made to develop a conceptual model, using several immobile phase saturations, to 

explain the experimentally measured end-point relative permeability results. Finally, a 2-D 

parallelized lattice Boltzmann pore-scale simulation code was developed, verified, and tested to 

obtain the relative permeability curves of simple models of porous media. 

 

5.1 Summary and Conclusions 

 We analyzed petrophysical properties of samples taken from Middle Bakken formation. 

The range of porosity and permeability were presented with the pore size determined from MICP. 

Pores are irregularly elongated, slit shaped. It was observed that the pore volume increases with 

amount of quartz and illite which accompanied by higher permeability. The pores are typically 

aligned with illite. The observation was made that limited pore space was occupied by organic 

matter. The reduction in porosity was due to calcite and dolomite cementation in Middle Bakken. 

Due to the nature of minerals, the water binds to clay minerals. Thus, the amount of oil in the pore 

noticeably decreased when illite content was more than 10 %. This work can help us characterize 

the essential features of the Middle Bakken formation.  
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A core flooding system was built to perform multiphase flow experiments on tight core 

samples. The system was configured for liquid permeability, steady and unsteady state liquid-

liquid, gas-liquid permeability, and enhanced oil recovery (secondary water flooding and tertiary 

chemical injection) tests. End-point relative permeabilities of decane and 2% KCl were measured 

in cleaned and preserved samples using the system. They act as substitutes of produced formation 

oil and water, respectively, because using real fluids led to the problem of pore clogging from 

precipitation of salts. The low end-point relative permeability values indicated significant 

multiphase effects.  

In an attempt to explain the measured low end-point relative permeability on a physical 

basis, a conceptual model that uses the distribution of the residual saturation of the defending phase 

was derived. Tortuosity of the saturation and variable cross-sections were introduced. Nevertheless, 

the tortuosity estimated from the model was not in agreement with electrical tortuosity measured 

by direct current (DC) and spectral induced polarization (IP). This suggests that methods that can 

directly measure spatial distribution of saturations are needed to verify or disqualify the model.  

A two-dimensional multiphase color gradient lattice Boltzmann (LB) parallel code was 

developed to simulate immiscible two-phase flows in two-dimensional porous media generated 

based on Voronoi diagrams. This parallel code was written using the MPI (message passing 

interface) and was tested on the EMG (Energy Modeling Group) cluster. For validation, the 2-D 

Taylor bubble problem was studied. Simulations were run at different capillary numbers and the 

results were compared with those in the literature. Additional simulation of displacement carried 

out between parallel plates confirmed the validity of the pressure boundary and the procedure to 

compute the relative permeability. The effects of pore size, capillary number, wettability, and 

viscosity ratio on the relative permeability were analyzed.  

The end-point relative permeabilities of MB1 and MB2 samples were measured using the 

steady state method. A conceptual model was derived based on tortuosity and a variable saturation 

profile to explain the low end-point relative permeabilities. The model was able to explain the 

measured end-point relative permeability with reasonable tortuosity values. The variable-

saturation model with tortuosity therefore enables a new point of view to understand end-point 

permeability. The tortuosity estimated from the model, however, was not in agreement with 

electrical tortuosity obtained from resistivity measurements. Simulations show that 1) Effect of 
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pore size caused trapping, resulting in higher residual saturation 2) The viscosity contrasts (< 1) 

affected the end-point relative permeability of the non-wettability phase; 3) Mixed wettability 

improved displacement efficiency by lowering capillary force comparing to non-wetting condition. 

In addition, the hydraulic tortuosity of the simulations was characterized using the developed color 

gradient LB model. The hydraulic tortuosity did not agree with the tortuosity generated by the 

conceptual model presented in Chapter 3 using the end-point relative permeability characterized 

from LB simulations however some similarity was observed.   

  

5.2 Future Work 

 For future works, the followings are suggested for both experimental and numerical studies.  

• Experimental studies should focus on 1) systematic evaluation of factors influencing the 

relative permeability, and 2) methods that can directly visualize distributions of saturation 

and velocities. It will be better if they can be used as references to verify relative 

permeability models.  

• An experimental study of the EOR would be beneficial. Surfactant and miscible gas 

injections were not attempted in this study and they could provide additional recovery from 

tight oil reservoirs. Such laboratory tests will guide field applications.  

• A comparative study to microfluidic experiments is beneficial for the validation of 

numerical simulations. Larger computational domains and additional features and 

complexities of porous media models will also be useful topics for future pore-scale 

computations.  
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