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ABSTRACT 

Shale formations have unique properties that significantly differ from 

conventional formations because of low permeability, anisotropy and multiscale 

heterogeneity. These properties are the results of lithology variation, depositional 

process, diagenesis, fabric, and pore structure as well as distribution and maturity 

of organic matter in organic-rich shales. In this research, the influence of rock 

composition, organic matter and rock fabric on acoustic and geomechanical 

characteristics of organic-rich shales was evaluated by experiments. This thesis 

develops correlations describing the dependence of acoustic velocity and elastic 

moduli on stress, rock composition, organic matter, and rock fabric. The stress is 

defined by vertical stress minus horizontal stress. The correlations obtained from 

this work are of the following forms: 

 ncompVnVV VolbaaV ,21 '      

 ncompEnEE VolbaaE ,21 '   

 Using laboratory and field data for Eagle Ford, Mancos and Green River 

shale formations, it was found that stress, rock composition, organic matter, and 

rock fabric (lamination orientation) were affecting sonic velocities and elastic 

moduli. The rock fabric was observed to be a dominant controlling parameter in 

deviated and horizontal laminated shales; therefore, rock fabric should be taken into 

account when rock properties of deviated and horizontal wells are estimated. Stress 

had minimal impact on acoustic and geomechanical properties of organic-rich shale 

especially in low porosity shale formations like the Eagle Ford. The stiff materials 
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(e.g., calcite, quartz) have more influence on shale rock properties than that of soft 

materials such as organic matter.  

The correlations were developed at core scale to tie the stress, rock 

composition, organic matter and rock fabric to acoustic velocities and elastic moduli 

in organic-rich shales. Using well log data, these correlations were modified to 

include fluid saturation to lead to an accurate estimation of acoustic and 

geomechanical properties in both vertical and deviated wells. The correlations also 

can predict rock and organic matter composition and to probably estimate in-situ 

pore pressure in shale formations.  

In addition, three methods for organic matter quantification from well log data 

were evaluated. Knowing organic matter composition accurately helps in correctly 

estimating the acoustic velocity and elastic modulus.  
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CHAPTER 1 INTRODUCTION 

Hydrocarbon shale reservoirs have previously been thought of as just source 

rocks. Recently, the oil and gas industry has realized that these source rocks contain 

large volumes of natural gas and oil which can be extracted using horizontal drilling in 

conjunction with hydraulic fracturing. Currently, many potential hydrocarbon shale plays 

with large hydrocarbon reserves are under development around the world. For example, 

the total volume of original gas in place for 15 North American shale basins was 

estimated as 4,774 to 7,314 Tcf (Dong et al. 2012). It is evident that there is an 

abundant volume of hydrocarbon in source rocks, yet there are still many questions 

waiting for answers on how to successfully and profitably extract it.  

Across several producing shale plays in the United States, a large disparity in 

production has been observed even though the drilling and completion programs are 

the same. For example, in a 50 square mile area of Barnett Shale horizontal wells in the 

northwest corner of Tarrant County, Texas, a large variation in the best annual 

production among 650 lateral wells has been observed, as can be seen in Figure  1.1. 

The production broadly ranges from <100 MMscf to over 1 Bcf. The distribution of the 

best year of production for all of the wells is shown in Figure  1.2. (Baihly et al. 2010) The 

significant disparity of production raises a question: “What are the causes of the 

differences in shale production from the same zone when the same drilling and 

completion methods are implemented?”  

With the assumption that the same drilling and completion approaches are used, 

the two major reasons for the production variation are: 1. the heterogeneity of reservoir 

properties due to rock composition and texture variations over a relatively short 
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distance, and 2. the differences in localized stress conditions, and/or the variances in 

density of natural fractures, which affect the complexity of hydraulic fractures. (Baihly et 

al. 2010)  

The above mentioned shale properties are “uncontrollable” factors. They need to 

be adequately studied and analyzed to find solutions to achieving a high level of 

effectiveness and efficiency in drilling, completion, stimulation and production in 

organic-rich shales. In this study, some of these challenges are addressed with the 

focus on rock composition, organic matter and rock fabric as well as stress conditions 

that have a substantial impact on petrophysical, acoustic and geomechanical properties 

in organic-rich shale.  

  

 
Figure  1.1: Best year production variability map of horizontal wells in a portion of the 
Barnett Shale play. Black dots represent the surface location of the laterals. The high 

first-year gas production is indicated by hotter colors (Baihly et al. 2010). 



3 
 

 
Figure  1.2: Best year production variability of horizontal wells analyzed in the Barnett 

Shale play (Reproduced from Baihly et al. 2010). 
 

1.1 Organic-Rich Shale 

Bates and Jackson (1987) defined “shale” in their Glossary of Geology book as 

“a fine-grained detrital sedimentary rock, formed by the consolidation of clay, silt, or 

mud. It is characterized by finely laminated structure, which imparts a fissility 

approximately parallel to bedding” (O’Brien and Slatt 1990). Unlike “mudstone” or 

“mudrock” which are used for non-laminated rock, the term “shale” is used for the 

argillaceous rock exhibiting lamination (O’Brien and Slatt 1990). Shale is a term that can 

also be applied to describe a class of rocks that have extremely fine-grained particles (< 

4 microns in diameter) (Passey et al. 2010). 

Reflecting the depositional history, shale rocks generally vary in their 

compositions, textures and fabrics. Organic-rich shales are, furthermore, heterogeneous 
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and complex containing dispersed amounts of organic matter in their inorganic 

frameworks (Vanorio et al. 2008). Lithological variations, depositional process, 

diagenesis, fabric, pore structure, as well as distribution and maturity of organic matter 

in shales are all key sources of shale heterogeneity. The stratigraphic complexity of 

shale leads to directional heterogeneity which results in variations of the in-situ stresses 

and rock properties. These variations generally affect the completion effectiveness and 

consequently the well performance (Suarez-Rivera et al. 2005; Slatt and Abousleiman 

2011). Organic-rich shales also have ultra-low permeability and exhibit a different type 

of anisotropy (e.g., vertical transversely isotropic, orthogonal). The aforementioned 

properties add more challenges in drilling, completion, stimulation and production 

operations in organic-rich shale source rocks.  

1.2  Rock Composition of Organic-Rich Shale  

Organic-rich shales exhibit compositional variations in clay, organic matter and 

other minerals (e.g., quartz, calcite, pyrite, etc.). Rock materials and organic matter 

affect petrophysical, acoustic and geomechanical properties of rock because of the 

differences in their densities, stiffness and intrinsic characteristics. For instance, the 

organic matter influences wettability, velocity and elastic properties of the rock because 

it is a soft material and has low density. Aoudia et al. (2010) conducted a study on 

Woodford shale and Kumar et al. (2012) conducted experiments on samples from 

Barnett, Woodford, Ordovician, Eagle Ford, and Haynesville organic-rich shales. Both 

studies investigated the effect of various rock and organic matter compositions on 

Young’s modulus and concluded that the Young’s modulus decreased by increasing 
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clay and organic matter and increased by higher content of brittle minerals (e.g., quartz 

and calcite).  

The rock compositions also affect the intrinsic rock structure and anisotropy. For 

example, Bandyopadhyay (2009) observed a relationship between the volume of quartz 

and the fabric heterogeneity. He found that the presence of quartz silt grains can hinder 

the alignment of clay particles which causes fabric anisotropy in rocks. Due to the 

abundant amount of clay minerals in shale rocks and their depositional system, they are 

aligned by gravity and create fine-scale layering/laminations causing anisotropy in rock 

properties. The organic matter content and its lenticular distribution also produce 

anisotropy in rock properties during the maturation process. The organic matter is 

converted into bitumen, oil and gas creating microfractures which influences rock 

anisotropy (Vernik and Nur 1992; Vernik and Milovac 2011; and Al Duhailan 2014). 

Thermal maturity of organic matter also influences the intrinsic structure and anisotropy 

of shale rock. Ross et al. (2009) noticed that higher thermal maturity created more 

microporosity and reduced the heterogeneity of the pore surfaces.  

1.3 Rock Fabric of Organic Rich Shale  

Although there is some ambiguity on the accurate terminology applied to 

argillaceous rock, “structure”, “texture” and “fabric” are terms generally used to describe 

the rock, depending on the type of rock, the scale of the measurement tool and the field 

of study. These terms can be used for igneous rocks different from sedimentary or 

metamorphic rocks. Petrologists sometimes use “fabric” for both “structure” and 

“texture” while geologists may use “fabric” as a synonym for “texture”. Some earth 

scientists may use “structure” to describe large scale rocks (e.g., outcrop) and “texture” 
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for hand-specimens or thin-section samples. Sometimes, “texture” is used 

interchangeably with “microstructure”. Williams et al. (1982) defined the rock texture as 

“the degree of crystallinity, grain size or granularity and the fabric or geometrical 

relationship between the constituents of a rock.” Bates and Jackson (1987) defined 

“fabric” as “the orientation in space of the elements (discrete particles, crystals, 

cements) of which a sedimentary rock is composed” (O’Brien and Slatt 1990). 

According to this definition of “fabric”, lamination orientation (or the arrangement of 

interfaces) in shale rock is considered as a rock fabric feature that will be used in this 

study.    

Based on the development of lamination in rock, O’Brien and Slatt (1990) 

classified shale into three distinctive types: Well Development Lamination, Indistinct 

Lamination and Bioturbated Lamination, Figure  1.3. Black organic-rich shale laminations 

can also be categorized into four main lamination types: finely laminated, thickly 

laminated, wavy laminated, and lenticular laminated, Figure  1.4. Moreover, the rock 

fabric can be observed at very small scale (the scale of particles). Dark gray and black 

organic-rich shales exhibit preferred particle orientations (parallelism of platy minerals, 

mainly clay minerals). Dark gray and black organic-rich shales exhibit preferred particle 

orientations (parallelism of platy minerals, mainly clay minerals). O’Brien and Slatt 

(1990) analyzed over 100 organic-rich shales from various stratigraphic positions and 

sediments using scanning electron microscopy (SEM).  They were able to identify four 

organic-rich shale microfabric types: Organic Hash, Organic-Clayey, Clayey and Silty as 

shown in Figure  1.5. 
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Figure  1.3: Macrofabric classification of argillaceous rock (O’Brien and Slatt 1990). 

 

 
Figure  1.4: Black shales lamination types (O’Brien and Slatt 1990). 
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Figure  1.5: Microfabric variation of black shale (O’Brien and Slatt 1990). 

 

Because of the low permeability and relative low porosity in shale reservoir rocks, 

porosity and pore fluids are often not the dominant controller on acoustic and 

geomechanical properties. Instead, composition variations, fabric variations, and 

sometimes composition and maturity of kerogen become the dominant factors in 

organic rich shale. The lamination orientation causes velocity anisotropy in shale rocks 

(Vernik and Nur 1992). The orientation of rock lamination also plays a significant role in 

elastic properties. For example, it leads to elastic anisotropy which controls the failure 

behavior of the rock including the mode of deformation and controls the failure angle 

which affects wellbore stability and hydraulic fracturing generation (Sierra et al, 2010). 

Additionally, the rock strength is impacted by the layered heterogeneity and lamination 

orientation (Suarez-Rivera et al. 2005; Wu and Tan 2010).   
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The rock fabric has an impact on organic-rich shale field applications. It creates 

weak interfaces between layers which affects the hydraulic fracture geometry and 

height containment. For example, Suarez-Rivera et al. (2013) conducted hydraulic 

fracturing tests on large blocks from shale outcrops to investigate the impact of weak 

fabric interfaces on hydraulic fracture generation. They found that rock fabric can 

significantly affect fracture height growth and promote fracture complexity. Since 

organic-rich shale reservoirs are often over pressured, they found that as pore pressure 

increases, stress contrast tends to decrease so that the rock fabric effect becomes a 

dominant factor in generating complex fractures. Unlike homogenous shales, the effect 

of rock fabric can override in-situ stress contrast effect on fracture generation in the 

case of heterogeneous rock shale with strong fabric formation and elevated pore 

pressure. As a result, the hydraulic fracturing process becomes a competition between 

the in-situ stresses and the rock properties (mainly rock fabric), as presented in 

Figure  1.6. In some shale rocks, stress condition is the dominant factor of hydraulic 

fracture generation; however, the rock fabric sometimes becomes the dominant in other 

cases (Green and Suarez-Rivera 2013). In general, the factors influencing fracture 

height growth and complexity include rock fabric distribution and orientation, 

geomechanical rock properties as well as stress magnitude and direction. Ignoring 

anisotropy (which is mainly caused by rock composition and texture/fabric variations) 

may lead to erroneous predication of fracture containment in shale reservoirs. 

As the rock fabric influences hydraulic fracture generation, it affects well 

performance in organic-rich shales due to the significant dependence of the production 

on the hydraulic fracture volume and complexity. Great improvement in well 
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performance can be obtained by involving rock fabric in the routine pre-analysis of 

drilling and hydraulic fracturing operations. 

 

 
Figure  1.6: Effect of in-situ stress and rock fabric on fracture generation: (a) 

Homogenous rock at high and low stress contrast. (b) Layered rock with fabric 
orientation parallel and perpendicular to the maximum stress direction at high stress 

contrast. (c) Layer rock with fabric orientation oblique to the maximum stress direction 
with different stress contrasts (Adapted from Green and Suarez-Rivera 2013). 
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It has been shown that rock compositions, organic matter and rock fabric have an 

influence on acoustic and geomechanical characteristics in organic-rich shales. 

Therefore, it is critical to study these controlling factors and their impacts on shale 

properties to improve the completion/hydraulic fracturing effectiveness and well 

performance in shale reservoirs.  

 1.4 Statement of Problem and Objectives 

Shale formations have unique properties that significantly differ from 

conventional formations because of low permeability, anisotropy and multiscale 

heterogeneity. Factors such as rock composition, organic matter and rock fabric have 

substantial impacts on petrophysical, acoustic, and geomechanical properties of the 

organic-rich shales. A detailed experimental study of the influence of rock compositions, 

organic matter and rock fabric on acoustic velocity and elastic properties of organic-rich 

shale source rock at various stress conditions has not been reported in the literature. 

Therefore, this study evaluates the dominance of stress, rock compositions, organic 

matter, and rock lamination orientation as factors controlling rock properties in organic-

rich shale. A uniqueness of this work is that three organic-rich shale formations with 

different rock compositions and organic matter richness and maturity were tested to 

prove the concept of this research.  

 Through experimental measurements and well log analyses, the following 

research questions have been answered: 

 What is the impact of stress, rock composition (minerals and organic matter), and 

rock fabric (lamination orientation) on acoustic and geomechanical 

characteristics of organic-rich shale?  
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 What are the dominant influential factors in estimating acoustic velocity and 

elastic moduli of organic-rich shale?  

 Is it possible to develop a correlation that relates acoustic velocity or elastic 

moduli to these three parameters? 

1.5 Research Contributions and Applications 

The results of this study are of importance in the development of organic-rich 

shale source rocks, and specifically in Eagle Ford Shale Formation. The specific 

contributions and applications of this study are: 

 The correlation of acoustic velocity and elastic modulus to stress, rock 

compositions, organic matter content, and fine lamination orientation in core- 

and log-scale shows that acoustic velocity and elastic moduli can be estimated 

in uncored and/or deviated wells; and rock compositions, organic matter content 

and probably pore pressure can be predicted. The correlations require including 

fluid saturations for accurate estimation in field scale. 

 The presence of fractures parallel to lamination causes a linear increase in 

acoustic velocity when stress is applied. In the absence of fractures, the 

compliant pores cause an exponential increase in acoustic velocity while a linear 

increase is observed as stress is applied on stiff pores. 

 The highest maximum compressive strength is observed when the fine 

lamination is parallel to the direction of highest stress whereas the lowest 

strength is noticed at a dip angle of 60o.  At rock failure under stress, fine 

lamination parallel or perpendicular to the direction of highest stress creates 

more complex fractures than other dip angles (e.g., 25, 45 or 60o).  
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 ΔlogR technique by Passey et. al (1979) to quantify organic matter content from 

well logs is a suitable method but not for high thermal maturity organic-rich shale 

formations.  

1.6 Research Approach  

The objectives of this research work have been achieved by the following 

methodologies/tasks: 

1. Mineralogical, geochemical and petrography analyses have been conducted to 

identify the rock composition, the organic matter content and type, the level of 

kerogen maturity as well as the presence of fracture in rock samples.  

2. Petrophysical properties such as porosity and permeability have been measured 

at various in-situ stress conditions to determine the stress-dependence of these 

properties. 

3. The contact angle of several organic-rich shale formations has been measured to 

evaluate the relationship between wettability and the organic matter content and 

maturity. 

4. A sensitivity analysis, using an analytical model, has been conducted to better 

understand the effect of rock compositions, pore size and geometry, pore fluids 

and organic matter maturity in elastic characteristics.  

5. Tri-axial tests at various stress conditions and lamination orientations have been 

performed to assess the impact of stress and to determine the maximum strength 

at failure and the failure behavior of the rock.  

6. Ultrasonic velocity and stress-strain mechanical deformation have been 

measured to obtain static and dynamic elastic properties.  
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7. The relationship between acoustic velocity and rock compositions, lamination 

orientation and stress has been determined by developing a correlation in a core 

scale and then upgrading it to the log scale.     

8. Several quantification methods of organic matter in Eagle Ford have been 

evaluated using well logs. 

1.7 Dissertation Structure 

This dissertation consists of seven chapters. An introduction to the dissertation, 

including a review of the uniqueness of organic-rich shale and the role of its rock 

compositions, organic matter and rock fabric, is presented in Chapter 1. The Eagle Ford 

Shale Formation (the targeted formation of the study) and the available data used for 

this research is also described in the chapter along with a review of the objectives, 

contributions and approaches of the research. The results of the mineralogical, 

geochemical, petrographical and petrophysical analyses that are used in the following 

chapters are presented in Chapter 2.  Using an analytical model, the relationship 

between rock composition and texture to elastic properties are evaluated in Chapter 3. 

The influence of stress, rock composition, organic matter and rock fabric on 

geomechanical characteristics is discussed in Chapter 4. The impact of stress, fracture, 

lamination orientation as well as rock composition on acoustic properties is discussed in 

Chapter 5. Various well logging quantification methods of organic matter in Eagle Ford 

are evaluated in Chapter 6 and the developed velocity correlation is validated in the log 

scale. Conclusions and recommendations for future research are provided in Chapter 7.   
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1.8 Eagle Ford Geologic Overview 

The Eagle Ford Shale Formation has recently been discovered as a viable shale 

reservoir—one of the best shale plays within the United States—although it has long 

been known as a shale source rock. It has three main features:  

1. Its depth is relatively shallow, particularly in the oil window;  

2. It has a high percentage of carbonate, which makes it easier to fracture; and  

3. It has large lateral extent and thickness. 

The variations and complexity in lithostratigraphy, thickness, and depth trends of the 

Eagle Ford Shale Formation provide a regional perspective for aiding the continuing 

exploration. The formation is well studied in outcrops and to a much lesser extent in 

cores. However, details of its regional subsurface characteristics are poorly defined 

south of the East Texas Basin. Although natural gas and oil have been produced from 

the play in areas in south Texas, its subsurface extent remains largely unexplored 

(Hentz and Ruppel 2010).  

The Eagle Ford Shale Formation reflects the deposition of both siliciclastic and 

carbonate sediments from the Late Cretaceous age that underlie much of south and 

east Texas in the United States (Dawson 2000). It lies unconformably between the 

Austin Chalk and the Buda formations at a depth of approximately 4,000 to 12,000 ft. It 

is the source rock for both the Austin Chalk and the giant East Texas Field. The shale 

play trends across Texas from the Mexican border up into east Texas. The dimension of 

the play is roughly 50 miles wide and 400 miles long with an average thickness of 250 

ft. The Eagle Ford Shale Formation is a producing formation rich in oil and natural gas. 

It covers 23 counties and has 30 plus fields, 16 of which are currently producing. 
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Windows for the oil, gas condensate and dry gas with associated counties are shown in 

Figure  1.7.  

The Eagle Ford is a carbonate mudstone deposit in southwest Texas that 

extends along the Gulf Coast from the southwest to northeast. Upper and lower 

depositional units have been recognized (Dawson 2000). The upper Eagle Ford is 

generally identified by increased carbonate content, less argillaceous facies and high-

energy features and was deposited during a regressive interval (sea level falling). The 

upper Eagle Ford depositional environment was higher energy and of more oxic 

conditions (Liro et al. 1994). The Lower Eagle Ford consists of organic-rich, calcareous, 

fossiliferous and pyritic marine shales which is an indication of deepest water 

environment and a deposition during a transgressive interval (rising sea levels). Its 

depositional environment was low energy and dominantly anoxic/euxinic conditions (Liro 

et al. 1994). 

 

 
Figure  1.7: Oil, wet gas and dry gas windows of hydrocarbons in the Eagle Ford Shale 

Play (EIA 2014). 
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1.8.1 Regional Lithostratigraphy  

The Eagle Ford has four main regional structures: Maverick Basin, San Marcos 

Arch, East Texas Basin and Sabine uplift. These structures are mainly due to differential 

subsidence that had already begun by the Buda deposition time. The Eagle Ford is thick 

in the Maverick Basin, thin over the San Marcos Arch and thick on the arch’s northeast 

flank. However, The Eagle Ford pinches out on the west flank of the Sabine uplift. The 

Stuart City shelf margin marks the downdip limit of the Buda Limestone. A schematic 

illustrating the regional lithostratigraphy of the Eagle Ford Shale Formation is shown in 

Figure  1.8. 

 

 
Figure  1.8: Southwest-northeast schematic cross section illustrating regional 

lithostratigraphic relationships across the Eagle Ford Shale play area (Hentz and 
Ruppel 2010). 
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Maverick Basin Area  

The subsurface Eagle Ford within the Maverick Basin and some parts of the 

southwest flank of the San Marcos Arch consists of two units, Figure  1.9 (Left). The 

lower interval of Eagle Ford mostly consists of dark-gray mudrock and possible 

limestone, with generally high gamma-ray values (90-135 API). The upper Eagle Ford 

interval consists of interbedded dark- and light-gray calcareous mudrock, with lower 

gamma-ray values (45-60 API).  Both the Upper Eagle Ford interval and the Lower 

Eagle Ford interval are thickest in the Maverick Basin and become thinner toward the 

southeast, and north and northeast of the Maverick Basin area. 

San Marcos Arch  

Across the broad San Marcos Arch, the lower Eagle Ford is present but thinner 

than that present to the southwest in the play area, Figure  1.9 (Lower right). It is 

dominated with dark-gray mudrock. The upper Eagle Ford unit occurs only as an 

isolated thin <90 ft, Figure  1.9 (Upper right). This is mainly due to a depositional thinning 

of the interval occurring over the arch. Downdip along the crest of the arch, the interval 

becomes thicker southeastward to a maximum of ~70 ft in Gonzales and Fayette 

counties, but then becomes thinner to ~20 ft at the Stuart City shelf margin.  

East Texas Basin  

The lithostratigraphy of the Eagle Ford interval in the East Texas Basin is 

different than the rest of the Eagle Ford play area. Two additional units are present: 

Maness Shale, a mudrock interval between the Buda Limestone and the base of 

Woodbine sandstone, and Woodbine Group, which occurs between Maness Shale and 

the base of Eagle Ford. Throughout the basin, the Eagle Ford exists, but with a 
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stratigraphic variation across the southern part of the basin. It extends from the west 

flank of the uplift westward across most of the basin to the western pinch-out of the 

sandy Woodbine facies, as illustrated in Figure  1.10. Although the Eagle Ford is thick in 

most of the basin, it thins from ~700 ft in far northeast Texas to less than 100 ft in the 

south part of the basin (Hentz and Ruppel 2010). 

 

 
Figure  1.9: (Left) Southwest–northeast regional cross section from the Maverick Basin 
to the southwest flank of the San Marcos Arch. (Upper right) Isopach map of the Upper 
Eagle Ford Shale. (Lower right) Isopach map of the Lower Eagle Ford Shale (Hentz and 

Ruppel 2010). 
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Figure  1.10: (Left) Southwest-northeast cross section of the East Texas Basin. (Right) 

Location of cross section line (Hentz and Ruppel 2010). 
 

1.8.2 Structure Framework 

The Eagle Ford Play has four major boundaries, Figure  1.11:  

 The western border is the Rio Grande River, which forms the international 

border with Mexico. 

 The northern boundary is defined according to the thermal maturity at 

which the oil window ends and the immature area begins.  

 The southern boundary of the play traces the edge of the hydrocarbon-

bearing part of the Eagle Ford Shale along the Sligo Reef Margin.  

 The northeastern boundary roughly corresponds with where the 

carbonate-rich lower Eagle Ford transitions into silica-rich rock units of the 

Pepper Shale of the East Texas Basin. 
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Figure  1.11: Boundaries of the Eagle Ford Shale Play (EIA 2014). 

 

1.8.3 Subsurface Facies  

Several studies have proposed different lithofacies of the Eagle Ford (Dawson 

2000; Donovan and Staerker 2010; Lock et al. 2010; Harbor 2011; Workman 2013; 

McGarity 2013; Gibbson 2014; and Wokasch 2014). For example, Dawson (2000) 

defined six microfacies from the outcrops near Austin and subsurface equivalents from 

a core from LaSalle County. Harbor (2011) studied more than 22 subsurface cores from 

south Texas and recognized nine depositional facies. They are listed in the order of 

occurrence, starting from the basal Lower Eagle Ford: 1) Massive Argillaceous 

Mudrock, 2) Laminated Calcareous Foraminiferal Mudrock, 3) Laminated Fossiliferous 

Wackestone/Packstone, 4) Laminated Foraminiferal and Peloidal Packstone, 5) 

Massive to Bioturbated Kaolinitic Claystone, 6) Laminated Wackestone, 7) Disrupted 
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Bedded Foraminiferal Packstone, 8) Massive Inoceramid Packstone, and 9) Bioturbated 

Lime Wackestone. McGarity (2013) studied whole cores from six wells and well logs 

from several hundred wells within the South Texas Eagle Ford and suggested eight 

facies including: 1) Laminated Marl, 2) Bioturbated Marl, 3) Laminated Wackestone, 4) 

Laminated Packstone, 5) Bioturbated Wackestone, 6) Bioturbated Packstone, 7) 

Fossiliferous Grainstone and 8) Bentonite. Gibbson (2014) also analyzed two full-

diameter cores, inorganic and organic geochemical data, and two hundred well logs to 

identify reservoir characterization of the Eagle Ford Shale Formation in Frio County, 

Texas. His core analysis indicated that there were two main lithofacies: limestone-

dominated and marl-dominated. In addition, two depositional facies were found within 

the marl-dominated units: inoceramid-rich marl and organic-rich marl.  

1.8.4 Mineralogy and Total Organic Carbon   

The Eagle Ford is a very heterogeneous clay-rich limestone formation with very 

low quartz, pyrite, anhydrite and apatite content. Elemental and mineralogical 

compositions vary throughout the trend; however, the main mineral constituents of the 

Eagle Ford are calcite, quartz, and illite. Minor mineral constituents include pyrite, 

dolomite, plagioclase, mixed-layer clay, chlorite, and kaolinite. Mudstones vary from 

slightly to very silty and contain varying amounts of bentonite, carbonate, glauconite, 

kerogen, and phosphate. The low quartz content makes it less brittle (more ductile) with 

a low Young’s Modulus (YM). Calcite is the dominant carbonate (>50 wt. %) with a good 

amount of dolomite. The Eagle Ford contains mostly illite and smectite clay. 

Geochemical analyses of the Eagle Ford have documented substantial variability in 

kerogen type, maturation and Total Organic Carbon content. 
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1.8.5 Petroleum Activity  

The Eagle Ford is currently undergoing tremendous petroleum activity. Up to 

June 1st, 2015, more than 12,000 wells have been drilled, completed and are producing 

and about 6,000 new well permits have been issued (Texas Railroad Commission 

2015).  

The history of oil and natural gas production of the Eagle Ford is presented in 

Figure  1.12. Most wells being drilled for hydrocarbons are producing a mixture of oil and 

natural gas. The distribution of production across the Eagle Ford in terms of initial Gas-

to-Oil Ratios (GORs) is presented in Figure  1.13. The distribution of initial GORs from 

Eagle Ford wells generally corresponds to the depth of the reservoir. Deeper wells to 

the southeast have higher initial GORs while the shallower wells to the northwest have 

lower initial GORs. 

 

 
Figure  1.12: Oil (brown) and natural gas (blue) production rate of the Eagle Ford (EIA 

2015). 
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Figure  1.13: Initial gas-to-oil ratios of Eagle Ford wells. High initial GOR are shown in 

orange and red and lower initial GOR wells are shown in green circles (EIA 2014). 
 

1.9 Research Data 

In this study, preserved and outcrop shale samples were experimentally 

evaluated in the laboratory by conducting mineralogical, petrographical, geochemical, 

petrophysical, acoustic, and geomechanical analyses. Different types of data (core data 

and/or well log data) were obtained from Eagle Ford (EF), Mancos (MS), Green River 

(GR), Niobrara (NB) and Bakken (BK) shale formations. Representative samples of EF, 

MS and GR are shown in Figure  1.14.  

The core and well log data of EF were obtained from three producing wells. Well 

BD, Well CB and Well LK are located in LaSalle County, Gonzales County; Live Oak 

County, respectively in south Texas. Well BD and Well CB are located in the oil window 

of Eagle Ford play while Well LK is located in the wet-gas window. The core and well 

log data were provided by some companies sponsoring the UNGI CIMMM Consortium. 
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Specific locations, well names and associated depths for the core and log data are not 

given in this study due to data confidentiality requests by consortium sponsors. The 

study core samples were obtained from Well BD and Well CB. Some core data was also 

obtained for Well LK. The well log data of the three wells used in this research are listed 

in Table 1.1. MS and GR core sample plugs were extracted from large outcrop blocks 

obtained from quarries for use at the UNGI Geomechanics Laboratory. A NB sample 

was provided from the oil producing well in DJ Basin and a BK sample was obtained 

from the oil producing well in the Lower Bakken formation.  

EF core samples were extracted from the preserved half of full 4” diameter cores 

of Well BD and of Well CB. The samples from EF, MS and GR were used for the 

mineralogical, petrographical, geochemical, petrophysical, acoustic, and geomechanical 

analyses. NB and BK samples were only used for geochemical analysis and wettability 

measurements. The primary formation targeted in this study is the Eagle Ford Shale 

Formation; however, other shale formations were tested and used for observation and 

comparison purposes.  

 

 
(a) (b) (c) 

Figure  1.14: Representative samples of (a) Eagle Ford preserved cores, (b) Green 
River outcrops and (c) Mancos outcrops 
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Table  1.1: Available well-log data of the studied wells 
Well 

Name 
County GR RHOB Neutron Resistivity DTCO DTSM Lithology 

BD La Salle X X X X X X X 

CB Gonzales X X X X X X X 

LK Live Oak X X X X X X X 
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CHAPTER 2 PETROPHYSICAL CHARACTERIZATION 

Rock composition plays a significant role in determining rock’s petrophysical 

properties such as density, resistivity, wettability, rock-rock and rock-fluid interactions, 

etc. It also determines the brittleness of the rock. For example, quartz and dolomite tend 

to increase the brittleness of shale while organic matter tends to increase the ductility. 

Wang and Gale (2009) use the mineral composition to obtain the rock’s brittleness 

index. Therefore, accurate measurement of rock composition is required since it is used 

in determining important input parameters in shale development process.    

As a rock matrix composition, Total Organic Carbon (TOC) and thermal maturity 

are critical geochemical characters of source rocks. These properties help in 

determining the production potentiality and the hydrocarbon resource volume. Because 

“organic matter” is a soft material and has a low density, it has a significant impact on 

rock properties such as density, resistivity, wettability, etc. TOC is a measurement of the 

organic richness in a sedimentary rock, while the thermal maturity is an indication of the 

maximum paleo-temperature at which a source rock can produce oil and/or gas. Both 

properties are among many important factors used for reservoir productivity 

assessment. 

 Rock fabric (e.g., lamination orientation) also has an influence on petrophysical 

properties such as permeability. It is expected that horizontal permeability of laminated 

shale are higher than that of vertical one due to the microfractures existing parallel to 

the lamination. Measuring porosity and permeability at various stress conditions helps to 

identify the presence of fractures and to determine the stress condition at which they get 
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closed. It also provides an estimate of the properties at representative stress conditions 

at subsurface.     

   This chapter presents the mineralogical, geochemical and petrographical 

analyses of all study samples and some petrophysical measurements including 

porosity, permeability and wettability. The influence of stress, lamination orientation, 

TOC and thermal maturity on these petrophysical characteristics is discussed.   

2.1 Core Plug Preparation   

Because rock properties of shale are very sensitive to saturation changes, all 

plug samples were cored using an air drilling technique to avoid any shale-water 

interaction. The coring was performed very slowly to prevent any temperature changes 

that could cause an alteration of preserved fluids in the “as is” preserved samples. 

Sandpaper sheets were often used to smooth the top and bottom faces of the cored 

plug sample. The plug samples were also cored at various lamination orientations with 

an objective to study the impact of lamination orientation on different shale rock 

properties.  

A traditional method was used to measure the dimension of each plug sample. 

Lengths and diameters were measured using a calibrated digital caliper and weights 

were measured using a calibrated digital balance in the laboratory. Each parameter was 

measured three times to ensure accuracy. The density was simply calculated by 

dividing the bulk volume of a sample by its weight. Table  2.1 presents an inventory of 

plug samples with basic information (e.g., lamination orientation, dimensions, and 

density) that were used in porosity/permeability measurements and tri-axial tests of this 
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study. It is noticed that the densities of GR shale samples are lower than EF or MS 

samples because of the high content of low density (~1.1-1.25 g/cc) organic matter.  

 

Table  2.1: An inventory of the plug samples used for porosity and permeability 
measurments and tri-axial experiments of this study 

 
 

2.2 Mineralogical Analysis 

The key rock compositions in organic-rich shale are calcite, quartz, dolomite, 

clays, heavy minerals (e.g., pyrite), and kerogen (Glorioso and Rattia 2012). In this 

study, mineral compositions (except kerogen) of the plug samples were identified using 

the X-Ray Diffraction (XRD) analysis. The XRD analysis was performed on extracted 

powder samples. All samples were tested at “The Mineral Lab”, located in Golden. XRD 

data for Well LK samples was provided by one of the UNGI CIMMM sponsors. In 
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preparation for the analysis, samples were crushed to ¼” size before grinding. In the 

lab, a representative portion of each crushed sample was ground to approximately 400 

mesh in a steel swing mill, packed into a well-type plastic holder and then scanned with 

a diffractometer. The ground samples were mixed with distilled water and drawn onto a 

cellulose acetate filter so the deposited material rolled onto a glass disk. Estimates of 

mineral concentrations were made using XRF-determined elemental compositions and 

the relative peak heights/areas on the XRD scans. The results of the XRD scans are 

summarized in Table  2.2 as approximate mineral weight-percent concentrations.  

The analysis indicates that the EF samples are clay-rich carbonate with very little 

feldspar. They have 48 to 90 wt.% calcite contents while there is almost no presence of 

dolomite. Quartz content varies from 5% to 30% in the EF samples. The average clay 

content is about 15 to 20% and is mainly composed of mica/illite and kaolinite. The NB 

mineral compositions are very similar to the EF compositions. 

The MS samples have a lower percentage of calcite (12 wt.%) than the EF 

samples. The dolomite content is ~10%. They are quartz rich, having the highest quartz 

content of ~43 wt.%, compared to other shale formations in the study. The clay content 

of the MS samples varies between 15 and 21%. The clay is mainly composed of 

mica/illite and kaolinite. The GR samples have the highest percentage of dolomite (32 

wt.%) but have the lowest percentage of quartz ~18 wt.% and the lowest clay content 

(~5 wt.%). The BK compositions are mainly composed of quartz (33 wt.%), mica/illite 

(37 wt.%) and feldspar (15 wt.%). The mineral compositions of the shale formations in 

the study are plotted in a ternary plot shown in Figure  2.1. It was found that the EF 
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composition data agreed with the data reported by Harbor (2011) as presented in 

Figure  2.2. 

 

Table  2.2: XRD analysis results for various shale samples of the study 
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Figure  2.1: Compositions of the EF and other shale formations of this study. 

 

 
Figure  2.2: EF compositions from Harbor (2011). 

 
 



33 
 

2.3 Geochemical Analysis 

Determination of geochemical characteristics including organic richness, kerogen 

type, and thermal maturity are critical for source rock exploration and field development. 

These parameters help in identifying the potential zones for production and in 

estimating the organic hydrocarbon resource volumes. One of the geochemical 

properties determination tools is the Source Rock Analyzer (SRA). This instrument uses 

a pyrolysis methodology that depends on thermochemical decomposition of organic 

matter in the absence of oxygen at controlled heating conditions. The experiment is 

usually set at a high temperature to compensate for the time-temperature effect in 

simulating the hydrocarbon generation process (Hui 2014). The SRA-TPH/TOC device, 

Figure  2.3, in the Geology Department at the Colorado School of Mines (CSM) was 

used to obtain the geochemical characterizations of the study samples.   

 

.  
Figure  2.3: The Source Rock Analyzer (SRA, by Weatherford Ltd.) at Geology 

Department, CSM. 
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Approximately 60 to 100 mg of fine pulverized samples were prepared to be used 

in the SRA analysis. They were passed through a 40-mesh sieve before being placed in 

the SRA auto-sampler. The samples were subjected to and held at an isothermal 

condition of 300°C for 5 minutes. During this isothermal heating, free hydrocarbons 

(HCs) were volatilized and quantitatively detected and reported as milligrams (mg) of 

HC per gram of rock. After the isothermal condition, the temperature was programmed 

to increase up to 600°C at a temperature rate of 25°C/min. While the temperature was 

raised, organic hydrocarbons were thermally generated by pyrolytic decomposition of 

the kerogen. The oven was then cooled to 580°C at the end of pyrolysis and held at an 

isothermal condition of 580°C to oxidize the remaining residual organic carbon. During 

this time, carbon monoxide (CO) and carbon dioxide (CO2) were released and 

measured. 

Parameters derived from the SRA included the amount of free hydrocarbon (S1), 

the amount of hydrocarbons generated from thermal cracking of non-volatile kerogen 

(S2), the amount of CO2 produced up to a temperature of 400°C (S3) during the 

pyrolysis stage, and the amount of CO2 and CO released (S4) during oxidation of the 

residual inert organic carbon with a temperature up to 580°C. Tmax, which is the 

temperature with maximum release of S2 hydrocarbons from the decomposition of 

kerogen, is another important parameter determined by the SRA analysis during the 

pyrolysis stage. (Hui 2014) TOC content is then calculated using the following equation: 

TOC = (S1+S2)*0.83/10+S4/10, where 0.83 is the carbon mass proportion in typical 

hydrocarbon. Other important indexes can also be calculated from the pyrolysis 

experiment. For example, the oil saturation index (OSI) corresponds to the free volatile 



35 
 

hydrocarbon of S1 relative to the TOC (mg HC/g OC). The hydrogen index (HI) 

represents the ratio of the pyrolyzed hydrocarbons content of S2 relative to the TOC 

(mg HC/g OC). The oxygen index (OI) corresponds to that of the CO2 quantity of S3 

relative to the TOC. The productivity index (PI), which is the proportion of S1 to the sum 

of the S1 and S2, is used to determine the extent of petroleum generation. Tmax is an 

indication parameter of the maturity since Tmax increases as the sample maturity 

increases (Hui 2014). 

For this study, the pyrolysis analysis was conducted to obtain various 

geochemical parameters such as TOC, geochemical indexes (Table  2.3), as well as the 

organic matter type and maturity. The analysis shows that the GR outcrop samples 

have the highest TOC whereas the MS outcrop samples contain the lowest average 

TOC. The TOC of the EF samples varies from low (~0.2–3.0 wt.%) at the interface with 

the Buda formation to medium (~4.0 wt.%) in the upper EF to high (~7.36 wt.%) in the 

lower EF. To determine the kerogen type and maturity of shale formation samples, Tmax 

and HI were cross-plotted. The data plotted in  Figure  2.4 show that EF (Well BD and 

CB), NB, Lower BK and MS formations are mature Type II-III to Type III kerogen while 

GR is an immature Type-I kerogen. EF Well LK shows an over-maturity level allowing 

for gas generation. The TOC results are generally reported in a unit of weight fraction or 

percentage. To obtain its volume fraction, the density of kerogen is required. Because of 

the limited resources to measure the kerogen density in our lab, the volume fraction was 

obtained using a correlation published by Okiongbo et al. (2005) in which the kerogen 

density was correlated to the hydrogen index: 

         (2.1) 
046.0

ker *5953.1  HIogen
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Table  2.3: Results of pyrolysis analysis for various shale formation samples of the study 

 



37 
 

 
 Figure  2.4: Maturity and kerogen type of various shale samples of the study. 

 

2.4 Petrography Analysis 

The presence of shale laminations, fractures and microfractures, as well as high-

density minerals in a source rock sample influences its petrophysical, acoustic and 

geomechanical properties. To determine petrographical properties of the study samples, 

the computerized tomography (CT) scan tool was used. For EF samples, a CT-scan 

was conducted at the Weatherford laboratories in Golden on half of the 4” diameter 1 ft 

length core sections from Well BD. EF samples were observed to have well developed 

laminations at various depths. An example of laminations in the EF samples is shown in 

Figure  2.5. The CT scans of fractured EF samples (from Well BD and Well CB) are 

presented in Figure  2.6 and Figure  2.7, respectively. The fractures could be natural 

fractures or induced fractures that were generated along laminations as a result of the 

overburden stress release. 



38 
 

 
Figure  2.5: CT-Scan of the 1 ft half core section at two different depths. 

 
Figure  2.6: CT scans of samples from Well BD. 
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Figure  2.7: CT scans of samples from Well CB. 

 

2.5 Porosity and Permeability 

Porosity and permeability of the study samples were measured at various 

stresses to observe the stress-dependence of the petrophysical properties. Also, the 

property ranges help to evaluate the impact of natural or induced fractures under field 

conditions. The presence of fractures generally increases the porosity and permeability 

of a rock sample. At higher stresses, fractures get closed and cause a significant 

reduction in the porosity and permeability.   

The porosity and permeability measurements were conducted using the device of 

CMS-300 in the Petroleum Engineering department at CSM. The CMS-300, Figure  2.8, 

is a semi-automated analytical device that performs computer-controlled measurements 

of reservoir rock pore volume, Klinkenberg permeability, Klinkenberg slip, alpha and 

beta inertial factors and equivalent air permeability at each confining pressure (Western 
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Atlas International 1992). The CMS-300 performs measurements on 1” or 1.5” diameter 

core samples at confining pressures between 500 and 10,000 psi and at room 

temperature. 

 

 

  

 
Figure  2.8: The CMS-300 device used for pore volume and permeability measurements. 

 

Instrument Computer Printer  
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In the CMS-300, the sample is confined to a specific confining stress. The 

selected confining stress is applied equally in both radial and axial directions to load the 

sample hydrostatically. This allows for a more representative measurement of the 

reservoir pressure conditions. Axial confining stress is applied to samples mechanically 

via the axial intensifier piston and radial confining stress is applied hydraulically via 

pressurized oil surrounding a neoprene sleeve. The axial intensifier piston acts as the 

lower end plug and presses the sample firmly against the upper end cap. For each 

sample, the selected input stress represents the confining stress applied to the sample 

less the average internal pore pressure. The input stress should be kept below the in-

situ reservoir stress; otherwise, the sample may potentially fail.  

If the permeability-approximation test results are within the operational range, 

complete pore volume and permeability measurements are continued. The pore volume 

is determined by a gas expansion method. The core sample is pressurized (~240 psi) 

using helium for sufficient time duration to ensure adequate penetration of gas into the 

sample. Then this pressure is allowed to stabilize and the helium is expanded into a 

chamber of accurately known volume, and the pressure is allowed to stabilize again. 

Boyle’s law (P1V1=P2V2) is used to calculate the pore volume from the initial and final 

pressures. Porosity is then obtained by dividing the pore volume by the bulk volume of 

the sample.  

To measure the permeability, the sample is retained at pressure within the core 

holder, and permeability is determined using the Pulse-Decay technique. In this method, 

the apparatus consists of an upstream and a downstream reservoir and a core holder in 

the middle. Initially, all three components are filled with helium gas to reach an 
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equilibrium state. The helium is discharged through the core sample into the 

atmosphere. The decaying tank pressure between the upstream and downstream 

reservoirs is monitored as a function of time, allowing determination of gas flow rate and 

pressure drop across the core sample at any given time. Permeability is measured 

using the unsteady state relationship: 

2

)1(
v

P

b
k

v

dl

dP  


         (2.2) 

where P is absolute pressure;  is gas viscosity; b is gas slippage factor;   is a 

constant;  is gas density; v  is gas velocity; and k is Klinkenberg permeability. 

In this study, core samples with vertical (0o) and horizontal (90o) lamination 

orientation were tested at various stress conditions to study the influence of stress and 

lamination orientation on the porosity and permeability of shale samples. The applied 

stress ranged from 900 to 3,390 psi with an intention not to exceed the in-situ stress 

condition to avoid any sample failure that could occur.       

Three shale formations (EF, MS and GR) were used for this petrophysical 

evaluation study. At lower stress, the MS samples exhibited higher porosities (4–6 %) 

than EF samples (0.5–2.5 %) as seen in Figures 2.9 and 2.10, respectively. Because 

the EF samples are preserved, the measured porosity actually represents the relative 

porosity to gas. At higher stress, the porosities of the EF samples could not be 

measured because they exceeded the lower limit of the CMS-300 measurement 

capability. Porosity and permeability of the GR samples also could not be obtained at all 

stress levels due to the very low porosity and nanopermeability beyond the device limit.   

The impact of stress on MS and EF porosity is illustrated in Figures 2.9 and 2.10. 

The porosity declines as stress increases because of the closure of intrinsic pores and 
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fractures. Several samples (M-1, M-4, EF-1-2V and EF-1-3H) exhibit a higher decline in 

porosity because of the closure of existing fractures. Fractures get closed almost 

completely at the stress of ~4,000 and ~2,000 psi in MS and EF samples, respectively.  

In laboratory measurements, the types of porosity are total porosity which 

includes connected and unconnected pores measured using crushed samples; effective 

porosity which is connected pores in a plug sample (like GR and MS outcrop samples in 

this study); and “as received” porosity which is measured by helium expansion in 

preserved samples like the EF samples in this study (Glorioso and Rattia 2012).  In low 

porosity shale rocks, accurate measurement of porosity is difficult. Therefore, alternative 

measurement methods are being tested in the industry; however, some issues that 

affect the measurements must be overcome, such as removal of fluids from pores, low 

permeable system not allowing gases (e.g., helium) into the pores, and the presence of 

natural and induced fractures (Glorioso and Rattia 2012). 

 

 
Figure  2.9: MS porosity reduction as stress increased (circles = vertical orientation, 

diamond = horizontal orientation). 
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Figure  2.10: EF porosity reduction as stress increased (circles = vertical orientation, 

diamonds = horizontal orientation). 
 

Both the MS and EF samples exhibit extremely low permeability; therefore, 

commercial production from such reservoirs would depend entirely on creating a 

massive fracture network through hydraulic fracturing. However, the MS plug samples 

exhibit a higher permeability (8.9E-04 to 3.0E-02 md) than the EF samples (7.5E-05 to 

1.0E-03 md) at lower stress conditions, as shown in Figures 2.11 and 2.12. Because EF 

samples are preserved, the measured permeability represents the relative permeability 

to gas.  

The impact of stress on permeability is illustrated in Figures 2.11 and 2.12. 

Permeability declines as stress increases. This behavior is caused by the closure of 

intrinsic fractures and pathways. Several core samples (M-6, EF-1-3H and EF-3HB) 

show a higher decline in permeability due to the closure of existing fractures. Fractures 

get closed almost completely at the stress of ~4,000 and ~2,000 psi in MS and EF 

samples, respectively.  
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In both the MS and EF shale samples, the horizontal samples generally exhibited 

higher permeability than the vertical samples, particularly at high stress magnitudes. At 

low stress, the permeability of the horizontal samples was about four times higher than 

the permeability of the vertical samples. This is partially attributed to the existence of 

fractures parallel to laminations. However, some samples may not have followed the 

above trend because of other circumstances. For example, one vertical MS sample (M-

6) had a higher permeability than the horizontal sample even at higher stress resulting 

from the presence of induced vertical fractures observed in the CT scan records. These 

fractures required a higher level of stress to close.   

 

 
Figure  2.11: MS permeability reduction as a function of stress (circle dots = vertical 

orientation, Diamond Dots=horizontal orientation). 
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Figure  2.12: EF permeability reduction as a function of stress (circle dots = vertical 

orientation, Diamond Dots=horizontal orientation). 
 

2.6 Wettability 

The wettability of a shale rock surface significantly impacts the fluid flow in the 

porous media, fluid injection in enhanced oil recovery process and the flow-back 

behavior of hydraulic fracturing fluids. It is important to study the wettability of organic-

rich shale formations and the interaction between the rock’s surface and the fluid 

composition. This should help in strategically designing proper injection fluids and 

additives. Recovery of hydrocarbon depends not only on the porosity, matrix and 

fracture permeability, TOC, and thermal maturity but also on the rock wettability. Water 

wet rocks tend to have higher recovery factors than oil-wet rocks. In source rocks, the 

wettability is influenced by the TOC and thermal maturity. For example, Al Duhailan 

(2014) found that as thermal maturity increases in the dry-gas window, wettability 

changes to mixed-wettability, causing resistivity to decrease. 
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The contact angle is an important factor in the calculation of forces present at the 

fluid-rock interface as illustrated in Figure  2.13 and expressed in the below equation: 

γ (lg)*Cos θ= γ (sg)- γ (sl),         (2.3) 

where the left side of the equation represents the liquid/gas interfacial force projected 

on the horizontal axes and the right side is the net effect of the solid/gas and the 

solid/liquid forces. 

In this study, the contact angles of various shale samples were measured in a 

de-ionized (DI) water and air system to evaluate the impact of the TOC presence and 

the thermal maturity on the contact angle. Using a Drop Shape Analysis (DSA-100) 

device, Figure  2.14, the contact angle was measured using the image of a sessile drop 

at the points of intersection (three-phase contact points) between the drop contour and 

the projection of the surface (baseline). 

The contact angle measurements require the solid surface to be very smooth 

because the surface roughness has a significant impact on the wetting angle. Special 

procedures were applied to prepare the shale samples for contact angle measurements. 

The samples were carefully cut and then polished using different grades of sand paper 

to minimize the contact angle hysteresis caused by the surface roughness. 

The experiment results show that the amount of TOC and its thermal maturity 

have an impact on the contact angle. The contact angle data for shale samples used in 

this study are plotted in Figure  2.15. Repeated measurements were conducted on each 

sample to confirm the repeatability of the experiments. The experiment was performed 

at room temperature.   
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Figure  2.13: Forces applied on liquid drop in solid/gas environment. 

 
Figure  2.14: Drop Shape Analysis (DSA-100) used for contact angle measurements. 
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Figure  2.15: Contact angle of various shale formation samples. Measurements were 

made at t=0 and t=2 min. 
 

The GR shale samples show the highest contact angles while the MS shale 

samples display the lowest contact angles. The higher contact angle can be partially 

attributed to the higher amount of TOC. The contact angles and TOCs are cross-plotted 

in Figure  2.16. The logarithmic correlation indicates that the contact angle increases as 

the amount of TOC increases. 

 To evaluate the impact of thermal maturity on the contact angle, the HI can be 

used as an indicator of the maturity. Using EF shale samples only, it was noticed that 

the contact angle linearly correlates with the HI. The contact angle decreases as the HI 
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increases as shown in Figure  2.17. From this experimental analysis, it is concluded that 

both TOC and thermal maturity are influential factors in the shale wettability evaluations. 

Vernik and Nur (1992) noticed that higher thermal maturity (as indicated by HI) 

led to a reduction in ultrasonic velocity in organic-rich shale, see Figure  2.18. By 

correlating wettability to maturity and velocity to maturity, a correlation between 

wettability and velocity can be developed. Wettability-velocity correlation should help in 

determining wet phases of explored zones. In this study, development of wettability-

velocity relationship was impossible because of the limited data.   

 

 
Figure  2.16: Correlation of TOC and contact angle of various shale formation samples 

used in this study. 
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Figure  2.17: Correlation of hydrogen Index (HI) and contact angle for the EF (Well BD 

and CB) samples. 
 

 
Figure  2.18: Relationship between ultrasonic velocity and hydrogen index for Bakken 

Shale Formation (adapted from Vernik and Nur 1992). 
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2.7 Conclusion  

In this chapter, the results of mineralogical, geochemical and petrographical 

analyses were presented for EF, MS, GR, NB and BK shale samples. The 

measurements of porosity and permeability at various stresses were also presented and 

shown to decrease as stress increases due to the closure of intrinsic pores, 

microfractures, and induced or natural fractures. The permeability parallel to laminations 

was generally higher than the perpendicular measurement because of the existing 

microfractures that were parallel to laminations. The difference in permeability as a 

function of direction indicates anisotropy in the shale samples.  

Wettability is a key parameter in hydrocarbon recovery. Water-wet rocks tend to 

have higher recovery factors than oil-wet rocks. This study showed that wettability was 

influenced by the TOC and thermal maturity. The contact angle (as an indication of 

wettability type) increases as the amount of TOC increases; however, it decreases as 

the thermal maturity increases. 
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CHAPTER 3 SENSITIVITY ANALYSIS ON ELASTIC PROPERTIES 

To have a good understanding of elastic properties of organic-rich shale, it is 

fundamental to study the sensitivity of elastic properties (e.g., stiffness) to rock 

compositions and texture. Although stress and rock fabric (e.g., lamination orientation) 

have impacts on elastic characteristics, as is demonstrated in the following chapters, 

this chapter only focuses on the influence of mineral materials, pore type and size, and 

pore fluids on the elastic (Bulk and Young’s) moduli using an analytical model. This 

analysis should help to determine the role of rock matrix and pore properties on the 

elastic moduli in an isotropic system with zero stress effects.  

3.1 Gassmann’s Model  

Gassmann’s model has been used to estimate bulk modulus (the reciprocal of 

compressibility) of a formation. The bulk modulus model involves porosity and bulk 

modulus of rock matrix and bulk modulus of dry pore:  



KKK mdry

 11
           (3.1) 

where dryK is the bulk modulus of the dry rock; mK  is the bulk modulus of the solid 

mineral material making up rock;  is the porosity; and K is defined as the dry pore-

space stiffness with a condition that pore pressure must be uniform throughout the pore 

space. It is related to the shape of the pore and is a function of the bulk modulus and 

the Poisson’s ratio of the solid mineral material in the rock. 

When the rock is saturated, the bulk modulus model also involves the bulk 

modulus of pore fluid: (see Mavko and Mukerji (1995) for more details on the 

derivation). 
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Therefore, Equation 3.2 becomes 

fmsat KKKK 

11

          ( 3.4) 

where satK is the effective bulk modulus of the rock with pore fluid; and fK is the 

effective bulk modulus of pore fluid.  

Gassmann’s model can be used to evaluate the influence of rock compositions 

(including minerals, kerogen and pyrite), pore type, pore size, and pore fluid and 

saturation on elastic moduli. It is also used to estimate the change of low-frequency 

elastic moduli of porous media caused by a change of pore fluids (Mavko et al. 2009). It 

works best for very low-frequency in-situ seismic data (<100 Hz) and may perform well 

as frequencies increase toward sonic logging (~104 Hz) and laboratory ultrasonic 

measurements (~106 Hz) (Han and Batzle 2004; Mavko et al. 2009). Tutuncu et al. 

(1998) observed that Young’s moduli and Poisson’s ratios obtained from ultrasonic 

laboratory measurements, low-frequency measurements, and static measurements 

show significant differences under identical stress conditions.  

Gassmann’s model assumes that the rock is homogeneous and that the pore 

space is composed of a single cavity or a collection of widely spaced pores. Although 

neither of these assumptions are valid for an anisotropic rock such as the Eagle Ford 

shale, the objective of the analysis is to understand how the rock matrix materials, the 
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type of pores and the fluid(s) filling the pores affect the geomechanical behavior of the 

rock. The model states that the porous rock compressibility (the inverse of bulk 

modulus) is a function of matrix compressibility and an additional compressibility caused 

by the pore space.  

Even though Gassmann developed equations for anisotropic porous rock in 

terms of the anisotropic linear elastic stiffness components, Cijkl, Equation 3.5 and 

Brown and Korringa extended it for an anisotropic mineral, the model still does not 

represent the case in real rocks.  
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      ( 3.5) 

One of the major disadvantages in the application of the anisotropic model by 

Gassmann, Brown and Korringa is that enough measurement of parameters never 

occurs in the field to completely characterize the stiffness tensor of a rock. Moreover, 

complete elastic tensors of rock-framing solid materials are generally not well known 

(Mavko et al. 2009). 

3.2 Porous Media Stiffness Model 

Three shapes of cavity (pores) are used in this study to investigate the influence 

of the pore shape on the elastic moduli of rocks using the Gassmann’s model. The 

models for determining K of each shape are described below. 

 For a single spherical cavity with the volume ( 33/4 RVp  ) and a hydrostatic 

stress, d , applied at infinity, the change of pore volume is:  
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with an assumption of a single isolated spherical cavity in an infinite uniform, the pore 

stiffness is:  
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         ( 3.7) 

 For a penny-shaped ellipsoidal (oblate spheroid) cavity, Figure  3.1a, with 

semiaxes a<<b=c, when a uniform tensional stress, d , is applied at normal to the 

plane of the crack, each crack face undergoes an outward displacement, U, normal to 

the plane of the crack. It is given by:  
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         ( 3.8) 

where r is the radial distance from the axis of the crack.  

When the displacement function is an ellipsoid with a semi-minor axis, U(r=0), 

and semi-major axis, c, the volume change is simply the integral of U over the faces of 

the crack: 
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and the pore stiffness is:  
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where ca / is the aspect ratio of an oblate spheroid. In rocks, crack shapes can be 

reasonably approximated by penny-shaped ellipsoids.   
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(a) (b) 

Figure  3.1: A sketch of (a) penny-shaped ellipsoidal cavity (oblate spheroid) a<<b=c and 
(b) needle-shaped ellipsoidal cavity (prolate spheroid) a>>b=c. 

 

 
For a needle-shaped ellipsoidal (prolate spheroid) cavity, Figure  3.1b, with 

semiaxes a >> b=c, and with the volume ( 23/4 acVp  ), when a hydrostatic stress, d , 

is applied, the change in pore volume is:  

dV
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v
dV p

m
p )21(3
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          ( 3.11) 

and the pore stiffness is:  
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         ( 3.12) 

3.3 Petrophysical Model 

The assumed petrophysical model affects the accuracy of rock stiffness 

estimation. Gassmann’s model can be used for a single or mixed mineral rock matrix as 

well as for a single or multiphase pore fluid.  
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For a mixed-mineral rock matrix, bulk modulus, mK , and Poisson’s ratio, v , can be 

determined using the following equations: 

 miim KxK            (3.13) 

 miivxv            (3.14) 

where ix is the volume fraction of the matrix elements; miK is the bulk modulus of the 

individual matrix elements; and miv is the Poisson’s ratio of the individual matrix 

elements.  

For multiphase saturated rocks, an effective modulus for the pore fluid ( fK ) can 

be calculated using the Reuss average of the moduli of the liquid and gaseous phases 

as follows: 

G

L

L

L

i

i

f K

S

K

S

K

S

K

 11
         ( 3.15) 

where fK is the effective bulk modulus of the fluid mixture; iK  denotes the bulk moduli 

of individual gas and fluid phases; and iS represents their saturations. 

The effective bulk modulus of the liquid phase LK can be calculated using 

 LiLiL KSK           ( 3.16) 

where LiK denotes the bulk moduli of individual fluids and LiS represents their 

saturations. 

After determining satK , the Young’s modulus can be calculated and compared to 

that from cores or logs by using the following equation: 
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)21(3 v

E
K             ( 3.17) 

where v  is the Poisson’s ratio of the rock. 

A petrophysical model was developed to evaluate the influence of various single 

rock compositions, pore types, and pore fluids on saturated elastic moduli. In the 

sensitivity analysis, the developed petrophysical model was divided into a rock matrix 

containing inorganic minerals (calcite, quartz, and illite), pyrite, and kerogen, and a pore 

consisting of brine, oil and/or gas as shown in Figure  3.2. All solid materials elastic 

properties were acquired from Mavko et al. (2009) while pore fluids properties were 

reasonably assumed to be at room temperature and atmospheric pressure, Table  3.1.  

The dry bulk modulus of the matrix, Km, is calculated using Equation 3.13 after 

subtracting the fluid from the volume of the rock. The Poisson’s ratio of the matrix is 

calculated using Equation 3.14. 

 

 
Figure  3.2: The petrophysical model used for the sensitivity analysis 
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Table  3.1: Elastic properties of petrophysical model parameters 
Parameter Calcite Quartz Illite Pyrite Kerogen Brine Oil Gas 

Dry Bulk Modulus, 

(Gpa) 
70.00 37.00 25.00 143.00 2.9 2.5 1.5 0.2 

Dry Bulk Modulus, 

(Mpsi) 
10.15 5.36 3.63 20.74 0.29 0.363 0.218 0.029 

Poisson’s Ratio 0.32 0.08 0.34 0.15 0.14 - - - 

 

3.4 Results and Discussion 

Using the above-mentioned analytical models and the petrophysical model, the 

effect of fluid saturation, pore type and fluid, pore’s aspect ratio, porosity, and mineral 

composition were evaluated. The result of the analysis is presented in the following sub-

sections. 

3.4.1 Effect of Saturation 

Using a dry model, Equation 3.1, the sensitivity analysis shows that porosity is 

the dominant influential parameter because a small change in the porosity makes a 

significant change in the bulk modulus of dry rock. Compared to the porosity, the effect 

of the bulk modulus of the rock matrix and the bulk modulus of dry pore is minimal. The 

significance of the three parameters on the bulk modulus estimation is shown in 

Figure  3.3.  

When a pore space is filled with a pore fluid, the saturated rock becomes stiffer 

under compression than dry rock because the incremental pore-fluid pressure resists 

the volumetric strain. (Mavko et al. 2009) Although the rock becomes stiffer in saturated 

rocks, porosity remains the dominant influential parameter with a significant impact on 
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the rock bulk modulus even at low porosity. At high porosity, the change in rock bulk 

modulus due to the change in porosity is higher than that at low porosity. This is 

observed from the polynomial relationship between porosity and rock bulk modulus. The 

impact of pore fluids on the rock bulk modulus is minimal because the bulk modulus of 

pore fluids is extremely low compared to the bulk modulus of dry pore or rock matrix. 

However, its effect becomes larger when the bulk moduli of others are small.    

  

  
(a) (b) 

  
(c) (d) 

Figure  3.3: The impact of (a) porosity, (b) rock matrix bulk modulus, (c) dry pore bulk 
modulus, and (d) pore fluid bulk modulus on dry and saturated rock bulk modulus. 
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3.4.2 Effect of Pore Type and Pore Fluids 

Three pore shapes were evaluated: spherical (Equation 3.7), penny-shaped 

(Equation 3.10) and needle-shaped (Equation 3.12). The pore fluids tested were brine, 

oil, gas and mixed-fluids. The rock compositions and their volume fractions used for this 

evaluation are presented in Table  3.2. For the case of penny-shaped, an aspect ratio 

value of 0.1 was used in this study.  

 

Table  3.2: Rock compositions and their volume fractions of rock matrix 
Rock Composition Volume Fraction (v/v) 

Calcite 0.7 

Quartz 0.0 

Illite 0.15 

Pyrite 0.02 

Kerogen 0.08 

Porosity 0.05 

 

The results show that the needle-shaped and spherical pore shapes are the 

stiffest as indicated by the high values of Young’s modulus in Figure  3.4. The penny-

shaped crack (the close approximation to cracks in rocks) is the least stiff because it 

easily deforms under stress.  

The results also show that lower Young’s moduli are obtained when a higher 

compressibility fluid is filling the pores. For instance, the Young’s modulus decreases 

when oil is introduced into the pore because of less stiffness (higher compressibility) of 

the oil; and when gas is introduced into the pore, Young’s modulus decreases 
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significantly due to less stiffness (higher compressibility) of the gas compared to brine 

and oil.  

 

 
Figure  3.4: The influence of pore shape and fluids on Young’s modulus. 

 

The increase or decrease of fluid (oil and gas) saturation can indicate the level of 

organic thermal maturity because at high thermal maturity, more gas is generated. As 

gas saturation increases, Young’s modulus decreases. In other words, Young’s 

modulus decreases as organic thermal maturity increases.      

Moreover, the influence of pore fluids on Young’s modulus becomes greater in 

the least stiff pores (penny-shaped pores). The reduction in Young’s modulus in the 

case of the penny-shaped pores is greater than that in the spherical or needle-shaped 

pores. This is due to the fact that the bulk modulus of fluids in the pores is relatively 



64 
 

closer to the bulk modulus of the penny-shaped pore (Kf < Km) than to the bulk modulus 

of the spherical or needle-shaped pore (Kf <<< Km). 

In this model, the rock matrix was considered as an inert and passive skeleton. 

However, in reality, this is not the case. There are considerable fluid/rock interactions 

that occur under natural circumstances. For example, the bound water to the surface of 

mineral grains has significantly different properties than those of bulk pore water. And 

the interaction effect will increase as the pore size gets smaller and mineral surface 

areas increase. The behavior of water in the shale can be considered more like a gel 

than like a free-water phase (Batzle and Wang 1992). 

3.4.3 Effect of Pore’s Aspect Ratio 

The aspect ratio of the pore also has an impact on the stiffness of the rock. The 

influence of the aspect ratio on rock stiffness was evaluated using a penny-shaped pore 

model. At the same rock composition, pore type and fluids conditions, a high aspect 

ratio leads to high rock stiffness. An increase in aspect ratio causes a significant 

increase in Young’s modulus as shown in Figure  3.5, meaning that higher stress is 

required to close a penny-shaped crack (Nur and Simmons 1969). The aspect ratio 

does not influence much when it is below 0.01. In other words, higher pore pressure is 

required to open a narrow crack with a smaller aspect ratio as the pore stiffness impacts 

the generation of overpressure due to phase changes in, for instance, the hydrocarbon 

maturation (Mavko and Mukerji 1995). A crack aspect ratio is a critical parameter in 

determining crack permeability, which is required in evaluating horizontal permeability 

used as an input for hydraulic fracture stimulation of the shale reservoirs. However, 

quantitatively relating permeability of rocks to their elasticity is a controversial issue 
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since these properties are controlled by different microstructural parameters (Vernik and 

Kachanov 2012). 

 

 
Figure  3.5: The influence of pore aspect ratio on Young’s modulus. 

 

3.4.4 Effect of Pore Size  

The pore size (or porosity) has an impact on the rock elastic moduli. It appears to 

be a dominant influential factor as demonstrated earlier. A small variation in the porosity 

value (0–10%) causes a significant change in saturated bulk modulus (e.g., 7.5 to 4 

Mpsi) and Young’s modulus (e.g., 11 to 6.5 Mpsi).  As porosity increases, the amount of 

higher compressibility (compared to solid materials) pore fluids increases which leads to 

a reduction in the saturated bulk modulus as well as the Young’s modulus of the rock. 

The size of reduction in saturated bulk modulus depends on the solid material(s) that is 

replaced by the pore fluid. When high stiff solid material(s) is replaced by a pore fluid, 
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higher reduction in the saturated bulk modulus of the rock is expected, Figure  3.6a. For 

example, replacing calcite (K=10.15 Mpsi) by oil (K=0.22 Mpsi) leads to the highest 

reduction in saturated bulk modulus of the rock due to the large difference in stiffness 

between the calcite and the oil.  

The results also show that lower Young’s moduli are obtained when a higher 

compressibility fluid is filling the pores. For instance, the Young’s modulus decreases 

when oil is introduced into the pore because of less stiffness (higher compressibility) of 

the oil; and when gas is introduced into the pore, Young’s modulus decreases 

significantly due to less stiffness (higher compressibility) of the gas compared to brine 

and oil.  

 

 
 

 

(a) (b) 
Figure  3.6: The influence of filled pore size on (a) bulk modulus and (b) Young’s 

modulus using oil fluid filling a penny-shaped pore.  
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3.4.5 Effect of Mineral Composition  

Using the case of penny-shaped pores filled with oil, the effect of mineral 

materials on elastic moduli was evaluated. The minerals forming the matrix in this model 

were calcite, quartz, illite, pyrite and kerogen. The pore volume fraction (porosity) was 

chosen to be 5% since the vast majority of organic-rich shales, including Eagle Ford, fall 

into the 5–10% porosity range (Vernik and Milovac 2011). While other element volume 

fractions were constant, two minerals were tested at a time; the volume fraction of one 

mineral increased and the other one decreased (a replacement process). All the studied 

cases are listed in Table  3.3. The influences of mineral compositions on Young’s 

modulus and saturated bulk modulus for all scenarios are shown in Figure  3.7 to 3.16.  

 

Table  3.3: Scenarios of petrophysical model used for evaluating the influence of mineral 
compositions on elastic moduli 

Solid Materials Calcite 

(v/v) 

Quartz 

(v/v) 

Illite 

(v/v) 

Pyrite 

(v/v) 

Kerogen 

(v/v) 

Oil 

(v/v) 

Calcite/Quartz 0.7-0.0 0-0.7 0.15 0.02 0.08 0.05 

Calcite/Illite 0.5-0.1 0.2 0.15-0.55 0.02 0.08 0.05 

Calcite/Pyrite 0.5-0.48 0.2 0.15 0.02-0.04 0.08 0.05 

Calcite/Kerogen 0.5-0.42 0.2 0.15 0.02 0.08-0.16 0.05 

Quartz/Illite 0.5 0.2-0.04 0.15-0.31 0.02 0.08 0.05 

Quartz/Pyrite 0.5 0.2-0.18 0.15 0.02-0.04 0.08 0.05 

Quartz/Kerogen 0.5 0.2-0.12 0.15 0.02 0.08-0.16 0.05 

Illite/Pyrite 0.5 0.2 0.15-0.13 0.02-0.04 0.08 0.05 

Illite/Kerogen 0.5 0.2 0.15-0.07 0.02 0.08-0.16 0.05 

Pyrite/Kerogen 0.5 0.2 0.15 0.02-0 0.08-0.1 0.05 
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When illite replaced calcite, quartz, pyrite, or kerogen, the Young’s modulus and 

the saturated bulk modulus generally decreased, except in the case of kerogen. Illite is 

a soft material and is expected to cause a reduction in elastic moduli when it replaces 

stiffer materials, but a reduction is not necessarily to occur when it replaces another soft 

material (e.g., kerogen). This behavior is observed in Figures 3.8, 3.9, 3.12 and 3.15. 

Except for the case of replacing kerogen, the size of reduction in the saturated bulk 

modulus due to illite replacement was higher than that in Young’s modulus as indicated 

by trendline slopes. Similar behavior was observed when kerogen replaced stiff 

materials since kerogen is a soft material, see Figures 3.13, 3.14, 3.15 and 3.16. 

However, the elastic moduli were shown to be more sensitive to kerogen than to 

porosity at high kerogen content. Type and thermal maturity of kerogen affects the 

stiffness of kerogen.  

Compared to other solid materials in the petrophysical model, pyrite is the stiffest 

material. Therefore, it is expected to behave differently than illite and kerogen. When it 

replaced calcite, quartz, illite, or kerogen, the saturated bulk modulus as well as 

Young’s modulus of the rock linearly increased as illustrated in Figures 3.10, 3.11, 3.12 

and 3.16.   

   When calcite or quartz replaced illite or kerogen (softer materials), the saturated 

bulk modulus as well as Young’s modulus of the rock linearly increased, Figures 3.8, 

3.9, 3.14 and 3.15, but they linearly decreased when calcite or quartz replaced pyrite 

(stiffer material) as in Figures 3.10 and 3.11. A higher reduction in bulk modulus was 

observed in all cases compared to the size of reduction of Young’s modulus. 
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  Unlike these linear relationships, the replacement of calcite by quartz or the 

replacement of quartz by calcite tended to have a polynomial relationship with the 

saturated bulk modulus or Young’s modulus of the rock, as presented in Figure  3.7. 

There was a critical point as which the highest Young’s modulus was obtained. For 

example, the highest Young’s modulus obtained was at 55% quartz / 45% calcite. 

Unlike these linear relationships, the replacement of calcite by quartz or the 

replacement of quartz by calcite tended to have a polynomial relationship with the 

saturated bulk modulus or Young’s modulus of the rock, as presented in Figure  3.7. 

There was a critical point as which the highest Young’s modulus was obtained. For 

example, the highest Young’s modulus obtained was at 55% quartz / 45% calcite.   

 

 
Figure  3.7: Effect of calcite/quartz content on Bulk modulus and Young’s modulus. 
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Figure  3.8: Effect of calcite/illite content on Bulk modulus and Young’s modulus. 

 

 
Figure  3.9: Effect of quartz/illite content on Bulk modulus and Young’s modulus. 
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Figure  3.10: Effect of calcite/pyrite content on Bulk modulus and Young’s modulus. 

 

 
Figure  3.11: Effect of quartz/pyrite content on Bulk modulus and Young’s modulus. 
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Figure  3.12: Effect of illite/pyrite content on Bulk modulus and Young’s modulus. 

 

 
Figure  3.13: Effect of calcite/kerogen content on Bulk modulus and Young’s modulus. 
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Figure  3.14: Effect of quartz/kerogen content on Bulk modulus and Young’s modulus. 

 

 
Figure  3.15: Effect of illite/kerogen content on Bulk modulus and Young’s modulus. 
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Figure  3.16: Effect of pyrite/kerogen content on Bulk modulus and Young’s modulus. 

 

Along with satK and E determined by Gassman’s model, satK  and E by Reuss 

bound (lower bound) and Voigt bound (upper bound) for mixed materials are estimated 

using Equations 3.18 and 3.19 to evaluate the uncertainty in determining satK and E. The 

results are shown in Figures 3.17 and 3.18. 

fmsat KKK

  11
           ( 3.1) 

fmsat KKK   )1(          ( 3.2) 

where the satK and E by Reuss bound is the lowest possible value for satK and E, 

respectively, and the satK and E by Voigt bound is the highest possible value for satK and 

E, respectively. The Young’s modulus is calculated using Equation 3.17. 
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Figure  3.17: The upper and lower bulk modulus for the mixed-material model using the 

case of penny-shaped pore filled with oil. 
 

 
Figure  3.18: The upper and lower bulk modulus for the mixed-material model using the 

case of penny-shaped pore filled with oil. 
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3.5 Conclusion 

Porosity is the dominant influential parameter affecting the elastic moduli 

because a small change in the porosity makes a significant change in the bulk modulus 

and the Young’s modulus of rock. Although the bulk modulus of solid materials is the 

major constructing component of the saturated bulk modulus of the rock, the impact of 

its variation is minimal compared to the change in porosity. The pore geometry has a 

significant impact on the rock elastic moduli that is nearly equally important to porosity. 

The penny-shaped pore (the close approximation to cracks in rocks) is the least stiff and 

causes a significant reduction in elastic moduli because it easily deforms under stress. 

The pore’s aspect ratio also controls the stiffness of the pore; low aspect ratio leads to a 

less stiff rock. Introduction of soft materials (e.g., clay and kerogen) or high 

compressibility pore fluids can cause a significant reduction in elastic moduli. The 

kerogen content becomes a dominant controlling factor more than porosity particularity 

at high kerogen content. Thermal maturity also has an influence on the rock elastic 

moduli; as it increases, elastic properties decrease. Gassmann’s model has limited 

applications. It does not include all factors controlling elastic moduli. For example, key 

factors such as anisotropy, stress and rock lamination are missing. The influence of the 

latter two parameters on acoustic and elastic properties will be discussed in detail in 

Chapters 4 and 5.  
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CHAPTER 4 GEOMECHANICAL PROPERTY CHARACTERIZATION 

The determination of geomechanical properties, such as static elastic moduli, is 

an essential element for economic productivity evaluation of a formation and for the 

success of exploration and production processes. However, it is difficult to directly 

measure so that they are indirectly estimated using acoustic velocities obtained by 

standard logging techniques.  

There are several properties that govern geomechanical behaviors of rock, such 

as Young’s modulus, shear modulus, bulk modulus, plane wave modulus, and 

Poisson’s ratio. The most common geomechanical properties used in hydraulic 

fracturing and well integrity design are Young’s modulus and Poisson’s ratio. For 

example, they are important in the estimation of propagation and closure of hydraulic 

fractures as well as the predication of the geometry of the drainage area caused by 

induced fractures (Glorioso and Rattia 2012).  

In linear elasticity, there is a linear relationship between applied stress and 

resulting strains. This relationship is known as Hooke’s Law and is expressed as: 

xx E
 1             (4.1) 

or  

x

xE 
            (4.2) 

where x is the applied stress; x is strain resulted from the applied stress; and E is 

Young’s modulus, which is a measure of the resistance of the rock against being 

compressed by the stress. Poisson’s ratio is a measure of lateral expansion of rock 

relative to its longitudinal contraction and can be expressed as: 
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x

yv 
            (4.3) 

 Isotropic materials are those which have properties that are independent of 

direction. Two elastic moduli are generally enough to determine full geomechanical 

properties of isotropic materials as shown in Table 4.1 (Fjaer et al. 2008). 

 

Table  4.1: Relationships among elastic moduli in linear isotropic materials (adapted 
from Mavko et al. 2009) 
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      For isotropic materials, stiffness tensor is composed of three moduli, two of which 

are independent: 

[  
   � � �� � �� � � 0 0 00 0 00 0 00 0 00 0 00 0 0 � 0 00 � 00 0 �]  

    
 

Because of the layered nature of shale rock, it is considered as anisotropic with 

directionally dependent properties. The common form representing anisotropy in shale 

is the vertical transversely isotropic (VTI) at which the planes are normal to the direction 

of applied stress. For VTI rocks, the properties in planes of isotropy are generally stiffer 

than those in transverse planes. For instance, horizontal Young’s modulus is generally 

higher than vertical Young’s modulus.  

The stiffness tensor for VTI symmetry rock (Figure 4.1) requires five independent 

elastic coefficients with directional dependence to be fully defined. It can be written in 

the Voigt (two indexes) notation as: 

[  
   
� � �� � �� � � 0     0    00     0    00    0    00     0     00 0 00 0 0 � 0 00 � 00 0 �66]  

    
where the notations 1, 2 and 3 are the x, y and z directions, respectively. 11C is the in-

plane compressional modulus; 33C is the out-of-plane compressional modulus; 44C is the 

out-of-plane shear modulus; 66C is the in-plane shear modulus; 12C can be determined 
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by 11C and 66C ; and 13C can be determined by 11C , 33C , 44C  and a compressional wave 

velocity at 45°.  

Using acoustic velocities at different directions, dynamic stiffness coefficients can 

be calculated by: 

2
1111 pVC             (4.4) 

2
3333 pVC             (4.5) 

2
3144 sVC             ( 4.6) 

2
1266 sVC             ( 4.7) 

))(()2(24 44334411443311
2
45

4
45

2
4413 CCCCCCCVVCC pp      (4.8) 

661112 2CCC            (4.9) 

 

 
Figure  4.1: VTI symmetry and associated acoustic velocities (Mokhtari et al. 2014). 
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Once these five parameters are determined, the directional dynamic elastic 

moduli of VTI rock can be calculated using the following equations: 

1211

2
13

33

2

CC

C
CEv            (4.10) 
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           (4.13) 

Thomsen parameters (Thomsen 1986) can also be determined using dynamic stiffness 

coefficients. The compressional velocity anisotropy ( ), the shear velocity anisotropy (

 ) and the energy loss through the medium ( ) can be calculated as: 

33

3311

2C

CC             (4.14) 

44

4466
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CC             (4.15)  
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2
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      (4.16) 

Experimental studies on anisotropic elastic properties in shales are few (Hornby 

1995). The main reasons are the shortage of preserved shale cores, the difficulties of 

laboratory measurements and the time required for pore pressure to reach equilibrium 

(Wang 2002b). Kaarsberg (1959) studied the elastic anisotropy of argillaceous shale by 

measuring ultrasonic velocity and mineral composition. Simons (1963) measured elastic 

moduli of shales from West Texas, Louisiana and the Texas Gulf Coast. Podio et al. 
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(1968) studied the dynamic elastic properties of dry and water-saturated Green River 

under stress. Jones and Wang (1981) measured the ultrasonic elastic properties of 

cretaceous shales from Williston Basin with an attempt to develop a relationship 

between confining pressure and pore pressure. White et al. (1983) and Lo et al. (1984) 

studied the elastic anisotropy in Pierre shale and Chicopee shale, respectively. Vernik 

and Nur (1992) measured the anisotropic elastic properties of dry Bakken shale 

Formation. Hornby (1998) studied the elastic properties of drained, saturated Jurassic 

outcrop shales as a function of confining pressure. Dewhurst and Siggins (2006) 

evaluated the impact of fabric, microcracks and stress on shale anisotropy. Pervukhina 

(2008) reported measurements of elastic anisotropy parameters under the control of 

pore pressure for preserved shales from the North Sea, Officer Basin, Bass Basin and 

Carnarvon Basin. Sierra et al. (2010) investigated the effects of mineralogy and 

morphology on anisotropic mechanical properties of Woodford Shale Formation. Using 

samples from Floyd Shale, Sondergeld and Rai (2011) also studied elastic anisotropy.  

Sone and Zoback (2013) studied the static and dynamic elastic properties of Barnett, 

Haynesville, Eagle Ford, and Fort St. John gas shales through laboratory experiments.  

The orientation of lamination plays a significant role in elastic properties such as 

degree of anisotropy, rock brittleness, and rock strength (Sierra et al 2010). For 

example, fabric lamination in shale rocks leads to elastic anisotropy, which manages the 

failure behavior of the rock, including the mode of deformation and the failure angle. 

Several studies (e.g., Yang and Gray 1970; Tien et al. 2006) were conducted in order to 

study the failure mechanism of anisotropic shale rocks. For example, Tien et al. (2006) 

studied the failure mode of VTI rocks under uniaxial compression and reported two 
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major failure modes: sliding and non-sliding. The knowledge of the failure behavior of 

shale formation is important for well path optimization, wellbore stability and cutting 

transport during the drilling, as well as in hydraulic fracture design.  

 In this chapter, the impact of stress and lamination orientation on geomechanical 

properties is investigated using samples from the MS, GR and EF shale formations. An 

elastic modulus correlation is developed, and a dynamic and static elastic moduli 

relationship is determined. In addition, the influence of lamination orientation on the 

failure behavior of laminated shale as well as on the rock maximum strength is 

discussed.   

4.1 Experimental Procedure 

Tri-axial measurements on 1 to 1.5 in diameter cored plugs were carried out at 

UNGI Geomechanics laboratory to determine their acoustic and geomechanical 

properties. The acoustic assembly for measuring the velocity and deformation of 1 or 

1.5 in diameter cylindrical core samples was fitted inside a tri-axial pressure vessel, 

Figure 4.2. Axial and radial rock deformation was measured following the procedure 

described by Tutuncu (1994).   

The overburden load was provided by means of a high-stiffness, rock mechanics 

load frame (MTS) with a maximum compressive capacity of one million pounds (4450 

kN). The axial load on the sample was increased gradually until the in-situ stress state 

was reached. Mineral oil was used as confining fluid to produce a homogeneous radial 

stress. Pressure was monitored by a digital pressure gauge with 1 psi resolution. 

Neoprene rubber jacketing material (0.118 in thick) was used to isolate the sample from 

the confining fluid.  
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(a) 

 
(b) 

Figure  4.2: (a) Tri-axial system in the UNGI Geomechanics Lab (b) a schematic sketch 
of the tri-axial system. 
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The deformation data obtained as a function of pressure was used to determine 

maximum compressive strength, static Young’s modulus and Poisson’s ratio, as well as 

rock failure behavior of the sample. The axial deformation (length change) 

corresponding to the applied axial loads was measured to the nearest 0.0001 inch (2.5 

µm) by two linear vertical differential transformers (LVDTs). The radial deformation was 

measured with a clip gauge, with the same resolution as the LVDTs, placed at the 

center of the system. The axial and radial deformations were measured using the 

following equations:  

l

lll
x

)(             (4.17) 

and   

d

ddd
y

)(            (4.18) 

where l is the sample length, l is the change in length, d is the sample diameter, and 

d is the change in diameter.     

4.2 Maximum Compressive Strength  

The impact of lamination orientation on the shale maximum strength was 

examined using MS, GR and EF shale samples. Maximum strength represents how 

much resistance a shale sample can take before failure occurs. It is a critical 

geomechanical parameter that is often used to optimize the well trajectories in 

anisotropic formations.  

The stress-strain test was conducted using various lamination orientations from 

the MS, GR and EF shale formations. Using 2,000–2,260 psi confining pressure, the 

maximum compressive strengths were obtained. The results show that maximum 
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compressive strength depends on rock lamination orientation as presented in Figure 

4.3. In all samples, the highest maximum compressive strength takes place at the 

lamination orientation of 90°, slightly higher than that of the vertical (0°) sample where 

the lowest maximum compressive strength occurs at the lamination orientation of 60°.   

 

 
Figure  4.3: Maximum compressive strength at various lamination orientations of MS, 

GR and EF shale samples. 
 

4.3 Failure Behavior 

The pre- and post- failure behavior of shale at various lamination orientations 

was investigated using MS samples. They were tested at 2,000 psi confining pressure 

while axial stress was applied until the failure occurred. The test results are presented in 

Figure 4.4. The axial deformation clearly indicates the maximum compressive strength 

at the point of failure as mentioned in the previous section. The radial deformation 

shows two failure modes: multi-step and shear. The vertical and horizontal samples 

display a multi-step failure at which the failure occurs at no failure preference path, 
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resulting in a creation of complex fractures instead of a single sliding fracture. This 

failure behavior can be attributed to the absence of shear stress on the lamination 

plane. On the other hand, shear failure (sliding failure mode) is observed in the samples 

with the lamination orientations of 25°, 45° and 60°. Sliding along the lamination plane 

(weakness plane) is very apparent for the 60° lamination orientation sample.  

 

 
Figure  4.4: Stress-strain behavior of MS shale at various lamination orientations. 

 

The above mentioned failure behavior is clearly visible through the radial 

deformation data of the post-failure phase as well as by the visual observation of 

samples after they were taken out from the tri-axial cell as shown in Figure 4.5. The 

sliding shear failure mode can explain the lowest compressive strength obtained at the 

lamination orientation of 60°
 in the previous section since it occurs at the weakest angle 

of failure plane (2) in the Mohr circle diagram as described by Fjaer et al. (2008), 

Figures 4.6 and 4.7. 
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Vertical 25 Degree 45 Degree 60 Degree Horizontal 

 
Figure  4.5: Post-failure behavior of MS shale samples at various lamination orientations. 

 

 

 
Figure  4.6: Mohr-Coulomb criterion in a space of tensile and shear stress (Fjaer et al. 

2008). 
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Figure  4.7: Orientation of the failure plane relative to the largest principle stress. The 

solid line represents the failure plane of 60° (two times the friction angle of  30° 
(reproduced from Fjaer et al. 2008). 

 

4.4 Static Elastic Moduli  

In the following sub-sections, effects of stress, macrofractures, and the 

orientation of rock lamination on static elastic moduli are evaluated.  

4.4.1 Effect of Stress and Macrofracture  

Stress and natural or induced fractures have impacts on the shale elastic 

properties. As stress increases, rock becomes stiff due to the closure of fractures and 

pores, which leads to an increase in elastic moduli. Tutuncu et al. (1993) studied Berea 

sandstone and two tight gas sandstones and concluded that the macrofracture 

presence causes a reduction in Young’s modulus and an increase in Poisson’s ratio. To 

investigate the effect of stress and the presence of fracture on elastic moduli (Young’s 

modulus and Poisson’s ratio) of organic-rich shale, tri-axial tests were conducted on two 

EF samples; one sample (EF-1-1V) had a fracture detected by the CT scan and was 



90 
 

found to be parallel to the lamination and another one (EF-1-2V) had no fracture. Both 

samples were extracted from the same depth of Well BD and had similar porosity and 

rock compositions. They were tested in tri-axial assembly at the same in-situ stress 

conditions. The details of the testing program and the result of the tests are presented in 

Table 4.2 and Figure 4.8. The test started at confining pressure of 1,130 psi, followed by 

a run at 2,260 psi, and then at 3,390 psi. At each confining pressure, the axial stress 

was raised until it reached hydrostatic conditions. Once the hydrostatic condition was 

established, the confining pressure was raised until it reached the next higher 

hydrostatic condition. The test for the sample EF-1-2V stopped at 2,260 psi confining 

pressure due to a technical problem with the testing apparatus.  

Due to the existence of horizontal fractures in the sample EF-1-1V, the results 

exhibits low Young’s modulus at low stress of 1,130 psi as shown in Figure 4.9. At the 

intermediate stress condition (2,260 psi), a significant increase (~100%) in the Young’s 

modulus of sample EF-1-1V is observed and attributed to the closure of the fractures. In 

contrast, there is a slight increase in the Young’s modulus of the sample EF-1-2V 

moving forward from low to intermediate stress conditions. At high stress conditions, the 

Young’s moduli of both samples become similar, which is attributed to complete closure 

of the fractures. Poisson’s ratios of both samples also show a similar behavior to the 

Young’s moduli as observed in Figure 4.10. At low stress conditions (1,130 psi), the EF-

1-1V sample exhibits a low Poisson’s ratio, which significantly increases because of the 

fracture closure and the increase in rock stiffness when stress increases to 2,260 psi. In 

contrast, there is a slight increase observed in the Poisson’s ratio of the sample EF-1-

2V moving forward from low to intermediate stress conditions. The Poisson’s ratios of 
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both samples become similar due to the complete closure of the fractures at high stress 

conditions.  

 

Table  4.2: Detailed program and result for tri-axial test to study the effect of fractures on 
static geomechanical modulus 

Confining 
Pressure 

(psi) 
Axial Stress 

 (psi) 

Young’s Modulus 
(Mpsi) 

Poisson’s Ratio 

EF-1-1V EF-1-2V EF-1-1V EF-1-2V 

1,130 
  
  
  
  

1,130 

0.70 1.05 0.10 0.13 
5,500 
4,500 
5,500 
2,260 

2,260 
  
  
  
  

2,260 

1.30 1.31 0.12 0.11 
10,500 
9,500 
10,500 
3,390 

3,390 
  
  
  
  

3,390 

2.01 NA 0.24 NA 

15,500 
14,500 
15,500 

Until the sample is 
broken  

 

 
Figure  4.8: Stress-strain behavior of EF shale samples at various hydrostatic conditions. 
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Figure  4.9: Effect of fracture on Young’s modulus. 

 

 
Figure  4.10: Effect of fracture on Poisson’s ratio. 
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4.4.2 Effect of Lamination Orientation  

  The lamination orientation is defined as the angle between a line perpendicular to 

the lamination plane and the plane direction. Therefore, the samples vertically cored 

have zero-degree lamination, whereas those horizontally cored have a 90° lamination 

angle as illustrated in Figure 4.11. Young’s modulus and Poisson’s ratio are also 

affected by the lamination orientation of the formation. In this study, it is found that the 

static Young’s moduli of the horizontal samples are higher than that of the vertical 

samples in the MS, GR and EF shales due to the lamination orientation as 

demonstrated in Figures 4.12-14. The above conclusion is not observed for the static 

Poisson’s ratio. The measurement was taken at 2,000 psi stress for the MS and EF 

samples and at 200 psi stress for the GR samples.  

 

 
Figure  4.11: A schematic illustrating the definition of lamination orientation (Modified 

after Wang 2002a). 
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Figure  4.12: Effect of lamination orientation on Young’s modulus of MS shale samples 

at Pc=2,000 psi. 
 

 
Figure  4.13: Effect of lamination orientation on Young’s modulus of GR shale samples 

at Pc=200 psi. 
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Figure  4.14: Effect of lamination orientation on Young’s modulus of EF shale samples at 

Pc=2,000 psi. 
 

4.5 Dynamic vs. Static Elastic Modulus Relationship 

Since shale formations do not behave as elastic material because of large 

differences in stress and strain, static elastic moduli (obtained from stress-strain 

relationship) are not equal in magnitude to the corresponding dynamic moduli (obtained 

from wave velocity measurements, (King 1970). Due to the lack of core availability, full-

waveform sonic logs along with density logs are usually utilized to obtain dynamic 

elastic properties. In this case, developing a relationship between dynamic and static 

elastic properties is required to extract the in-situ static elastic properties.  

The differences exhibited between dynamic and static Young’s modulus are 

generally caused by factors such as the strain amplitude, cracks/micro-fractures, pore 

geometry and measurement uncertainty. The strain amplitude is the most important 

factor. Since static elastic moduli are determined by increasing stress in steps, it is 
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accompanied by large strain amplitude (>10-2). Dynamic elastic moduli, on the other 

hand, are determined by wave propagation with very small strain amplitude (<10-6). This 

large difference in the strain amplitude deployed in the two types of measurements 

results in large differences in elastic moduli (Tutuncu et al. 1998a, 1998b). Another 

important factor is the flat pores in reservoir rocks. Under the static mechanical test, flat 

pores tend to be closed and anelastically deformed whereas the flat pores under the 

dynamic test is elastically deformed due to the small strain amplitude (Wang 2000).  

Using both the ultrasonic and the mechanical methods, dynamic and static 

Young Moduli and Poisson’s Ratios were obtained at vertical and horizontal lamination 

orientations and, consequently, a relationship between the dynamic and static moduli 

was developed as shown in Figures 4.15 and 4.16. The dynamic Young’s moduli are 

higher than static Young’s modulus in all samples while the dynamic and static 

Poisson’s ratios are similar. 

 

 
Figure  4.15: Dynamic to static Young’s Modulus of MS, GR and EF shale samples at 

vertical and horizontal lamination orientations at various stress conditions. 
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Figure  4.16: Dynamic to static Poisson’s Ratio of MS, GR and EF shale samples at 

vertical and horizontal lamination orientations at various stress conditions.  
 

4.6 Elastic Stiffness Tensor 

The stiffness tensor for a transversely isotropic material contains five 

independent elastic moduli: C11, C13, C33, C44 and C66 (Mavko et al. 2009). Static elastic 

moduli were calculated using the static Young’s modulus and Poisson’s Ratio data 

reported by Mokhtari et al. (2014) for the Eagle Ford Shale Formation from the same 

well (Well BD) used in this study. The static Young’s moduli are 3.34 Mpsi and 5.02 

Mpsi for the vertical and the horizontal samples, respectively. The static Poisson’s ratios 

are 0.18, and 0.29 for the vertical and the horizontal samples, respectively.   

Static stiffness tensor was calculated using the following equations (Suarez 

Rivera et al. 2011; Ostadhassan et al. 2012): 
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where vE is the vertical Young’s modulus, hE is the horizontal Young’s modulus, vv is the 

vertical Poisson’s ratio, and hv is the horizontal Poisson’s ratio. 

The five independent dynamic elastic constants (dynamic stiffness tensor) were 

obtained from the density and the ultrasonic measurements of plug samples. They were 

calculated using the following equations (Mavko et al. 2009):    

2
1111 pbVC             (4.26)

2
3333 pbVC             (4.27)

2
3144 sbVC             (4.28) 
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2
1266 sbVC             (4.29) 

))(()2(24 44334411443311
2
45

4
454413 CCCCCCCVVCC pbpb     (4.30) 

661112 2CCC            (4.31) 

Dynamic and static elastic coefficients are plotted as illustrated in Figure 4.17, to 

determine the dynamic to static correlation of the stiffness tensor which can be used to 

obtain the static Young’s Modulus and Poisson’s Ratio from the well logs. The 

correlation obtained for the EF samples from Well BD is: 

2462.08158.0  ijdynijstat CC          (4.32) 

 

 
Figure  4.17: Dynamic to static relationship of elastic constants of EF Well BD. 

 

4.7 Elastic Moduli Correlation  

The results obtained from the previous sections indicate that elastic moduli are a 

function of stress, rock composition and lamination orientation as follows: 
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Young Modulus= f (stress + mineral compositions + lamination orientation)  

At certain stress and lamination orientation, Young’s modulus can be determined 

using the formulas: 

)()()( '  fcompff
EEEE           (4.33) 

 ncompEnEE VolbaaE ,21 '          (4.34) 

where 
)( 'f

E is the Young’s modulus due to stress;  )(compfE is the Young’s modulus 

affected by rock composition and organic matter; and )(fE is the Young’s modulus due 

to the lamination orientation (which is equal to zero for vertical sample). “n” denotes 

rock composition and organic matter materials. The right side of the equation is 

composed of three components: the Young’s modulus due to stress, the sum of Young 

moduli due to rock composition, and the Young’s modulus effected by lamination 

orientation. 1Ea and 2Ea constants can be obtained from the relationships presented in 

Figures 4.12-14. Enb  are constant coefficients; and ncompVol ,  is the volume fraction of rock 

compositions and organic matter. 

To correlate Young’s modulus to the stress, rock composition, organic matter and 

lamination orientation, linear multivariate fitting resulted in a correlation that accurately 

predicts the Young’s modulus at various stress conditions. For example, the following 

correlations are obtained for the vertical EF sample: 

TOCpyriteillitequartzcalciteEE VolbVolbVolbVolbVolbaaE 543212
'

1)0(     (4.35) 

where 1Ea =0.00008, 2Ea =0.002, 1b =3.3, 2b =11.9, 3b =3.3, 4b =40.3, 5b =0.62. 

For the horizontal EF sample, the correlations of velocity are: 
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TOCpyriteillitequartzcalciteEE VolbVolbVolbVolbVolbaaE 543212
'

1)90(     (4.36) 

where 1Ea =0.0002, 2Ea =0.002, 1b =3.3, 2b =11.9, 3b =3.3, 4b =40.3, 5b =0.62. 

 It is found that the impact of stress (at 4,000 psi) on Young’s modulus can be ~7–

13%. It is also found that the impact of TOC does not exceed 1%. The percentage of 

impact on Young’s modulus was about 35%, 18%, 11%, and 12% by calcite, quartz, 

illite, and pyrite, respectively, see Figure 4.18. 

 

 
Figure  4.18: The impact of stress, rock composition and lamination orientation on 

Young’s modulus of the EF sample at 4,000 psi. 
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The quantification of the effect of any rock composition on the elastic moduli can 

be calculated using the following equation:

2))((
formation

ncompositio

formation

ncompositio
formationncompositio Velocity

Velocity

Density

Density
ModulusModulus     (4.37) 

 The effect of any rock composition on elastic constants can be calculated and 

then used to determine the effect on dynamic and static Young’s modulus and 

Poisson’s ratio using Equations 4.38–4.41. Elastic constants can be calculated as:  
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4.8 Conclusion 

The results of this chapter show that stress, rock composition and lamination 

orientation of the rock have an influence on shale elastic moduli. It was found that the 

maximum compressive strength became the highest at the lamination orientation of 90°, 

but the lowest at the lamination orientation of 60°. The single shear sliding occurred at 

deviated orientation (e.g., 25°, 45° and 60°) whereas the vertical and horizontal samples 

displayed a multi-step failure at which the failure occurred at no preference path, 

resulting in the creation of complex fractures. The effect of fractures on elastic moduli 

became prominent at low stress. Therefore, a significant change on elastic properties 
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occurred when fractures got closed. The elastic moduli were different at different 

lamination orientations, explaining the anisotropic behavior of shale rocks. Young’s 

moduli of the horizontal samples were generally higher than that of the vertical samples. 

However, it was difficult to draw the same conclusion for the Poisson’s ratio. Dynamic 

and static elastic coefficients of the stiffness tensor are often determined from cores to 

be used for obtaining static Young’s Modulus and Poisson’s Ratio from the well logs. 

The results showed that the stress and lamination orientations were key factors that 

could not be neglected in the estimation of elastic moduli in shale. The developed 

correlations in this chapter could be helpful in predicting elastic moduli for uncored wells 

in Eagle Ford Shale Formation. 
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CHAPTER 5 ACOUSTIC PROPERTY CHARACTERIZATION 

  
Acoustic velocity is the speed of a sound wave traveling through porous media. It 

is generally used to characterize rocks and identify their lithology. It is controlled by 

various factors such as stress (Wyllie et al. 1958), lithology (Kenter et al. 1996), rock 

texture (Wyllie et al. 1956; Jizba 1991; Tutuncu et al. 1993; Guadagno and Nunziata 

1993; Eberli et al. 2003), rock fabric (Podio et al. 1968; Nur and Simmons 1969; Vernik 

and Nur 1992), burial diagenesis (Schoonmaker et al. 1985; Kenter et al. 1996), pore 

fluid(s) type and saturation (Wang et al. 1990; Liu et al. 1994), temperature (Timur 

1977; Vernik and Nur 1992), as well as signal frequency and amplitude (Tutuncu et al. 

1994). In this chapter, some of these factors (mainly stress, mineral compositions, and 

rock lamination) are evaluated using organic-rich shale rock with an objective to develop 

a correlation with acoustic velocity to understand the acoustic behavior of organic-rich 

shale rocks.   

There have been attempts to develop a relationship between sonic velocity and 

other variables. The most popular weighted-average transform relating sonic velocity 

(the reciprocal of sonic transit time) to porosity is the Wyllie time-average equation 

(Wylie et al. 1956): 

maf ttt  )1(           (5.1) 

or  

fma VVV

  11
          (5.2) 
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where, respectively, t and V are the sonic transit time (µs/ft) and acoustic velocity 

(ft/s); ft and fV are the transit time and acoustic velocity of the pore fluid; mat and maV

are the transit time and acoustic velocity of the rock matrix; and  is the porosity. 

 Due to shortcomings of the equation in not being able to yield the accurate 

estimation, Raymer et al. (1980) proposed an empirical equation that applies over an 

entire porosity range from 0% to 100% using the following expression: 

fma VVV   2)1(           (5.3) 

 The empirical solutions by Wyllie and Raymer have been used widely for the 

prediction of porosity and lithology from acoustic velocity. However, their equations 

relate the sonic velocity to the porosity only and ignore other important parameters such 

as rock composition and fabric as well as pore shape and distribution (Kenter et al. 

1996). Additionally, the equations do not involve the effective stress as a controlling 

factor affecting the elastic wave velocity. Another problem associated with both 

equations is the selection of a proper matrix and/or fluid velocity.  

Han et al. (1986) found that velocity was correlated with porosity and clay content 

in shaly sandstones. They concluded that velocity was more sensitive to porosity then to 

clay content. Their correlation was expressed as: 

CaaaV 210             (5.4)  

where C is the clay content.  

Eberhart-Phillips et al. (1989) added effective stress in their study of porosity, 

clay content and velocity relationship. They found that velocity correlates exponentially 

to low effective stress, but linearly to high effective stress (>2,900 psi).   
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 aeaCaaaV          (5.5) 

where ’ is the effective stress. They used a large number of sandstone samples 

including some tight gas sandstone. However, their correlations were mostly gathered 

from medium to high permeability rocks (Tutuncu et al. 1994).  

Bowers (1995) introduced a new empirical method to estimate effective stress 

from sonic velocity with an objective to obtain pore pressure by subtracting overburden 

stress from the effective stress. The method correlated only effective stress to sonic 

velocity as shown in the following expression: 

2'
10

a
p aaV            (5.6) 

Shapiro (2003) theoretically derived an approximation for velocities in both dry 

and saturated rock as functions of the effective stress covering a wide range of 

stresses: 

'
3

2
'

10
 a

p eaaaV           (5.7)  

 These studies established some relatively simple relations between velocities 

and important rock parameters such as porosity, clay content, and effective stress in 

siliciclastics rocks. Carbonate and mixed carbonate-siliciclastic rocks have in common a 

deviating behavior with regard to the above correlations. Therefore, Kenter et al. (1997) 

conducted a linear multivariate analysis resulting in velocity-porosity-carbonate content 

transforms that predict sonic velocity within the mixed carbonate-siliciclastic data set. 

Their correlation was expressed as: 

carbonatecarbonate VolaVolaaaV  3210         (5.8) 



107 
 

where carbonateVol is the content of carbonate in volume fraction, and 0a , 1a , 2a , 3a and 4a  

(in the above equations) are constant coefficients and 0a represents the velocity affected 

by other factors, such as other rock mineral compositions and texture/fabric properties. 

 Using those correlations in organic-rich shale will lead to an inaccurate 

evaluation when they, for example, neglect the orientation of lamination in laminated 

rock. In organic-rich shale, very limited researches (Podio et al. 1968; Vernik and Nur 

1992; Vernik et al. 1994; Vanorio et al. 2008; Prasad et al. 2009) have been conducted 

to study acoustic signatures and factors controlling sonic velocity in organic-rich shale 

source rock. Podio et al. (1968) studied the impact of confining pressure and fluid 

saturations on acoustic velocity. Vernik and Nur (1992), Vernik et al. (1994), Vanorio et 

al. (2008), and Prasad et al. (2009) studied the factors controlling velocity anisotropy 

such as kerogen content and maturity. The studies showed that kerogen content and 

maturity influence the velocity but, up to date, no correlation has been developed to 

relate the acoustic velocity of organic-rich shale to its controlling factors such as 

kerogen and maturity. Moreover, no velocity correlation has involved the rock lamination 

orientation as a factor that can control the velocity in laminated shale. 

In this chapter, the aim is to evaluate stress, rock composition, organic matter, 

and rock lamination orientation as factors controlling acoustic properties in organic-rich 

shale and to develop a correlation relating the velocity to its controlling parameters. 

Such correlation can lead to successful exploration and production programs in organic-

rich shale by its accurate estimation of, for instance, velocity, pore pressure, TOC, etc. 
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5.1 Experimental Procedure   

Using tri-axial test, axial and radial acoustic velocities were measured following 

the procedure described by Tutuncu (1994). Two dual mode (compressional and shear) 

transducers with center frequencies of about 1 MHz were used in a pulse transmission 

type arrangement. Travel times of compressional- and shear-waves were determined 

under pressure by measuring the face to face delay times of the transmitter receiver set. 

The time delay was then subtracted from the measured arrival times for the samples in 

order to obtain the transit time within the sample. The compressional and shear 

velocities were obtained with +/-2 percent and +/-5 percent accuracy, respectively. From 

the velocity data, dynamic moduli (e.g., Young’s modulus and Poisson’s ratio) could be 

estimated. 

5.2 Effect of Macrofracture and Stress on Acoustic Velocity 

  Guadagno and Nunziata (1993) investigated the influence of macrofractures on 

acoustic velocity in core scale and log scale of fractured carbonate rocks. They found 

that increasing stress causes an increase in velocity mostly at low stress conditions 

because of the closing of fractures.  

  Overburden and horizontal in-situ stresses are critical design elements in 

developing drilling, hydraulic fracturing, as well as petroleum production strategic and 

operational plans. They also have an impact on formation evaluation tools (e.g., 

acoustic tools) that are used in exploration and sweet spot identification. Understanding 

the impact of stresses helps to determine the effect of reservoir depletion (due to the 

change of pore pressure) on acoustic and geomechanical properties. In subsurface 

conditions, the change in sonic velocity can demonstrate the change due to loading and 
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unloading in depositional environments and can indicate reservoir depletion. As 

mentioned previously, ultrasonic velocity generally increases as stress increases due to 

the closure of natural or induced fractures and intrinsic pores; however, the size of 

increase may depend on other factors such as lamination orientation of rock.   

  In this study, an experiment was conducted on EF samples (EF-1-1V and EF-1-

2V) to study the impact of macrofractures and stress on ultrasonic velocity of organic-

rich shales. The two core samples used were vertical and obtained from the same depth 

with similar compositions. CT scans of the two samples were performed to identify 

fractures. Figure 5.1 shows that EF-1-1V has an apparent macrofracture parallel to the 

rock lamination. The fracture might be induced as a result of in-situ stress release from 

lifting the core to the surface. It is also possible that it is an existing natural fracture 

generated due to the expulsion of hydrocarbon during oil and/or gas generation and 

migration from the source rock.  

 

 
Figure  5.1: CT scan of sample EF-1-1V (left) and EF-1-2V (Right). 
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  The two samples were tested at similar axial and confining stress conditions. The 

acoustic velocity of the samples is presented in Figures 5.2. Because of the presence of 

fractures, EF-1-1V exhibits lower acoustic velocity while the acoustic velocity of the EF-

1-2V sample has less dependence on stress because of the absence of fractures. At 

low stress condition, both samples exhibit an exponential increase (with different 

magnitudes) of acoustic velocities as stress increases. This can be attributed to the 

closure of intrinsic pores and fractures. At high stress conditions, acoustic velocities 

linearly increase as stress increases. It is evident that the acoustic velocities of both 

samples become similar at very high stress due to the closure of fractures and intrinsic 

pores.  

 

 
Figure  5.2: Effect of stress on compressional velocity for EF-1-1V (with fracture) and 

EF-1-2V (with no fracture). 
 
 

  In this study, several organic-rich shales were also tested to understand the 

impact of stresses on acoustic properties at various lamination orientations. Non-
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fractured core samples from MS, GR and EF were examined under several stress 

conditions. It is evident that acoustic velocity increases as stress increases regardless 

of the rock lamination orientation, Figures 5.4-6. Compressional velocity (Vp) shows 

higher dependence on stress than shear velocity (Vs), which indicates that velocity 

anisotropy increases with compaction. For example, the Vp of MS and GR samples 

exhibit higher (10-fold) dependence on stress than the Vs. The average slope of Vp with 

respect to stress is 0.1 and 0.04 for the MS and GR samples respectively, whereas the 

average slope of Vs with respect to stress is 0.01 and 0.007 respectively. The Vp of EF 

samples show less dependence on the stress because of the sample preservation as 

also noticed by Sondergeld and Rai (2011) in the Wood-ford shale. At high levels of 

stress (e.g., >4,000psi), It is also evident that the impact of increasing stress on acoustic 

velocity is limited compared to other components (e.g., rock minerals and lamination 

orientation) as is discussed in the following section.  

 
Figure  5.3: The impact of stress on acoustic velocity in MS shale samples. 
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Figure  5.4: The impact of net stress on acoustic velocity in GR shale samples. 

 

 
Figure  5.5: The impact of stress on acoustic velocity in EF shale samples. 
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5.3 Effect of Lamination Orientation on Acoustic Velocity 

In this section, the acoustic properties of core samples with various lamination 

orientations are discussed. The elastic wave velocities show a dependence on the rock 

lamination orientation. As the lamination orientation increases, they generally increase 

in all studied shale samples as observed in Figure 5.7.  For example, the Vp of the MS 

horizontal sample is approximately 30% higher than that of vertical. The impact of 

lamination orientation on wave velocities can help in determining the vertical response 

of the deviated well sonic measurements.  

 

 
Figure  5.6: Compressional velocities of various shale samples with respect to lamination 

orientation at 2,000 psi stress. 
 

As an attempt to quantify the variation of Vp due to the change in lamination 

orientation, the Vp and Vs of shale samples at various lamination orientations were 
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measured with respect to the applied stress. The Vp of the MS, GR and EF samples are 

shown in Figures 5.8-5.10, respectively and the Vs of the MS, GR and EF samples are 

shown in Figures 5.11-13. Their regression equations are composed of two 

components: the slope representing the effect of stress on Vp or Vs and the intercept 

representing the effect of other factors including mineral compositions and lamination 

orientation.  

It is observed that the intercept increases as the lamination orientation increases 

in all shale samples. The vertical samples are assumed to be the base cases since their 

lamination orientations are zero. With an assumption that the mineral compositions do 

not change when lamination orientation changes, any addition in the intercept to the 

base case indicates the effect of the change of the lamination orientation on acoustic 

velocity.   

 

 
Figure  5.7: Compressional velocities at various lamination orientations with respect to 

stress of MS shale samples. 
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Figure  5.8: Compressional velocities at various lamination orientations with respect to 

stress of GR shale samples. 
 

 
Figure  5.9: Compressional velocities at various lamination orientations with respect to 

stress of EF shale samples. 
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Figure  5.10: Shear velocities at various lamination orientations with respect to stress of 

MS shale samples. 
 

 
Figure  5.11: Shear velocities at various lamination orientations with respect to stress of 

GR shale samples. 
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Figure  5.12: Shear velocities at various lamination orientations with respect to stress of 

EF shale samples. 
 

5.4 Acoustic Velocity Correlation 

The relationships obtained in the previous section indicate that acoustic velocity 

is a function of stress, rock mineral composition and lamination orientation as follows: 

V = f (stress + mineral compositions + lamination orientation)   

Acoustic velocity can be determined using the formula: 

)()()( ',  fcompff
VVVsVp           (5.10)  

 ncompVnVV VolbaaV ,21 '          (5.11) 

where 
)( 'f

V is the acoustic velocity due to stress;  )(compfV is the acoustic velocity 

affected by rock compositions and organic matter; and )(fV is the acoustic velocity due 

to the lamination orientation (which is equal to zero for vertical sample). “n” denotes 

rock composition and organic matter materials. The right side of the equation is 
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composed of three components: the velocities due to stress, the sum of acoustic 

velocities due to mineral compositions, and the velocities effected by lamination 

orientation. The first component can be obtained using the slope of regression equation 

while the second component can be determined by cross plotting lamination 

orientations and intercepts of their regression equations as will be explained. The third 

component is determined by subtracting the intercept of regression equation for the 

vertical sample from that of non-vertical samples. 1Va and 2Va constants can be obtained 

from the relationships presented in Figures 5.8-13. Vnb  are constant coefficients; and 

ncompVol ,  is the volume fraction of rock compositions and organic matter. 

The acoustic velocities of the horizontal samples were less affected by the stress 

than the other lamination orientations. This can be observed by looking at the slope ( a ) 

of regression equations in above figures. The high slope indicates that stress had a high 

impact on velocity. Stress had less effect on the velocity of the horizontal sample since 

it had a high compressive strength as discussed in the previous chapter.  

To develop a velocity correlation, lamination orientation was crossplotted to the 

intercepts and the slopes of regression equation of each formation. The relationships 

can be used for correlation as will be discussed later in this section. The plots show 

linear proportional relationships between the velocity intercept and lamination 

orientation when stress is equal to zero as indicated in Figures 5.14-16. The plots also 

present linear relationships between lamination orientation and slopes of regression 

equations, Figures 5.17-19.  
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Figure  5.13: Lamination orientation vs. intercept of regression equation of MS samples. 
 

 
Figure  5.14: Lamination orientation vs. intercept of regression equation of GR samples. 
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Figure  5.15: Lamination orientation vs. the intercept of regression equation of the EF 

samples. 
 

 
Figure  5.16: Lamination orientation vs. the slope of regression equation of the MS 

samples. 
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Figure  5.17: Lamination orientation vs. the slope of regression equation of the GR 

samples. 
 

 
Figure  5.18: Lamination orientation vs. the slope of regression equation of the EF 

samples. 
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From the above relationships, the correlation of velocity with respect to stress 

and lamination orientation can be expressed as:  

'
32

'
10  aaaaV           (5.12) 

where 0a , 1a  and 2a  are constant coefficients obtained from the above plots while 0a  

represents any other controlling factors on acoustic velocity, mainly including rock 

composition, and can be calculated using the following equation: 

 icompivba ,0           (5.13) 

The velocity correlations of MS, GR and EF formation in this study, respectively, are: 

'' 0004.0482.451386.0437,10  pV       (5.14) 

'' 0002.0611.240485.0436,10  pV       (5.15) 

'' 0003.06644.120325.0901,12  pV       (5.16) 

It is observed that the velocity due to mineral composition is a major component 

of the total acoustic velocity. At high levels of stress, porosity (as a function of stress) 

has minimal effect on the velocity. Lamination orientation exhibits higher effect on the 

velocity than porosity, particularly, at higher degrees of orientation. The impact of stress 

is minimal in all various lamination orientations. At high levels of stress, porosity (as a 

function of stress) has minimal effect on the velocity. Lamination orientation exhibits 

higher effect on the velocity than porosity, particularly, at higher degrees of orientation. 

The impact of stress is minimal in all various lamination orientations. As an example, Vp 

components of MS shale samples at various lamination orientations at 3,000 psi stress 

are demonstrated in Figure 5.20. In the above equations, the forth term can be 

neglected. 
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Figure  5.19: Vp components of MS shale samples at various lamination orientations at 

3,000 psi stress. 
 

 To correlate acoustic velocity to stress, mineral composition, and lamination 

orientation, linear multivariate fitting resulted in a velocity-porosity-mineral-lamination 

transform that can predict the velocity of organic-rich shale at various stress conditions. 

For example, the following correlation is developed for EF sample: 

TOCpyriteillitequartzcalciteVV VolbVolbVolbVolbVolbaaVp 543212
'

1)(       (5.17) 

where 1Va =0.0325, 2Va =12.664, 1b =14,000, 2b =17,200, 3b =10,500, 4b =25,000, 5b

=9,000. 

The initial guess for the linear multivariate fitting is based on the common mineral 

and fluid velocity at zero porosity. The initial values used are shown in Table 5.1 (Mavko 

et al. 2009). At 4,000 psi stress, 64%, 11%, 14%, 4% and 5% of the Vp of the vertical 

EF sample is due to calcite, quartz, illite, pyrite and TOC, respectively, whereas the 

effect of the stress on Vp is limited and does not exceed 2%, as presented in Figure 

5.21. In the horizontal EF sample, it is observed that the effect of the stress is minimal 
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(~0.2%), while the effect of the lamination orientation on the Vp exceeds 7%. The 

contribution of lamination orientation to Vp exceeded 27% in the horizontal MS sample 

compared to the vertical one as illustrated in Figure 5.21. 

 

       Table  5.1: Material compressional velocity at zero percentage porosity 
Mineral or Fluid Velocity at 0% Porosity (ft/s) 

Calcite 20,900 

Quartz 18,000 

Illite 11,100 

Kerogen 9,150 

Pyrite 25,688 

Oil 4,760 

Water 5,000 

 
 

 
Figure  5.20: The impact of stress, rock composition and lamination orientation on 

acoustic velocity of the EF sample at 4,000 psi. 
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From the correlations developed in this study, pore pressure of the formation can 

probably be determined by calculating the stress when other variables are available. In 

addition, TOC or any mineral material can be quantified from the correlations depending 

on the availability of other elements. The correlation also helps to determine the major 

components controlling the acoustic velocity at any rock composition and fabric. For 

example, it can identify how much percentage of acoustic velocity was affected by 

calcite, quartz, illite, pyrite, TOC, etc. 

5.5 Conclusion 

In this chapter, three factors controlling acoustic velocity of organic-rich shale 

were evaluated: stress, rock composition, and lamination orientation of rock. At low 

stress, shale samples exhibited an exponential increase of acoustic velocities as stress 

increased due to the closure process of intrinsic pores and fractures. At higher stress 

condition, acoustic velocities linearly increased as stress increased; however its effect 

was found to be minimal and the lamination orientation became the dominant factor 

controlling acoustic velocity. The effect of stress decreased as the lamination orientation 

of rock increased. Rock composition was a major contributor to developing acoustic 

velocity. The velocity-stress-composition-lamination correlation developed could be 

used to determine velocity, pore pressure, TOC or other mineral compositions. It could 

also be used to compute the vertical velocity of deviated and horizontal wells in organic-

rich shale. For accurate evaluation, the lamination orientation should be taken into 

account; otherwise, an overestimation of any component would be expected.   
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CHAPTER 6 WELL LOG APPLICATIONS 

  As stress, rock composition and rock fabric are key factors influencing rock 

properties at core scale, they also are dominant drivers affecting well-log 

measurements, in particular, sonic log. In this chapter, the work focuses on EF 

formation because of the availability of log data. First, the Eagle Ford Shale Formation 

zones are identified to help in the analysis. Next, TOC quantification methods are 

evaluated to determine which method should be used to accurately estimate the TOC of 

EF for the three wells. The computed TOC is used to evaluate the applicability of the 

correlations developed in previous chapters.     

6.1 Formation Tops 

Before performing any log analysis for the Eagle Ford Shale Formation, 

formation tops have to be identified. Traditional well logs (such as gamma ray, density, 

neutron, resistivity, sonic, etc.) are generally used for this purpose. Elemental 

concentrations data are also a useful tool to determine the tops of formations. The 

variations of elemental concentrations can be used to interpret the state of the 

environment and sediment input during the deposition of the formation. The major 

elements used for such analysis are aluminum (Al), silicon (Si), iron (Fe), sulfur (S), 

potassium (K), and calcium (Ca), (Wokasch 2014).  

The unconformable surfaces between the Eagle Ford Shale Formation and the 

Austin Chalk Formation as well as the Eagle Ford and Buda formations can be clearly 

seen in the well logs. By observing the elemental concentrations (in addition to other 

logs) of the three wells (Well BD, CB, and LK) of this study, it was observed that the 

contact between the Anacacho Formation and the Austin Chalk in Well LK (Figure 6.1) 
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is outlined by a drastic decrease in concentrations of Al, Si, Fe, S, and K as well as a 

sharp increase in Ca content in the Austin Chalk. In all wells, the transition from the 

Austin Chalk to the Eagle Ford shows a sharp increase in Al, Si, Fe, S and K, and a 

major decrease in Ca content. Austin chalk is characterized by lowest GR, lower K, and 

higher carbonate content than the Upper Eagle Ford, and the overlying of neutron-

density (N-D) curves. The contact of Eagle Ford and Buda shows very distinct variation. 

It shows a sharp increase in Ca and a significant decrease in other elemental 

concentrations, Figures 6.1–3. The same observation was made by Wokasch (2014) 

using Eagle Ford core samples. 

The Eagle Ford can be classified into an upper and a lower unit that can be 

distinguished by a variation in log response.  In a typical Maverick Basin well log, the 

lower Eagle Ford can be characterized by higher gamma rays (GR), porosity, uranium 

concentrations (U), and thorium concentrations (Th). The Upper Eagle Ford can be 

characterized by lower GR and porosity, but higher calcite content and potassium (K).  

Because of the increase in clay content, an N-D curve separation can be clearly noticed 

around the upper/lower Eagle Ford contact (Driskill et al. 2013). These observations are 

clearly shown in Well CB; however, it is difficult to recognize the contact between the 

Upper and Lower Eagle Ford in Well LK and Well BD. Although there is an obvious 

variation in gamma ray of Well BD at the top part of Eagle Ford that can be interpreted 

as the transition from the upper to the lower Eagle Ford, major variations in other logs 

are not observed.  
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Figure  6.1: Well logs of Well LK containing: Zone name (track1), Gamma Ray (track2), 

resistivity (track3), neutron-density (track4), lithology (track5), thorium and uranium 
(track6), aluminum (track7), silicon (track8), iron (track9), sulfur (track10), potassium 

(track11) and calcium content (track12). 
 

 
Figure. 6.2: Well logs of Well BD containing: Zone name (track1), Gamma Ray (track2), 

resistivity (track3), neutron-density (track4), lithology (track5), thorium and uranium 
(track6), aluminum (track7), silicon (track8), iron (track9), sulfur (track10), potassium 

(track11), calcium content (track12), Si/Al (track13) and Ti/Al (track14). 
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Figure  6.3 Well logs of Well CB containing: Zone name (track1), Gamma Ray (track2), 

resistivity (track3), neutron-density (track4), lithology (track5), thorium and uranium 
(track6), aluminum (track7), silicon (track8), iron (track9), sulfur (track10), potassium 

(track11) and calcium content (track12). 
 

6.2 Quantification of Eagle Ford TOC from Well Logging 

TOC content is the source of generated hydrocarbon (oil and gas) in shale 

source rocks. TOC is composed mainly of three components: (1) extractable organic 

matter (EOM) carbon representing the amount of carbon that can be extracted and 

produced as oil and/or gas, (2) convertible carbon representing the remaining potential 

of organic matter to generate oil or gas, and (3) residual carbon representing the carbon 

in a form that has no potential to generate oil or gas, see Figure 6.4 (Jarvie 1991). EOM 

carbon is generally a very small fraction (~1%) of TOC in typical shale samples. 

The quantification of TOC is an essential element to assess the development 

potential of shale source rocks. When the value of TOC is greater than 1.0 to 1.5 wt. %, 

it is an indicator of a good quality source rock; however, this piece of information alone 

is not sufficient. Adequate convertible in-situ organic carbon content is still required to 
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generate hydrocarbons that will be commercially producible. The generation index of 

hydrocarbon is generally obtained by additional screening processes to determine the 

level of maturity (LOM) and organic matter type. Together, these processes give further 

assessment of the potentiality of unconventional reservoirs.     

Utilization of high resolution log derived data of the reservoir can overcome most 

of the constraints of core sampling and provide real time in-situ reservoir 

characterization. TOC in potential source rocks significantly influences the response of 

the well-logs collected for characterization and monitoring purposes. Over the last two 

decades, several methods/models have been developed to quantify TOC from logs. 

Several of the well-log derived TOC quantification methods are indirect measurements 

and require empirical correlations of the log data and geochemical characteristics of the 

cores while other methods are based on direct measurements from the logs. The 

accuracy of empirical correlations and quantification methods depends on several 

factors including the specific characteristics of the organic-rich shale source rock.  

 

 
Figure  6.4: Composition of organic carbon content in sediment rock (Adapted from 

Jarvie 1991). 
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TOC can be measured in the laboratory using pyrolysis, microscopy, and 

pyrolysis-gas chromatography methods. However, several studies (e.g., Schmoker 

1979; Fertl and Rieke 1980; Schmoker 1981; Dellenbach et al. 1983; Herron 1986; 

Passey et al. 1990) developed new methods to estimate TOC from well logs since logs 

are more available than core samples and continuous recording can eliminate the 

statistical uncertainties of limited sampling. The construction of a TOC log also allows 

for rapid identification and classification of potential organic-rich zones, determination of 

zones that should be sampled for specialized geochemical analysis; and determination 

of the TOC vertical distribution in the formation as an input to basin evaluation models 

(Herron 1986). Some of these methods are indirect measurements that require 

empirical correlations between the log data and the core data.  

In this work, the TOC of Well BD, Well CB and Well LK were quantified from well 

logs using the log R method proposed by Passey et al. (1990), the TOC-Density 

relationship proposed by Schmoker (1979) and the developed velocity correlation 

(Equation 5.17). Using wells with different levels of maturity, the limitations of each 

method were investigated.     

6.2.1 TOC from Density Log 

Because changes in organic content can produce significant changes in 

formation density, attempts were made to correlate the formation density to the TOC of 

Appalachian Devonian shales by Schmoker (1979) and for the Bakken shales of the 

Williston Basin by Schmoker and Hester (1983). In both studies, the petrophysical 

system of shale was composed of rock matrix, interstitial pores, pyrite and organic 

matter. Pyrite mineral is a part of the system because of its high density and its 
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measurable effect upon formation density. Therefore, the formation density can be 

defined as the following: 

       ( 6.1) 

The subscripts o, p, i and m represent the organic matter, pyrite, pores, and rock matrix, 

respectively.  

To reduce the number of unknowns in Equation 6.1, pore porosity, , is assumed 

to be very low and does not significantly alter the formation density. A linear relationship 

between pyrite, , and organic matter, , is determined and used in the equation. 

Also, the density of organic matter, , the matrix density, , and the pyrite density, 

are set. As a result, the final correlation is expressed as below:  

BAwtTOC  )/(.%)(           ( 6.2) 

where  is the bulk formation density, and A and B are constants specifically calculated 

for a particular formation or area.  

The density log can be the best method to estimate TOC assuming that (1) light 

and heavy minerals (e.g., pyrite) are not in significant quantities; (2) there are no 

variations in porosity, fluid phases and lithology over an interval of interest; and (3) good 

borehole conditions exist because density logs are sensitive to the borehole 

environment (e.g., shale washout) (Passey et al. 1990; Sondergeld et al. 2010).  

6.2.2 TOC from Porosity and Resistivity logs  

Passey et al. (1990) used a similar principle after the Meyer and Nederlof (1984) 

method that involves a combination of porosity and resistivity logs. The method employs 

the overlaying of a porosity log (in arithmetic scale) and the resistivity log (in logarithmic 

mipoiippoo  )1( 

i

p o
o m p
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scale) on an organic-lean shale interval to estimate TOC from the interval at which the 

two curves separate. A sonic, density or neutron log can be used in this technique; 

however, a sonic log is typically selected because density and neutron logs are 

adversely affected by the borehole conditions. The separation between the two curves 

is empirically derived using the following equation: 

)()/(10loglog baselinebaseline ttSFRRR        (6.3) 

where R is the resistivity in ohm-m; ∆t is the measured transit time in usec/ft; and 

Rbaseline is the resistivity value corresponding to ∆t values when the curves overlie and 

are baselined in an organic-lean zone. The scaling factor is based on the ratio of 

resistivity logarithmic cycles over the porosity log scale. Determination of TOC in the 

organic-rich zones depends on the Δ log R and the LOM as shown in the following 

equation: 

TOCRwtTOC LOM   )1688.0297.2(10*)log(.%)(       (6.4) 

where ∆TOC is the TOC regional background level in the shale reservoir that is not 

easy to determine. Passey et al. (1990) used 0.8 wt. % as the minimum TOC in shale 

reservoirs. 

The Δ log R technique is an empirical method that requires validation by a core-

to-log calibration. Log-derived TOC has a relatively low correlation with core 

measurements in intervals of low TOC. This technique requires a baseline selection that 

is subjective and requires some level of expertise. Heavy minerals (such as pyrite) can 

affect resistivity logs, which require further cautions in the evaluation process of TOC. In 

addition, the method may not be applicable at all maturity levels.  
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 6.2.3 Analysis and Discussion  

Since the LOM is required to determine TOC from the Passey method, the LOM 

of the three wells were determined using the LOM diagram, Figure 6.5, developed by 

Passey et al. (1990). The LOM of Wells BD, CB and LK are 11.3, 10.5 and 12, 

respectively. The results indicate that the Eagle Ford Shale Formation in Wells BD and 

CB are mature while it is over-mature in Well LK. 

 

 
Figure  6.5: Level of maturity for Wells BD, CB and LK using core measurements 

superimposed into the LOM diagram developed by Passey et al. (1990). 
 

Due to the lack of adequate data, attempts to make a direct correlation of 

formation density and TOC did not succeed. It was also not possible to find a good 

correlation between the volume fraction of pyrite and organic matter for the Eagle Ford 

Shale Formation. Therefore, the correlation of pyrite and organic matter obtained by 
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Schmoker (1979) was used. By setting =5.0 g/cc, =1.01 g/cc and =2.68 g/cc in 

Equation 6.1, the TOC could be computed using the following equation:  

261.57)/497.154(.%)(  wtTOC         (6.5) 

Because the three wells were drilled using oil-based fluid, and their image logs 

indicated no borehole condition issues, the computation of TOC from the density log 

became straight forward using Equation 6.5. All TOC values obtained from cores were 

cross-plotted against the TOC calculated from the density log for comparison purposes 

as shown in Figure 6.6. From the plot, the computed organic content of the three wells 

appears to be in reasonable agreement with that obtained from core samples. 

 

 
Figure  6.6: Cross-plot of core-derived TOC and log-derived TOC using Schmoker 

(1979) correlation. 
 

In contrast to the TOC-density relationship method, the application of the ∆ log R 

technique was subjected to several variables including selection of the baseline 

p o m
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(organic-lean) interval and the accuracy of LOM determination. To apply this method, 

compressional transit time and resistivity logs were plotted on the same track and then 

the resistivity logarithmic scale was adjusted to get both curves overlain over a 

significant depth range of organic-lean interval. The gamma ray curve or knowledge of 

the local lithology, acquired from elemental capture spectroscopy and/or the density-

porosity crossplot, helped to identify the organic-lean interval. The baselines of 

resistivity and transit-time logs were chosen as the average values for the identified 

interval. Once the baseline was established, organic-rich intervals were identified by 

separation and non-parallelism of the two curves. The calculated ∆ log R and the LOM 

were used in Equation 6.4 to quantify the TOC. The LOM was obtained from Figure 6.5. 

Unlike Wells BD and CB, the log-derived TOC of Well LK does not correlate well with 

core-derived TOC because of the higher maturity level of Well LK, Figure 6.7. The ∆ log 

R technique actually underestimates the log-derived TOC of over-mature shale.  

 

 
Figure  6.7: Cross-plot of core-derived TOC and log-derived TOC using ∆ log R 

technique, Passey method. 
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The correlation (Equation 5.17) developed in this study was also used to quantify 

the TOC using velocity and lithology logs provided by UNGI CIMMM sponsors. The 

cross-plot of TOC from core that was calculated by the correlation shows unreasonable 

results, Figure 6.8, which is expected since the correlation was developed in core scale 

but used in log scale.  

 

 
Figure  6.8: Cross-plot of core-derived TOC and log-derived TOC using the correlation 

developed (Equation 5.17) in this study. 
 

The availability and quality of log and core data are two major constraints that 

influence the evaluation of TOC quantification methods. Each method has its 

advantages and limitations. For comparison purposes, the three TOC quantification 

methods are evaluated using the average absolute difference (AAD %) as presented in 

Table 6.1. As AAD% becomes close to zero, it is an indication of better matching. 
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It is concluded that the ∆ log R technique provided better agreement to core-

derived TOC although it provides somewhat poor correlation to the over-matured well 

(Well LK). The TOC-Density relationship method worked better for Wells CB and LK but 

not for Well BD. of each method is. The developed correlation does not provide a good 

match which indicates to that it requires being modified/upgraded to the log scale.  

It is difficult to draw a solid conclusion in which TOC quantification method fits 

best for the Eagle Ford Shale Formation because of the limited number of core samples 

used in this study. As more data becomes available, it may be possible to obtain a 

better correlation for the Eagle Ford Shale Formation. As of now, the results still show 

that the ∆ log R technique is a more appropriate method for quantifying TOC, at least, 

for mature wells in the Eagle Ford.  

 

Table  6.1: Average Absolute Difference (AAD) for each TOC method 

Well Name 
AAD (%) 

Schmoker ∆ log R Equation (5.17) 

Well BD 1.19 0.45 2.30 

Well CB 0.71 0.69 1.81 

Well LK 0.65 1.06 2.41 

Average 0.85 0.73 2.17 

 

6.3 Application of the Developed Correlations  

In Chapter 5, an empirical relationship (Equation 5.17) was developed to 

correlate acoustic velocity to stress, rock composition, organic matter and lamination 

orientation in EF shale using core data. To validate the applicability of the developed 

correlation for use on log scale, it was tested on Well BD. The well is vertical so the 
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lamination orientation term in the correlation was neglected. The provided rock 

composition logs were compared to the rock composition obtained from XRD analysis 

and showed a good match as shown in Figure 6.9. The TOC data obtained from cores 

were also in good agreement with the log-derived TOC calculated using the Passey 

method as illustrated in the previous section. 

As expected, the developed correlation failed to well match the acoustic velocity 

log, Figure 6.10, due to the difference in saturation conditions and maybe frequency. 

For better agreement, pore fluids must be included and then Equation 5.17 needs to be 

updated so that the log-derived correlation becomes: 

oilwaterTOCpyriteillitequartzcalciteVV VolbVolbVolbVolbVolbVolbVolbaaVp 76543212
'

1)(    

(6.6) 

where 1Va =0.0325, 2Va =12.664, 1b =16,700, 2b =7,000, 3b =13,500, 4b =5,000, 5b =9,100, 

6b =4,700, and 7b =5,000. Using log data and core data, the acoustic velocity calculated 

by the updated correlation shows very good agreement with the acoustic velocity log as 

demonstrated in Figure  6.11. The results explained the importance of including 

saturation in the correlation.    

To verify the accuracy of the log-derived velocity correlation (Equation 6.6), it 

was used to estimate the acoustic velocity of Well LK. The well has overburden stress 

and pore pressure data extracted from the mud weight log. Both data allow for 

calculating the effective stress of the well. The well is vertical so the lamination 

orientation term in the correlation is neglected. The provided rock composition logs were 

compared to the rock composition obtained from XRD analysis and showed a good 

match as shown in Figure  6.12. The TOC data obtained from cores are also in good 
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agreement with the log-derived TOC calculated using the Schmoker method as 

illustrated in the previous section. The comparison between the acoustic velocity log 

and acoustic velocity derived from the updated correlation (Equation 6.6) for Well LK 

shows a good match at EF formation, Figure  6.13. This is an indication that the new 

correlation can be applied to other EF wells in the region. 

 

 
Figure  6.9: Comparison between log-processed rock compositions (solid line) and data 

from cores (dots) for Well BD. Track1: Gamma-Ray, track2: density, track3: calcite, 
track4: quartz, track5: clay and track6: pyrite weight fraction. 
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Figure  6.10: Comparison between acoustic velocity log and acoustic velocity derived 
from the correlation (Equation 5.17) for EF interval from Well BD. No good match was 

obtained.  
 

 
Figure  6.11: Comparison between acoustic velocity log and acoustic velocity derived 
from the updated correlation (Equation 6.6) on core and log scale for EF interval from 

Well BD. Diamond black is the velocity at core scale. 
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Figure  6.12: Comparison between log-processed rock compositions (solid line) and data 

from cores (dots) for Well LK. Track1: Gamma-Ray, track2: calcite, track3: quartz, 
track4: clay, track5: pyrite and track6: TOC weight fraction. 
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Figure  6.13: Comparison between acoustic velocity log and acoustic velocity derived 

from the updated correlation (Equation 6.6) for Well LK. Both well match at EF 
formation. 

 

The same verification procedure can be performed to test the applicability of 

elastic modulus correlation; however, it is difficult to conduct it in this study due to the 

lack of adequate data for comparison purposes.  

6.4 Conclusion 

The integration of different log data leads to better identification of formation tops. 

It might be easy to use the common logs (e.g., density, gamma ray, etc.) to determine 

the boundaries between contrast formations but not within the formation. To define the 

upper and lower Eagle Ford, more tools (elemental log data) sometimes are needed.  

In this study, it was found that each TOC quantification method has its 

advantages and limitations. The method working for mature wells might not work for 

immature wells; and for oil mature wells might not work for gas mature wells. Therefore, 
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using one method for all wells of Eagle Ford is not appropriate which leads to the 

importance of developing a new method to accommodate all level of thermal maturity. 

The developed velocity-stress-composition-lamination correlation shows that it could be 

used for property estimation from log data, if the saturation is involved in the correlation.    
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CHAPTER 7 CONCLUSIONS AND RECOMMENDATIONS 

7.1 Conclusion  

The stress condition has a major role in the measurement of petrophysical 

properties such as porosity and permeability. As stress increases, porosity and 

permeability decrease due to the closure of intrinsic pores, microfractures, and induced 

or natural fractures. The orientation of shale rock lamination also has an impact on 

petrophysical properties. The permeability parallel to laminations is higher than the 

perpendicular measurement, particularly, at high stress because of the existing 

microfractures that are parallel to laminations. The dependence of permeability on the 

lamination orientation is an indication of anisotropy in shale rocks.  

Organic matter as a rock composition is a key factor influencing rock wettability, 

which is an important parameter in the hydrocarbon recovery process. The study shows 

that the contact angle (as an indication of wettability type) logarithmically increases as 

the amount of organic matter increases; however, its thermal maturity is another factor 

that should be taken into account. It is found that the contact angle linearly decreases 

as the thermal maturity increases. 

Pore volume, shape and size dimensions have a major impact on rock 

properties, particularly, in high porosity formations. Porosity tends to be the dominant 

parameter affecting the acoustic velocities and elastic moduli because a small change 

in porosity makes a significant change in these properties; however, the effect of a 

porosity decrease in saturated rocks depends on the filling of pore fluids. Pore geometry 

has a significant impact on the rock elastic moduli that is nearly equally important to 

porosity. Compared to spherical or needle-shaped pores, the rock with penny-shaped 
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pores (the close approximation to cracks in rocks) tends to be the least stiff rock 

because its pores deform easily under stress. The pore’s aspect ratio also controls the 

stiffness of the pore so that a low aspect ratio leads to a less stiff rock.  

In shale rocks where the porosity is generally low, there are other factors 

controlling rock properties that should be taken into account. Three key factors 

influencing acoustic and geomechanical characteristics of organic-rich shale are 

evaluated to understand their dominance. The factors are: stress, rock composition, and 

the orientation of lamination.  

At low stress, shale samples exhibit an exponential increase of acoustic 

velocities as stress increases due to the closure of fractures, whereas acoustic 

velocities linearly increase as stress increases at higher stress. The impact of stress on 

acoustic velocity is minimal at high stress conditions where the porosity is too small. 

The effect of fractures on elastic moduli becomes prominent at low stress and when 

fractures get closed, a significant change in elastic moduli occurs. It is also found that 

the impact of stress decreases when the degree of lamination orientation increases.  

Rock composition is a major contributor to developing the acoustic velocity of 

shale rock. The influence of rock composition on rock properties cannot be neglected. 

Soft rock materials (e.g., clay and kerogen) can cause a significant reduction in elastic 

moduli due to their low intrinsic properties. For example, kerogen content becomes a 

dominant controlling factor more than porosity, particularity at high kerogen content and 

low porosity.  

The orientation of rock lamination shows a substantial effect on acoustic velocity, 

strength, elastic moduli and failure behavior. As the lamination orientation increases, the 
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acoustic velocity increases so that the horizontal sample always has the highest 

velocity. The maximum compressive strength is the highest at the lamination orientation 

of 90°, but the lowest at the lamination orientation of 60°. The Young’s moduli of 

horizontal samples were generally higher than that of the vertical samples. Single shear 

sliding occurs at deviated orientation (e.g., 25°, 45° and 60°) whereas the vertical and 

horizontal samples display a multi-step failure resulting in a creation of complex 

fractures. In hydraulic fracturing, it will be helpful to perform the operation against 

vertical and horizontal lamination but not against deviated lamination.  

Through the study of acoustic velocity and elastic moduli of organic-rich shales, it 

is observed that the stress and lamination orientations are key factors that should be 

taken into consideration when the velocity and the elastic moduli of shale are estimated. 

At low porosity rock, the impact of lamination orientation may exceed the impact of 

stress and some rock materials at high deviated and horizontal laminated rock. 

The velocity-stress-composition-lamination correlation developed in this study 

should lead to an accurate prediction of the acoustic and geomechanical properties of 

vertical and deviated wells. The correlation can also be used to compute the vertical 

properties of deviated and horizontal wells in organic-rich shale. Moreover, it can be 

used to determine acoustic velocity, elastic moduli, pore pressure, TOC or other mineral 

compositions. This study concludes that neglecting lamination orientation (in deviated 

wells) will absolutely lead to a low estimation of the velocity and elastic moduli or to an 

overestimation of pore pressure or rock composition. The developed correlations in this 

study show that they can be applied in property estimation from log data with some 
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modifications due to the difference in saturation conditions. Therefore, the correlation 

requires including fluid saturations.     

7.2 Recommendations 

Further research is recommended in the following areas: 

 Investigating the relationship between thermal maturity and wettability on a wider 

range of maturity level in one organic-rich shale field to insure the consistency of 

mineral compositions. 

 Investigating the impact of different types of organic matter on wettability of shale 

rock and conducting the tests in representative in-situ conditions using fluid 

media and different wettability fluids.  

 Evaluating the effect of TOC on wettability using nuclear magnetic resonance 

(NMR) for more accurate measurements and for comparisons with the laboratory 

observations. 

 Studying the influence of thermal maturity on acoustic and elastic properties of 

organic-rich shale so that maturity can be predicted from seismic data. 

  Involving the impact of organic matter porosity while studying the acoustic and 

geomechanical characteristics of organic-rich shale. 

 Using more data of Eagle Ford to develop more generic correlations that can be 

applied to the entire field.  

 Extending the experimental work of this study to include more organic-rich shale 

formations with different mineralogy, geochemical properties and rock texture 

and fabric.  
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 Extending the evaluation of TOC quantification methods to include more methods 

(such as geochemical spectroscopy) and more data from various fluid windows in 

Eagle Ford Shale Formation. 

 Investigating the possibility of identifying rock fabric from the logs affected by 

composition and texture such as sonic and resistivity logs.  
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APPENDIX A CORPORATE SOCIAL RESPONSIBILITY IN SHALE RESOURCES 

DEVELOPMENT 

Introduction  

The development of shale resources has rapidly expanded and is positively 

affected by technological advances in horizontal drilling and hydraulic fracturing and 

other elements. A very important key to developing unconventional (shale) resources is 

the management of water and other environmental issues including water availability, 

water disposal, fracturing fluids and additives (Arthur et al., 2009a).   

Typical horizontal shale well requires a large amount of water, estimated to be 

between 3 million and 5.5 million gallons of water, in drilling and hydraulic fracturing 

phases. During fracture treatment, an amount of chemicals/additives are also added to 

the water-proppant mix with a specific engineered purpose. Though it is just 0.5% of the 

total amount, the actual amount is large and about 15,000 to 27,500 gallons of 

chemicals (Arthur et al., 2009b). 

The management of water and chemicals in shale resource development is a big 

challenge in the aspects of supplies and infrastructure, the possible effect on water 

needs of the local community, the special treatment required for waste water and fluid 

produced from shale resources wells, and the availability and feasibility of land 

application facilities for disposing, etc. Another challenge is managing the Naturally 

Occurring Radioactive Material (NORM) existing in subsurface formation when they 

become exposed to the surface within drilling cuttings and produced water. The waste 

water, chemicals and NORM are potential safety and environmental risk to the general 

public if they are not properly treated and managed.  
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Although the development of oil and gas in the U.S. is adequately regulated 

under a complex set of federal, state and local laws (e.g., FRAC-ACT), many voices are 

still calling for federal regulation and further investigation which requires careful analysis 

of expected environmental challenges (Sakmar, 2011). With the increase of shale 

resources development, oil and gas companies should take more social responsibility 

and conduct awareness campaigns as well as provide environmental and development-

based services to the society.  

Definition of Corporate Social Responsibility 

CSR had a broad definition and can mean different things to different people in 

different countries. Though there is no universally agreed upon definition of CSR, it can 

involve going beyond the basic business interest in maximizing profits to meeting the 

needs of other interest groups (e.g., community) in addition to the business 

shareholders (Anderson and Bieniaszewska, 2005). Some oil and gas companies prefer 

to use terms such as “sustainability” or “citizenship” instead of CSR. My oil company 

‘Saudi Aramco’ is using the term “citizenship” in its reports. 

Blowfield and Frynas (2005) proposed that CSR can be considered as an 

umbrella term for a variety of theories and practices recognizing the following: 

(a) that companies have a responsibility for their social and environmental impacts  

(b) that companies have a responsibility for the behavior of others with whom they 

do business 

(c) that companies manage their relationships with the wider society either because 

of commercial viability or they want to add value to the society.  



162 
 

Frynas (2009) stated that 95% of CEOs believed that society had greater 

expectations that companies will assume social responsibilities. With enormous current 

and coming developments in shale resources, the expectation has become even higher 

today.  

CSRs in Shale Resources Development  

There are key areas where oil and gas companies can make a positive 

contribution: environmental performance, development, and governance (Frynas, 2009).    

Environment: The nature of oil and gas operations involves potential negative 

environmental effects on local communities, particularly during drilling and hydraulic 

fracturing. Therefore, extensive environmental reports are required to present their 

environmental performance and improvements they have made over the years. The 

improvement made by companies should benefit both companies and the environment.  

Development: The nature of oil and gas operations also involves many 

interactions between companies and local communities. This has resulted in demands 

for companies to invest in the development of their local communities such as 

developing hospitals, schools, and micro-credit projects or what is called ‘corporate 

social investments.  

Governance: Oil companies generally reject being involved in or addressing 

macro-level governance issues for several reasons although they suffer from 

governmental rules. The quality of governance is a key factor in the success of shale 

resources development.  
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Some companies choose other areas. For example, Saudi Aramco Oil Company 

focuses their CSR work on four major areas: Economy, Community, Knowledge, and 

Environment.  

“Social License to Operate”  

Social license to operate is a new tool whereby companies manage social-

political risk by applying certain rules set by their stakeholders. It is simply a social 

contract with society allowing companies to start or continue their development projects. 

Without it, higher social-political risk is expected in the form of development disruption.  

To establish the social license to operate, oil and gas companies need to 

improve community engagement including some type of consultation with the 

community. Companies need to listen and talk with (not talk to) the community. They 

can benefit from the emergence of social media and digital news for better 

communication with community members, activists, and potential customers. Also 

companies should increase the level of transparency about their operations and 

environmental performance by issuing frequent reports (Smith and Richards, 2015). 

Smith and Richards (2015) proposed to establish a new entity (can be named 

The Center for Social License to Operate in the Oil & Gas Industry) to be a place for 

collaboration of stakeholders and to undertake dialogues on key issues and working 

towards consensus agreements on planning and operating guidelines. It is suggested 

that the center establish an auditing system against which company performance can 

be judged and publishing the audit reports freely to all. 
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Conclusion 

 Community expectations have become higher with regards to the social 

responsibility of oil and gas companies. Advanced communication and media 

technology is a catalyst for more interactions with all stakeholders including the local 

community. The companies should take the opportunity to increase the stakeholders’ 

engagement in development decisions related to the community. I am a believer in “if 

there is a will, there is an action”. The oil and gas companies should look at social 

responsibility as a win-win strategy and get encouraged to take more actions and to 

initiate more effective environmental and developmental projects.     
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