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ABSTRACT

This thesis is about an emerging dynamic reservoir characterization 

technique called Integrated Flow Modeling. Integrated Flow Modeling combines 

technologies from the disciplines of simulation engineering, development 

geophysics and computational science. The implementation of this technique is 

centered around an Integrated Flow Model (IFM), which is an enhanced reservoir 

simulator capable of forward modeling seismic attributes in an internally 

consistent manner. The synthesis of pre-existing technologies adds value to 

reservoir data in ways that the individual components cannot. This thesis 

addresses the potential of improving the reservoir characterization, modeling and 

management processes with the underlying ideology, data integration and output 

capabilities of this new technology. Two cases are analyzed in this work. The 

first case is a concrete application of the IFM technology to CO2 sequestration. It 

demonstrates the merits of using IFM technology to assess the feasibility of 

monitoring CO2 sequestration in saline aquifers and mature oil fields. The 

second case investigates the impact of petrophysical heterogeneity on the 

predicted seismic response of a reservoir undergoing CO2 injection. The 

heterogeneity is quantified and modeled with geostatistical techniques.
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CHAPTER 1 

INTRODUCTION

The accurate characterization of the physical properties and processes 

that govern hydrocarbon saturation distributions, fluid flow and pressure 

transients in any given reservoir system is a prerequisite to optimal reservoir 

management. As the continual inflow of multi-faceted data provides more and 

more information about the reservoir, the characterization-optimization process 

iterates, evolves and converges to a solution in the form of a development plan. 

Data and project workflows rely heavily on software tools that manage this 

information in one way or another. Such tools are used throughout the 

exploration, development, maintenance, and abandonment phases (cradle-to- 

grave), and their functionality includes, for example, seismic processing, geologic 

modeling, reservoir simulation, operational efficiency, and economic evaluation. 

The more efficiently and accurately new information is incorporated into the 

characterization process, the more easily engineers and geoscientists can meet 

the challenges associated with the effective management of the resource. In a 

general sense, the research presented in this thesis aims to facilitate these 

objectives. This thesis addresses the potential for improving the reservoir
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characterization, modeling, simulation and ultimately the management process 

with the use of an alternate workflow that utilizes the capabilities of a new 

software technology called Integrated Flow Modeling.

1.1 Dynamic Reservoir Characterization

This thesis is about an emerging dynamic reservoir characterization 

technique called Integrated Flow Modeling. Dynamic reservoir characterization 

techniques pursue the common goal of improving understanding by incorporating 

dynamic data (e.g. production data) into a reservoir model. The capabilities of 

these technologies are dissolving the boundary between the reservoir 

characterization of a static model and classic reservoir simulation. Dynamic 

reservoir characterization techniques include, for example, certain applications of 

streamline simulation that solve reservoir property inversion problems to match 

production history (King, 1998); artificial intelligence and neural network 

applications (Ouenes, 2000); and integrated flow modeling (Fanchi, 2000), the 

topic of this thesis.

Integrated Flow Modeling combines technologies from the disciplines of 

simulation engineering, development geophysics and computational science. 

The implementation of this concept is centered around an Integrated Flow Model, 

abbreviated IFM, which is an enhanced reservoir simulator capable of forward
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modeling seismic attributes. Fluid migration and seismic attribute calculations 

have historically been thought of as independent modeling tasks. They are 

however, reliant on much of the same geophysical, petrophysical, fluid property 

and pressure data. The IFM synthesizes the calculation procedures into an 

internally self-consistent model that is updated over time. In this thesis, 

prototype IFM software is used to convey the most beneficial aspects emerging 

from this area of research via case studies. The following chapters discuss the 

application of an IFM to the modeling of immiscible and miscible CO2 

displacement processes, as well as to studies that address the sensitivity of 

geophysical attribute prediction to petrophysical heterogeneity. It will become 

evident throughout the course of this thesis how the synthesis of pre-existing 

technologies can add value to reservoir data in a way that the independent 

components cannot. It will become apparent how dynamic data integration can 

facilitate the characterization process.

1.2 Objectives of Thesis

The general objectives of this thesis are (1) to introduce and define a 

dynamic reservoir characterization technique called Integrated Flow Modeling; 

(2) to introduce, describe and demonstrate prototype software called IFM; (3) to 

determine the extent to which the technology can be successfully applied to CO2 

sequestration projects where enhanced modeling and monitoring capabilities are
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needed; and (4) to determine the affect of petrophysical heterogeneity on IFM 

seismic attribute prediction when Gassmann’s relation is used.

To accomplish this, two primary types of studies are performed: those 

which involve the evaluation of the ability of the IFM to assess the feasibility of 

modeling CO2 migration in sequestration projects when 4D seismic is planned as 

the monitoring method; and those which focus on the affect that different types of 

petrophysical heterogeneity will have on predicted seismic response when 

specified rock physics parameters and prediction algorithms are used.

1.3 Chapter Previews

This section offers a preview of Chapters 2-10. The thesis content flows 

linearly, however, and some chapters assume previous material has been read.

Chapter 2 provides background information, definitions and a conceptual 

review of various technologies related to the computational aspects of this thesis. 

The review of these topics provides the basis from which to appreciate the 

emerging technology of Integrated Flow Modeling. After this preliminary 

discourse, the concept of Integrated Flow Modeling is itself introduced, defined, 

and briefly discussed. By placing the IFM into the context of a project workflow,
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one can more easily understand the data requirements, data output, and the 

technology gap that the IFM fills.

Chapter 3 provides a technical description, i.e. mathematical formulation, 

of the most important aspects of the IFM. The focus is on the flow model and the 

rock physics algorithms. The flow model portion describes the capabilities of a 

reservoir simulator to which the rock physics model is added. The seismic 

attribute prediction algorithms are based on Gassmann’s relation. The synthesis 

of these two types of computations is the single most important characteristic 

distinguishing the IFM from conventional simulators or forward modeling 

programs. The chapter concludes with mention of additional IFM functionality 

and associated software.

Chapter 4 provides a concrete application of integrated flow modeling 

technology. This chapter demonstrates the ability of the IFM to model gas 

injection processes within the context of CO2 sequestration projects—an area of 

research where the need to monitor injected gas is crucial. This chapter 

discusses the use of the IFM to assess the feasibility of monitoring CO2 

sequestration in saline aquifers and mature oil fields using time-lapse seismic 

analysis. The advantages of the enhanced monitoring capabilities of the IFM 

software under immiscible and miscible conditions become apparent.
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Chapter 5 addresses current trends in multidisciplinary modeling and 

describes a number of geostatistical methods and techniques for integrating 

multiple types of data and for stochastically modeling realistic heterogeneity. The 

discussion on statistical, geostatistical and sequential simulation methods 

provides the background necessary for understanding the models created in 

Chapter 6 and that undergo simulation studies in Chapter 7. Distinctions and 

similarities between integrated reservoir modeling and integrated flow modeling 

are addressed.

Chapter 6 addresses the value of modeling petrophysical heterogeneity as 

a means of representing realistic geology. In addition, it describes the stochastic 

heterogeneity populated into the five models to be used as case studies. 

Geostatistical parameters and petrophysical distributions used in the creation of 

the models are given. Images of five models are presented and compared. 

Issues of scale are addressed within the context of the grid block size, data 

resolution, reservoir heterogeneity and the objectives of IFM studies presented in 

this thesis. The nature of the porosity-permeability transformation is also 

discussed.
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Chapter 7 considers the affect that well-classified petrophysical 

heterogeneity will have on seismic predictions made by the IFM. Using known 

petrophysic-to-seismic correlations, and simulation (fluid migration) studies on 

synthetic models, the sensitivity of seismic attribute prediction is observed over 

time. Since seismic response is a function of the complex combination of the 

physical properties of the rock, fluid saturations, and reservoir pressure, the 

prediction process is difficult. However, the IFM technology provides the 

algorithms to study the sensitivity of these relationships in a clear manner. The 

focus is on the sensitivity of predicted seismic response when the distributions of 

petrophysical properties (e.g. variance) and the nature of their spatial correlation 

is changed. The objective is to obtain insight into the meaningfulness of certain 

input data, and to quantify the relationships.

Chapter 8 provides a summary of the work accomplished in this thesis.

Chapter 9 highlights the conclusions of the work in an abbreviated format.

Chapter 10 provides some final comments about integrated flow 

modeling, the IFM and the stochastic modeling and simulation studies presented 

here. Finally, ideas for continuation of this and similar work are mentioned.
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CHAPTER 2 

DEFINITIONS AND BACKGROUND INFORMATION

The purpose of this chapter is to provide a context from which to 

understand and appreciate the emerging science of integrated flow modeling. To 

facilitate this, a number of brief definitions of concepts relevant to this thesis are 

provided. These include conceptual overviews of reservoir management, 

reservoir characterization, reservoir modeling, reservoir simulation, forward 

attribute modeling, and 4D seismology. While these topics are not the express 

focus of this thesis, they are all complementary in one way or another with the 

simulation technology presented herein. After this preliminary discourse, the 

concept of Integrated Flow Modeling is itself introduced, defined and discussed 

within the context of reservoir management objectives. The definitions offered 

are not intended to be fully comprehensive, but rather to be sufficient for 

comprehending the work presented in this thesis.
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2.1 Reservoir Management

For purposes of this thesis, reservoir management refers to the paradigm, 

strategy, and decision-making and implementation processes of maximizing 

profitability from a hydrocarbon resource. This is performed within the context of 

an economic model, whereby the optimum allocation of resources is achieved. 

The optimum allocation of resources cannot occur without the proper 

understanding of the reservoir, and therefore the economic model is tightly 

coupled to the reservoir characterization process. In this sense, reservoir 

characterization, modeling, simulation, and monitoring—all to be defined 

shortly—can be categorized as sub-functions that support reservoir management 

objectives.

Reservoir management generally assumes a long-term (“cradle-to-grave”) 

perspective, and has specific plans for different phases in the life of a reservoir. 

Initially, in the exploration phase, available data are few and uncertainty high. As 

the field is developed, more data is acquired and reservoir management plans 

may change. Critical data needs are determined with cost-to-benefit analysis 

and are acquired in a time-sensitive manner. Generally, teams comprised of 

geoscientists, engineers and others, contribute to the understanding of the 

reservoir, and in this respect, reservoir management is an integrated effort.



10

Since the objective of reservoir management is to maximize the return on 

investment, multiple development strategies are generally considered. Revenue 

ultimately comes from sale of the production stream and while increased 

incremental recovery is generally desired, the “optimum” amount of recovery may 

not be the “maximum” possible recovery; there is always an economic cut-off. 

The timing of production volumes and capital investments are also important in 

consideration of time-discounted cash stream flows.

With regard to planning field development, the optimal number and 

placement of infill wells, the appropriate use of horizontal wells, and the location 

of bypassed reserves are important considerations. With regard to maximizing 

hydrocarbon recoverable reserves, some of the considerations include: pressure 

maintenance options, secondary and tertiary (enhanced) methods to improve 

sweep efficiency, reducing residual hydrocarbon-in-place and extending the life 

of the field.

An additional aspect of maximizing profit includes the minimization of 

costs and/or risk. Reservoir management objectives strive to reduce uncertainty 

(risk), capital investment and routine operational expenses. This is done by 

appropriately using all available data, increasing efficiency and the prudent 

selection of completion and stimulation procedures, for example.
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2.2 Reservoir Characterization

Reservoir characterization is the geo-engineering upon which reservoir 

management decisions are based. The term reservoir characterization is broadly 

applied when describing the process of understanding the physical properties 

and drive mechanisms of a hydrocarbon reservoir. (The term, however, is also 

used contextually depending on the discipline, technique, or project at hand.) 

The characterization of a reservoir is an iterative process that continues 

throughout the life of the field and incorporates geological, geophysical and 

engineering data and knowledge. This may include the determination of reservoir 

rock and fluid properties, flow units, energy mechanisms, lithologie and 

petrophysical heterogeneity and character, oil and gas distributions and 

saturations, and in general, any other reservoir-related information that is 

relevant to the production of hydrocarbons. As new data becomes available, it is 

integrated into the understanding of the reservoir, and hence, the overall 

management plan.

Reservoir characterization, then, is not a technology in and of itself, but 

rather the integration of appropriate technologies from each of the geoscience 

and engineering disciplines to aid in the conceptualization, quantification, 

modeling and production of the reservoir. The process often involves the creation 

of a 3D model that quantifies the reservoir limits, structure, volume,



12

heterogeneity, and reservoir properties through the detailed integration of 

petrophysics, geology, geophysics, and reservoir engineering data, 

Geostatistical techniques may provide the common framework for integrating 

multiple data types into geological models that represent the data in a 

mathematically correct and geologically meaningful way.

As mentioned in Chapter 1, dynamic reservoir characterization techniques 

are emerging as an important way to incorporate dynamic data into the reservoir 

characterization and modeling process. Through these technologies, the 

approaches distinguishing the reservoir characterization of a static model and 

classic reservoir simulation (of dynamic data) are gradually diminishing.

2.3 Reservoir Modeling

Reservoir modeling has many connotations, but refers here to the process 

of generating a static 3D property model. This is to be distinguished from the 

process of reservoir simulation, which is also often called “modeling”. A property 

model may be geological (lithologie) or petrophysical in nature, derived from well 

logs, seismic volumes, dynamic data (e.g. pressure transient analysis) or a 

combination thereof.
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A geological model is usually considered a “detailed” model and may have 

many more cells than could reasonably be simulated with finite difference 

techniques (1 million to more than a billion). This model is “geologic in nature” 

and may contain geologic features such as channels, shale geometries, 

diagenetic overprints, or patterns of sequence stratigraphy. The goal is to 

generate a realistic image of the true geologic phenomenon. A geologic model 

may be used for qualitative analysis or as the basis for a simulation model.

A petrophysical model may be generated concurrently with or subsequent 

to the creation of a geologic model. This is generally dependent on the project 

workflow, software, personnel and goals of that particular stage of the study. 

Petrophysical models are used in forward modeling and fluid simulation 

programs. If the petrophysical model is to be used for flow simulation, it contains 

the 3D representations of porosity and permeability at a minimum, and may 

incorporate other flow-controlling parameters such as capillary pressure, 

compressibility or relative permeability.
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Modeling Approaches

At present there are two primary approaches taken toward the generation 

of property models. Project workflows may incorporate one or both types. 

Following are brief descriptions that generalize the deterministic and stochastic 

modeling approaches. Both follow the generalized modeling process shown in 

Figure 2.1

Figure 2.1: Generalized Modeling Process

1. Structural Framework
2. Stratigraphie / Genetic Framework
3. Lithofacies Modeling
4. Petrophysical Properties
5. Upscaling
6. Simulation

Multiple realizations and uncertainty 
^•analysis performed at all levels with 

the Stochastic Modeling Approach

Deterministic Modeling

The deterministic modeling approach considers a single reservoir model 

and is initially simplified in terms of its lithologie or petrophysical heterogeneity 

(Figure 2.2). Modifications are made to the model during the history matching 

process. The prediction from the history-matched model yields a single 

production forecast and sensitivity studies determine individual parameter
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influence. This is an acceptable approach when the properties to be modeled 

are satisfactorily understood based on the available data. Generally, 

deterministic modeling leads to a single realization or representation of the 

reservoir and uncertainty about the model is understood through the sensitivity 

analysis. Fine scale heterogeneity is generally not included in this type of model 

and there are often large volumes (layers or rock regions) of petrophysically- 

equivalent media.

Figure 2.2: Example of a Deterministic Layer-Cake Reservoir Model

:
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Stochastic Modeling

In the stochastic modeling approach, multiple equiprobable realizations 

are created. One or more may be selected for simulation. Each model is 

constrained or conditioned to the available data. Predictions are generally made 

from a suite of models and a distribution of production forecasts is determined. 

The range of possibility (uncertainty) is understood through these (probabilistic) 

results. Usually, stochastic modeling techniques are used to create geological 

models and hence, are often used to populate models with properties described 

at very fine resolution. Realizations are said to be “constrained” if the models 

exactly match hard data (e.g. well data) and are said to be “conditioned” if they 

utilize soft data (e.g. seismic data) to predict interwell heterogeneity.

Advantages inherent in the stochastic modeling approach include:

(1) The preservation of heterogeneity, which is inherent in geological 

systems, and to therefore produce more realistic, and hence useful 

models.

(2) The quantification of uncertainty through the generation of many 

equiprobable realizations.

(3) The appropriate inclusion of multiple data types (e.g. core, logs, 

seismic), each with varying degrees of quality and quantity.
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This is not to say that these are not also the goals of deterministic 

modeling, but the stochastic modeling approach has more flexibility to easily 

obtain these objectives.

Many stochastic techniques include a measure of uncertainty, e.g. 

variance. For this reason, stochastic models are often called probabilistic 

models. Data uncertainty is transferred to production uncertainty. Uncertainty is 

the basis for risk assessment, which ultimately aids the decision-making process.

Stochastic modeling techniques are generally broken into two classes:

Boolean modeling (object-based) is the most conceptual of stochastic 

modeling approaches. Boolean algorithms place “geobodies” into 3D space 

based on specified user inputs. While Boolean methods provide realistic 

geological representation of distinct geologic phenomenon, they are difficult to 

constrain to well and seismic data. Boolean models do not rely on spatial 

statistics to populate models, but rather on a geologist’s conceptualization of the 

reservoir.

Geostatistical modeling (pixel-based) makes use of the fact that reservoir 

properties are correlated in 3D space and can be described and modeled with a
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statistical relationship called a “variogram”. Spatial information from measured 

areas of the reservoir are used to predict interwell heterogeneity. Pixel-based 

models are easier to condition to multiple types of data, including seismic. An 

example of a stochastic, pixel-based model is shown in Figure 2.3.

Figure 2.3: Example of Highly Heterogeneous Model Created with
Stochastic Methods.



19

2.4 Reservoir Simulation

Reservoir simulation refers here to the mathematical representation of the 

reservoir and reservoir dynamics over time. This includes descriptions of 

physical properties of the reservoir system relevant to fluid flow, including the 

rock, fluid, and rock-fluid properties. Reservoir simulation attempts to match the 

actual behavior of the subsurface activity.

From a reservoir management perspective, simulation models are used to 

evaluate reserves, to make predictions about future production performance and 

to estimate ultimate recovery under various conditions or development scenarios. 

This helps to optimize the resource by determining how to best manage the asset 

when various cost-to-benefit alternatives are considered. Efficiency and accuracy 

are important since they lead to faster and more useful results.

In a simulator, the reservoir model is discretized into grid blocks—each 

having its own physical properties and representative of some distinct position in 

the subsurface. The values for these properties may come from field or lab 

measurements, analog data, estimation processes, or from a deterministic or 

stochastic modeling workflow. In general, these properties are described with an 

input data file, unique to the specific field under study. Part of the procedure for 

validating the simulation model is a history matching process whereby known
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production rates and pressure information is “matched” with the models’ 

predictions. Reservoir pressure and fluid saturations are calculated across these 

gridblock boundaries in an iterative procedure as the reservoir is managed over 

time. The calculations are based on mass-balance principles and various 

formulations of Darcy’s Law. Output data files provide a summary of specified 

information to help engineers understand what has happened in the reservoir or 

what may happen over time.

Reservoir simulators are formulated differently according to the physical 

processes and recovery mechanisms they are designed to model. Black Oil, 

Compositional and Thermal simulators simulate their respective processes and 

include the calculation methods (and assumptions) which are most adequate to 

correctly represent the underlying phenomenon at hand.

Finite element and finite difference techniques refer to type of numerical 

method used to solve the simulation equation. Streamline simulation refers to an 

analytic calculation procedure.
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2.5 Forward Modeling

Forward modeling is the process of determining seismic attributes from 

the physical properties of the reservoir. This is performed for a certain area (2D 

or 3D) of the reservoir using a number of specified equations and parameters to 

describe the formation under study. A goal is to predict impedance and velocities 

as part of the seismic response. As in reservoir simulation, forward modeling is 

done with computational techniques—but may incorporate data from lab 

measurements. The more complex the system in terms of such factors as the 

number of lithology types, extent of diagenesis, number of fluid phases present, 

variability of petrophysical properties, et cetera, the more complex the 

computations and the less “unique” the forward modeling solution(s). A number 

of possible solutions may be consistent with the data. Again, as in reservoir 

simulation, understanding of the parameter specification and theoretical 

assumptions is highly important for understanding the “results” of the forward 

modeling process.

The forward modeling process yields a representation of the seismic 

response that could be expected from a seismic survey—and is therefore useful 

in determining the limits of seismic resolution (in terms of stratigraphy and 

structure). The results help to determine which attributes are most descriptive, to



22

make predictions of seismic response, and to understand feasibility and value of 

an actual seismic survey.

2.6 4P Seismology

Many of the advantages of using an integrated flow model are best 

understood when 4D seismic reservoir monitoring is considered. Reservoir 

monitoring is data gathering undertaken to understand or verify physical changes 

in the subsurface. Down-hole pressure gauges, surveillance wells, and certain 

types of tracer tests are examples of reservoir monitoring methods. As will be 

seen in future Chapters, this thesis considers reservoir monitoring with 3D 

seismic surveys. The sequential acquisition of 3D seismic over the same 

geographic location has led to the concept of time-lapse seismic monitoring or 

4D seismic. By comparing the differences in measurements such as travel time, 

reflection amplitudes, and seismic velocities, changes in the elasticity of the 

subsurface due to fluid movement or changes in pressure can be monitored over 

time (Figure 2.4).
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Figure 2.4: Concept of 4D Seismology 
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(After Brinks and Fanchi, 2001 and others)

With time lapse seismic monitoring, there is an underlying condition that 

the processing for all surveys is performed in a consistent manner and that the 

assumptions and approximations are equivalent. Since the same 3D rock 

volumes are to be processed, geophones are often positioned (or remain) in the 

same location. Once two or more coincident seismic volumes are obtained, a 

difference survey—essentially the subtraction between two snapshots in time— 

can help to quantify the changes in reservoir properties that have occurred in the 

intervals) between surveys. The difference survey will express changes in the 

reservoir conditions and may include saturation changes due to fluid migration or 

phase change, or pressure changes due to production or injection.
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The technologies associated with 3D multi-component seismic are 

advancing. The role of seismic analysis is expanding, and now includes the 

determination of more detailed reservoir parameters, including, for example, 

lithology type, fluid type, porosity distributions and fracture orientation and 

intensity. The broad lateral measurement scale of seismic surveys can 

contribute to the determination of or help to determine interwell heterogeneities, 

where no other data is present. Certain seismic attributes are more indicative of 

certain reservoir properties, and often they are cross-correlated with well log data 

to understand the meaning of seismic responses, and to appropriately model the 

reservoir.

A number of large projects have recently documented the potential for 4D 

seismic to aid the reservoir characterization process by estimating interwell 

heterogeneity, fluid types, flow patterns and in the identification of by-passed 

reserves. Time lapse seismic monitoring applications are relatively new, but as 

the quality of seismic analysis improves and survey costs decrease, it is likely 

that many more projects benefiting from 4D seismic will be found.

The advantages seen in 4D seismic monitoring—measuring geophysical 

properties at different points in time—has led to an appreciation of the value of 

being able to forecast or predict seismic response at different times. As
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previously mentioned, geophysicists currently calculate seismic attributes from 

fundamental reservoir properties via the process known as forward modeling. 

However, this is conventionally done for static images of the reservoir and the 

process is independent of the dynamic pressure and saturation changes 

occurring over time that are typically modeled with conventional reservoir 

simulators. The next section discusses how a petrophysical algorithm can 

compute seismic attributes in a forward modeling procedure that is tightly 

coupled to output from the traditional flow simulator and how 4D seismic can be 

used as conditioning data.
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2.7 Integrated Flow Modeling

Integrated Flow Modeling is an emerging science that combines 

technologies from the disciplines of simulation engineering, development 

geophysics and computational science. Integrated flow modeling is considered a 

dynamic reservoir characterization technique, whereby improvement on the 

characterization and modeling of the static properties of the reservoir are 

facilitated with production histories, assessment of fluid migration and pressure 

changes in the subsurface over time. Integrated flow modeling is consistent with 

a larger multidisciplinary trend to integrate multiple data types and is based upon 

an underlying premise that a single model, if correct, should be consistent with all 

data types. The technology is centered around an integrated flow model (IFM), 

which is a computer program that combines a reservoir simulator with 

petrophysical algorithms that compute seismic attributes in a forward modeling 

procedure that is tightly coupled to output from the traditional flow simulator.

From an academic perspective, integrated flow modeling is concerned 

with that area of research that lies distinctly at the interface between traditional 

simulation engineering and conventional reservoir geophysics. Distinctly 

because it addresses the direct reconciliation of geophysical (seismic) data with 

the engineer’s simulation model representing fluid migration, pressure changes 

and production rates over time. The integration of data types, technologies, and
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disciplines, is facilitated with mathematical equations that relate a number of 

geophysical attributes as a function of information modeled by reservoir 

simulations. The placement of petrophysical algorithms within a conventional 

simulator provides images of the reservoir that are internally self-consistent with 

both geophysical and engineering data.

From a reservoir management perspective, these types of interdisciplinary 

technologies are transferring from the research laboratory to field application. To 

date, the commercial application of dynamic reservoir characterization 

techniques have been elusive, primarily because of the way geoscientists and 

engineers have traditionally dealt with the seismic-to-simulation workflow and the 

way models have been constructed. Typical pathways of a data set have 

followed the sequential steps of seismic interpretation, before geologic modeling, 

before reservoir simulation. This leaves room for potential information loss 

during data transfer, but makes re-analysis of a priori data difficult once in the 

simulation model. In such a workflow, real quantitative data (e.g. values of 

attributes in 3D space) would not be passed on by the geoscientist, but rather 

only a qualitative assessment of a seismic interpretation would be described to 

an engineer building a flow model.
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The data-stage-by-data-stage workflow has not only disaggregated the 

data types, but has also limited the seismic attribute analysis to single time-steps, 

disassociated from the simulation model expressing changes over time with 

multiple time-steps. Unfortunately, data is expensive and the maximum amount 

of utility we can gain from it is difficult to achieve without the concept of an 

integrated model. (And indeed—perhaps there was not a perceived need since 

4D seismic monitoring technology was not always available.) To be fair and 

realistic, to some extent, geostatistical data integration and modeling techniques 

have reconciled the geophysical data with simulation models. Again, these 

technologies have not addressed the gap between forward attribute modeling 

and simulation to address multi-point-in-time studies. Technology and case 

studies in 4D seismic reservoir monitoring are beginning to bridge the gap. The 

improvement upon the way in which we come to understand, model and produce 

hydrocarbon reservoirs is suggested here via the concept of the integrated flow 

model.

The IFM is a mathematical modeling package (software) that couples the 

traditional capabilities of a reservoir simulator with petrophysical algorithms that 

calculate seismic attributes, based on specified rock physics models. The 

realization of these parameters occurs with the simultaneous calculation of 

pressure and saturation calculations, providing a self-consistent model of fluid
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migration and predicted seismic response. The enhanced capability of the 

simulator is that it captures changes in reservoir geophysical attributes that 

depend on many factors, ranging from system pressure and saturation 

distributions to miscibility conditions and fluid behavior, thereby allowing the 

engineer to monitor field changes during the life of a project.

The co-simulation of fluid flow and reservoir geophysical parameters 

during the life of the reservoir provides useful information about the feasibility and 

optimal timing of 3D time-lapse (4D) seismic surveys. It can assist the reservoir 

characterization process by identifying by-passed reserves and decreasing 

seismic processing time. The rock model functionality and the fluid flow model 

functionality are discussed separately, but their input and output parameters are 

interdependent and internally self-consistent in the sense that they do not/could 

not violate the assumptions of one another.
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CHAPTER 3 

TECHNICAL DESCRIPTION OF THE IFM

This chapter presents a technical description of the Integrated Flow 

Model, (IFM). As mentioned in Chapter 1, the IFM is a prototype engineering- 

geoscience computer program that couples traditional reservoir simulation 

capabilities with forward modeling algorithms. A brief description of the IFM's 

traditional fluid flow capabilities is given first, and is followed by a description of 

the petrophysical algorithms, which underlie the forward modeling capabilities.

Fluid migration and seismic attribute calculations have historically been 

thought of as independent modeling tasks. They are, however, reliant on much 

of the same geophysical, petrophysical, fluid property and pressure data. The 

IFM synthesizes these calculation procedures into an internally self-consistent 

model. Since seismic attributes are a function of reservoir properties that change 

with time—as the fluid saturations and pressures change with recovery—the 

marriage makes sense. In part, it is a marriage of convenience. Born of the 

marriage are new capabilities, and as will be demonstrated, the whole becomes 

greater than the sum of the parts.
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After introducing the mathematical formulation of the algorithms internal to 

the software, and the workflow of various data through the prediction process, 

this chapter concludes with a description of some of the additional capabilities of 

the IFM. The mathematical formulation generally follows that of Fanchi (2001 ) 

and uses similar nomenclature.

3.1 Conventional Reservoir Simulation Capability

IFM is a multiphase, multidimensional pseudo-component simulator. It is 

a Fortran 90/95 program that contains the best features of the extended black oil 

simulator MASTER (Ammer, 1991) and a black oil simulator with a petrophysical 

model called BOAST4D (Fanchi, 1997). The program works on PC-based 

workstations and requires minimal storage memory for the executable program 

itself and associated data files. The IFM can be used to simulate one-, two- and 

three- phase reservoir systems, as well as phase transitions. The input data files 

controlling the IFM are based on a keyword-option system and can be easily 

created and edited with almost any text editor.

The IFM can be used as a black oil simulator when it is appropriate to 

assume that the physical properties of the fluids will change (only) as a function 

of pressure. The equations for the black oil simulation are derived using mass 

conservation concepts for the oil, water and gas phases. With this formulation,
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solution gas can be present in the oil and water phases. The flow equations for 

the black oil simulator are presented in equations 3.1 through 3.3, for each of the 

three fluid phases: oil, water and gas with nomenclature definitions following in 

Table 3.1.

Oil

Water

Gas

Bo P„c d<
(3.1)

VV wo
B .

ô
dt

(3.2)

V- d_
dt <!> ^  g  , ^ S O  V  | ^ s w  çr

T + - T S° + ^ S'
(3.3)

Table 3.1: Nomenclature for the IFM Flow Equations 3.1-3.3

Symbol Meaning
Bx Formation volume factor of phase x
Qx Source/sink flow rate of phase x
Rix Solubility of component i in phase x
Sx Saturation of phase x
Vx Darcy’s velocity of phase x

Pxsc Density of phase x at standard conditions
<f> Porosity
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Additional auxiliary equations are solved concurrently with the fluid flow 

equations mentioned above. These are:

Saturation Constraint. This condition simply requires the pore spaces to be 

occupied:

Oil-Water Capillary Pressure. Capillary pressure is defined as the pressure in 

the non-wetting phase minus the pressure in the wetting phase. Capillary 

pressure is important in determining the fraction of each phase flowing during 

each timestep, and the initial saturation distributions specified away from phase 

contacts.

Gas-Oil Capillary Pressure. A similar equation is used for the gas-oil system:

Capillary pressure curves are specified in the input table alongside the relative 

permeability data.

(3.4)

P«.(Sw)=Po-P. (3.5)

(3.6)

The IFM also has “extended” black oil simulator equations that are better 

suited for modeling the dynamics of miscible and immiscible processes. These 

equations allow for the dissolution of soluble species. The flow equations for the
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pseudocomponents in the IFM are presented in equations 3.7 through 3.10 with 

nomenclature definitions following in Table 3.2. They are appropriate for 

modeling miscible and immiscible CO2 injection under a variety of reservoir 

conditions, and hence, are appropriate for the simulation studies presented in 

Chapter 4 and Chapter 7 of this thesis.

Stock tank oil

Water plus surfactant

Surfactant

Soluble species

-  L
St\ Bo J

(3.7)
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Table 3.2: Nomenclature for the Extended IFM Flow Equations 3.7-3.10

Symbol Meaning
Sx Formation volume factor of phase x
K Absolute permeability
krx Relative permeability of phase x
A/s Number of soluble species
q Source/sink flow rate

Rix Solubility of component i in phase x
Sx Saturation of phase x
Vx Volume fraction of soluble component x
Xs Surfactant volume fraction
Mx Viscosity of phase x
Mi Gas phase viscosity of soluble component i
p Density

Potential of phase x
4 Porosity

The fluid flow equations are nonlinear, partial differential equations that 

are discretized using volume integration and finite difference techniques. The 

IMRES (Implicit Pressure Explicit Saturation) technique simplifies the formulation 

by approximating transmissibilities and capillary pressures using pressure and 

saturation from the preceding timestep. The IFM has been tested under a variety 

of conditions, including oil and gas reservoir depletion, waterf I coding, gas 

injection into an undersaturated oil reservoir, aquifer influx into a gas reservoir, 

and carbon dioxide injection. Favorable comparisons with the first SPE
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comparative solution problem (Odeh, 1981) and the fifth SPE comparative 

solution problem (Kilough, 1997) have also been obtained (Fanchi, 1999).

3.2 Seismic Attribute Calculation: Gassmann’s Petrophvsical Model

The feature that makes the IFM simulator unique is the incorporation of 

additional petrophysical algorithms. These algorithms calculate reservoir 

geophysical attributes that can be easily compared with seismic measurements. 

The calculation of these attributes requires the input of new rock parameters, 

including the bulk modulus of the porous matrix {Kdry), the bulk modulus of the 

grain matrix (Km), the shear modulus {ju) and the grain density {pm). These 

parameters are included in the same initialization or data input file that contains 

the conventional simulation parameters. Values for these attributes can be 

obtained from core, well logs, analogy or published data (e.g. the Rock Physics 

Handbook, 1998). The geophysical attributes that are then calculated by the 

algorithms are. bulk density (/%), acoustic impedance (Z), reflection coefficient 

(R), compressional velocity (Vp) and shear velocity (Vs). The new input and 

output parameters are summarized in Table 3.3 and Table 3.4, respectively. The 

input format of these values can be seen in Appendix A where a sample data 

input file is shown. They are listed under the heading, “Reservoir Geophysical 

Parameters'. It is worth mentioning that while engineering notation is used for 

the description of the flow model, geophysical notation is used for describing the 

petrophysical model and its associated parameters.
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Table 3.3: New Initialization Parameters

Symbol Description Unit
Kdry Bulk modulus for porous matrix psia
Km Bulk modulus for grain psia
M Shear modulus psia
P m Grain density Ib/fP

Table 3.4: New Output Parameters

Symbol Description Unit
V'p Compressional velocity ft/s
Vs Shear velocity ft/s

P B Bulk density lb/ft3
z Acoustic impedance Ib/fP-s
R Reflection coefficient (ratio)

The calculation of the new parameters occurs simultaneously with the 

calculation of the pressure and saturation calculations, providing a self-consistent 

model of fluid migration, pressure change, and predicted seismic response. 

(Figure 3.1)
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Figure 3.1: IFM Program Flow
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The relationship between reservoir conditions at a specified time, shear (s- 

wave) velocity and compressional (p-wave) velocity is facilitated with the 

calculation of the saturated bulk modulus using Gassmann’s relation. 

Gassmann’s equation has traditionally been employed in forward-modeling 

processes to calculate bulk modulus where fluid substitution (saturation changes 

due to phase changes and fluid migration) is considered (Hoffman, 2000). This 

type of theoretical relationship based on the theory of elasticity is generally found 

to be valid for the calculation of elastic parameters in subsurface formations. The



39

relationship assumes homogeneity, isotropy, elasticity, and monomineralic 

characteristics of the porous medium it describes. A constant shear modulus is 

also assumed as a fundamental condition. As expected, these assumptions 

follow through to the computational analysis performed by the IFM. They are 

reasonable assumptions, particularly when considering the scale of resolution at 

which flow modeling and prediction occur. For a detailed description of the 

origination, derivation, and the assumptions of Gassmann’s relation, see a 

source such as Gassmann (1951) or Hoffman (2000).

When the petrophysical algorithm in the IFM is activated, it begins with the 

determination of the bulk modulus of the saturated medium (K Sat) using 

Gassmann’s equation:

Ksat -  Kjry’ +
1

K dry’

K.

+ 1 - #
(3.11)

d ry

K:

Here, Kf is the bulk modulus of the fluid, and the rest of the parameters are the 

same as described previously in Tables 3.3 and 3.4. As can be seen from the 

equation, the relation is the sum of two parts: the modulus of the framework, and 

the modulus of the fluid-filled pores:

^ s a t  ^ d r y  fram e ^ f i l l e d  pores (3.12)



This calculation for KSat and the following calculation for compressional velocity 

(Vp) are performed for all gridblocks, each having their own unique parameters. 

The bulk modulus, KSat, is used to calculate compressional velocity, Vp. (The 

compressional velocity is the change over time of displacement in the same 

direction as the density wave.)

v,=
K -  + v
 2 - (3.13)

Pb

The displacement that occurs perpendicular to the density wave, the shear 

velocity, is calculated with the relationship:

(3.14)

Notice that the velocities at which seismic waves travel are given in terms of bulk 

density (/%) and elastic coefficients of the material through which they are 

traveling.

The elastic wave velocities Vp and Vs are often calculated as a ratio of 

compressional to shear velocity, thereby eliminating bulk density from the 

equation, thus
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The elimination of bulk density from an evaluation attribute is helpful because it is 

oftentimes unknown, and the inclusion of a bulk density estimation introduces the 

opportunity for error. Since bulk modulus and shear modulus are always 

positive, and it is evident from the equations that Vp must always be greater than 

Vs, it is convenient.

A number of other attributes are also calculated. These include:

Acoustic Impedance. A measure of the earth’s response to the seismic wave, is 

defined as a product of density and velocity:

where x refers to either s-wave or p-wave velocity. The more consolidated the 

rock, the greater the Acoustic Impedance (Z).

Reflection Coefficient. The ratio of amplitudes of the reflection wave and the 

incident wave:

Z — Pb̂ x (3.16)

(3.17)
+ Z

Poisson’s Ratio:

(3.18)
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Young’s Modulus. The constant of proportionality between the stress and strain 

in the rock:

where hnet is the net thickness, (j) is porosity, q, is the porosity compressibility, 

and AP = P — Pinit which is the change in pore pressure.

In the Integrated Flow Model, the pore pressure used for the uniaxial 

compaction and compressibility equations is the same as the fluid pressure also 

used as a primary variable in the solution of the fluid flow equations. Porosity 

compressibility, then, is defined in terms of fluid pressure (P) and porosity ($.

• * - $

Dynamic measurements of Young’s modulus and Poisson’s ratio are 

approximations of the static values needed for geomechanical calculations. To 

obtain static values of Young’s modulus and Poisson’s ratio, a conversion 

calculation must be made [Wang, 2000; Tiab and Donaldson, 1996].

E = 2(l + v)ju (3.19)

Uniaxial Compaction:

(3.20)
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The dynamic to static conversion algorithm for Young’s modulus (E) in the 

IFM (Fanchi, 2001) is:

a = ax+a2 log(Pe) (3.22)
6  = 6 , + 6 2 log(fJ

Where subscript s denotes static and subscript d denotes dynamic. The 

coefficients {a, a?, a2, b, bi, 6 2 , c] are empirical fit parameters, and Pe is effective 

pressure. An analogous dynamic to static conversion algorithm may be specified 

for Poisson’s ratio.

The scale at which the geophysical attributes could meaningfully be 

modeled is a function of the quality of the seismic data and goal of the study. 

Since modern seismic data assists not only in determining reservoir geometry, 

but also in delineating porosity, lithology, density, and other attribute variations 

away from wellbore locations, one would likely wish to model the maximum level 

of detail (heterogeneity) possible.

Each of the geophysical attributes can be calculated for each grid cell at 

any time during the life of the reservoir. They can then be mapped at the larger 

scale to provide a direct and rapid means of comparing the predicted seismic 

response to fluid migration and pressure changes as estimated by the reservoir
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simulator and actual seismic survey and/or other measurement responses. 

Figure 3.2 diagrams a project workflow, whereby the IFM calculation procedures 

are placed within the context of characterizing a reservoir by reconciling 

predicted response with measured response.

Figure 3.2: Data Workflow in IFM

Inputs Workflow Data Flow

Amplitude

IFM - Rock 
Physics Model

IFM
Reservoir Model

Synthetic Seismic 
Response

IFM
Simulate Reservoir Flow

Inversion

IFM -  Calc. Acoustic 
Reservoir Properties

Figure 3.2 adapted from Fanchi, 2000

As new data is acquired, the process iterates, and the model is updated. 

The rock model, the fluid flow model and measurement data are said to be 

internally self-consistent over time (Figure 3.3).
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Figure 3.3: Internally Self-Consistent and Iterative Integrated Flow Model
Approach

Measurements: 
Seismic, 
Well log, 

Production, 
Pressure

Pressure
Model

Rock Elasticity 
Model

Fluid
Saturation

Model

Since these calculations can be compared with measured seismic data at 

any time during the life of the reservoir, they make it possible to track changes in 

seismic variables as a function of time, which is the basis for time-lapse seismic 

analysis. The integrated flow model provides information that can be used to 

predict which reservoir geophysical attribute, or combination of attributes, will 

yield the optimum response at different points in the life of the reservoir.
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3.3 Additional IFM Capability

Without going into detail, it is worthwhile to note a few additional 

capabilities of the IFM. One associated program compatible with the IFM is 

3DView, a visualization package capable of generating 3D visual representations 

of the IFM output. (Output data is specified via keyword options in the IFM run 

file). The user is able to view data arrays of several attributes, including: 

pressure, oil saturation, gas saturation, compressional velocity and shear 

velocity, VpA/s ratios, acoustic impedance, Poisson’s ratio, compaction, and 

others. In addition, and in concert with the time-lapse analysis paradigm, the 

most useful option is, perhaps, the ability to view “difference surveys”—that is, 

subtraction of two arrays of the same attribute calculated at different times. 

Images of these difference surveys are used heavily in Chapters 4 and 7. Other 

miscellaneous options like lighting, and model rotation, zooming and slicing, and 

other visualization-related toggles add user-friendliness to the package. Many of 

the images in this thesis were created with 3DView. The visualization software 

allows users to rapidly understand modeling results and therefore to make 

reservoir management decisions sooner.

Other general simulation capabilities include the ability to model horizontal 

wells, the determination of rock compaction and compressibility, and the 

calculation of both static and dynamic moduli. Detailed discussion of these
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options is not necessary here, as it is not needed to understand the studies in 

this thesis. For a comprehensive description of the functionality, keywords and 

keyword options, the reader is pointed toward Integrated Flow Modeling (Fanchi, 

2001).
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CHAPTER 4 

UTILIZING IFM TO MODEL GEOLOGIC SEQUESTRATION OF C02

The purpose of this chapter is to introduce CO2 sequestration as an 

industry-related application requiring enhanced modeling and monitoring 

capabilities and to identify how the Integrated Flow Model (IFM) can be used to 

meet the challenges of modeling these processes.

Carbon dioxide sequestration has been proposed as an option for 

providing an economically competitive and environmentally safe method to offset 

projected growth in baseline emissions of greenhouse gases. Commercial 

application of long-term CO2 sequestration depends on the ability to effectively 

monitor and verify the movement of injected gas. The IFM can be utilized to both 

simulate CO2 migration and to predict seismic responses as a function of time 

(Figure 1.1). The co-simulation of fluid flow and reservoir geophysical parameters 

in an integrated flow model provides useful information about the feasibility and 

optimal timing of 3D time-lapse (4D) seismic surveys. This chapter discusses the 

use of the IFM to assess the feasibility of monitoring CO2 sequestration in both 

an aquifer and a mature oil field using time-lapse seismic analysis. After a
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general introduction to CO2 Sequestration, four case studies are presented 

whereby the IFM is used to clarify the feasibility of CO2 injection and storage 

processes. This Chapter draws heavily from two papers (Brinks, 2001 and 

Fanchi, 2001) on the topic.

4.1 Background on CO2 Sequestration

A perceived change in global climate patterns has generated concern 

about the effects of anthropogenic CO2 and other greenhouse gases emitted to 

the atmosphere. Greenhouse gases absorb infrared radiation rather than letting it 

escape to space and are purported to cause unnatural warming. CO2 constitutes 

the majority of human-induced greenhouse gas emissions and principally comes 

from the combustion of fossil fuels. The ongoing debate about the extent of these 

anthropogenic effects and their relevance with respect to natural climate variation 

is clouded (Gerhard, 2000)—it is not the intent of this Chapter to take a position 

on the issue. Opposing any easy solution of direct CO2 emission reduction is the 

ongoing world reliance on fossil fuels. Fossil fuels currently source at least 80 

percent of world energy supply and consumption—as well as associated 

emission—and this reliance on fossil fuels is forecasted to increase (U.S. 

Department of Energy, 1999). Geologic sequestration of CO2 is a potential 

solution to this “sustainable development” problem, allowing for global energy 

needs while still meeting environmental objectives.
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The role that carbon sequestration will play as a future mitigation 

technology has yet to be determined. As the petroleum industry awaits the 

results of additional climate change and global warming studies that justify large- 

scale geologic sequestration projects, the technology for its implementation is 

reviewed. One of the most challenging and critical components of sequestration 

applications is the ability to efficiently model and monitor injected gas. 

Environmental considerations necessitate the prediction and verification of CO2 

movement over time to ensure additional environmental problems are not 

created, for example, contamination of a potable aquifer.

CO2 sequestration has the potential to combine with enhanced oil 

recovery (EOR) processes. The International Energy Administration (IEA) has 

estimated (Reimer, 1994) that EOR has the capacity to store 61 gigatonnes of 

CO2 As a basis for comparison, the Oil & Gas Journal reported (Feb. 2000) that 

annual greenhouse gas emissions have been estimated by the IEA to be 

approximately 1.5 gigatonnes of carbon or carbon equivalent. The IEA estimate 

of enhanced oil recovery storage capacity assumes that 6,000 SCF of CO2 may 

be stored for each stock tank barrel of oil (0.3 tonnes/STB).
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4.2 Geologic Sequestration Defined

Carbon sequestration is the capture of, separation, and long-term 

storage of CO2 for environmental purposes.

Geologic sequestration—the topic of this Chapter—is the storage of CO2 

in underground formations. (U.S. Department of Energy, 1999)

Oil fields, coal seams and non-hydrocarbon-bearing geologic traps have 

all been proposed as potential sequestration candidates. Geologic sequestration 

may overlap with hydrocarbon recovery processes when CO2 is injected into oil 

and gas and coal bed methane reservoirs. Numerous examples of CO2 injection 

for enhanced oil recovery (EOR) have been cited in the literature, with processes 

beginning as early as the 1970’s. Geologic sequestration projects will rely heavily 

on this experience. In cases where CO2 sequestration is combined with 

hydrocarbon recovery, the factors distinguishing “sequestration” from being 

simply an EOR process is that (1 ) the CO2 will ultimately be left in place when 

hydrocarbon recovery processes have ended and (2 ) the motivation is at least 

partly environmental, i.e., the goal is to avoid CO2 release to the atmosphere, as 

well as to use CO2 for pressure maintenance, viscosity reduction, and 

displacement. There are fewer examples of CO2 injection into coal seams and 

saline aquifers, but they do exist. A pilot study in the San Juan basin is an 

example of CO2 sequestration in a coal bed methane reservoir (Stevens, 1998)
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and the Sleipner West field, offshore Norway, is an example where CO2 has 

been injected into a saline aquifer (Baklid, 1996).

Considering the increased international interest in global warming issues 

and sustainable development objectives, it is likely that additional sequestration 

projects will be implemented in the future. Whether coupled with EOR processes 

or not, petroleum industry knowledge and personnel can readily adapt to CO2 

sequestration, drawing particularly heavily from the areas of EOR, gas storage, 

corrosion-control, simulation and monitoring expertise. In terms of engineering 

design, CO2 sequestration may be viewed, for the most part, as a new application 

for mature science. The modeling methodology proposed here, however, is 

relatively new.

4.3 Monitoring CO? Sequestration in an Aquifer

Coal seams, oil and gas fields and saline aquifers have all been proposed 

as potential sequestration candidates. This Section first demonstrates IFM 

capabilities using a saline aquifer and an immiscible displacement process. A 

simplified model is used first to introduce the IFM. Increasingly complex models 

are used later in the Chapter (Section 4.4) where the IFM technology is applied 

to CO2 sequestration projects in oil and gas fields. In Chapter 7, the IFM
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technology is applied to stochastically generated models to understand the 

effects of heterogeneity on seismic attributes.

Description of Geologic and Simulation Models

A synthetic dome structured aquifer was constructed to illustrate the technology. 

The size and structure is representative of an aquifer reservoir used for natural 

gas storage in the Midwestern United States (Tek, 1996 and SPE Report #50, 

1999). The areal extent of the dome can be modeled within a 4400 ft. x 8400 ft. 

area. The dome is symmetrical with an 8.1 degree dip along the major axis and a 

13.6 degree dip along the minor axis. A formation thickness of 100 feet is used. 

The formation is considered to be both isotropic and homogeneous and has the 

petrophysical and structural properties as described in Table 4.1.

ARTHUR LAKES UBRARY
COLORADO SCHOOL u r  iViiHbo 
GOLDEN,CO 80401
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Table 4.1 : Parameters for Aquifer Model

Parameter Description

Porosity 0.25 (25%)
Permeability 400 millidarcies

Bulk modulus matrix 1.96x1 O' 6 psia

Bulk modulus grain 5.22x1 O' 6 psia
Shear modulus 2.23 x 10' 6 psia

Grain density 168 lbf/ft3

Formation thickness 1 0 0  feet
Grid Size (x, y, z) 1 1  x 2 1  x 1

Grid dimensions 400 x 400 x 100 feet
Total area 3.7 x102 ft2

Dip along major axis 8 .1  degrees

Dip along minor axis 13.6 degrees

The initialization parameters included full water saturation (100%) 

representing an aquifer at initial conditions. The values used for the moduli and 

grain density are representative of a typical sandstone. Figure 4.1 shows the 

structural contour and relative location of an injector well and producing wells.
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Figure 4.1: Location of CO2 Injector and Structure Contour of Dome
(Model 1)

C02 Inj.

The study area is modeled with an 11 x 21 single layer grid, with each cell 

having square 400 ft. x 400 ft. dimensions and a gross thickness of 100 feet. This 

dome (Model 1) is then modified to create two additional models. Model 2 has a 

fault across one flank (Figure 4.2) and Model 3 contains a sealed compartment in 

one half of the dome (Figure 4.3).
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Figure 4.2: Schematic of Dome with Fault (Model 2)

Fault

Figure 4.3: Schematic of Dome with Compartment (Model 3)

Compartment 0
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Description of Injection-Production Conditions

An injection well is placed in the center of the dome. Two producer wells 

are added to the model—one at each end of the dome (Figure 4.4). No 

observation wells are added, since monitoring information will be expected to 

come from a seismic survey.

Figure 4.4: Schematic of Model Parameters

<----------- 4400 ft.

11 x 21 x 1

k =  400 md 
(j> — 0.25 

2 h = 100 ft.
oo
»

0  Injection = 20 MMCFD 
□  Production = 4000 BWPD

The central well injects 20 million standard cubic feet per day (MMSCFD) 

while both production wells produce 4000 barrels of water per day (BWPD). The 

water production wells are necessary for pressure control.
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The amount of gas that can be stored in the 100-foot-thick formation is a 

function of pressure, temperature, effective porosity and the residual water 

saturation of the initial water in place. The bottom hole pressure specified in the 

simulation model would normally be limited by compressor capabilities at the 

surface. The rate and direction of gas migration, is a function of permeability 

anisotropy, porosity, irreducible water saturation and bottom hole and reservoir 

pressures. With the exception of the no-flow features (the fault in Model 2 and 

the compartment in Model 3), the models assume homogeneous, isotropic, and 

unfractured geology. There is no reason, however, that these types of 

heterogeneity could not be modeled with the IFM software.

Discussion of Model Results

For Model I, it took 2200 days for the injected gas to reach the producing 

wells. At that point in time, a total of 44 BSCF had been sequestered. The reader 

is not asked to focus on the relative volumes of injected gas as they are not 

important in this context, and in point of fact, could be modeled with conventional 

simulation tools. The most interesting features of the IFM simulation for this 

scenario can be demonstrated graphically by comparing images of gas saturation 

and predicted seismic response produced for different times in the project. As 

gas is injected into the three models, saturation and pressure calculations are 

accompanied by a calculated seismic response that monitors movement in
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comparable units (Figure 4.5 -  Figure 4.8). This prediction can be mapped and 

compared to values that would typically come from a seismic survey.

Figure 4.5: Gas Saturation at Year 2

Dome Faulted Compartment

Figure 4.5 shows the gas saturation at year 2 for the three geological 

models. At this point in time, there appears to be little difference between the 

dome model (1) and the model with a compartment (3). The faulted model (2) is 

just beginning to show signs that the pressure drawdown from the northern well 

is not influencing gas migration. Compare this image to Figure 4.6, which shows 

the gas saturation for each of the three geological models at 4 years time.
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Figure 4.6: Gas Saturation at Year 4

Dome Faulted Compartment

Figure 4.6 shows the gas saturation for the three geological models after 4 

years of immiscible CO? injection. At this point in time, the Dome Model (1) 

continues to show uniform dispersion throughout the model. The faulted model 

(2) and the compartmentalized model (3), however, clearly show the affects of 

their respective no-flow boundaries.

The VpA/s ratio for Year 2 and Year 4 are shown in Figures 4.7 and 4.8. 

Clearly it can be seen from both of these time steps that VpA/s is a good 

predictor of the gas saturation as shown in Figures 4.5 and 4.6. Note the fault 

barrier and the compartment in Figure 4.8.



Figure 4.7: VpA/s at Year 2

Faulted CompartmentDome

Figure 4.8: Vp/Vs at Year 4

Dome Faulted Compartment
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These images indicate that if there is uncertainty with regard to one area 

of the reservoir, that a seismic survey should not be taken until year four—as the 

year 2 attributes do not describe the different potential responses. This 

demonstrates that the IFM technology assists in the optimal timing of seismic 

surveys.

In the case of this geology, Vp /Vs is a good indicator of gas saturation. If 

the rock types (minerals, densities, moduli, porosity, etc.) were different, another 

attribute may have been more descriptive of gas saturation. In Chapter 7, a 

number of attributes are shown, and some describe reservoir parameters with 

more effectiveness than others.
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4.4 Monitoring CO? Sequestration in a Mature Oil Field

Carbon dioxide may also be sequestered into mature oil and gas fields as 

an improved recovery process, or as a storage process. Section 4.3 focused on 

CO2 injection in a saline aquifer, the focus now is on CO2 injection in a mature oil 

field. The field considered here is the East Vacuum Unit in the Vacuum Field, 

New Mexico. This section reviews work performed by Fanchi (2001), and is 

shown here to indicate how the geologic sequestration concepts can be applied 

to sequestration in mature oil fields. Both miscible and immiscible conditions are 

simulated.

East Vacuum Gravburq/San Andres Unit

The Vacuum Field was discovered in 1929. It is located about 15 miles 

west of Hobbs, New Mexico on the Northwestern Shelf of the Permian Basin and 

along the northern limit of the Delaware basin (Martin, 1995). Significant field 

development began in 1938 and it was substantially completed by 1941. 

Waterflood development began in 1958. The East Vacuum Grayburg/San Andres 

Unit (EVGSAU) was formed in December 1978 and covers more than 7,000 

acres on the eastern side of the Vacuum Field.

Oil with a gravity of 38 °API has been produced from both the Grayburg 

and San Andres formations. The primary productive interval (Martin, 1995) at
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EVGSAU is the dolomitized carbonate sequence in the upper San Andres 

formation at a depth of approximately 4,400 ft. and a temperature of 101 °F. Infill 

drilling from 40-acre spacing to 20-acre spacing in the EVGSAU began in 1979, 

and waterflooding began in 1980. The EVGSAU was converted to an 80-acre 

inverted nine-spot pattern waterflood by 1982. A miscible CO2 injection project 

began in September 1985, and a CO2 foam pilot test began in September of 

1991.

Grigg and Schechter (Grigg, 1998) prepared a history match of the CO2- 

foam pilot test area in the EVGSAU for the primary and waterflood periods (1959- 

1985). As part of their study, they published a model using a modified version of 

MASTER that included a characterization of the EVGSAU pilot area as well as 

saturation and pressure distributions at the end of waterflood. Their model is 

used here as a test bed for investigating the feasibility of using time-lapse 

seismic to monitor CO2 sequestration in a mature oil field.

Rock Physics Model

Rock physics parameters were not readily available for the study area, but 

were obtained from a rock physics study by Capello (Capello, 1995) in the 

adjacent Central Vacuum Unit northeast of the East Vacuum Unit. Capello's work 

was part of a 4-D, 3-C seismic survey conducted by the Colorado School of
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Mines over the Texaco-operated CO2 huff-and-puff in the Central Vacuum Unit. 

(Talley, 1998) The study used time-lapse, multicomponent (4-D, 3-C) seismic 

surveys to link bulk rock/fluid property variation to dynamic attributes of the 

reservoir. The CO2 flood in the Central Vacuum Unit provided considerable 

insight into the power of seismic anisotropy to monitor injection processes. 

Conventional P-wave time-lapse data did not show the CO2 bank in the 

carbonate reservoir; whereas, shear waves enabled monitoring of both the CO2 

flood bank and the water injection program. Shear wave data showed a time- 

lapse seismic shear anomaly that was well above background. The 4-D, 3-C 

identification of permeability distribution and heterogeneity in Vacuum Field 

enabled the operator to identify more attractive areas for CO2 flood 

implementation.

Capello found that the Kuster-Toksoz model (Kuster, 1974) gave a better 

fit to laboratory measurements of seismic velocities, and concluded that 

Gassmann’s model should be used with care. Capello also presented rock 

physics parameters obtained from sonic log data. Table 4.2 presents the sonic 

log data and grain density pG.
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Table 4.2: Sonic Log Data for Well CVU-200

Parameter Unit Value Source

Vp ft/s 18,736 Pg. 101 [Capello, 1995]

Vs ft/s 10,036 Pg. 101 [Capello, 1995]

Vp/ Vs fraction 1.83 Pg. 101 [Capello, 1995]

Kf psi 3.61x10s Pg. 101 [Capello, 1995]

Ksat psi 7.30x10s Pg. 101 [Capello, 1995]

Kdry psi 9.70x10® Pg. 136 [Capello, 1995] 
Sample 4514

Km psi 7.17x10® Estimated

PG Ib/cu. Ft. 166 Pg. 101 [Capello, 1995]

Kf psi, brine 2.97x10® Pg. 136 [Capello, 1995]

N fraction 0.15 Pg. 101 [Capello, 1995]

The dry rock bulk modulus Kdry was estimated from the reported data 

recalling Equation 2.5 and substituting b for Kdr/Kmto get equation 4.1:

M i (4.1)

K t
+

K.

Equation 4.1 is solved for b:

b =
K d rv

K
^  + ( \ ~ é ) + ^ è  
K_ K .

(4.2)
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Equation 4.2 was used to estimate Kdry in Table 4.2. If we assume that dry rock 

bulk modulus is approximately a linear function of porosity, which is a reasonable 

assumption, then Kdry and Km are two points on the curve. Figure 4.9 presents 

the resulting plot of dry rock bulk modulus versus porosity.

Figure 4.9: Relationship Between Dry Bulk Modulus and Porosity as
Calculated from Equation 4.2
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This figure allows the estimation of Kdry for the EVGSAU unit, which has a 

porosity of approximately 11%. If we make the expedient assumption that shear 

modulus is relatively insensitive to porosity in the range from 1 1 % to 15% at 

EVGSAU, we can use the sonic log data to estimate rock properties for the
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EVGSAU study area. Table 4.3 presents the seismic values obtained using this 

procedure for different porosities and pore volume weighted average reservoir 

pressures.

Table 4.3: Rock Physics Values Calculated by IFM

Parameter Unit Values calculated at initial EVGSAU Model 
Conditions

N fraction 0.15 0 .1 1

Avg. P Psi 320 1980 320 1980

Ksat Psi 3.61x106 3.61x106 3.61x106 3.61x106

Kdry Psi 7.17x106 7.17x106 7.84x106 7.84x10e

Km Psi 9.70x106 9.70x106 9.70x106 9.70x106

P G Ib/cu. ft. 166 166 166 166

V p ft/s 19,332 19,380 19,560 19,595

V s ft/s 10,611 10,617 10,448 10,453

V p /  V s fraction 1.83 1.82 1.87 1.87

The table illustrates the sensitivity of seismic velocities to rock physics 

parameters. In this case, Gassmann’s algorithm in the integrated flow model IFM 

provides a satisfactory reproduction of the sonic log data and yields the same 

VrA/s ratio at 15% porosity. The VpA/s ratio estimated at EVGSAU conditions
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has a larger value than the CVU sonic log data, but the Vp/Vs ratio is reasonable 

for carbonates.

The above procedure illustrates one method of obtaining rock physics 

parameters from sonic log data. It would be preferable to obtain rock physics 

parameters using data from a sonic log in an EVGSAU well. In the absence of 

such data, the set of rock physics parameters presented in Table 4.3 is adequate 

for this feasibility study.

Sequestration Cases

Three sequestration cases were considered (Table 4.4). Case A illustrates 

the feasibility of using time-lapse seismic surveys to monitor immiscible CO2 

injection in the waterflooded zone. Immiscible CO2 injection begins at the start of 

the run and continues for a period of ten years. Two cases were run to illustrate 

the feasibility of using time-lapse seismic surveys to monitor miscible CO2 

injection in the waterflooded zone. In Case B, CO2 is used to raise reservoir 

pressure above minimum miscibility pressure (MMP. 1190 psia). In Case C, 

water injection is conducted for one year to raise reservoir pressure above MMP. 

The waterflood is then replaced by CO2 injection. The results in Table 4.4 are 

discussed below.
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Table 4.4: CO2 Sequestration at 10 Years
Case Injected Fluid Cum. Injection 

(BSCF)
Cum.

Production
(BSCF)

Sequestration
(BSCF)

A Immiscible Gas 65.07 51.86 13.84
B Miscible Gas 101.28 57.69 43.59
C Water then 

Miscible Gas
92.16 51.78 40.38

Sequestration Potential

The EVGSAU model uses a 3-D grid with 16x16x7 grid blocks. The 

locations of wells are shown in Figure 4.10. The reservoir at the start of the run 

is in a pressure-depleted state: initial pore volume weighted average reservoir 

pressure is approximately 320 psia. Initial oil and gas saturation distributions are 

shown in Figure 4.11.



Figure 4.10: Location of Injection/Production Wells

Figure 4.11: Initial Oil (left) and Gas (right) Saturation Distributions
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The color bar in Figure 4.11 shows how to interpret the displayed colors. 

Figure 4.11 shows the spatial variability of fluids in the system at the beginning of 

the sequestration study. The model has approximately 46 MMSTB oil-in-place 

and 10 MMSTB water-in-place at original conditions. Approximately 36 MMSTB 

oil and 22 MMSTB water are in place at the end of waterflood in 1985, which is 

the initial state of the EVGSAU model used in this study. The sequestration 

potential of the study area is estimated to be approximately 120 BSCF CO2 at 

1000 psia reservoir pressure. It assumes that all of the reservoir pore volume 

originally occupied by oil could be replaced with CO2 at reservoir temperature 

and pressure.

The volume of CO2 sequestered after 10 years of project life is shown in 

Table 4.4 for each case. Much more CO2 is sequestered if CO2 is injected into 

the reservoir at miscible pressure conditions than at immiscible pressure 

conditions. More CO2 is sequestered in Case B than in Case C because Case C 

includes one year of water injection prior to nine years of CO2 injection. Although 

waterflooding delays CO2 sequestration, we show below that waterflooding can 

improve time-lapse seismic monitoring.
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Seismic Monitoring

Figure 4.12 shows the formation of a gas cap after 10 years of immiscible 

CO2 gas injection in Case A. Figure 4.13 presents the permeability distribution in 

the study area, including the high permeability channel described by Martin, et al. 

(1995)

Figure 4.12: Gas Saturation for Immiscible Gas Injection Case A After 1
Year (left) and 10 Years (right)
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Figure 4.13: High Permeability Channel in Immiscible Gas Injection Case A. 
Exposed Cross-Section Showing Permeability (left) and Gas Saturation At

10 Years (right).

Figure 4.14 and Figure 4.15 show the gas saturation changes are 

accompanied by changes in acoustic impedance. Similar figures could be used 

to relate changes in gas saturation to changes in compressional velocity. The 

magnitude of maximum attribute changes at different times is shown in Table 4 .5 

for each case.



Figure 4.14: Seismic Response for Immiscible Gas Injection Case A at 1 
Year for Change in Gas Saturation (left) and Change in Acoustic Impedance

(right).

Figure 4.15: Seismic Response for Immiscible Gas Injection Case A at 10 
Years for Change in Gas Saturation (left) and Change in Acoustic

Impedance (right).



Figure 4.16 shows the movement of the gas front as miscible CO2 gas is 

injected into the system, Case B. Figure 4.17 and Figure 4.18 show the gas 

saturation changes are accompanied by acoustic impedance changes. 

Comparing Figure 4.17 and Figure 4.18 with Figure 4.14 and Figure 4.15 shows 

that the gas saturation front is more dispersed in the immiscible injection case 

than in the miscible injection case. These observations are expected since 

miscible gas is displacing oil that is immobile to immiscible water displacement. 

As a result, the miscible gas injection bank is less dispersed than the immiscible 

gas injection front.

Figure 4.16: Gas Saturation for Miscible Gas Injection Case B After 1 Year
(left) and 10 Years (right)
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Figure 4.19 presents a comparison of the gas saturation fronts for both 

miscible gas injection cases. More CO2 gas has been injected in Case B than in 

Case A (Table 4.4), and there is consequently more volumetric sweep. On the 

other hand, the use of water injection to repressure the reservoir leads to the 

redissolution of gas at the end of the first year.

Figure 4.19: Gas Saturation for Miscible Gas Injection Cases B (left) and C
(right) at 10 Years

The resulting change in gas saturation and associated change in acoustic 

impedance are displayed in Figure 4.20 and Figure 4.21 for Case C. A seismic 

survey conducted at the end of the 1 0 -year program would display volumetric 

sweep by injected CO2 gas.
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Figure 4.22 compares the change in two seismic attributes over the 10 

year period covered by Case C. Compressional velocity does provide an image 

of the change in gas saturation, but the changes in acoustic impedance for this 

example are more detectable (Table 4.5).

Figure 4.22: Seismic Response for Miscible Gas Injection Case C at 10 
Years for Change in Acoustic Impedance (left) and Change in 

Compressional Velocity, Vp (right).

An important consequence of waterflooding in Case C is the redissolution 

of gas at the end of the waterflood period. It is well known that the appearance or 

disappearance of the gas phase provides an important saturation signature for 

seismic imaging. Figure 4.23 shows the change in acoustic impedance between 

the end of year one when gas has been redissolved and the end of year ten.
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Figure 4.24 shows that the change in acoustic impedance is greater when 

there is no free gas saturation in the system. This suggests that the seismic 

signal for seismic monitoring of CO2 sequestration in a mature oil field would be 

greater if any free gas at the end of the production period is redissolved. The 

redissolution can be achieved by waterflooding the reservoir until reservoir 

pressure is above bubble point pressure. If the reservoir pressure is raised above 

minimum miscibility pressure, than the sequestration process will be miscible and 

can store significantly more CO2 in the subsurface than an immiscible process.

Figure 4.23: Seismic Response for Miscible Gas Injection Case C (10 Years 
-  1 Year). Change in Gas Saturation (left) and Change in Acoustic

Impedance.
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Figure 4.24: Seismic Survey Timing for Miscible Gas Injection Case C
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4.5 Additional Remarks Regarding CO? Sequestration and IFM Technology

Carbon dioxide sequestration is a gas storage process that will rely 

heavily on experience gained from the petroleum industry. The integrated flow 

model provides information that can be used to predict which reservoir 

geophysical attribute, or combination of attributes, will yield the optimum seismic 

response at different points in the life of the reservoir. Integrated flow modeling 

demonstrates that time-lapse (4-D) seismic technology may be used to monitor 

the subsurface storage of COa. The IFM can be used to assist the reservoir 

characterization, modeling, and monitoring processes associated with immiscible 

and miscible CO2 injection processes.
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CHAPTER 5 

GEOSTATISTICAL TECHNIQUES AND METHODS

Engineers and geoscientists are challenged with the volume and variety of 

data sources that are available to be integrated into either a conceptual 

understanding or a quantitative model of a reservoir. Seismic information, well 

logs, pressure data, production histories and geologic knowledge are all 

examples of data sources that typically contribute to the understanding of the 

reservoir. There exists a multidisciplinary paradigm, which suggests that the 

appropriate inclusion of multiple data types leads to more realistic reservoir 

models that contain a higher degree of certainty. This is due to the fact that 

different types of data provide different information at different resolution scales. 

The challenge is that the data sources are of varying quality and are often of 

different domain. In this we see value in reconciling all data types into a single, 

self-consistent model that can be easily updated over time. A recent trend 

toward data integration for better reservoir characterization, modeling and 

management has been observed in the industry, and has been facilitated with 

geostatistical techniques.
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The goal is to integrate the appropriate data in a meaningful and beneficial 

way. Geostatistical data integration is a means to this end. This Chapter 

reviews some of the basic concepts needed to understand the stochastic models 

used for the study discussed in Chapters 6  and 7.

5.1 Review of Geostatistical Modeling Techniques

Geostatistical methods and techniques for data analysis, data integration 

and reservoir modeling have found widespread popularity in the last two 

decades. Both pixel-based methods (primarily reliant on geostatistical 

parameters) and object-based modeling (primarily based on boolean modeling 

algorithms) have originated from a need to obtain more realistic reservoir models. 

The stochastic models used in this thesis are of the pixel-based type and use 

variograms and a sequential Gaussian simulation (SGS) technique to populate 

3D space. In order to understand the models and hence the type and amount of 

heterogeneity used in this case study, a review of statistics (univariate, bivariate 

and spatial), and property estimation and simulation techniques are worth 

defining and briefly describing.

The type of “simulation” mentioned in this chapter is 3D-property 

simulation and not fluid flow simulation. Initial static petrophysical models (e.g.: 

porosity and permeability) are created with geostatistical simulation algorithms
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and then imported by IFM where fluid flow simulation can take place. The 

process of creating a detailed 3D geologic model prior to the fluid flow simulation 

model for use as input is characteristic of a stochastic modeling workflow.

5.1.1 Univariate Statistics

The Histogram. The histogram of the petrophysical data is a frequency 

plot describing how many (by percentage) of the data points lie within a specified 

range or bin. The purpose of the histogram is to organize, present and 

summarize a data set of a single variable— thereby providing a quantitative 

measure of the location, spread and shape of the data distribution. The 

histogram is used for quality control of the data prior to geostatistical modeling to 

find errors and statistical outliers. In a sample histogram of porosity shown in 

Figure 5.1, each sample of the petrophysical log data is discretized into bins of 

width 0.025, breaking the data into classes.
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Figure 5.1: Sample Histogram Showing the Probability Density Function 
(PDF) and the Cumulative Density Function (CDF).

100%2500

I  90%

- 80%2000 -

v 70%

- 60%1500 i

i  50% Q.

- 40% ilooo-!

r  30%

S- 20% o

- 10%

0%Data Bin 0.05 032 5 0.350.025 0.075 01 0.125 0.15 0 17 5 0.2 0.225 0.25 0.275 0.3

5738 172 420 900 1481 1919 1895 1478 978 462 166Frequency_____________

Cumulative Probability, % 100% 100%0% 0% 1% 2% 6% 15% 30% 49% 68% 83% 93% 98% 99%

For example, there are only 2 data points that fall into the class of porosity 

between 0.00 and 0.025, whereas there are 1478 data points that fall into the 

class of porosity between 0.225 and 0.250. The frequency is representative of 

the number of values that fall into a specific bin. When the number of values per 

bin is divided by the total sample number, the height of the histogram bar 

represents a probability from 0 -1 0 0 % instead of a frequency of occurrence, and 

the result is called a probability distribution function (PDF). The cumulative



distribution function (CDF) is the cumulative sum of all of the bin probabilities. 

The CDF represents the probability of a data point falling below a given value. 

For example, referring again to Figure 5.1, there is a 6 8 % chance of 

encountering a porosity value of 0.225 or less in this data set.

In a reservoir modeling scenario, it is likely that porosity data would come 

from core or well logs, or another data source; that is, it would not be synthetic, 

but truly representative of some well or field under study. The goal of 

geostatistical reservoir simulation is to reproduce this data, that is, “honor” the 

input distributions. The process of creating reservoir models that integrate this 

data or “knowledge” is described shortly.

In Chapters 6  and 7, the porosity histograms for all models used in the 

sensitivity analysis (Chapter 6 ) have bins that discretize the data into units of 

0.02 classes. For example, the porosity values between 0.15 and 0.17 may be 

grouped together into a single bin.

Mean. The mean is simply the arithmetic average of all data values taken 

into consideration (Equation 5.1) and it is a measure of the location of the data.
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Here, n is equivalent to the number of data points and x, is equal to the ith data 

point. While the mean describes an absolute value representing the average, it 

does little to describe the range of values from which it is made, and hence says 

little of the spread or “heterogeneity” of the system. The mean is very sensitive 

to erratic or high values. In all models used in this thesis, the mean of the 

porosity values is held constant at 0 .2 0 .

Variance. Isaaks, et al (1989) describe the variance (Equation 5.2) as the 

average squared difference of the observed values from their mean. As such, the 

variance describes the spread of the data values around the mean:

cr2 =-S (x, ~m)2 (5 2)n ;=i

The square root of variance, a, is equal to the standard deviation, another 

common measure of the spread of the cumulative distribution function around the 

mean.

It is the variance of the petrophysical data that is considered in Chapters 6  

and 7. While the mean of the porosity is held constant, the variance is one of the 

parameters that is altered.
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Coefficient of Skewness and Coefficient of Variation. Both the Coefficient

of Skewness (COS) (Equation 5.3) and the Coefficient of Variation (COV)

(Equation 5.4) are measures of the shape of the data distribution:

,'2>
COS = ^ —  -------  (5.3)

O'

C O V  = — (5.4)
m

The COV can be a good measure of heterogeneity depending on the attribute 

under consideration. If the calculated COV is greater than 1.0, the data shows 

“ratty” or heterogeneous behavior. If the COV is less than 1.0, the values in the 

data set are exhibiting more similarity overall, and therefore are described as 

being more homogeneous.

The COV is not unlike the Dykstra-Parsons Coefficient and the Lorenz 

Coefficient in that they all yield a single value or measure of heterogeneity. The 

latter two are measures of permeability heterogeneity only, however, and would 

not be used for a porosity distribution. In this respect, the COS and the COV are 

much more general statistical parameters, and can be used for multiple reservoir 

property descriptors.
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5.1.2 Bivariate Statistics

Cross-Plot. The cross-plot can describe the linear, log-linear, or log-log 

relationship between two different variables. The descriptive statistic of a 

bivariate data set is the correlation coefficient:

p = — !— É k  ~mxty, (5.5)
,=1

where mx and my are the means of the x and y data sets, and ax and <jy are the 

standard deviations of the x and y data sets. The correlation coefficient is a value 

between - 1  and +1 , where a value of 0  represents no correlation, a value of + 1  

represents a high positive correlation and - 1  represents a high negative 

correlation (Figure 5.2).
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Figure 5.2: Examples of Cross Plots with High and Low Positive and
Negative Correlations.
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In geostatistical reservoir modeling, the cross-plot is often used to quantify 

how much a stochastic property simulation (realization) should depend on a 

secondary or “soft” data type. For example, if a high correlation coefficient exists 

between porosity and acoustic impedance, then the porosity simulation should be 

formulated such that the realization relies heavily on acoustic impedance to 

populate the model’s interwell heterogeneity. This is especially useful if the 

primary spatial statistic has a small spatial correlation length.

Variograms. Variograms are a measure of the spatial continuity or 

relatedness of some property in space. The variogram is a bivariate statistic, 

also known as the semivariance, and it is a measure of the correlation of a 

property with itself at a set distance. The result of variogram analysis yields the 

correlation distance with direction of a petrophysical property, such as porosity.

The equation of a variogram is, in words, one half the average of the 

squared difference of two values separated by a distance h as shown by the 

following equation:

(5.6)
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Here x, and xj represent two values of the same attribute, differing only by 

a separation h, and it is likely that the same calculation would be performed for 

multiple h values. An example data set (Figure 5.3) is used to illustrate a sample 

variogram calculation. The data points in this sample data set show some visual 

spatial correlation where high values (-40) are located in the upper left corner, 

and low values (-30) are located in the lower right corner. The question 

presented with this example is: how can one quantify the spatial correlation 

between data points?

Figure 5.3: Example Data Set for Variogram Calculation
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First, the variogram is calculated for a lag distance of 100 feet. That is, all 

points that fall within 1 0 0  feet of one another are “point-paired” and cross-plotted 

(Figure 5.4) where the x-axis is the “head value” or x, and the y-axis is the “tail 

value or xy. The variogram is calculated with a resulting value of 1.46.

Figure 5.4: Variogram Calculation for Lag Distance, h=100 ft.
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The process is repeated for a lag distance of 200 feet. The variogram 

value for a lag distance of 200 feet is 3.30.



95

Figure 5.5: Variogram Calculation for Lag Distance, h=200 ft.
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Notice that the cross plot for a lag distance of 200 feet is not as tightly 

distributed around the centerline, x, = Xj, which represents equality. The 

correlation between points separated by 1 0 0  feet is better than points separated 

by 200 feet. The variogram value is a numerical value for spatial correlation— as 

the spatial correlation decreases, the semivariance increases.

These variogram values are plotted on a graph where the x-axis is the lag 

distance and the y-axis is the semivariance (Figure 5.6). Notice that the number 

of “point-pairs” decreases from 36 pairs with the 100-foot lag distance to 33 pairs
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for the 200-foot lag distance calculation (Figure 5.4 and Figure 5.5). This means 

that as the lag distance increases, the experimental variogram points are less 

statistically robust.

Figure 5.6: The Experimental Variogram
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The red X s in the plot make up what is called the experimental variogram. 

In order to use the variogram in geostatistical simulation, the experimental 

variogram must be modeled with a theoretical model. (Figure 5.7)
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Figure 5.7: Theoretical Variogram Models
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The experimental variogram and the theoretical variogram model are 

described not only by the shape of the modeled curve, but also by two attributes 

called the variogram range and the variogram sill. These terms are described 

below.

Range. The distance at which there is no longer any spatial correlation. 

During geostatistical estimation and/or simulation, the range can be practically 

interpreted as the prediction distance. Beyond this distance, from a known data 

point, prediction is no longer statistically meaningful. Prediction past this

distance is based on the full variance of the data set

GOLDEN, CO 80401
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Sill. The sill is the variance of the data. It is the point at which the 

experimental variogram becomes horizontal.

When using geostatitsical parameters such as the variogram to build 

models constrained to well logs in an oil or gas reservoir, it is worthwhile to note 

that point-pairs rarely fall within a set distance of one another. It is nearly 

impossible to find well-to-well locations that are exactly 1 0 0  feet apart, as in the 

previous example. To account for this, points are paired based on a lag distance 

and a lag tolerance. For example, all points that are located within 100 feet plus 

or minus 50 feet of each other. (Figure 5.8)

Anisotropy. Geology is not random and exhibits spatial patterns. 

Oftentimes, patterns follow the direction of a paleocurrent or have meaningful ties 

to some geologic process like dune migration. In the previous example, data 

points at a set lag distance were “point-paired" in all directions. To assess the 

directionality of a data set, one might use directional variogram modeling where 

data are “point-paired” by azimuthal direction (now with an azimuthal tolerance, 

e.g. 40 degrees plus or minus 10 degrees) in addition to distance. When the 

resulting variograms are plotted for each azimuthal direction, the anisotropy of 

the data is revealed -  as long as there are enough data points in the data set to 

create statistically meaningful variogram plots. The concepts of a lag distance,
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lag tolerance, azimuthal direction and azimuthal tolerance are depicted in Figure

5.8.

Figure 5.8: Lag and Azimuthal Distances and Tolerances
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While no geostatistical data analysis was performed for this thesis, 

variograms were used in the construction of the model and were needed for the 

sequential gaussian simulation process of distributing the porosity values. Some 

of the models in following chapters exhibit a directional character as they were
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created with anisotropic or directional variograms. As will be seen, the 

models built with anisotropic variograms are readily distinguishable from the 

isotropic variogram models.

5.1.3 3D Property Modeling with Geostatistical Techniques

The first step in creating a 3D property model is to discretize the 

simulation space. A grid is overlain on top of the entire extent of the reservoir, 

including part or all of the aquifer area. This grid will have a specified number of 

cells in the x, y and z directions and the cells may be defined as corner-point or 

node-centered. With the geostatistical algorithms used here, the grid cells are 

structurally defined as corner-point, while the attributes are node-centered. The 

structure of each cell is, therefore, defined by eight corner point values, while 

each cell has only one value for each petrophysical property located directly in 

the center of the cell.

A simulation requires a structural grid (top and bottom surfaces at a 

minimum) and petrophysical values for each cell (porosity, permeability, net to 

gross, etc.). In the stochastic modeling workflow, values for the petrophysical 

properties would already exist at the well locations, having come from well log 

measurements. These values are “snapped” to the grid and are hereafter 

referred to as “hard data”. (Figure 5.9)
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Figure 5.9: Data at Well Locations are Snapped to the Grid as “Hard Data”. 
The First Estimation Location is Shown as a Question Mark.

Before the above gridded information can be taken to a simulator, the 

empty grid cells need to be populated with petrophysical values. Common 

methods for property interpolation are nearest neighbor, local mean, polygon 

methods, triangulation and inverse distance. Each of these estimation methods 

incorporates a process of weighting the hard data points (i.e. information at the 

well locations) based on their distance to the estimation location (shown as a 

question mark in Figure 5.9). In this case, each of the hard data locations are 

assumed to be statistically independent, in a spatial sense.

Geostatistics employ the assumption that properties are not randomly 

distributed, are not statistically independent and that they are correlated in space, 

using the variogram as the measure of spatial correlation. A geostatistical
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method called kriging, also deterministic, weights the data points based not only 

on their distance to the estimation location, but also using known spatial 

relationships. The spatial relationships are between the estimation location and 

to the hard data, and are defined by either a theoretical isotropic or directional 

(anisotropic) variogram.

The estimation methods described above are ways to find weights for the 

following equation:

(5.7)
z= l

where z* is the estimation location value, n is the number of data (well) locations, 

Xj is the weight assigned to the data location and z, is the value of the data 

location.

The kriging equation has the form:

[C]{/l}={£)} (5.8)

where the matrix C is the spatial relationship between data locations and vector 

D is the spatial relationship between the data locations and the estimation 

location. The unknown vector, 1, is the weight of each data location. This is 

called simple kriging. When an additional constraint is added to force all of the 

weights to sum to 1, it is called ordinary kriging.
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The distance between the points and the variogram (expressed as 

covariance) quantifies this spatial relationship. The covariance is the inverse of 

the variogram, or the semi variogram value subtracted from the sill of the 

variogram:

C{h) = a 2-y(h)  (5.9)

The process for kriging is as follows:

(1) Calculate covariance from semivariance (Equation 5.9, Figure 5.10). This 

calculation inverts the variogram plot (see Figure 5.10).

(2) Determine covariance coefficients for all data-data (matrix C) and data- 

estimation (matrix D) locations. For example, take estimation location, E, 

(Figure 5.10) and data location, 1, separated by a distance of hei Look up 

the distance hEi on the covariance plot created in step (1) and insert the 

corresponding covariance into the matrix (Figure 5.11). Repeat the process 

for all estimation locations to data locations to create the vector {D} and for 

all data to data locations to create the matrix [C] from Equation 5.8. The 

final set of linear equations for this simple example is shown in Figure 5.11. 

Note that covariance values for the diagonal values in the matrix [ C ] ,  i.e. C n ,  

C 2 2  and C 3 3 , are all equal to a2.
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Figure 5.10: Filling the Kriging Matrix
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Figure 5.11 : Final Kriging Matrix for Simple Example in Figure 5.10
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The kriging system of equations shown in Figure 5.11 must be solved for 

every estimation location.
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(3) Invert equation 5.8 to solve for the weights, X

(4) Solve for estimation location, z* using the weights X and Equation 5.7

(5) Repeat steps (2) through (4) until 3D grid is “filled”

The problem with deterministic approaches, including kriging, is that they 

assume that an accurate model, i.e., a single unique solution, can be created 

with just a few samples. However, genetic and diagenetic processes of a 

reservoir are extremely complicated and there is usually insufficient knowledge 

about the governing geologic processes. This hinders the creation of a single, 

unique and accurate model. Due to sparse well sampling, there is generally a 

high level of uncertainty associated with the interwell regions. Stochastic 

modeling techniques can create multiple equiprobable realizations that, when 

viewed as a whole, describe the uncertainty in the model predictions. This helps 

to put a range on the uncertainty associated with geological interpretations, but 

also with hydrocarbons-in-space and recovery profile. This insight into 

uncertainty helps to understand and quantify risk.

Sequential Simulation. The sequential simulation technique is commonly 

used for stochastic modeling. The technique uses as its basis the estimation 

algorithm called kriging. Using kriging alone, a single solution based on a 

deterministic modeling technique will (1) not be accurate, and (2) will not quantify
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the uncertainty of the interwell regions. Stochastic modeling, however, can 

account for and quantify uncertainties in model predictions. The process for 

sequential simulation is shown in Figure 5.12 and is described below.

Figure 5.12: Illustration of the Sequential Simulation Process
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Steps of sequential simulation:

(1) The reservoir model is discretized, and “hard data” from wells (in the form of 

either lithology or petrophysics) is snapped to the grid
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(2) A random path throughout all of the grid nodes, from one to n number of 

estimation locations is created. The sequential algorithm “fills” in the interwell 

regions in the order set out by this random path.

(3) A “value” for the first random estimation location is selected from the 

representative local probability distribution function for that model. This local 

PDF is generated based on a solution of the kriging matrix. The mean of the 

PDF is the kriging estimate, z*, and the variance is given by:

(<t* Ï W - È 4 c < (5.10)
z = l

(4) This value is then treated like hard data, and the process continues (i.e.: 

simulation of a value for random node two, three, etc.) until all of the 

unknown locations have been simulated. The local probability distribution 

function is itself a function of the variography, NTG, et cetera, and is often 

created from indicator kriging.

There are two main types of sequential simulation: Sequential Gaussian 

Simulation (SGS) and Sequential Indicator Simulation (SIS). SGS is performed 

for continuous variables such as porosity and permeability. SIS is performed for 

categorical or indicator variables such as lithology type.
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Other techniques are commonly used in geostatistical modeling, such as 

external drift, collocated cokriging, simulated annealing, turning bands methods 

and markov chains. They are not described here in detail because they were not 

used in the creation of the models used in this thesis. There is no reason, 

however, that models made with these techniques could not be used in 

conjunction with the IFM program.

Examples of sequential Gaussian simulation

Following are some examples from a synthetic data set to demonstrate 

the flexibility of building models using geostatistical techniques, and more 

specifically, the sequential Gaussian simulation of porosity. The synthetic data 

set is 5000 feet in the x-direction and 2000 feet in the y-direction. The average 

well spacing is about 600 feet and there are a total of 20 wells available. This 

“input” information is held constant for each simulation and is honored in each 

simulation.

The first example, Figure 5.13, shows the effect of using different 

theoretical variogram models. Three models were built using each of the basic 

variogram types: gaussian, exponential and spherical theoretical variograms, all 

of which had the same range.
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Figure 5.13: Examples of Models Created with Three Different Types of 
Theoretical Variogram Models Each with the Same Range

Spherical Model 
Range = 1000 ft.

3 r  Exponential Model 
Range = 1000 ft.

Gaussian Model 
Range = 1000 ft.

By recalling Figure 5.7, we see that the Gaussian model, for example, has 

the highest correlation close to the data points -  and in the model, we observe a 

very “continuous” blending. The values are irrelevant here, and they could be 

categorical (lithology) created with SIS or continuous (porosity) created with 

SGS.

Figure 5.14 shows three models that vary due to the use of short range to 

long range variograms. Each model was created with the same theoretical 

variogram type (spherical model).
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Figure 5.14: Long Range Versus Short Range Variograms

Spherical Model 
Range = 250 ft.

Spherical Model 
Range = 1000 ft.

Spherical Model 
Range = 2500 ft.

A small variogram range creates a short-range correlation model where 

regions of high or low values are not very large. In comparison, the long-range 

variogram creates models with larger regions of high and/or low values, 

exhibiting much longer spatial correlation.

Finally, Figure 5.15, compares an isotropic model with two different 

directional models.
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Figure 5.15: Directional Verses Isotropic Variograms. All of the 
Variograms Used for these Models were of the Spherical Type.

Isotropic Variogram 
Range = 1000 ft.

Directional Variogram 
X Range = 1000 ft.
V Range = 500 ft. 
Alpha = -30 degrees

Directional Variogram 
X Range = 1000 ft.
Y Range = 250 ft. 
Alpha = 45 degrees

The directionality or anisotropy is apparent in these models.

5.2 Summary

When understood and used appropriately, geostatistical reservoir modeling 

techniques allow for meaninful data integration, provide techniques for modeling 

realistic heterogeneity, and can genearate equi-probable realizations for risk and 

uncertainty analysis. In the next two Chapters, pixel based models are created 

and used with the IFM simulation technology.
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CHAPTER 6 

STOCHASTICALLY MODELING PETROPHYSICAL HETEROGENEITY

Reservoir simulation studies of heterogeneous reservoirs require the 

accurate representation of sedimentological architecture and lithologie (hence 

petrophysical) heterogeneity. The simulation of enhanced recovery processes in 

geologically complex reservoirs heightens the need for additional detail, 

including: appropriately scaled geobodies; shale occurrences and geometry; bed 

connectivity; fractures; localized variations in net pay- and, in short, anything 

that may affect flow, pressure, or saturation distribution in the reservoirs. In the 

simulation model, the complex geology is represented with petrophysical values 

at each representative location in 3D space.

A number of stochastic modeling techniques have been developed to 

address the need for detailed models, and in fact, many of the geostatistically- 

based workflows incorporate seismically-derived information into the resulting 

simulation model with techniques such as collocated cokriging, cosimulation, or 

cokriging with external drift (e.g. Bashore, 1993; Alabert, 1992, Deutsch, 1996).
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As mentioned in Chapter 4, these models represent a static reservoir attribute 

(e.g. lithology or porosity) at a given time in the reservoir.

6.1 Modeling and Simulating at the Appropriate Scale

Since simulation run time is non-linearly related to the number of grid 

blocks used, engineers attempt to minimize the number of gridblocks in their 

simulation models by simplifying reservoir heterogeneity. At the same time, 

however, there is a competing need to represent the heterogeneity of the system 

with as much detail as is necessary to adequately approximate the dynamics of 

the reservoir system; the model should not be over-simplified.

The optimum level of detail finally decided upon for the simulation model 

depends on the goals of the study. Since each gridblock -  or volume of 3D 

space in the reservoir -  is only represented by single-valued petrophysical 

attributes for the entire cell, care is taken to determine the aggregate value. 

Considerations include the number of phases in the reservoir, flow conditions 

and the nature of the geologic phenomenon being modeled.

When creating geologic models prior to simulation, there are at least two 

approaches taken to address this “issue of scale”. The first is to create a detailed 

geologic model with no limitations on the number of cells, so long as it represents
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the true geology. In this approach, the model is expected to be upscaled to meet 

the limitations of the simulation software. The upscaling process is a science 

unto itself, and may utilize tensor-based flux equations, streamline simulation 

technologies, detailed window simulations or some other method to determine 

the effective properties (static and dynamic) of the larger upscaled cells, which 

each represent a number of smaller cells. A second option is to model the 

petrophysical heterogeneity directly into a grid already at the larger scale- that is, 

without first modeling the detailed geologic facies or lithotypes. This latter model- 

making option was chosen for the models created in this thesis, i.e. the grid size 

was pre-determined. In either case, however, the model is ultimately reduced to 

“effective media” with representative petrophysical properties and pseudoized 

permeability and capillary pressure curves.

Just as in the conversion of a geologic model to a simulation model, and in 

the determination of representative levels of detail in a forward modeling process, 

so must we address the issue of scale when using the IFM. Generally speaking, 

the computational techniques used by the IFM are fast and therefore it is not 

limited by time constraints. The user, however, should be aware of modeling at 

an appropriate and meaningful level of detail, especially when considering the 

nature of the seismic data source. The latter may not figure so prominently into 

scale decisions when conventional simulation tools are used. For optimal



115

monitoring capability, the grid block should take advantage of the resolution of 

the seismic information, modeling to at least that level of detail. There is no set 

grid block size. Although a range of seismic resolution is observed (the quality of 

the data depends on a large number of factors), the scale of resolution is 

generally in the range of tens to hundreds of feet. For flow purposes it may be 

necessary to model at a finer resolution than is observed by seismic, especially 

in the vertical direction. This should be kept in mind when using the IFM to 

analyze seismic predictions, however, so that unverified or non-existent detail is 

not mistaken for truth. This cautionary note is true for conventional simulation as 

well.
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6.2 Description of Case Models

This study compares five stochastically generated models. The grid for 

both the geostatistical (sequential gaussian) and fluid flow simulation is shown in 

Figure 6.1. The models differ only by the geostatistical parameters used in the 

modeling process and by their statistical distribution of petrophysical properties. 

Geologic models were created using the (RC)2 geologic modeling package 

(ResMod User’s Manual, 2001 ) where it was possible to generate models that 

honor specified petrophysical distributions and spatial connectivity. All models 

are structurally identical and have been discretized into the same number of 

cells.

Figure 6.1 : Grid Size for Study
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Gridblock Dimensions. As shown in Figure 6.1, the models were created 

with 30 cells in the x-direction, 30 cells in the y-direction and 5 cells in the z- 

direction, for a total of 4500 gridblocks. However, the actual dimensions of each 

block were not yet specified in the geologic modeling package. In the simulation 

model, it was determined to evaluate a 5-spot injection pattern on 640-acre 

spacing. This gave areal dimensions to the individual gridblocks of 352 feet by 

352 feet (352 feet x 30 gridblocks = 10560 feet = 2 miles) (See Figure 7.3). The 

vertical dimensions of all gridblocks was set at 40 feet in height, giving a total 

formation thickness of 200 feet. The net-to-gross ratio was set at 100%.

Model Structure. All models had a uniform shape -  that is, they were 

perfectly rectangular. They were “placed” below the subsurface with the level 

structural top having a datum of 7000 feet subsurface. This value is important for 

pressure calculations governing flow, and has an indirect impact on the 

calculation of P-wave and S-wave velocities. The uniformity of the model 

dimensions and level layers were convenient for the study, but are not limitations 

of the IFM.

Porosity Models. Five porosity models were created for the sensitivity 

study. The models were created with the sequential Gaussian simulation 

technique as described in Chapter 5. Because the models are synthetic, there
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was no “soft” or secondary seismic data used in their creation, only porosity 

distributions. In a typical stochastic modeling workflow, Acoustic impedance or 

some other seismic attribute would likely be used as a conditioning data source 

to help model the interwell heterogeneity. The models are referred to herein as 

Case A, Case B Isotropic, Case B Directional, Case C Isotropic and Case D 

Directional. Case A has a homogeneous and isotropic distribution of porosity, 

that is, the entire model has a uniform porosity of 0.20. Model A would be 

considered a “layer-cake” model. Case B and C differed in (1) the porosity 

variance model used as input (Table 6.1), and (2) what types of spatial 

relationships were used (Table 6.2). For Cases B and C, the minimum and 

maximum values were set at 0.05 and 0.35, respectively.

Table 6.1: Geostatistical Distribution Parameters for Porosity

Case Mean Variance Standard
Deviation

Min Max

A 0.20 0.00 0.00 0.20 0.20

B1 0.20 0.05 0.22 0.05 0.35

B2 0.20 0.05 0.22 0.05 0.35

C1 0.20 0.10 0.32 0.05 0.35

C2 0.20 0.10 0.32 0.05 0.35
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Table 6.2: Spatial Correlation Parameters for Stochastically Simulated
Porosity Models

Case Variogram Range
(feet)

Directional 
or Isotropic? Directional Parameters

A N/A N/A N/A ----

B1 Gaussian 3000 Isotropic ----

B2 Gaussian 3000 Directional 2:1 Anisotropy, Alpha 45°, 
Rangex=4000, Rangev=2000

C1 Gaussian 3000 Isotropic ----

C2 Gaussian 3000 Directional 2:1 Anisotropy, Alpha 45°, 
Rangex=4000, Rangev=2000

Case A. The first case, Case A, has a constant porosity distribution of 

0.20 and since there was no heterogeneity, only a single realization was created. 

The input and resulting model porosity distributions are shown in Figure 6.2. 

Two points to note here are that (1) the input and the model distributions are 

exactly equal, and (2) all of the simulated values are exactly equal to 0.20. Case 

A is the deterministic base case model.
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Figure 6.2: Statistical Distribution of Porosity for Case A

No spatial correlations were used to create this model, as it demonstrates 

complete homogeneity and isotropy of the petrophysical properties. It is a base 

case comparison with the Geostatistical cases. The 3D view of this model is 

shown in Figure 6.3.

Figure 6.3: Case A, Constant Porosity of 0.20, 3D Model
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Case B: Istotropic and Directional. The second case, Case B, was

created with a normal (a.k.a. Gaussian) distribution with a mean (p) porosity 

equal to 0.20 and standard deviation (a) of 0.05 (Figure 6.4). The resulting 

model distribution is close to the input distribution. If more than 4500 cells were 

used in the model, the resulting porosity distribution would more closely mimic 

the input distributions.

Figure 6.4: Statistical Input Distribution of Porosity for Case B (left) and 
Resulting Model Distribution (right).
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Two models were created using this porosity distribution, Case B1 and 

Case B2. First, the porosity was distributed with an isotropic spatial correlation 

(no directionality assumed) of 1500 units (Case B1). Second, the porosity was 

distributed with a directional spatial correlation, using an anisotropy ratio of 2:1 

and a deposition direction of 45 degrees (Case B2). 3D images of these models 

are shown in Figure 6.5 and Figure 6.7. Figure 6.6 and Figure 6.8 show top



122

views of porosity for each of the five layers. Comparisons of Figures 6.6 and 6.8 

immediately show the impact of the directionality constraint.

Appendix B shows detailed layer and cross section images of these two 

models. It is also worthwhile to note that both models had a vertical correlation 

length of 100 units.

Figure 6.5: Case B1, Porosity Model

This model is isotropic and was created with a gaussian variogram with a 

range of 1500 units.
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Figure 6.6: Case B1, Porosity Model
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Figure 6.6 shows top views of each of the five layers. Case B1 is an 

isotropic model, and in fact, no directionality is observed to be apparent. Note 

that the top right and bottom left corner always have low values. This is because
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minimal “hard” data was necessary for the modeling package, and two “psuedo 

wells” were placed at these locations.

Figure 6.7: Case B2, Porosity Model

This model is directional and was created with a gaussian variogram with 

a range of 1500 units, with a 2:1 anisotropy at a direction of 45 degrees. There is 

a vertical exaggeration of this model of about 10:1. Model dimensions are 2 

miles by 2 miles by 200 feet.
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Figure 6.8: Case B2, Porosity Model
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Figure 6.8 shows top views of the porosity models for Case B2. Note the 

distinct anisotropic pattern trending from the bottom left to the top right. This 

trend can be seen in all layers.
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Case C. The second case, Case C, was created with a normal distribution 

of porosity with a mean equal to 0.20 and standard deviation of 0.10 (Figure 6.9). 

As with Case B, the resulting model distribution is very close to the input 

distribution. If more than 4500 cells were used in the model, the resulting 

porosity distribution would more closely mimic the input distributions.

Figure 6.9: Statistical Distribution of Porosity for Case C (left) and 
Resulting Model Distribution (right).

■■■Frequency 
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As with Case B, two realizations were created using this porosity 

distribution. First, the porosity was distributed with an isotropic spatial correlation 

(no directionality assumed) of 1500 units (Case C1). Second, the porosity was 

distributed with a directional spatial correlation, using an anisotropy ratio of 2:1 

and a deposition direction of 45 degrees (Case C2). These models are shown in 

Figure 6.10 and Figure 6.12. Figures 6.11 and 6.13 show each of the five layers 

for the two models.
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Appendix B shows detailed layer and cross section images of these two 

models.

Figure 6.10: Case C1, Porosity Model

The model Case C1, is isotropic and was created with a gaussian 

variogram with a range of 1500 units. All rectangular models are 2 miles by 2 

miles by 200 feet with no structural faults or folding.
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Figure 6.11: Case C1, Porosity Models

Layer 1 Layer 2

Layer 3 Layer 4

LayerS

— —

___
0.35

0.05

Figure 6.11 shows top views of each of the five layers for Case C1. Case 

C1 is an isotropic model and, in fact, no directionality can been seen in the 

model. In comparing this model, Case C1, to model layers of Case B1 in Figure
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6.6, it is apparent the high and low porosity values are much more abundant in 

Case C1.

Figure 6.12: Case C2, Porosity Model

The model Case C2 was created using a directional variogram with an 

anisotropy ratio of 2:1 and a deposition direction of 45 degrees.
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Figure 6.13: Case C2, Porosity Model

Layer 1

!■■■!

Layer 2

Layer 3 Layer 4

LayerS

------- 0 .3 5

0.05

Figure 6.13 shows the top views of each of the layers in Case C2, the 

anisotropic, high variance model.
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Permeability Models. As with porosity, there are a number of ways to 

represent permeability in a stochastic modeling workflow. Permeability may be 

selected from a bin, where each bin is itself a representation of a categorical 

variable (e.g. facies type) or from an interval of a continuous variable (e.g. 

porosity). For the models used in this thesis, the permeability distributions were 

all based on a linear relationship (Figure 6.14).

Figure 6.14: Porosity-Permeability Transform
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The linear relationship is typical of sandstone and is used in this way 

because the porosity variance or distribution is the petrophysical parameter being 

varied -  all else is being held constant. The relationship can be described 

analytically with the equation:

k = e 023 ** (6.1)

In (k) = 0.234 (6.2)

where the porosity, is a percentage and the permeability, k, is in millidarcies 

(md).

On the graph above, note that the mean porosity is 0.20 and the mean 

permeability is 661 md. However, utilizing the equation above, a porosity value 

of 20% would yield a permeability value of 100 md. The mean porosity cannot 

be used to calculate the mean permeability. This shows the sensitivity of the 

mean to high values exhibited by the lognormal nature of the relationship. Such 

a relationship is typical of sandstone reservoirs.

The porosity arrays were used to calculate the permeability with the above

equation. A change in this relationship (equation 6.1) would change the

permeability distribution and hence the resulting migration pattern of fluids in the 

study. Additional simulation studies could address the effect of this relationship
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on flow. Since flow and pressure influence seismic response, it should be taken 

into consideration when considering the results of Chapter 7. However, in this 

study, many parameters are held constant to determine the effect of porosity 

variance only. Since many of the seismic attributes indirectly depend on 

porosity, the impact is pervasive. The permeability distributions for Case B and 

Case C are shown in Figures 6.15 and 6.16, respectively.

The kx and ky permeability for each given gridblock was calculated the 

same way -  that is, each gridblock had equivalent (kx = ky) lateral permeability. 

Vertical permeability, kz, was held constant at 10 millidarcies, to reduce the 

number of variables when viewing maps of specific layers.

Figure 6.15: Case B, Permeability Distribution
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Figure 6.16: Case C Permeability Distribution
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The simulation studies in Chapter 7 are performed with these five models 

(Cases A, B1, B2, C1, and C2). Their synthetic and geostatistical nature is 

advantageous for sensitivity studies in that they allow for easy understanding of 

quantifiable heterogeneity. In addition, they are reproducible for others wishing 

to validate or attempt follow-up studies. Each of these petrophysical models is 

imported into a simulation run file as described in the next chapter.
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CHAPTER 7

ATTRIBUTE SENSITIVITY TO PETROPHYSICAL HETEROGENEITY

This chapter relates a sensitivity study performed with the Integrated Flow 

Model (IFM) and the stochastic models described in Chapter 6. As the reader 

will recall, there were five models -  one that was homogeneous (deterministic) 

and four that were heterogeneous (stochastically generated). The latter four 

differed by (1) the geostatistical parameters determining their spatial structure 

(distinguishing Cases 1 and 2), and (2) the variance of the petrophysical 

distributions used as input or conditioning data (distinguishing Cases B and C).

The study presented in this chapter investigates how the heterogeneity of 

the different models affects the predicted seismic response when all undergo the 

same CO2 injection and production processes. The seismic responses for each 

of the models are evaluated at initial conditions and at several equivalent points 

in time after injection has occurred. As expected, the predicted seismic response 

varies as a function of (1 ) the heterogeneity of the original porosity model, (2) the 

fluid migration pattern, which is itself a function of the porosity and permeability
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distributions, and (3) the pressure changes due to injection/production and which 

vary as a function of (1) and (2). It is quite easy to see how the different 

geophysical attributes would vary with porosity alone, (e.g. initial time) -  but 

much harder to determine how these same attributes would change over time 

considering the latter two, i.e. (2) and (3). Studies like this could not be carried 

out with traditional forward modeling or simulation software used separately. A 

combination of software packages could conceivably be used, but the workflow 

would be more difficult than the IFM process described here.

7.1 Heterogeneity and the IFM

As discussed in Chapter 6, it is now possible to create highly detailed 

reservoir models that incorporate and/or are conditioned to multiple types of data. 

Many of the techniques that integrate data and/or populate models with detailed 

heterogeneity are geostatistical in nature. In heterogeneous systems, the flow 

migration is generally less predictable than in homogeneous systems, and 

therefore, use of the IFM technology to make predictions becomes even more 

advantageous. With the advent of 4D seismology and data integration 

techniques, combined with the understanding of the advantages of reservoir 

monitoring in heterogeneous reservoirs with these technologies, there is a newly 

defined gap (need) that IFM fills.
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As mentioned in Chapter 6, heterogeneity is often initially modeled by 

lithofacies or geobodies in the geologic model. It should be noted that lithologie 

heterogeneity (rock type) when being modeled with the geologic modeling 

software, could be specified to be accompanied by other rock parameters 

needed by the IFM petrophysical algorithms. The stochastic modeling process 

would first distribute lithologies and then populate them with appropriate porosity, 

permeability as usual, but also grain densities and clay content, for example. 

Just as different porosity distributions are used for shales and sandstones, so 

could different values of clay content be used for two different types of 

sandstone. The lithology distribution could be performed with a sequential 

indicator simulation technique or boolean algorithm. The continuous parameters 

needed by the IFM could be simulated with sequential gaussian techniques. In 

current models, the data arrays have x, y, z, attribute format, and this process 

would simply add additional attributes.

For the models created in Chapter 5, it is assumed that everything but 

porosity and those things calculated from porosity are held constant. In this 

respect, the modeling and attribute sensitivity studies presented in this thesis do 

not include (or consider the effect of) all types of possible heterogeneity.
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7.2 Study Overview

As described in Chapter 6, the porosity data is input into the 3D-model space 

with geostatistical techniques and using commercial stochastic modeling 

software. Data arrays (model property data) are transferred from the geological 

modeling software to IFM format using a short script to correctly place the 3D 

modeled data. The seismic attribute prediction algorithm is held constant, that is, 

Gassmann’s relation is always used. Displacement processes are simulated in 

the IFM to express the affect of petrophysical heterogeneity on (1) initial 

predicted seismic responses, and (2) predicted seismic response throughout the 

life of the project. The latter of these two is particularly difficult, considering the 

complex interaction of rock, fluid, and pressure parameters. Such a task would 

be extremely complicated and cumbersome with conventional techniques. One 

reason for performing such a study is that if there is understanding of the 

petrophysical distributions for a particular reservoir, that information can be used 

to help forecast a seismic response. Such studies have a way of adding value to 

the reservoir characterization process by simply helping the engineer or 

geoscientist to understand the reservoir system, and hence, measurement 

response.
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7.3 Description of Simulation Models

Study Area and Grid Block Dimensions. The different models were 

exported as data files from the (RC)2 modeling software and imported into IFM 

data input files. A total of 4500 porosity values were read into each model, 

accounting for the 30x30x5 model size. Permeability values were also assigned 

to each grid block with a process described in Chapter 6. The data files were 

modified as per IFM format. Once in the IFM data set, the additional information 

for the simulation models was specified. Much of this information can be seen in 

Appendix A, Sample IFM Data File, where annotations have been added for ease 

of reference. Generally speaking, the information contained in this sample data 

file applies to all of the simulation run files. Appendix A details the simulation 

parameters that were used in conjunction with the models described in Chapter 

6 .

Initial Fluids in Place. The original volume of water in place was 160 

MMSTB for each of the five layers. This is simply the volume of saline H20  in 

million stock tank barrels that can occupy the 20% pore volume of the rock. 

Since the study evaluates the sensitivity of the rock heterogeneity on seismic 

attribute prediction, no other phases were present to complicate the calculations. 

Additional studies with the IFM could address attribute prediction with EOR 

processes in heterogeneous media.
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Geophysical Parameters. The IFM provides multiple algorithms for the 

estimation of geophysical properties. At this point, it is worth mentioning that the 

geophysical calculations can be “turned off”, i.e. the IFM is capable of working as 

a fully functional reservoir simulator without also performing the forward modeling 

calculations. This capability is valuable during intermediate runs (e.g. history 

matching) when seismic attribute maps are not necessarily needed.

In this study, the Han-Eberhart-Phillips (HEP) model (Mavko, 1998) was 

used to estimate geophysical parameters. The algorithm for the HEP model 

used in the IFM (Fanchi, 2001) expresses moduli as a function of porosity (<})), 

effective pressure (Pe), and clay content (C). The dry frame bulk modulus has 

the functional dependence

with correlation coefficients {a0, ai, a2, a3, a4, a5, ei, e2}. Grain modulus KG is 

calculated from dry frame bulk modulus Kb when porosity equals zero, thus

(7.1)

K g  ~  ao + a i^> +  a5 V C (7.2)

The functional dependence of effective shear modulus is

(7.3)

with correlation coefficients {a0, ai, a2, a3, a4, a5, ei, 82}.
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Grain density pma may be entered as a function of porosity, thus

P m a = b 0 +  +  (7"4)

where {bo, bi,  bz} are correlation coefficients.

Table 7.1 : Table of Geophysical Parameters for Sensitivity Analysis

Name Code Parameter in 
Equation Value

Dry Frame 
Bulk Modulus 

Parameter

AIKMA Go 6.2001 e6
AIKMB Gi 2.9300e*

AIKMC a2 -1.4307e7
AIKMD a3 6.9014e6
AIKME a4 -6.7684e2

AIKMF a5 -1.1936es
Dry Frame Bulk 

Modulus 
Exponent

EXK1 ei 0.333

EXK1 e2 0.333

Shear Modulus 
Parameter

AIMUA Oo 4.295e6

AIMUB ai 6.3952e4

AIMUC a2 -1,4952e7

AIMUD a3 1 3948e7

AIMUE 04 -2.2544e4

AIMUF 05 -1.1936e6

Shear Modulus 
Exponent

EXK1 si 0.333

EXK2 e2 0.3333
Grain Density (assume sandstone): 1.68 Ib/fP
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Capillary Pressure. Capillary pressure (Pc) effects were deactivated in this 

study. Because C02 is being injected into a formation initially saturated with 

100% water, inclusion of capillary pressure effect was not deemed necessary. 

IFM, however, has the ability to take Pc into account when calculating fluid flow, 

when necessary. This option is also valuable when initializing the model and 

calculating saturation distributions away from phase contacts.

Relative Permeability Tables. Reasonable data were assumed. Figures

7.1 and 7.2 show typical oil-water and oil-gas relative permeability curves. These 

are the curves that were used in this study.

Figure 7.1: Water-Oil Relative Permeability
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Figure 7.2: Water-Oil Relative Permeability
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CO? Injection. All five models underwent similar injection/production 

scenarios. 50,000 standard cubic feet of CO2 per day (SCFD) was injected into a 

central injection well and 1000 barrels of water per day (BWPD) were produced 

from each of the production wells at the corners of a 5-spot model area (Figure 

7.3). The simulation was allowed to run for 4000 days. Various attributes were 

output at ten time steps: 100, 300, 500, 1000, 1500, 2000, 2500, 3000, 3500, and 

4000 days. The attributes for each of the models are compared against one 

another to assess differences. These results are discussed later in the Chapter.
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Well Locations. For all models a 5-spot, injection model was created 

(Figure 7.3). The actual model area was four-square miles, 2 miles by 2 miles.

Figure 7.3: Schematic of 640-Acre 5-Spot Injection Pattern with a 
Representative Study Area Shown in Center. Study Area has Injector in 

Middle and Producers at the Corners.
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The well locations, fluid types and injection rates are shown in Table 7.2.

Table 7.2: Well Locations and Rates

Well X Y Z Flow Fluid
Injector 15 15 1-5 -50,000 CO2

Producer 1 1 1 1-5 1,000 Water
Producer 2 30 1 1-5 1,000 Water
Producer 3 1 30 1-5 1,000 Water
Producer 4 30 30 1-5 1,000 Water
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Well Control Parameters. In the simulation model, injection and 

production rates can be specified with pressure drawdown parameters or by 

predetermined volumes. In an actual field study, these volumes would likely be 

limited by compressor and pump sizes. The injector well was given a rate 

control, meaning that exactly 50,000 SCF of gas was injected each day. The 

CO2 was injected in equal volumes into each of the five layers of each model. 

This would imply non-preferential flow through certain perforations or into thief 

zones. A maximum bottom-hole pressure of 8000 psi was never exceeded 

during the simulation.

The four producing wells were also given a rate control parameter (as 

opposed to a pressure control). Each well was specified to produce a total of 

1000 BWPD from five layers. The minimum bottom-hole pressure of 100 psi was 

never reached.
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7.3 Discussion

For this study, the isotropic, homogeneous model- Case A, acts as the 

basis for comparison. Comparisons between models are most easily understood 

by analyzing graphical representations, that is, 3D models or 2D maps of the 

various geophysical attributes, pressures, saturations, etc., throughout time. 

Only a few of the maps are shown and explained in this chapter for comparison; 

more can be found in Appendix C, which is meant to accompany the study 

presented in this chapter. The color scheme for all maps and models generated 

by the IFM is consistent. For all attributes, blue (cold) represents low end values 

and the color red (hot) represents high end values. Intermediate values fall into 

the white region located between the blue and the red.

Case A. Figures 7.4 through 7.7 represent Case A, the homogeneous model. 

In Figure 7.4, three attributes are shown for Case A, Layer #5. These attributes 

are (Vp/Vs)t, Sg(t), and (Vy\Zs)t=4ooo-(VplVs)t=o. In this figure, attributes are shown 

to change as a function of time. The center column shows the uniform CO2 

migration pattern as it flows away from the wellbore over time. The CO2 injected 

into the central injection well is flowing in a cusp toward each of the corner 

producing wells which are all removing water and causing localized pressure 

drawdowns. The left column of maps shows the ratio of compressional wave 

velocity (Vp) to shear wave velocity (Vy at five different times. Note how this
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combination of attributes describes the gas saturation or migration pattern well. 

This information tells the user that this particular combination of attributes would 

be highly descriptive for monitoring gas saturation in this particular formation. In 

the right column of Figure 7.4, are the difference surveys of the Vp/Vs attribute 

combination. In this case, all difference surveys are subtracting time zero maps, 

or data arrays. Because the reservoir initially had no gas saturation (columns on 

the left and right are identical), the difference surveys match, i.e. look similar to 

the saturation maps. This would not be the case if multiple seismic acquisitions 

were performed and, for example, t4ooo -  t10oo were shown. While these maps 

may seem simplistic, an understanding of them sets the stage for more 

complicated results with heterogeneous Cases B and C.
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Figure 7.5 represents Case A, at 4000 days, for each of the five layers. In 

the left-hand column, the initial Vp/Vs ratio is shown for all layers, and is 

homogeneous, as expected. At 4000 days (center and right column), we see the 

gas saturations and difference surveys for each of the five layers of the Case A 

model. Note how the density difference has sent a plume of miscible CO2 to the 

bottom of the simulation model in layer 5. Recall that equivalent amounts of gas 

are injected into each layer and that the vertical permeability in all cells is held 

constant at 10 millidarcies. This image helps to give the reader an understanding 

of where the CO2 is migrating in the base case (homogeneous) model.

The pressure drawdown from the corner production wells can be seen 

particularly well in the acoustic impedance s-wave (AIS) difference survey. This 

reminds us that it is not only gas saturation that affects seismic response, but 

pressure changes as well.
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Figure 7.5: Case A, Homogeneous: Usina Vp/Vs to Monitor Gas Saturation 
Vertically; Comparison of Vp/Vs at Time Zero and Change in Vp/Vs from t = 0

Days to t = 4000 Days

( ^ /^ s ) t = 0  days (^g)t=4000 days ^ p^^s)t=4000 days ~ (^p^^s)t=0 days
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In Figure 7.6, six different maps are shown for the same layer (layer 

#5) of Case A at 4000 days. Table 7.3 summarizes what attributes in Figures 

7.6 and 7.7 show. The notation, A, is used to show that a change in the variable 

is presented.

Table 7.3: Summary of Images and Attributes Shown for Case A in Figure 
7.6 for Layer 5 and Figure 7.7 for Layer 4

Image Attribute
A Porosity (t=0 days)
B Vp A/s (t=0days)
C Sq (t=4000 days)
D A( Vp/Vs) (4000-0  days)
E AAIP (4000 -  0 days)
F AAIS (4000 -  0 days)

With the exception of the porosity and gas saturation maps, the other 

images are predictions of seismic response that could be compared to actual 

seismic surveys. Without going into detail, note how each of the maps expresses 

something different about the reservoir. The IFM can help to determine what 

attributes or combination of attributes will be most likely to describe a particular 

characteristic of the reservoir. The AIR is particularly good for showing the 

pressure differential (AP) over time. Similar maps are shown for layer 4 in Figure 

7.7.



152

Figure 7.6: Case A. Homogeneous: Layer 5 at 4000 Days
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Figure 7.7: Case A. Homogeneous: Layer 4 at 4000 Days
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Case B1. Figures 7.8 through 7.11 relate to Case B1, an isotropic model, 

with spatial correlation of 3000 feet and a petrophysical variance of 0.05. The 

results shown in these maps are consistent with those shown for Case A and the 

rest of the models -  that is, they represent the same attributes at the same times 

after undergoing the same amount of injection. For the sake of brevity, not all 

images will be described in detail, and only the differences due to the 

petrophysical heterogeneity in the model images will be discussed.

In the left most column of Figure 7.8, the VpA/s ratio at initial conditions 

gives an account of the static model of porosity (and permeabilty) heterogeneity. 

It is always interesting to compare the original petrophysical model to the flow 

patterns over time, to see the reasons behind preferential directional flow 

behavior. Oftentimes, one finds a geologic rational, for example, water 

encroaches up a channel backfill deposit, or CO2 is pulled into a thief zone 

originally formed by a locally anomalous deposition. One can sometimes guess 

the general direction of the gas migration routes from the porosity model. 

However, the actual shape of the pattern is almost impossible to predict when 

heterogeneity is involved. For example, will all gas travel south in a thin streak? 

This must be described by simulation, where permeabilities, pressures, injection 

and production rates, and phase transitions are taken into account through space 

and over time.
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Notice the A{VpA/s ) in layer 5 at 4000 days. The IFM is predicting the 

non-uniform dispersion of the gas. Here a “uniform” pattern is considered that 

observed in Case A, homogeneous model. In layer 5, gas is avoiding the low 

porosity, low permeability region to the east (right) of the injection well location. 

A dark blue plume to the south (right column) shows a preferred route along the 

high permeability region shown in red (left column).

Table 7.4 summarizes what attributes in Figures 7.10 and 7.11 show.

Table 7.4: Summary of Images and Attributes Shown for Case B1 in Figure 
7.10 for Layer 5 and Figure 7.11 for Layer 4

Image Attribute
A Porosity (t=0 days)
B Vp A/s (t=0days)
C Sq (t=4000 days)
D A( Vp/Vs) (4000-0  days)
E AAIP (4000 -  0 days)
F AAIS (4000 -  0 days)
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Figure 7.8: Case BI. isotropic: Using Vp/Vs to Monitor Gas Saturation 
Vertically; Comparison of Vp/Vs at Time Zero and Change in Vp/Vs from t = 0

Days to t = 4000 Days

(\/ i\/ \ zo \ s)t=4000days
VV p/ V s^t=0 days Wg)t=4000 days -  (V p /V J ^ Q  days
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Figure 7.9: Case B1. Isotropic: Using Vp/Vs to Track Gas Saturation Over
Time from t=0 Days to t=4000 Days
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Figure 7.10: Case B1. Isotropic: Layer 5 at 4000 Days
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Figure 7.11 : Case B1. Isotropic; Layer 4 at 4000 Days
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Case B2. Figures 7.12 through 7.15 relate to Case B2, the 2:1 anisotropic 

model with a porosity variance of 0.05. Recognition of the SW to NE trend is 

immediate. Once again, these maps represent the same attributes shown for the 

previous models. In a directional model such as this, one would expect flow 

patterns to be aligned with the spatial trend and along pathways or “streaks” of 

high permeability (which in this case is a direct function of porosity). This, in fact, 

is what is observed. A somewhat oval-shaped pattern is produced. It is likely 

that, over time, this anisotropy in the migration pattern will be accentuated.

To minimize grid effects, it would be beneficial to orient the faces of the 

blocks perpendicular to the maximum direction of spatial correlation. For 

example, the grid should be rotated 45° counter-clockwise, or the maximum 

spatial correlation should have an azimuth of zero (or 180) degrees. It would be 

interesting to see the shape of the ellipsoid under this scenario and to determine 

the nature of the impact of the node-centered transmissilbity across block faces 

formulation.

Note the difference survey of AIR and AIS in Figures 7.14 and 7.15, E and 

F. It is extremely interesting to see how the acoustic Impedances are also a 

function of lithology (petrophysics) AND pressure distribution. This is a good
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example of something that would be almost impossible to assess with traditional 

simulation.

Table 7.5 summarizes what attributes in Figures 7.14 and 7.15 show.

Table 7.5: Summary of Images and Attributes Shown for Case B2 in Figure 
7.14 for Layer 5 and Figure 7.15 for Layer 4

Image Attribute
A Porosity (t=0 days)
B Vp A/s (t=Odays)
C Sg (t=4000 days)
D A( VD A/s ) (4000 -  0 days)
E AAIP (4000 -  0 days)
F AAIS (4000 -  0 days)
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Figure 7.12: Case B2. Anisotropic: Using Vp/Vs to Monitor Gas Saturation
Vertically; Comparison of Vp/Vs at Time Zero and Change in Vp/Vs from t = 0

Days to t = 4000 Days
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Figure 7.13: Case B2. Anisotropic: Using Vp/Vs to Track Gas Saturation
Over Time from t=0 Days to t=4000 Days
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Figure 7.14: Case B2. Anisotropic:, Layer 5 at 4000 Days
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Figure 7.15: Case B2. Anisotropic; Layer 4 at 4000 Days
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Case 01. Figures 7.16 through 7.19 relate to Case C1, the isotropic 

model with a porosity variance of 0.10. The difference between case B1 and 

case C1 is the variance of the porosity that was used to create the models. 

While both have the same mean, minimum and maximum values, the distribution 

in this model (case C1) is more “spread out”.

The greater percentage of end member contributors (higher and lower 

data points) and the corresponding smaller percentage of intermediate values, 

tends to better distinguish areas of higher and lower petrophysical character. 

Since the permeability is logarithmically related to porosity, the spread for 

permeability is also greater. More “extreme” flow preference should be expected. 

Recall the CDF plots for permeability (Figures 6.15 and 6.16) to verify the 

relationship. Case B nears the 100% point of the CDF, around 1200 samples, 

whereas Case C nears this around 3000 data points. Table 7.6 summarizes 

what attributes in Figures 7.18 and 7.19 show.

Table 7.6: Summary of Images and Attributes Shown for Case C1 in Figure 
7.18 for Layer 5 and Figure 7.19 for Layer 4

Image Attribute
A Porosity (t=0 days)
B Vp A/s (t=0days)
C Sg (t=4000 days)
D A( Vp/Vs) (4000-0  days)
E AAIP (4000 -  0 days)
F AAIS (4000 -  0 days)



167

Figure 7 .1 6 : Case C 1 . isotropic: Using Vp/Vs to Monitor Gas Saturation 
Vertically; Comparison of Vp/Vs at Time Zero and Change in Vp/Vs from t = 0

Days to t = 4000 Days

(^p^^s)t=4000 days
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Figure 7.17: Case C1, Isotropic: Using VpAZs to Track Gas Saturation Over
Time from t=0 Days to t=4000 Days
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Figure 7.18: Case C1. isotropic: Layer 5, t=4000 Days
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Figure 7.19: Case C1. Isotropic: Layer 4, t=4000 Days
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Case C2. Figures 7.20 through 7.23 relate to Case C2, the 2:1 anisotropic 

model with a porosity variance of 0.10. Recognition of the SW to NE trend is 

immediate in the color-coded maps. Again, these figures represent the same 

attributes shown for the previous models. In a directional model such as this, 

one would expect flow to be directed with the spatial trend and along pathways of 

highest peremeability. As with Case B2, this is what is observed to happen with 

injection over time.

In comparison to model B2, one would expect the trend to be even more 

dramatic. That is, one could reasonably expect the ellipsoid to be more narrow 

and migrating further. Consider how different the trend would be if the central 

injection well was placed into the center of a low permeability zone or the center 

of a high permeability trend. Table 7.7 summarizes what attributes in Figures 

7.22 and 7.23 show.

Table 7.7: Summary of Images and Attributes Shown for Case C1 in Figure 
7.22 for Layer 5 and Figure 7.23 for Layer 4

Image Attribute
A Porosity (t=0 days)
B Vp /Vs (t=0days)
C Sg (t=4000 days)
D A( Vp/Vs) (4000 -0  days)
E AAIP (4000 -  0 days)
F AAIS (4000 -  0 days)
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Figure 7.20: Case C2. Anisotropic: Using Vp/Vs to Monitor Gas Saturation 
Vertically; Comparison of Vp/Vs at Time Zero and Change in Vp/Vs from t = 0

Days to t = 4000 Days
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Figure 7.21: Case C2. Anisotropic: Using Vp/Vs to Track Gas Saturation 
Over Time from t=0 Days to t=4000 Days
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Figure 7.22: Case C2. Anisotropic: Layer 5, t=4000 Days
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Figure 7.23: Case C2. Anisotropic: Layer 4, t=4000 Days
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These images convey the message that seismic attribute prediction is a 

function of complex relationships between fluid type, rock type, petrophysical 

character, pressure, compressibility, and other static and dynamic reservoir 

factors. Because the forward modeling process over time is beneficial for 

monitoring purposes, and because the prediction of algorithms are a function of 

data typically modeled by a reservoir simulator, the synthesis of the technologies 

provides useful information that would be difficult to obtain otherwise. If 

petrophysical information about the reservoirs is known, that knowledge can be 

used to help predict and understand seismic response.
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CHAPTER 8 

SUMMARY

This chapter summarizes the work presented in this thesis and follows the 

general sequence of the chapters. The conclusions of the work and 

recommendations for future work are not addressed here, but follow in Chapter 9 

and Chapter 10, respectively. Readers wanting an overview may wish to read 

this summary first.

Chapter 1 introduced the general theme, objectives, and outline of the 

thesis. In so doing, the general merit of the work was established. In Chapter 2, 

the concepts of reservoir management, reservoir characterization, (traditional) 

reservoir simulation, forward attribute modeling, and 4D seismic monitoring, were 

reviewed to provide the necessary background for understanding the emerging 

dynamic reservoir characterization technique called Integrated Flow Modeling. 

This concept was then introduced and discussed within the context of reservoir 

management objectives. The IFM was described as an enhanced reservoir 

simulator capable of forward modeling seismic attributes. A technical description 

of prototype software was given in Chapter 3 and included the mathematical
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formulation of the fluid flow and seismic attribute prediction algorithms unique to 

the IFM. The rock physics models described were based on Gassmann’s 

relation. The assumptions, limitations and practical applications of the model 

were discussed.

The enhanced capabilities of the integrated software were initially 

demonstrated in Chapter 4 with concrete studies that involved modeling the 

geologic sequestration of CO2 Geologic sequestration was identified as an 

Industry application requiring enhanced modeling capability and background 

information was provided. Case studies were designed to evaluate the potential 

advantages of the IFM technology using a simplistic geologic model and an 

immiscible displacement process, and then with alternate “undescribed” areas of 

the reservoir. More complex sequestration processes were evaluated in a 

mature oil field, and included miscible displacement as well as water alternating 

gas (WAG) injection. In the latter instances, CO2 sequestration was discussed 

within the context of an FOR process.

In Chapter 5, the integrated flow model was discussed in light of the 

current trend of multidisciplinary modeling and data integration techniques. The 

IFM workflow was identified as an advanced reservoir characterization technique, 

whereby dynamic data was combined with static data in an internally self-
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consistent model. As background information, a number of geostatistical 

methods and techniques were discussed for both data integration and for the 

stochastic modeling of geologic and petrophysical heterogeneity. This provided 

the background for understanding the geostatistical parameters and sequential 

gaussian simulation techniques used for the creation of the stochastic reservoir 

models in Chapter 6. The construction of five models was discussed and their 

differences highlighted, so as to clarify the types of heterogeneity being 

assessed. One model was a homogeneous, deterministic model, and acted as 

the base case to which the heterogeneous models were compared. Four 

additional models were stochastic in nature and differed by (1) the variance of 

their petrophysical distributions and (2) the spatial correlation (either isotropic or 

directional) of the petrophysical attributes.

In Chapter 7, five models were evaluated in a flow simulation and forward 

attribute modeling study whereby CO2 was injected into the center of a 5-spot 

pattern in all models. The goal was to address the affect that different types of 

heterogeneity had on the IFM’s ability to predict seismic response. Discussion 

relating to the unique capabilities that can be addressed with this integrated 

software for uncommon insight into reservoir behavior was provided. Seismic 

response is a function of a complex combination of lithology, petrophysical 

properties, fluid content, pressure and a number of other attributes. Many of
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these attributes change over time. Since the flow simulator and the forward 

modeling process require much of the same data input, the synthesis of 

technologies makes for an efficient reservoir characterization workflow.

The conclusions drawn from the work undertaken and presented in this 

thesis are concisely and formally stated in Chapter 9. Final comments and 

recommendations for future work follow in Chapter 10. References and three 

appendixes are included as attachments.
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CHAPTER 9 

CONCLUSIONS

This chapter highlights the most important conclusions that developed 

from the work undertaken and presented in this thesis. They are:

(1) Integrated Flow Modeling is an emerging dynamic reservoir characterization 

technique that combines data and technologies from the disciplines of simulation 

engineering, development geophysics, and computational science. Dynamic 

data, in the form of fluid saturation and pressure changes over time, can be 

integrated with IFM algorithms. Integrated Flow Modeling is part of a larger 

industry-wide trend of integrating data types and managing reservoirs from a 

model-centric approach.

(2) Integrated Flow Modeling is based upon an underlying premise that a single 

model, if correct, should be internally consistent with all data types. Assuming 

the data is correct, the more information that is used, the better the reservoir 

description will be. Geostatistical techniques may provide the common 

framework for integrating appropriate data types in a meaningful way.
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(3) The IFM is an enhanced reservoir simulator capable of forward modeling 

seismic attributes. In this respect, it synthesizes pre-existing technologies. 

Since flow models and forward modeling processes are reliant on much of the 

same data, the combination makes sense. The synthesis can make the reservoir 

characterization workflow more efficient.

(4) The geologic sequestration of CO2 is an industry application requiring 

enhanced modeling and monitoring capability. The IFM can be used to meet the 

challenges associated with these projects in miscible, immiscible and EOR- 

related conditions.

(5) The IFM can be used to study the sensitivity of petrophysical variance to 

attribute prediction. There is value in this capability, because it suggests that if 

petrophysical heterogeneity is understood, that knowledge can be used to 

understand and predict seismic response. Seismic response is dependent upon 

a complex combination of fluid saturations, pressure and the petrophysical 

properties of the reservoir. The IFM can study the affects of heterogeneity over 

time in a manner difficult to do otherwise.
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(G) With the new technology come new capabilities. The co-simulation of fluid 

flow and reservoir geophysical parameters can assist the engineer or 

geoscientist with:

(a) Providing useful information about the overall feasibility of 4D seismic 

surveys.

(b) Providing useful information about the optimal timing of repeat 

monitoring surveys.

(c) Providing useful information about what attribute or combination of 

attributes is most descriptive of a particular aspect of a reservoir.

(d) Facilitating the interpretation of seismic data and the integration of 

development geophysical information into the reservoir management 

process.

(e) Providing uncommon insight into complex reservoir behavior, 

particularly over time.

(f) Facilitating consensus building between engineers and geoscientists 

via use of a common integrated data set.
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CHAPTER 10 

RECOMMENDATIONS FOR FUTURE WORK AND FINAL COMMENTS

The purpose of this chapter is to provide recommendations for follow-up 

work related to topics presented in this thesis and in doing so, to make some final 

comments concerning the emerging technology of Integrated Flow Modeling. 

Data integration research is facilitating the model-centric approach to reservoir 

management and is making profound changes in the way we think about 

software tools. Dynamic data integration and characterization techniques are 

new, exciting and potentially revolutionary. Numerous types of studies address 

the way in which the reservoir characterization process can be improved by 

integrating geological, geophysical and engineering data in new and creative 

ways. This thesis has addressed only one of them.
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Following is a list of ideas relating to Integrated Flow Modeling and the 

studies presented in this thesis.

(1) In the stochastic modeling process, populate the 3D volume with 

petrophysical parameters other than porosity and permeability, that is, the moduli 

and the densities. As it was in the study, there was a direct relation between 

density and moduli and therefore, Vp, Vs, etc. with porosity. A more stochastic 

process would address the added uncertainty with these data types.

(2) Evaluate a larger number of heterogeneous models with additional 

geostatistical parameters and additional petrophysical distributions. Here only 

isotropic and “highly” directional models were considered; something in-between 

would be interesting. In parallel with this, a greater range of petrophysical 

variance would yield additional insight.

(3) Care should be taken when selecting the hard well data when creating 

stochastic models. In this case, low porosities (hence low permeabilities) were 

observed in 2 of the 4 producer locations. This influenced the simulation studies 

insofar as the localized pressure anomalies were concerned. While this is not a 

problem, per se, the impact should not go unnoticed.
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(4) Orient the grid in the direction of maximum spatial correlation. This will 

minimize grid effects due to the formulation of the flow simulation. This is not a 

limitation of the IFM, but rather of simulation in general.

(5) A number of enhancements could be made to the IFM prototype software. 

These include the ability to image lithologies and/or other non-specified 

attributes. This will be useful if geophysical attributes are to be shown by 

lithology.

(6) It is uncommon for engineering students to learn about seismic attribute 

analysis, or for geophysicists to learn about reservoir simulation. However, with 

concepts like IFM, the educational curve is diminished. The continuation of IFM 

research for the education value alone is worthwhile.
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APPENDIX A 

SAMPLE IFM INPUT FILE

Contained in this Appendix is a sample input file for the IFM software, 

has been annotated so that the keywords will make sense.
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CASE B -  ISOTROPIC DISTRIBUTION -  30 x 30 x 5 (= 4500 CELLS) # -

NUMBER OF GRID BLOCKS AND WELL CONTROL CODES 
30 30 5 5 20

GRID BLOCK LENGTHS 
-1 -1 -1 -1 
352.
352.
40.
40.

GRID BLOCK LENGTH MODIFICATIONS 
0 0 0 0 0
STRUCTURE TOPS (No structural variation throughout study model) 
0
7000# -------------------------------------------------------------------------------

Title of Case Studv

Definition of number 
of grid blocks, grid 
block dimensions 

and grid block 
coordinates

Depths to top of grid blocks

PETROPHYSICAL MODEL TYPE SELECTION 
1 #-------------------------------

-1.4952e7 1 3948e7 -2.2544e4 -2.6009e6

RESERVOIR GEOPHYSICAL PARAMETERS (from Gulf of Mexico data) 
5.2001 e6 2 9300e4 -1.4307e7 6.9014e6 -5.7684e2 -1.1936e6 
0 333 0.333
4.2958e6 5.3952e4
0.333 0.333
168 0 0 0.0 
11 -1
1.0 0.0 
0.0

MODULI AND ROCK DENSITY MODIFICATIONS 
7*0

Control code for 
petrophysical model. A “1” 
indicates that moduli are a 

function of effective 
pressure, clay content and 

porosity. (HEP Model)

POROSITY AND PERMEABILITY
i i I -IW

0.1909 0.1698 0.1394 0.1177 0.1052 0.1045
0.1142 0.1368 0.1723 0.2041 0.2425 0.2668
0.2809 0.2859 0.2874 0.2885 0.2883 0.2730
0.2505 0.2242 0.2151 0.2000 0.1770 0.1567
0.1327 0.1065 0.0700 0.0569 0.0569 0.0569
0.2191 0.2177 0.2120 0.2030 0 2002 0.2091
0.2163 0.2164 0.2221 0.2300 0.2411 0.2522

0.2187 0.2258 0.2335 0.2347 0 2348 0.2363
0.2334 0.2247 0.1951 0.1614 0.1394 0.1251
0.1221 0.1369 0.1708 0.1962 0 2227 0.2474

81.2 49.9 248 15.0 11.3 11.1
13.9 23.3 52.9 110.0 266.3 466.1
644.9 723.6 749.1 768 3 764.8 537.6
320.2 174.7 141.7 100.1 58.9 369
21.2 11.6 5.0 3.7 3.7 3.7 d

Control codes indicate that 
one value will be read for 

each gridblock for porosity 
and permeability in the x and 
y directions. A “-1" indicates 

that Kz is constant.

There are 30 (nx) x 30(ny) 
x 5 (nz) gridblocks, or 4500 
total. In a read data file, all 
4500 would be shown. For 
the sake of brevity only a 

few lines of data are shown 
here.
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70.4 397 21.0 13.3 9.1 10.4
15.1 29.0 72.8 166.9 379.7 601.9

154.0 181.3 216.5 222.5 223.1 230.9
216.0 176.8 89.4 41.1 24.8 17.8
16.6 23.4 51.1 91.7 168.8 298.2

10

POROSITY AND PERMEABILITY MODIFICATIONS 
5 5 5 0 0

1 1 1  1 1 5  0.20
1 1 30 30 1 5 0.20
30 30 1 1 1 5 0.20
30 30 30 30 1 5 0.20
15 15 15 15 1 5 0.20

1 1 1 1 1 5 200
1 1 30 30 1 5 200
30 30 1 1 1 5 200
30 30 30 30 1 5 200
15 15 15 15 1 5 200

1 1 1  1 1 5 200
1 1 30 30 1 5 200
30 30 1 1 1 5 200
30 30 30 30 1 5 200
15 15 15 15 1 5 200

TRANSMISSIBILITY MODIFICATIONS 
0 0 0 0 0

RELATIVE PERMEABILITY-CAPILLARY PRESSURE DATA 
2 1

SWT KROW KRW PCOW 
0.000 1.000 0.000 0.0 
0.300 1.000 0.000 0.0 
0.350 0.590 0005 0.0 
0.400 0.320 0.010 0.0 
0.450 0.180 0.017 0.0 
0.500 0 080 0.023 0.0 
0.550 0.030 0.034 0.0 
0.600 0.010 0.045 0.0 
0.650 0 001 0.064 0.0 
0.700 .0001 0.083 0.0 
0.750 0.000 0.100 0.0 
0.800 0.000 0.120 0.0
1.000 0.000 0.120 0.0

SGT KROG KRG PCGO 
0.000 1.000 0.000 0.0 
0.030 0.750 0.000 0.0 
0.050 0.590 0.020 0.0 
0.100 0.320 0.090 0.0

Relative Permeability in 
an oil-water system.

Relative Permeability in 
an oil-gas system.

Porosity is set to 0.20 
for all injection and 
production wells. 
Likewise x-permeability 
and y-permeability is 
set to 200 md for the 
same blocks that the 
wells interconnect with.
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0.150 0.180 0.160 0.0
0.200 0.080 0.240 0.0
0.250 0.030 0.330 0.0
0.300 0.010 0.430 0.0
0.350 0.001 0.550 0.0
0.400 0 000 0.670 0.0
0.450 0.000 0.810 0.0
0.500 0.000 1.000 0.0
1.000 0.000 1.000 0.0

PBO VSLOPE BOSLP BWSLP
1272.2 .00016 -.000015 -3E-6

PRES VISO BO RSO#
14.7 1.650 1.0000 0.00 \
114.7 1.462 1.0848 1145
214.7 1.349 1.1092 162.8
314.7 1.275 1.1258 198.8
414.7 1.216 1.1400 230.4
514.7 1.167 1.1527 259.4
614.7 1.124 1.1642 286.3
714.7 1.088 1.1749 311.5
814.7 1.055 1.1849 335.4
914.7 1.026 1.1943 3581
1014.7 1.000 1.2033 380.0
1114.7 0.976 1.2118 401.1
1272.2 0.941 12248 433.5
1314.7 0.915 1.232 455.0
1414.7 0.880 1.242 475.0
1514.7 0.860 1.252 485.0
2000 0 0.850 1275 580.0
3000.0 0.830 1.325 750.0
5600.0 0.800 1.38 1050.0

PRES VISW BW RSV#
14.7 0 .32 1.0000 .0
1000.0 .32 0.9970 .0
5600.0 .32 0.9834 .0

PRES VISG BG

PMAX
5600.0#-

CR
14.7
114.7
214.7
314.7
414.7
514.7
614.7
714.7
814.7
914.7
1014.7
1114.7 
1272.2
1500.0 
2000 0
2400.0
2800.0
3200.0
3600.0
4000.0

8.50000E-03 
1 04500E-02 
1.11000E-Q2 
1.15600E-02 
1.19800E-02 
1 23900E-02 
1 28000E-02 
1.32100E-02 
1.36200E-02 
1.40200E-02 
1.44200E-02 
1.48100E-02 
1 54300E-02 
1 68300E-02 
1 84000E-02 
2.00000E-02 
2.16000E-02 
2.32000E-02 
2.48000E-02 
2.75000E-02

1.0
.13173
6.94790E-02
4.68100E-02
3.51600E-02
2.80800E-02
2.33300E-02
1 99420E-02
1.73990E-02
1 54280E-02
1 38560E-02
1 25760E-02
1 09820E-02
8.98000E-03
6.62500E-03
5.50200E-03
4.72000E-03
4.15000E-03
3.64000E-03
3.31000E-03

3.00000E-06 
3.00000E-06 
3.0000ÛE-06 
3.00000E-06 
3.00000E-06 
3.00000E-06 
3.00000E-06 
3.00000E-06 
3.00000E-06 
3.00000E-06 
3.00000E-06 
3.00000E-06 
3 00000E-06 
3.00000E-06 
3 OOOOOE-06 
3.00000E-06 
3 00000E-06 
3 00000E-06 
3.00000E-06 
3 00000E-06

Initial Reservoir Oil Bubble Point Pressure, 
Slopes for oil viscosity, oil formation 
volume factor, water formation volume 
factor -  all as a function of pressure. 
Maximum pressure for data.

Pressure, oil viscosity, 
oil F VF, solution gas
oil ratio

Same as above, for water

Same as above, for gas
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4400.0 2.80000E-02 3.03000E-03 3.00000E-06
4800.0 2.85000E-02 2.75000E-03 3.00000E-06
5200.0 2.90000E-02 2.53000E-03 3 00000E-06
5600.0 2.95000E-02 2 35000E-03 3 00000E-06

RHOSCO RHOSCW RHOSCG#- 
50.9 64.512 5.500E-02

Oil, water and gas densities at STP

MISCIBLE SOLVENT DATA 
1 1 • ------------------------------
PBOI VOIOPE B010PE (Base solvent only)
14.7 0.0 0.0

PBW1 VW10PE BW10PE (Base solvent only)
14.7 0.0 0.0

PMISC FPMISC SOMIN REDK BETA SORM VSMISC
1190.0 0.9 .000 0.0 -1.0 0.0 1.0

OM1 OM2 [OM1 = "omega* for gas-solvent miscibility]
1.0 1.0 [OM2 = "omega" for oil-gas-solvent miscibility]

RHOSC1 RHOSC2 RHOSC3 RHOSC4 
0647 .0647 .0647 .0647

Number of solvents for simulation; 
Number of solvent datasets

BASE SOLVENT DATA

PRES VIS FVF RSOS1 RSWS1 BOI MU01 BW1 MUW1
14.7 .0157 .178 0.0 0.0 1.0 1.65 1.0034 0.32
114.7 .0159 0235 114.5 0.0 1.0848 1.462 1.0034 0.32
214.7 .0161 .0123 162.8 0.0 1.1092 1.349 1.0034 0.32
314.7 .0163 .0083 198.8 0.0 1.1258 1.275 1.0034 0.32
414.7 .0166 .00627 230.4 0.0 1.14 1.216 1.0034 0.32
514.7 .0170 .00511 259 4 0.0 1 1527 1.167 1.0034 0.32
614.7 .0174 .00415 286.3 0.0 1.1642 1.124 1.0034 0.32
714.7 .0180 .00352 311.5 0.0 1.1749 1.088 1.0034 0.32
814.7 .0185 .00310 335 4 0.0 1.1849 1.055 1.0034 0.32
914.7 .0193 .00274 3581 0.0 1.1943 1.026 1.0034 0.32
1014.7 .0205 .00248 380.0 0.0 1.2033 1.000 1.0034 0.32
1114.7 .0225 .00224 401.0 0.0 1.2118 0.976 1.0034 0.32
1272.2 .0325 .00196 433.5 0.0 1 2248 0.941 1.0034 0.32
1314.7 .0395 .00192 455.0 0.0 1.232 0.915 1.0034 0.32
1414.7 .0480 .00171 475.0 0.0 1.242 0.880 1.0034 0.32
1514.7 .0565 .00160 485.0 00 1.252 0.860 1.0034 0.32
2000.0 .0709 .00120 580.0 0.0 1.275 0.850 1.0034 0.32
3000.0 .0866 .00080 750.0 0.0 1.325 0.830 1.0034 0.32
5600.0 .0900 .00060 1050.0 0.0 1.38 0.800 1.0034 0.32

MOBILITY CONTROL TABLE
11 0 0.500 [NOMOB, MOBCTL, CSN]

NSC FRC02 
0.00 0.00 
0.10 0.22 
0.20 0.35
0.30 0.47
0.40 0.57
0.50 0.65
0.60 0.72
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d 0.70 0.78
(A o 0.80 0.82
2 cn 0.90 0.84

1.00 0.85

EQUILIBRIUM PRESSURE INITIALIZATION/CONSTANT SATURATIONS
0, 3
6800, 2640, 6600, 2589 
0.0, 0.0, 0.0

RUN CONTROL PARAMETERS (KSW1 KSW2 KSW3 KSW4)
0 0 0 1

NMAX FACT1 FACT2 TMAX WORMAX GORMAX PAM IN PAMAX 
19000 1.50 0.50 9000 5.0 500000 100 8000

KSOL MITR OMEGA TOL NCYCLE DSMAX DPMAX ITMAX RTOL NERR 
4 100 1.20 0.01 0 0.05 100.0 25 1e-4 1

WEIGHT
1.0

AQUIFER MODEL 
0
RECURRENT DATA 
*** C02 STORAGE ***
1, 10, 1, 2
100 200 730 1095 1460 2000 3000 3500 7500 9000# 
10 110 0 
1 0 0 0 0 
110 11 
0, 0, 0, 0, 0
1.0, 1.0, 5.0

The time in days at which 
the output is written

Describes which data to output.

WELL INFORMATION 
5 0 0

WELL C02

O
0

1  j— toii
OÏ

C02 INJECTOR WELL
1. 5, 0
15, 15, 
15, 15, 
15. 15, 
15, 15, 
15, 15, 
100 000

1.0 8000
1.0 8000
1.0 8000
1.0 8000
1.0 8000

000 000

PRODUCTION #1 
2, 5,0 
1, 1, 1 ,1 0  100 
1, 1, 2 , 1.0 100
1 .1 .3 .1 0  100
1 .1 .4 .10  100 
1,1,5,1.0 100
1 0. 1000 0. 0. 0.

000 -50000.

Describes name, location, grid 
blocks encountered, injection 
and production rates, bottom 
hole pressure, and control 
codes (rate or pressure)

PRODUCTION #2 
3, 5,0
30, 30,1,1.0,100
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30.30.2.1.0 .100  
30, 30, 3,1.0,100  
30, 30, 4,1.0,100
30.30, 5,1.0,100
1 0. 1000 0. 0. 0.
PRODUCTION #3
4, 5 ,0
1,30,1, 1.0,100
1.30.2.1.0.100
1.30.3.1.0.100
1.30, 4,1.0,100
1.30, 5,1.0,100
1 0 . 1000 0 . 0 . 0 .

PRODUCTION #4
5, 5 ,0
30.1.1 .1 .0 .100
30.1.2 .1 .0 .100
30.1.3 .1 .0 .100
30.1.4 .1 .0 .100
30.1.5 .1 .0 , 100
1 0 . 1000 0 . 0 . 0 .
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Contained in this Appendix are layer and cross-section plots of the

APPENDIX B 

POROSITY MODELS

porosity models presented in Chapter 6.
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Figure B.1: Case A, Constant Porosity Layer Display
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Figure B.2: Case A, Homogeneous; Constant Porosity of 0.2, 3D Model
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Figure B.3: Case B1, Isotropic; Porosity by Layer
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Figure B.4: Case B1, Isotropic; Porosity Cross-Sections
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Figure B.5: Case B1, Porosity Distribution with an Isotropic Spatial
Correlation, 3D Model

0JS2
0J30

0 44



215

Figure B.6: Case B2, Anisotropic; Porosity Layers
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Figure B.7: Case B2, Anisotropic; Porosity Cross-Sections
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Figure B.8: Case B2, Porosity Distribution with a 2:1 Anisotropic Spatial
Correlation, 3D Model
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Figure B.9: Case C1, Isotropic; Porosity Layers
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Figure B.10: Case Ci, Isotropic; Porosity Cross-Sections
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Figure B.11: Case C1, Porosity Distribution with an Isotropic Spatial
Correlation, 3D Model



Figure B.12: Case C2, Anisotropic; Porosity Layers
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Figure B.13: Case 02, Anisotropic; Porosity Cross-Sections



Figure B.14: Case C2, Porosity Distribution with a 2:1 Anisotropic Spatial
Correlation, 3D Model
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Figure C.1 : Case A, Homogeneous; All Seismic Attributes at (t=0)
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Figure C.2: Case B1, Isotropic; Vp (t=0)
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Figure C.3: Case B1, Isotropic; Vs (t=0)
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Figure C.4: Case B1, Isotropic; VpAZs (t=0)
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Figure C.5: Case B1, Isotropic; AIR (t=0)
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Figure C.6: Case B1, Isotropic; Poisson’s Ratio (t=0)
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Figure C.7: Case B2, Anisotropic; Vp (t=0)
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Figure C.8: Case B2, Anisotropic; Vs (t=0)
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Figure C.9: Case B2, Anisotropic; Vp/Vs (t=0)
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Figure C.10: Case B2, Anisotropic; AIP (t=0)
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Figure C.11: Case B2, Anisotropic; Poisson s Ratio (t=0)
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Figure C.12: Case C1, Isotropic; Vp (t=0)
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Figure C.13: Case 01, Isotropic; Vs (t=0)
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Figure C.14: Case C1, Isotropic; Vp/Vs (t=0)
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Figure C.15: Case C1, Isotropic; AIR (t=0)
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Figure C.16: Case C1, Isotropic; Poisson s Ratio (t=0)
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Figure C.17: Case C2, Anisotropic; Vp (t=0)
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Figure C.18: Case 02, Anisotropic; Vs (t=0)
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Figure C.19: Case C2, Anisotropic; Vp/Vs (t=0)
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Figure C.20: Case C2, Anisotropic; AIP (t=0)
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Figure C.21: Case C2, Anisotropic; Poisson’s Ratio (t=0)
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